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This book is written for the boiler operator, an
operating engineer or stationary engineer by title, who
has knowledge and experience with operating boilers
but would like to know more and be able to operate his
plant wisely. It is also simple enough to help a beginning
operator learn the tricks of the trade by reading the book
instead of learning the old-fashioned way (through ex-
perience) some of which can be very disagreeable. The
book can also be used by the manager or superintendent
who wants a reference to understand what his operators
are talking about. It’s only fair, however, to warn a
reader of this book that it assumes a certain amount of
experience and knowledge already exists.

The day I mailed the contract for this book to the
publisher I sat across a table from a boiler operator who
said, “Why hasn’t somebody written a book for boiler
operators that isn’t written for engineers?” I’ve tried to
do it with this book, no high powered math and minimal
technical jargon.

There are two basic types of operators, those that
put in their eight hours on shift while doing as little as
possible and those that are proud of their profession and
do their best to keep their plant in top shape and run-
ning order. You must be one of the latter and you should
take pride in that alone.

There is a standard argument that operators oper-
ate; they don’t perform maintenance duties or repair
anything because they have to keep their eye on the
plant. That’s hogwash. As an engineer with more than
forty-five years experience in operating and maintaining
boiler plants, I know an operator can’t allow someone
else to maintain and repair his equipment. It’s impera-
tive that the operator know his equipment, inside and
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out, and one of the best ways of knowing it is to get into
it. The operator should be able to do the work or super-
vise it. Only by knowing what it’s like inside can the
operator make sound judgments when operating situa-
tions become critical.

As for keeping an eye on the plant, that phrase is
nothing more than a saying. If you are a manager, read-
ing this book because operators report to you, you
should know this—the experienced operator keeps an
ear on the plant. The most accurate, precise, sensitive
instrument in a boiler plant is the operator’s ear. The
operator knows something is amiss long before any
alarm goes off because he can hear any subtle change in
the sound of the plant. He can be up in the fidley, and
notice that a pump on the plant’s lower level just shut
down. Hearing isn’t the only sense that’s more acute in
an operator, he “feels” the plant as well. Sounds, actually
all sound is vibrations, that aren’t in the normal range of
hearing are sensed either by the ear, the cheek, or
through the feet. Certainly an operator shouldn’t be in-
side a boiler turbining tubes, while he’s operating the
plant but there are many maintenance activities he can
perform while on duty. Managers with a sense of the
skill of their operators will use them on overtime and
off-shift to perform most of the regular maintenance.

Chapter 1, “Operating Wisely,” is the guiding out-
line for an operator that wants to do just that. The rest of
the book is reference and informational material that
either explains a concept of operation or maintenance in
greater detail, or offers definitions.

I hope this book gives you everything you need to
operate wisely. If it doesn’t, call me at 410-679-6419 or e-
mail KHeselton@cs.com.
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IIIIIf it were not for the power of the human mind with
its ability to process information and produce concepts
that have never existed before we would be limited to
living out our lives like the other species that reside on
this earth. We would act as we always have and never
make any progress or improve our lives and our envi-
ronment.

We could, of course, do only those things expected
of us and be content with the rewards for doing so. Read
on if you’re not contented with simply being and doing.

WHY WISELY?

Actually I intended the title of this book to be
“Operating Wisely” because there are many books with
the title of “Boiler Operator’s Handbook” available to-
day. Some are small, some are large, and all have good
information in them. If you don’t already have one or
two, I’m surprised. This isn’t just another boiler
operator’s handbook. However, the publisher wanted to
call it a boiler operator’s handbook to be certain its con-
tent was properly described. Those other books describe
the plant and equipment but don’t really talk about
operating, and in many cases they fail to explain why
you should do certain things and why you shouldn’t do
others.

It’s said that “any automatic control will revert to
the level of competence of the operator.”1 It’s clear that
engineers can design all sorts of neat gadgets but they
won’t work any better than the operator allows. What
they always seem to miss is the fact that they never told
the operator what the gadget was supposed to do and
how to make sure it does it. Lacking that information,
the operator reverts to a strategy that keeps the plant
running. Hopefully this book will provide you with a
way to figure out what the engineer was trying to ac-
complish so you can make the gadget work if it does do
a better job. In some cases you’re right, the darn thing is
a waste of time and effort, but hopefully you won’t dis-
miss them out of hand anymore. New gadgets and
methods are tools you can put to use.

Over the years I’ve observed operators doing a lot
of things that I considered unwise; some were simply a

waste of time, some did more harm than good, and oth-
ers were downright dangerous. Most of those actions
could be traced to instructions for situations that no
longer exist or to a misunderstanding by the operator of
what was going on. To learn to operate wisely you have
to know why you do things and what happens when
you do the wrong thing. This book tries to cover both.
When you understand why you do things you’re more
likely to do them correctly.

When you have an opportunity to make a mistake,
it’s always nice to know how someone else screwed up.
As Sam Levenson once said, “You must learn from the
mistakes of others. You can’t possibly live long enough
to make them all yourself.” Many mistakes are described
in the following pages so you will, hopefully, not repeat
them.

Two other reasons for this book are the environ-
ment and economics. If every boiler operator applied a
few of the wise actions described in this book there
would be a huge reduction in energy consumption and,
as a result, a dramatic improvement in our environment.
You can earn your salary by proper operation that keeps
fuel, electricity, and water costs as low as possible while
still providing the necessary heat to the building and
processes. Wise people don’t do damage to their envi-
ronment or waste the boss’ money. I hope to give you all
the wisdom I gained over forty-five years in this busi-
ness so you can operate wisely.

PRIORITIZING

The first step in operating wisely is to get your pri-
orities in order. Imagine taking a poll of all the boiler
plant operators you know and asking them what is the
most important thing they have to do. What would they
list first? I’m always getting the reply that it’s keeping
the steam pressure up, or something along those lines.
Why? The answer is rather simple; in most cases, the
only time an operator hears from the boss is when the
pressure is lost or everyone is complaining about the
cold or lost production. Keep the pressure up and you
will not have any complaints to deal with, so it gets first
billing. Right? … Wrong!

Chapter 1

Operating Wisely
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History is replete with stories of boiler operators
doing stupid things because their first priority was con-
tinued operation. There are the operators that literally
held down old lever acting safety valves to get steam
pressure higher so their boat would beat another in a
race. Many didn’t live to tell about it. I recall a chief
engineer aboard the steamship African Glade instructing
me to hit a safety valve with a hammer when he sig-
naled me; so the safety would pop at the right pressure.
The object was to convince the Coast Guard inspector
that the safety valve opened when it was supposed to. A
close look at that safety valve told me that hitting it with
a hammer was a dumb thing to do. Thankfully the valve
opened at the right pressure of its own accord. That was
an example of self endangerment to achieve a purpose
that, quite simply, was not worth risking my life.

It’s regrettable that keeping pressure up is the pri-
ority of many operators. Several of them now sit along-
side Saint Peter because they were influenced by the
typical plant manager or others and put the wrong
things at the top of their list of priorities. Another opera-
tor followed his chief’s instructions to hit a safety valve
so it would pop several years ago. The valve cracked
and ruptured, relieving the operator of his head. With-
out a doubt the superintendents and plant managers
that demanded their now dead operators blindly meet
selected objectives are still asking themselves why they
contributed to their operator having the wrong impres-
sion. Despite how it may seem, your boss doesn’t want
you risking your life to keep the pressure up; he just
loses sight of the priorities. The wise operator doesn’t
list pressure maintenance or other events as having pri-
ority over his safety.

So what is at the top of the list? You are, of course.
An operator’s top priority should always be his own
safety. Despite the desire to be a hero, your safety should
take priority over the health and well being of other
people. It simply makes sense. A boiler plant is attended
by a boiler operator to keep it in a safe and reliable
operating condition. If the operator is injured, or worse,
he or she can’t control the plant to prevent it becoming
a hazard to other people.

For several years a major industrial facility near
Baltimore had an annual occurrence. An employee en-
tered a storage tank without using proper entry proce-
dures and subsequently succumbed to fumes or lack of
oxygen. Now that’s bad enough, but… invariably his
buddy would go into the tank in a failed effort to re-
move him, and they both died. Rushing to rescue a fool
is neither heroic nor the right thing to do; calling 911
then maintaining control of the situation is; so nobody

else gets hurt. The operator that risks his life to save a
friend that committed a stupid act is not a hero. He’s
another fool. Abandoning responsibility to maintain con-
trol of a situation and risking your life is getting your
priorities out of order. While preventing or minimizing
injury to someone else is important, it is not as impor-
tant as protecting you.

Other people should follow you on your list of
priorities. There are occasions when the life or well being
of other people is dependent on a boiler operator’s ac-
tions. There are many stories of cold winters in the north
where operators kept their plants going through unusual
means to keep a population from freezing. A favorite
one is the school serving as a shelter when gas service
was cut off to a community. When the operator ran out
of oil, he started burning the furniture to keep heat up.
That form of ingenuity comes from the skill, knowledge
and experience that belongs to a boiler operator and al-
lows him to help other people.

Next in the proper list of priorities is the equip-
ment and facilities. Keeping the pressure up is not as
important as preventing damage to the equipment or the
building. A short term outage to correct a problem is less
disrupting and easier to manage. It’s better than a long
term outage because a boiler or other piece of equipment
was run to destruction. The wise operator doesn’t permit
continued operation of a piece of equipment that is fail-
ing. Plant operations might be halted for a day or week
while parts are manufactured or the equipment is over-
hauled. That is preferable to running it until it fails—
then waiting nine months to obtain a replacement. You
can counter complaints from fellow employees that a
week’s layoff is better than nine months. There are sev-
eral elements of operating wisely that consider the prior-
ity of the equipment.

Many operators choose to bypass an operating
limit to keep the boiler on line and avoid complaints
about pressure loss. Even worse, they bypass the limit
because it was a nuisance. “That thing is always tripping
the boiler off line so I fixed it.” The result of that fix is
frequently a major boiler failure. Operator error and
improper maintenance account for more than 34% of
boiler failures.

The environment has taken a new position on the
operator’s list of priorities within the last half century.
Reasons are not only philanthropic but also economic.
Regularly during the summer, the notices advise us that
the air quality is marginal. Sources of quality water are
dwindling dramatically. The wrong perception in the
minds of the company’s customers can reduce revenue
(in addition to the costs of a cleanup) and the combina-
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tion is capable of eliminating a source of income for you
and fellow employees.

Several of the old rules have changed as a result. It
is no longer appropriate to maintain an efficiency haze
because it contributes to the degradation of the environ-
ment. The light brown haze we thought was a mark of
efficient operation when firing heavy fuel oil has become
an indication that you’re a polluter. Once upon a time an
oil spill was considered nothing more than a nuisance. I
have several memories of spills, and the way we
handled them, that I’m now ashamed of. You should be
aware that insurance for environmental damage is so
expensive that many firms cannot afford insurance to
cover the risk. Today a single oil spill can destroy a com-
pany.

Most state governments have placed a price on
emissions. At the turn of the century it was a relatively
low one. The trend for those prices is up and they are
growing exponentially.

You must understand that operation of the plant
always has a detrimental effect on the environment. You
can’t prevent damage, but you can reduce the impact of
the plant’s operation on the environment. The wise op-
erator has a concern for the environment and keeps it
appropriately placed on the list of priorities.

Those four priorities should precede continued
operation of the plant on your priority list. Despite
what the boss may say when the plant goes down, he or
she does not mean nor intend to displace them. Most
operators manage to develop the perception that contin-
ued operation of the plant is on the top of the boss’s list
of priorities, that impression is formed when the boss is
upset and feels threatened, not when she or he is con-
scious of all ramifications. Continued operation is im-
portant and dependent upon the skill and knowledge of
the operator only after the more important things are
covered.

Since continued operation is so important, the op-
erator has an obligation many never think of, and some
avoid. The wise operator is always training a replace-
ment. If the plant is going to continue to operate there
must be someone waiting to take over the operator’s job
when the operator retires or moves up to management.
Producing a skilled replacement is simply one of the
more important ways the wise operator ensures contin-
ued operation of the plant.

Right now you’re probably screaming, “Train my
replacement! Why should I do that, the boss can replace
me with that trainee?” It’s a common fear, being replace-
able, many operators refuse to tell fellow employees
how they solved a problem or manage a situation believ-

ing they are protecting their job. That first priority is not
your job, it’s your safety, health, and welfare. Note that
protecting your position is not even on the list. When an
employer becomes aware of an employee’s acting to
protect the job, and they will notice it, they have to ask
the question, “If he (or she) is afraid of losing her (or his)
job maybe we don’t need that position, or that person.”

Let’s face it, if the boss wants to get rid of you,
you’re gone. On the other hand, if the boss wants to
move you up to a management position or other better
paying or more influential job and you can’t be replaced
readily, well… Many operators have been bypassed for
promotion simply because there wasn’t anyone to re-
place them. It’s simply a part of your job, so do it.

Preserving historical data is a responsibility of the
operator. The major way an operator preserves data is
maintaining the operator’s log. The simplest is getting
the instructions back out of the wastebasket. If that infor-
mation is retained only in the operator’s mind, the
operator’s replacement will not have it and other per-
sonnel and contractors will not have it. Lack of informa-
tion can have a significant impact on the cost of a plant
operation and on recovery in the event of a failure.
Equipment instructions, parts lists, logs, maintenance
records, even photographs can be and are needed to
operate wisely. It’s so important I’ve dedicated a couple
of chapters in this book to it.

Operating the plant economically is last and the
priority that involves most of your time. The priorities
discussed so far are covered quickly by the wise opera-
tor. You are paid a wage that respects the knowledge,
skill, and experience necessary to maintain the plant in
a safe and reliable operating condition. You earn that
money by operating the plant economically. One can
make a difference equal to a multiple of wages in most
cases.

Note that the word efficiency doesn’t fall on the list
of priorities. It can be said that operating efficiently is
operating economically but that isn’t necessarily true.
For example, fuel oil is utilized more efficiently than
natural gas; however, gas historically costs less than oil.
The wise operator knows what it costs to operate the
plant and operates it accordingly. Efficiency is just a
measure used by the wise operator to determine how to
operate the plant economically.

Frequently the operator finds this task daunting
because the boss will not provide the information neces-
sary to make the economic decisions. The employer con-
siders the cost data confidential material that should
only be provided to management personnel. If that is the
case in your plant you can tell your boss that Ken
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Heselton, who promotes operating wisely, said bosses
that keep cost data from their employees are fools. Show
him (or her) this page. If an operator doesn’t know the
true cost of the fuel burned, the water and chemicals
consumed, electrical power that runs the pumps and
fans, etc., the operator will make judgments in operation
based on perceived costs. And frequently those percep-
tions are flawed. I was able to prove that point many
times in the past. Regrettably for the employer, it was
after a lot of dollars went up the stack.

I have a few recollections of my own stupidity
when I was managing operations for Power and Com-
bustion, a mechanical contractor specializing in building
boiler plants. When I failed to make sure the construc-
tion workers understood all the costs they made deci-
sions that cost the company a lot of money. Needless to
say, I could measure the cost of those mistakes in terms
of the bonus I took home at Christmas.

You don’t have to know what the boss’s or fellow
employee’s wages are. They’re not subject to your activi-
ties. You should know, however, what it costs to keep
you on the job. Taxes and fringe benefits can represent
more than 50 percent of the person’s wages. Many of the
extra costs, but not all, for a union employee appears on
the check because the funds are transferred to the union.
Non-union employers should also inform the operators
what is contributed on their behalf. Even if the employer
doesn’t allow the operator to have that information, the
wise operator should know that the paycheck is only a
part of what it costs to put a person on the job. In addi-
tion to retirement funds, health insurance, vacation pay
and sick pay there is the employer’s share of Social Se-
curity and Medicaid; the employer has to contribute a
match to what the employee has withheld from salary.
There are numerous taxes and insurance elements as
well. An employer pays State Unemployment Taxes,
Federal Unemployment Taxes, and Workmen’s Compen-
sation Insurance Premiums at a minimum. If you have to
guess what you really cost your employer, figure all
those extras are about 50 percent of your salary.

Economic operation requires utilizing a balance of
resources, including manpower, in an optimum manner
so the total cost of operation is as low as possible. You
might want to know even more to determine if changes
you would like to see in the plant can reduce operating
costs. That, however, is to be covered in another book.

To summarize, the wise operator keeps priorities in
order and they are:

1. The operator’s personal safety, health and welfare
2. The safety and health of other people

3. The safety and condition of the equipment oper-
ated and maintained

4. Minimizing damage to the environment
5. Continued operation of the plant
6. Training a replacement
7. Preserving historical data
8. Economic operation of the plant

Prioritizing in the Real World
Prioritizing activities and functions is simply a

matter of keeping the above list in your mind. Every
activity of an operator should contribute to the mainte-
nance of those priorities. Only by documenting them can
you prove they are done, and done according to priority.
We’ll cover documenting a lot so it won’t be discussed
further here. Following the list of priorities makes it
possible to decide what to do and when.

Changes in the scope of a boiler plant operator’s ac-
tivities make maintaining that order important. Modern
controls and computers that are used to form things like
building automation systems have relieved boiler plant
operators of some of the more mundane activities. We
have taken huge strides from shoveling coal into the fur-
nace to what is almost a white collar job today. As a result,
operators find themselves assigned other duties. You may
find you have a variety of duties which, when listed on
your resume, would appear to outweigh the actual activ-
ity of operating a boiler. A boiler plant operator today
may serve as a watchman, receptionist, mechanic and re-
ceiving clerk in addition to operating the boiler plant. As
mentioned earlier, maintenance functions can be per-
formed by an operator or the operator can supervise con-
tractors in their performance. The trend to assuming or
being assigned other duties will continue and a wise op-
erator will be able to handle that trend.

Many operators simply complain when assigned
other tasks. They also frequently endeavor to appear
inept at them, hoping the boss will pass them off on
someone else. Note that if you intentionally appear inept
at that other duty it may give rise to a question of your
ability to be an operator. An operator has an opportunity
to handle the concept of additional assignments in a
professional manner. One can view the new duty as
something that can be fit into the schedule; in which case
it increases the operator’s value to the employer. A wise
operator will have developed systems that grant him (or
her) plenty of time to handle other tasks. If, however,
you can’t make the duty fit, you can demonstrate that
the new duty will take you away from the work you
must do to maintain the priorities and, pleasantly, in-
form the boss of the increased risk of damage or injury
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that could occur if you take on the new requirements.
Should your boss insist you assume duties that will alter
the priorities you should oppose it. Every place of em-
ployment should have a means for employees to appeal
a boss’s decision to a higher authority. Seek out that
option and use it when necessary but always be pleasant
about it.

It is during such contentious conditions that the
value of documentation is demonstrated. A wise opera-
tor with a documented schedule, SOPs, and to-do-list
will have no problem demonstrating that an additional
task will have a negative effect on the safety and reliabil-
ity of the boiler plant. On the other hand, documentation
that is evidently self-serving will disprove a claim. The
wise operator will always have supporting, qualifying
documentation to support his or her position.

Another situation that produces contentious condi-
tions in a boiler plant involves the work of outside con-
tractors. Frequently the contractor was employed to
work in the plant with little or no input from the opera-
tors. That’s another way a boss can be a fool, but it hap-
pens. When a contractor is working in the plant, it
changes the normal routine and regularly interferes with
the schedule an operator has grown accustomed to. The
wise boss will have the contractor reporting to the op-
erator; regrettably there aren’t many wise bosses in this
world. Even if I’m just visiting a plant I still make certain
that I report in to the operator on duty and check out as
well. I always advised my construction workers to do it.
Regardless of the reporting requirements the operator
and contractor will have to work together to ensure the
priorities are maintained.

The wise operator will be able to work reasonably
with the contractor to facilitate the contractor getting his
work done. Many operators have expressed an attitude
that a contractor is only interested in his profit and treat
all contractors accordingly. Guess what, the wise opera-
tor wants the contractor to make a profit. If the contrac-
tor is able to perform the work without hindrance or
delay he will be able to finish the work on time and
make a profit. If the contractor perceives no threat to the
profit he contemplated when starting the job he will do
everything he intended, including doing a good job. If
the operator stalls and blocks the contractor’s activity so
the contractor’s costs start to run over, he will attempt to
protect his profit. If the contractor perceives the operator
is intentionally making life difficult he may complain to
the operator’s boss as well as start cutting corners to
protect his profit. A contractor can understand the list of
priorities and work with the operator that understands
the contractor’s needs.

Dealing with fellow employees also requires de-
monstrative use of the list of priorities. The problem is
not usually associated with swing shift operation be-
cause the duties are balanced over time. When operators
remain on one shift it is common for one shift to com-
plain another has less to do. Another common problem
is the one operator that, in the minds of the rest, doesn’t
do anything or doesn’t do it right. If you’ve got the pri-
ority order right in your mind you already know that
number 6 applies; train that operator.

There’s nothing on the list about pride, conve-
nience, or free time. Self interest is not a priority when it
comes to any job. You can be proud of how you do your
job. You may find it convenient to do something a differ-
ent way (but make sure your boss knows of and ap-
proves the way). You should always have a certain
amount of free time during a shift to attend to the unex-
pected situations that arise, but no more than an hour
per shift. Keep in mind that you are not employed to
further your interests or simply occupy space. You can,
and should, provide value to your employer in exchange
for that salary.

Most employers understand an employee’s need to
handle a few personal items during the day. They’ll tol-
erate some time spent on the phone, reading personal
documents, and simply fretting over a problem at home.
They will not, however, accept situations where the
employee places personal interests ahead of the job. I’ve
encountered situations where employers allowed their
employees to use the plant tools to work on personal
vehicles, repair home appliances, make birdhouses and
the like during the shift. On the other hand I’ve encoun-
tered employers that wouldn’t allow their people to
make personal calls, locking up the phone. Limiting
personal activity as much as possible and never allowing
it to take priority over getting that list we just looked at
should prevent those situations where, because the
boss’s good nature was abused, the employer suddenly
comes down hard restricting personal activity on the job.

Your health and well being is at the top of the list
primarily because you’re the one responsible for the
plant. Keep your priorities straight. Maintaining your
priorities in the specified order should always make it
possible to resolve any situation. The priorities will be
referred to regularly as we continue operating wisely.

SAFETY

The worst accident in the United States was the
result of a boiler explosion. In 1863 the boilers aboard
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the steamship Sultana exploded and killed almost eigh-
teen hundred people. The most expensive accident was
a boiler explosion at the River Rouge steel plant in Feb-
ruary of 1999. Six men died and the losses were mea-
sured at more than $1 billion. Boiler accidents are rare
compared to figures near the first of the 20th century
when thousands were killed and millions injured by
boiler explosions. Today, less than 20 people die each
year as a result of a boiler explosion. I don’t want you to
be one of them. I’m sure you don’t want to be one either.
Safety rules and regulations were created after an acci-
dent with the intent of preventing another.

A simple rule like “always hold the handrail when
ascending and descending the stair” was created to save
you from injury. Don’t laugh at that one, one of my cus-
tomers identified falls on stairs in the office building as
the most common accident in the plant. Follow those
safety rules and you will go home to your family healthy
at the end of your shift.

There are many simple rules that the macho boiler
operator chooses to ignore and, in doing so, risks life
and limb. You should make an effort to comply with all
of them. You aren’t a coward or chicken. You’re operat-
ing wisely.

Hold onto the handrail. Wear the face shield, boots,
gloves, and leather apron when handling chemicals.
Don’t smoke near fuel piping and fuel oil storage tanks.
Read the material safety data sheets, concentrating on the
part about treatment for exposure. Connect that ground-
ing strap. Do a complete lock-out, tag-out before entering
a confined space and follow all the other safety rules that
have been handed down at your place of employment.
Remember who’s on the top of the priority list.

Prevention of explosions in boilers has come a long
way since the Sultana went down. The modern safety
valve and the strict construction and maintenance re-
quirements applied to it have reduced pressure vessel
explosions to less than 1% of the incidents recorded in
the U.S. each year, always less than two. On the other
hand, furnace explosions seem to be on the increase and
that, in my experience, is due to lack of training and
knowledge on the part of the installer which results in
inadequate training of the operator.

You must know what the rules are and make sure
that everyone else abides by them. A new service techni-
cian, sent to your plant by a contractor you trust, could
be poorly trained and unwittingly expose your plant to
danger. Even old hands can make a mistake and create
a hazard. Part of the lesson is to seriously question any-
thing new and different, especially when it violates a
rule.

What are the rules? There are lots of them and
some will not apply to your boiler plant. Luckily there
are some rules that are covered by qualified inspectors
so you don’t have to know them. There should be rules
for your facility that were generated as a result of an
accident or analysis by a qualified inspector. Perhaps
there’s a few that you wrote or should have written
down. When the last time you did that there was a boiler
rattling BOOM in the furnace a rule was created that
basically said don’t do that again! Your state and local
jurisdiction (city or county) may also have rules regard-
ing boiler operation so you need to look for them as
well. Here’s a list of the published rules you should be
aware of and, when they apply to your facility, you
should know them.

ASME Boiler and Pressure Vessel Codes (BPVC):
Section I – Rules for construction of Power Boilersa

Section IV – Rules for construction of Heating Boilersa

Section VI – Recommended Rules for Care and Opera-
tion of Heating Boilersb

Section VII – Recommended Rules for Care and Opera-
tion of Power Boilersb

Section VIII – Pressure Vessels, Divisions 1 and 2c (rules
for construction of pressure vessels including
deaerators, blowoff separators, softeners, etc.)

Section IX – Welding and Brazing Qualifications (the
section of the Code that defines the requirements for
certified welders and welding.)

B-31.1 – Power Piping Code
CSD-1 – Controls and Safety Devices for Automatically

Fired Boilers (applies to boilers with fuel input in
the range of 400 thousand and less than 12.5 million
Btuh input)

National Fire Protection Association (NFPA) Codes
NFPA - 30 – Flammable and Combustible Liquids Code
NFPA - 54 – National Fuel Gas Code
NFPA - 58 – Liquefied Petroleum Gas Code
NFPA - 70 – National Electrical Code
NFPA - 85 – Boiler and Combustion Systems Hazards

Code (applies to boilers over 12.5 million Btuh in-
put)

—————————
aRequires inspection by an authorized inspector so you don’t

have to know all these rules.
bThese haven’t been revised in years and contain some recom-

mendations that are simply wrong.
cRequires inspection by an authorized inspector so you don’t

have to know all these rules

That’s volumes of codes and rules and it’s impos-
sible for you to learn them. They are typically revised
every three years so you would be out of date before you
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finished reading them all. It’s not important to know
everything, only that they’re there for you to refer to.
Flipping through them at a library that has them or
checking them out on the Internet will allow you to
catch what applies to you. CSD-1 or NFPA-85, which-
ever applies to your boilers, are must reads. Some of
those rules are referred to in this book.

Sections VI and VII of the ASME Code are good
reads. Regrettably they haven’t kept up to the pace of
modernization. The rest of the ASME Codes apply to
construction, not operation. You’ll never know them
well but you have to be aware that they exist.

As I said earlier, many rules were produced as the
result of accidents. That is likely true in your plant. A
problem today is many rules are lost to history because
they aren’t passed along with the reason for them fully
explained. I’ll push the many concepts of documentation
in a chapter dedicated to it but it bears mentioning here.
Keep a record of the rules. If there isn’t one, develop it.
The life you safe will more than likely be yours.

MEASUREMENTS

If you pulled into a gas station, shouted “fill-er-up”
on your way to get a cup of coffee then returned to have
the attendant ask you for twenty bucks and the pump
was reset you would think you’d been had, wouldn’t
you? You might even quibble, “How do I know you put
twenty dollars worth in it?” Why is it that we quibble
over ten dollars and think nothing about the amount of
fuel our plant burns every day? I’m not saying yours is
one of them but I’ve been in so many plants where they
don’t even read the fuel meter, let alone record any other
measurements, and I always wonder how much they’re
being taken for. I also wonder how much they’ve wasted
with no concern for the cost.

Any boiler large enough to warrant a boiler opera-
tor in attendance burns hundreds if not thousands of
dollars each day in fuel. To operate a plant without
measuring its performance is only slightly dumber than
handing the attendant twenty dollars on your way to get
coffee when you know there may not be room in the
tank for that much. When I pursue the concept of mea-
surements with boiler operators I frequently discover
they don’t understand measurements or they have a
wrong impression of them. To ensure there is no confu-
sion, let’s discuss measurements and how to take them.

First there are two types of measures, measures of
quantity and measures of a rate. There’s about 100 miles
between Baltimore and Philadelphia, that’s a quantity. If

you were to drive from one to the other in two hours,
you would average fifty miles per hour, that’s a rate.
Rates and time determine quantities and vice versa. If
you’re burning 7-1/2 gpm of oil you’ll drain that full
8,000-gallon oil tank in less than 19 hours. Quantities are
fixed amounts and rates are quantity per unit of time.

The most important element in describing a quan-
tity or rate is the units. Unit comes from the Latin “uno”
meaning one. Units are defined by a standard. We talk
about our height in feet and inches using those units
without thinking of their origin. A foot two centuries ago
was defined as the length of the king’s foot. Since there
were several kings in several different countries there
was always a little variation in actual measurement. I
have to assume the king’s mathematician who came up
with inches had to have six fingers on each hand; why
else would they have divided the foot by twelve to get
inches?

Today we accept a foot as determined by a ruler,
yardstick, or tape measure all of which are based on a
piece of metal maintained by the National Bureau of
Standards. That piece of metal is defined as the standard
for that measure having a length of precisely one foot.
They also have a chunk of metal that is the standard for
one pound. As you proceed through this book you’ll
encounter units that are based on the property of natural
things. The meter, for example, is defined as one ten
millionth of the distance along the surface of the earth
from the equator to one of the poles. Regrettably that’s a
bogus value because a few years ago we discovered the
earth is slightly pear shaped so the distance from the
equator to the pole depends on which pole you’re mea-
suring to. Many units have a standard that is a property
of water; we’ll be discussing those as they come up.

Unless we use a unit reference for a measurement
nobody will know what we’re talking about. How
would you handle it if you asked someone how far it
was to the next town and they said “about a hundred?”
Did they mean miles, yards, furlongs, football fields?
Unless the units are tacked on we can’t relate to the
number.

With few exceptions there are multiple standards
(units) of measure we can use. Which one we use is
dependent on our trade or occupation. Frequently we
have to be able to relate one to the other because we’re
dealing with different trades. We will need conversion
factors. We can think of a load of gravel as weighing a
few hundred pounds but the truck driver will think of it
in tons. He’ll claim he’s delivering an eight-ton load and
we have to convert that number to pounds because we
have no concept of tons; we can understand what 16,000
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pounds are like. Another example is a cement truck de-
livery of 5 yards of concrete. No, that’s not fifteen feet of
concrete. It’s 135 cubic feet. (There are 27 cubic feet in a
cubic yard, 3 × 3 × 3) We need to understand what type
of measurement we’re dealing with to be certain we
understand the value of it. Also, as with the cement
truck driver, we have to understand trade shorthand.

When measuring objects or quantities there are
three basic types of measurement: distance, area, and
volume. We’re limited to three dimensions so that’s the
extent of the types. Distances are taken in a straight line
or the equivalent of a straight line. We’ll drive 100 miles
between Baltimore and Philadelphia but we will not
travel between those two cities in a straight line. If you
were to lay a string down along the route and then lay
it out straight when you’re done it would be 100 miles
long. The actual distance along a straight line between
the two cities would be less, but we can’t go that way.

Levels are distance measurements. We always use
level measurements that are the distance between two
levels because we never talk about a level of absolute
zero. If there was such a thing it would probably refer to
the absolute center of the earth. Almost every level is
measured from an arbitrarily selected reference. The
water in a boiler can be one to hundreds of feet deep but
we don’t use the bottom as a reference. When we talk
about the level of the water in a boiler, we always use
inches and negative numbers at times. That’s because
the reference everyone is used to is the center of the gage
glass which is almost always the normal water line in
the boiler. The level in a twelve-inch gage glass is de-
scribed as being in the range of –6 inches to +6 inches.
For level in a tank we normally use the bottom of the
tank for a reference so the level is equal to the depth of
the fluid and the range is the height of the tank.

With so many arbitrary choices for level it could be
difficult to relate one to another. That could be important
when you want to know if condensate will drain from
another building in a facility to the boiler room. There is
one standard reference for level but we don’t call it level,
we call it “elevation” normally understood to be the
height above mean sea level and labeled “feet MSL” to
indicate that’s the case. In facilities at lower elevations it
is common to use that reference. A plant in Baltimore,
Maryland, will have elevations normally in the range of
10 to 200 feet, unless it’s a very tall building.

When the facility is a thousand feet or more above
mean sea level it gets clumsy with too many numbers so
the normal procedure is to indicate an elevation above a
standard reference point in the facility. A plant in Den-
ver, Colorado, would have elevations of 5,200 to 5,400

feet if we used sea level as a reference so plant references
would be used there. It’s common for elevations to be
negative, they simply refer to levels that are lower than
the reference. It happens when we’re below sea level or
the designers decide to use a point on the main floor of
the plant as the reference elevation of zero; anything in
the basement would be negative. The choice of zero at
the main floor is a common one. Note that I said a point
on the main floor, all floors should be sloped to drains so
you can’t arbitrarily pull a tape measure from the floor
to an item to determine its precise elevation.

An area is the measurement of a surface as if it
were flat. A good example is the floor in the boiler plant
which we would describe in units of square feet. One
square foot is an area one foot long on each side. We say
“square” foot because the area is the product of two lin-
ear dimensions, one foot times one foot. The unit square
foot is frequently written ft2 meaning feet two times or
feet times feet. That’s relatively easy to calculate when
the area is a square or rectangle. If it’s a triangle the area
is one half the overall width times the overall length. If
it’s a circle, the area is 78.54% of a square with length
and width identical to the circle’s diameter. A diameter
is the longest dimension that can be measured across a
circle, the distance from one side to a spot on the oppo-
site side. In some cases we use the radius of a circle and
say the area is equal to the radius squared times Pi
(3.1416). When you’re dealing with odd shaped areas,
and you have a way of doing it, laying graph paper over
it and counting squares plus estimating the parts of
squares at the borders is another way to determine an
area. A complex shaped area can also be broken up into
squares, rectangles, triangles and circles, adding and
subtracting them to determine the total area.

Volume is a measure of space. A building’s volume
is described as cubic feet, abbreviated ft3, meaning we
multiply the width times the length times the height.
One cubic foot is space that is one foot wide by one foot
long by one foot high.

I’ll ignore references to the metric system because
that’s what American society appears to have decided to
do. It’s regrettable because the metric system is easier to
use and there’s little need to convert from one to the
other after we’ve accepted it. After all, there’s adequate
confusion and variation generated by our English sys-
tem to keep us confused. When it comes to linear mea-
surements we have inches and yards, one twelfth of a
foot and three feet respectively. Measures of area are
usually expressed in multiples of one of the linear mea-
sures (don’t expect an area defined as feet times inches
however). For volumetric measurements we also have
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the gallon, it takes 7.48 of them to make a cubic foot.
Note that the volumetric measure of gallons

doesn’t relate to any linear or area measure, it’s only
used to measure volumes. That’s some help because
many trades use unit labels that are understood by them
to mean area or volume when we couldn’t tell the differ-
ence if we didn’t know who’s talking. A painter will say
he has another thousand feet to do. He’s not painting a
straight line. He means one thousand square feet. We’ve
already mentioned the cement hauler that uses the word
“yards” when he means cubic yards. Always make sure
you understand what the other guy is talking about.

When talking, or even describing measurements
we will use descriptions of direction to aid in explaining
them. While most people understand north, south, east
and west plus up and down other terms require some
clarification. Perpendicular is the same as perfectly
square. When we look for a measurement perpendicular
to something it’s as if we set a square on it so the dis-
tance we’re measuring is along the edge of the square.
An axial measurement is one that is parallel to the cen-
tral axis or the center of rotation of something. On a
pump or fan it’s measured in the same direction as the
shaft. Radial is measured from the center out; on a pump
or fan it’s from the centerline of the shaft to whatever
you are measuring. When we say tangentially or tangent
to we’re describing a measurement to the edge of some-
thing round at the point where a radial line is perpen-
dicular to the line we’re measuring along.

Another measure that confuses operators is mass.
Mass is what you weigh at sea level. If we put you on a
scale while standing on the beach, we would be able to
record your mass. If we then sent you to Cape Kennedy,
loaded you into the space shuttle, sent you up in space,
then asked you to stand on the scale and tell us what it
reads, what would your answer be? Zero! You don’t
weigh anything in space, but you’re still the same
amount of mass that we weighed at sea level. There is a
difference in weight as we go higher. You will weigh less
in Denver, Colorado, because it’s a mile higher, but for
all practical purposes the small difference isn’t impor-
tant to boiler operators. Once you accept the fact that
mass and weight are the same thing with some adjust-
ment required for precision at higher elevations you can
accept a pound mass weighs a pound and let it go at
that.

Volume and mass aren’t consistently related. A
pound mass is a pound mass despite its temperature or
the pressure applied to it. One cubic foot of something
can contain more or less mass depending on the tem-
perature of the material and the pressure it is exposed to.

Materials expand when heated and contract when
cooled (except for ice which does just the opposite).

We can put a fluid like water on a scale to deter-
mine its mass but the weight will depend on how much
we put on the scale. If we put a one gallon container of
32° water on the scale, it will weigh 8.33 pounds. If we
put a cubic foot of that water on the scale, it will weigh
62.4 pounds.

Density is the mass per unit volume of a substance,
in our case, pounds per cubic foot. So, water must have
a density of 62.4 pounds per cubic foot. Ah, that the
world should be so simple! Pure clean water weighs
that. Sea water weighs in at about 64 pounds per cubic
foot. Heat water up and it becomes less dense. When it’s
necessary to be precise, you can use the steam tables
(page 353) to determine the density of water at a given
temperature but keep in mind that its density will also
vary with the amount of material dissolved in it.

In many cases water is the reference. You’ll hear the
term specific gravity or specific weight. In those cases
it’s the comparison of the weight of the liquid to water
(unless it’s a gas when the reference is air) Knowing the
specific gravity of a substance allows you to calculate its
density by simply multiplying the specific gravity by the
typical weight of water (or air if it’s a gas). One quick
look at the number gives you a feel for it. If the gravity
is less than one it’s lighter than water (or air) and if it’s
greater than one it will sink.

Gases, such as air, can be compressed. We can pack
more and more pounds of air into a compressed air stor-
age tank. As the air is packed in, the pressure increases.
When the compressor is off and air is consumed, the
tank pressure drops as the air in the tank expands to
replace what leaves. The compressor tends to heat the air
as it compresses it and that hot air will cool off while it
sits in the tank and the pressure will drop. We need to
know the pressure and temperature of a gas to deter-
mine the density. The steam tables list the specific vol-
ume (cubic feet per pound) of steam at saturation and
some superheat temperatures. Specific volume is equal
to one divided by the density. To determine density, di-
vide one by the specific volume.

Liquids are normally considered non-compressible
so we only need to know their temperature to determine
the density. The specific volume of water is also shown
on the steam tables for each saturation temperature.
Water at that temperature occupies the volume indicated
regardless of the pressure.

We also use pounds to measure force. Just like a
weight of, say ten pounds, can bear down on a table
when we set the weight down we can tip the table up
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with its feet against a wall and push on it to produce a
force of ten pounds with the same effect. Weights can
only act down, toward the center of the earth, but a force
can be applied in any direction. Just like we can measure
a weight with a scale we can put the scale (if it’s a spring
loaded type) in any position and measure force; they’re
both measured in pounds.

Rates are invariably one of the measures of dis-
tance, area, volume, weight or mass traversed, painted,
filled, or moved per unit of time. Common measure-
ments for a rate are feet per minute, feet per second,
inches per hour, feet per day, gallons per minute, cubic
feet per hour, miles per hour and its equivalent of knots
(which is nautical miles per hour, but let’s not make this
any worse than it already is). Take any quantity and any
time frame to determine a rate. Which one you use is
normally determined according to the trade discussing it
or the size of the number. We normally drive at sixty
miles per hour although it’s also correct to say we’re
traveling at 88 feet per second. We wouldn’t say we’re
going at 316,800 feet per hour. Be conscious of the units
used in trade magazines and by various workmen to
learn which units are appropriate to use. You can always
convert the values to units that are more meaningful to
you. The appendix contains a list of common conver-
sions.

There are common units of measure used in oper-
ating boiler plants. Depending on what we’re measuring
we’ll use units of pounds or cubic feet or gallons when
discussing volumes of water. We measure steam gener-
ated in pounds (mass) per hour but feed the water to the
boiler in gallons per minute. We burn oil in gallons per
hour, gas in thousands of cubic feet per hour, and coal in
tons per hour. We use a measure that’s shared with the
plumbing trade which we call pressure, normally mea-
sured in pounds per square inch. Occasionally we con-
fuse everyone by calling it “head.”

We normally describe the rate that we make steam
as pounds per hour and use that as a unit of rate abbre-
viated “pph.” The typical boiler plant can generate thou-
sands of pounds of steam per hour so the numbers get
large and we’ll identify the quantity in thousands or
millions of pounds of steam. A problem arises in using
the abbreviations for large quantities because we’re not
consistent and use a multitude of symbols.

We’ll use “kpph” to mean thousands of pounds of
steam per hour but use “MBtuh” to describe a thousand
Btu’s per hour. Most of the time we avoid using “mpph”
both because it looks too much like a typo of miles per
hour and because many people wonder if we mean one
thousand or one million. A measure of a million Btu’s

per hour can be labeled “MMBtuh” sort of like saying a
thousand thousand or use a large “M” with a line over
it which is also meant to represent one million. I’ve also
seen a thousand Btu’s per hour abbreviated “MBH.” The
ASME is trying to be consistent in using only lower case
letters for the units. It will be some time before that’s
accepted. This book uses the publisher’s choice.

Pressure exists in fluids, gases and liquids, and has
an equivalent called “stress” in solid materials. Most of
the time we measure both in pounds per square inch but
there are occasions when we’ll use pounds per square
foot. Pounds per square inch is abbreviated psi. The
units mean we are measuring force per unit area. It isn’t
hard to imagine a square inch. It’s an area measuring
one inch wide by one inch long. Then, if we piled one
pound of water on top of that area the pressure on that
surface would be one pound per square inch. If we pile
the water up until there was one hundred pounds of
water over each square inch, the pressure on the surface
would be 100 psi. It isn’t necessary for the fluid to be on
top of the area because the pressure is exerted in every
direction, a square inch on the side of a tank or pipe
centered so there’s one hundred pounds of water on top
of every square inch above it sees a pressure of 100 psi.
The air in a compressed air storage tank is pushing
down, up and out on the sides of the tank with a force,
measured in pounds, against each square inch of the
inside of the tank and we call that pressure.

When we’re dealing with very low pressures, like
the pressure of the wind on the side of a building, we
might talk about pounds per square foot but it’s more
common to use inches of water. A manometer with one
side connected to the outside of the building and an-
other to the inside would show two different levels of
water and the pressure difference between the inside
and outside of the building is identified in inches of
water, the difference in the water level. It’s our favorite
measure for air pressures in the air and flue gas passages
of the boiler and the differential of flow measuring in-
struments.

There is another measure of pressure we use;
“head” is the height of a column of liquid that can be
supported by a pressure. I have a system for remember-
ing it, well… actually I mean calculating it. I can remem-
ber that a cubic foot of water weighs 62.4 pounds. A
cubic foot being 12 inches by 12 inches by 12 inches
means a column of water one foot high will bear down
on one square foot at a pressure of 62.4 pounds per
square foot. Divide that by 144 square inches per square
foot to get 0.433 pounds in a column of water one inch
square and one foot high so one foot of water produces
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a pressure of 0.433 psi. Divide that number into one and
you get a column of water 2.31 feet tall to produce a
pressure of one psi. The reason we use head is because
pumps produce a differential pressure, which is a func-
tion of the density of the liquid being pumped, see the
chapter on pumps and fans.

Head in feet and inches of water (abbreviated “in.
W.C.” for inches of water column) are both head mea-
surements even though a value for head is normally
understood to mean feet.

Okay, now we’ve got pressure equal to psi, why do
we see units of psig and psia? They stand for pounds per
square inch gage and pounds per square inch absolute.
The difference is related to what we call atmospheric
pressure. The air around us has weight and there’s a
column of air on top of us that’s over thirty miles high.
That may sound like a lot but if you wanted to simulate
the atmosphere on a globe (one of those balls with a map
of the earth wrapped around it) the best way is to pour
some water on it. After the excess has run off the wet
layer that remains is about right for the thickness of the
atmosphere, about three one-hundredths of an inch on
an eight inch globe. Anyway, that air piled up over us
has weight. The column of air over any square inch of
the earth’s surface, located at sea level, is about 15
pounds. Therefore, the atmosphere exerts a pressure of
15 pounds per square inch on the earth at sea level un-
der normal conditions. (The actual standard value is
14.696 psi but 15 is close enough for what we do most of
the time) If you were to take all the air away we
wouldn’t have any pressure, it would be zero.

A pressure gage actually compares the pressure in
the connected pipe or vessel and atmospheric pressure.
When the gage is connected to nothing it reads zero,
there’s atmospheric pressure on the inside and outside
of the gage’s sensing element. When the gage is con-
nected to a pipe or vessel containing a fluid at pressure
the gage is indicating the difference between atmo-
spheric pressure and the pressure in the pipe or vessel.
Absolute pressure is a combination of the pressure in the
pipe or vessel and atmospheric pressure. Add 15 to gage
pressure to get absolute pressure, the pressure in the
vessel above absolutely no pressure. If you would like to
be more precise use 14.696 instead of 15. Atmospheric
pressure varies a lot anyway so there’s not a lot of reason
to be really precise.

Later we’ll also cover stress, the equivalent of pres-
sure inside solid material, under strength of materials.

Viscosity is a measurement of the resistance of a
fluid to flowing. All fluids, gases and liquids have a vis-
cosity that varies with their temperature. Normally a

fluid’s viscosity decreases with increasing temperature.
You’re familiar with the term “slow as molasses in Janu-
ary?” Cold molasses has a high viscosity because it takes
a long time for it to flow through a standard tube, what’s
called a viscometer. The normal measure of viscosity is
the time it takes a certain volume of fluid to flow
through the viscometer and that’s why you’ll hear the
viscosity described in terms of seconds. A chart for con-
version of viscosities is included in the appendix along
with the viscosity of some typical fluids found in a boiler
plant. More on viscosity when we discuss fuel oils.

It’s only fair to mention, while we’re discussing
measurements, that there is something called dimen-
sional analysis. Formulas that engineers use are checked
for units matching on both sides of the equation to en-
sure the formula is correct in its dimensions (measure-
ments). It ensures that we use inches on both sides of an
equation, not feet on one side and inches on the other.
Since I promised you at the beginning of the book that
you wouldn’t be exposed to anything more complicated
than simple math (add, subtract, multiply and divide) I
can’t get any more specific than that. Just remember that
you have to be consistent in your use of units when
you’re making calculations.

Not a real measurement but a value used in boiler
plants is “turndown.” Turndown is another way of de-
scribing the operating range of a piece of equipment or
system. Instead of saying the boiler will operate between
25% and 100% of capacity we say it has a four to one
turndown. The full capacity of the equipment or system
is described as multiples of the minimum rate it will
operate at. Unless you run into someone that uses some
idealistic measurement (anybody that says a boiler has a
3 to 2 turndown must be a novice in the industry) mini-
mum operating rate is determined by dividing the larger
number into one. If you run into the nut that described
a 3 to 2 turndown then the minimum capacity is 2/3 of
full capacity. Divide the large number into one and
multiply by 100 to get the minimum firing rate in per-
cent.

We also use the term “load” when describing
equipment operation. Load usually refers to the demand
the facility served places on the boiler plant but, within
the correct context, it also implies the capacity of a piece
of equipment to serve that load. If we say a boiler is
operating at a full load that means it is at its maximum;
half load is 50%, etc.

A less confusing but more difficult measure to ad-
dress are “implied” measures. Some are subtle and oth-
ers are very apparent. A common implied measure in a
boiler plant is half the range of the pressure gauge. En-
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gineers normally select a pressure gauge or thermometer
so the needle is pointing straight up when the system is
at its design operating pressure or temperature. We al-
ways assume that the level in a boiler should be at the
center of the gauge glass, that’s another implied mea-
surement. In other cases we expect the extreme of the
device to imply the capacity of a piece of equipment;
steam flow recorders are typically selected to match the
boiler capacity even though they shouldn’t be. The prob-
lem with implied measurements is that we can wrongly
assume they are correct when they’re not. Keep in mind
that someone could have replaced that pressure gauge
with something that was in stock but a different range.
I failed to make that distinction one day and it took two
hours of failed starts before I realized the gauge must be
wrong and went looking for the instruction book. Yes,
I’ve done it too.

Probably one of the most common mistakes I’ve
made, and that I’ve seen made by operators and con-
struction workers, is not getting something square. All
too often we’ll simply eyeball it or use an instrument
that isn’t adequate. The typical carpenter’s square, a
piece of steel consisting of a two foot length and sixteen
inch length of steel connected at one end and accepted as
being connected at a right angle works well for small
measurements but using it to lay out something larger
than four feet can create problems. I say “accepted as
being square” because I’ve used more than one of them
to later discover they weren’t. Drop a carpenter’s square
on concrete any way but flat and you’ll be surprised
how it can be bent. On any job that’s critical, always
check your square by scribing a line with it and flipping
it over to see if it shows the same line. Of course the one
side you’re dealing with has to be straight. Eyeballing

(looking along the length of an edge with your eye close
to it) is the best way to check to confirm an edge is
straight.

For measures larger than something you can check
with that square you should use a 3 by 4 by 5 triangle;
the same thing the Egyptians used to build the pyra-
mids. You lay it out by making three arcs as indicated in
Figure 1-1. You frequently also need a straight edge as
the reference that you’re going to be square to, in which
case you mark off 3 units along that edge to form the one
side, that’s drawing the arc to find the point B by mea-
suring from point A. An arc is made 4 units on the side
at point C by measuring from point A then another arc
of 5 units is made measuring from point B and laying
down an arc at D. Where the A to C and B to D arcs cross
(point E) is the other corner of the 3 by 4 by 5 triangle
and side A to B is square to A to E. The angle in between
them is precisely 90 degrees.

The beauty of the 3 by 4 by 5 triangle is the units
can be anything you want as long as the ratio is 3 to 4
to 5. Use inches, or even millimeters, on small layouts,
and feet on larger ones. If you were laying out a new
storage shed you might want to make the triangle using
30 feet, 40 feet, and 50 feet. It’s difficult to get more pre-
cise, even if you’re using a transit.

Another challenge is finding a 45 degree angle. The
best solution for that is to lay out a square side to get
that 90 degree angle then divide the angle in half. Figure
1-2 shows the arrangement for finding half an angle.
Simply measure from the corner of the angle out to two
points (C and D) the same distance (A to B) then draw
two more arcs, measuring from points C and D a dis-
tance E, and F identical to E to locate a point where the
arcs cross at G. A line from A to G will be centered be-
tween the two sides, splitting the angle. If you started
with a 90 and wanted to split it into three 30’s, measure

Figure 1-2. Dividing an angleFigure 1-1. Creating a right angle
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off F at twice the length of E then shift around to get two
points that are at 30 and 60 degrees. The same scheme
will allow you to create any angle.

FLOW

Here’s a concept that always raises eyebrows: You
can’t control pressure; you can’t control temperature;
you can’t control level; the only thing you can control is
flow. Before you say I’m crazy, think about it. You main-
tain the pressure or temperature in a boiler by control-
ling the flow of fuel and air. You maintain the level by
controlling the flow of feedwater. Pressure, temperature,
level, and other measures will increase or decrease only
with a change in flow. An increase in flow will increase
or decrease the value we’re measuring depending on the
direction of the flow.

That’s usually my first statement in response to
operators’ questions about their particular problem in
maintaining a pressure, temperature or level. It always
brings a frown to the operator’s face and I continue re-
lating it to their specific problem until that frown turns
into a bright smile. They don’t get an answer to their
problem from me; they get an introduction to the con-
cept of flow and how it affects the particular measure
they are concerned with so they can see for themselves
what is causing their problem. It’s a fundamental that,
once grasped, will always serve an operator in determin-
ing the cause of, and solution to, a problem with control.

If you don’t buy it you simply have to think about
it for a while. Read that first paragraph again and think
about your boiler operation and you’ll eventually under-
stand it. There’s absolutely no way for you to grab a
pressure, temperature, or level and change it. Any de-
scription you can come up with for changing those mea-
sures always involves a change in flow.

Now that you have the concept in hand, let’s talk
about how you control flow to maintain all those desir-
able conditions in the boiler plant. You have two means
for controlling flow. You can turn it on and off or you
can vary the flow rate. When you’re changing the flow
rate we call it “modulating” and the method is called
“modulation.” To restore the level in a chemical feed
tank you open a valve, shut it when the level is near the
top, and you add chemicals to restore the concentration;
that’s on-off control. A float valve on a make-up water
tank opens as the level drops to increase water flow and
closes to decrease flow as the level rises; that’s modula-
tion. There is, of course, more to know and understand
about these two methods of control but they’ll be ad-

dressed in the chapter on controls; we need to learn a lot
more about flow itself right now.

Accepting the premise that all we can control is
flow makes it a lot simpler to understand the operation
of a boiler plant. Every pound of steam that leaves the
boiler plant must be matched by a pound of water enter-
ing it or the levels in the plant will have to change. Water
wasted in blowdown and other uses like softener regen-
eration must also be replaced by water entering the
plant.

The energy in the steam leaving the boiler plant
requires energy enter the plant in the form of fuel flow.
If the steam leaving contains more energy than is sup-
plied by the fuel entering then the steam pressure will
fall. Some of the energy in the fuel ends up in the flue
gases going up the stack so the energy in the fuel has to
match the sum of the energy lost up the stack and leav-
ing in the steam. The sum of everything flowing into the
boiler plant has to match what is flowing out or plant
conditions will change. An operator is something of a
juggler. You are always performing a balancing act con-
trolling flows into the plant to match what’s going out.

A boiler operator basically controls the flow of flu-
ids. The energy added to heat water or make steam
comes from the fuel and you control the amount of en-
ergy released in the boiler by controlling the flow of the
fuel. Gas and oil are both fluids because they flow natu-
rally. Operators in coal fired plants could argue they are
controlling the flow of a solid but when they look at it
they’ll realize that they’re treating that coal the same
way they would a fluid. The only other flow an operator
controls is the flow of electrons in electrical circuits, an-
other subject for another chapter—electricity. Control-
ling those flows requires you understand what makes
them flow and how the flow affects the pressures and
temperatures you thought you were controlling.

All fluids have mass. Fuel oil normally weighs less
than water. Natural gas weighs less than air but it still
has mass. We can treat them all the same in general
terms because what happens when they flow is about
the same. Gas and air are a little more complicated be-
cause they are compressible, their volume changes with
pressure. In practice the relationship of flow and pres-
sure drop are consistent regardless of the fluid so we’ll
cover the basics first.

Flow metering using differential pressure is based
on the Bernoulli principle. Bernoulli discovered the rela-
tionship between pressure drop and flow back in the
seventeenth century and, since it’s a natural law of phys-
ics, we’ll continue to use it. In order for air to flow from
one spot to another, the pressure at spot one has to be
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higher than the pressure at spot two. It’s the same as
water flowing downhill. The higher the pressure differ-
ential the faster a fluid will flow. If you think about the
small changes in atmospheric pressure causing the wind,
you know it doesn’t take a lot of difference in pressure
to really get that air moving. Bernoulli discovered the
total pressure in the air doesn’t change except for friction
and that total pressure can be described as the sum of
static pressure and velocity pressure.

The measurement of static pressure, velocity pres-
sure, and total pressure is described using Figure 1-3.
The static pressure is the pressure in the fluid measured
in a way that isn’t affected by the flow. Note that the
connection to the gage is perpendicular to the flow. The
gage measuring total pressure is pointed into the flow
stream so the static pressure and the velocity pressure
are measured on the gage. What really happens at that
nozzle pointed into the stream is the moving liquid
slams into the connection converting the velocity to ad-
ditional static pressure sensed by the gage. There is no
flow of fluid up the connecting tubing to the gauge. The
measurement of velocity pressure requires a special gage
that measures the difference between static pressure and
total pressure. With that measurement we can determine
the velocity of the fluid independent of the static pres-
sure. A velocity reading in a pipe upstream of a pump,
where the pressure is lower, would be the same as in a
pipe downstream of the pump (provided the pipe size is
the same).

If you’ve never played in the creek before, go give
it a try to see how this works. Notice the level of water
leaving a still pool and flowing over and between some
rocks. Put a large rock in one of the gaps and you’ll re-
duce the water flow through that gap but that water has

to go somewhere. The level in the pool will go up, prob-
ably so little that you won’t notice it because the water
flow you blocked is shared by all the other gaps and the
only way more water can flow is to have more cross-
section to flow through. I think I learned more about
hydraulics (the study of fluid flow) from playing in the
creek in my back yard than I ever learned in school. You
could gain some real insight into fluid flow by spending
some time observing a creek. That’s a creek, now, not a
large deep river. All the education is acquired by seeing
how the water flows over and through the rocks and
relating what you see to the concepts of static, velocity,
and total pressure.

WHAT COMES NATURALLY

Observing everything in nature helps you under-
stand what’s going on in the boiler plant. Most of our
engineering is based on learning about what happens
naturally then using it to accomplish purposes like mak-
ing steam. The formation of clouds, fog, and dew all
conform to rules set up by nature. By observing them we
learn cause and effect and can make it work for us. We
can be just like Newton, sitting under the apple tree and
being convinced, by an apple dropping, that there’s such
a thing as gravity and we can use it to do some work for
us. You can see how it works, then relate it to what’s
happening in the boiler plant.

Many natural functions occur in the boiler plant
and by observing nature we can get a better understand-
ing of what’s going on. Steam is generated and con-
densed by nature, we experience it by rain falling and
noticing the puddles disappear when it’s dry. Fire occurs
naturally and we can see what happens when the fuel
and air are mixed efficiently (as in a raging forest fire)
and not so efficiently (our smoldering campfire). We can
observe the hawks spinning in close circles in a rising
column of air heated by a hot spot on the ground or air
deflected by wind hitting a mountain. Even though we
can’t see the air, can understand buoyancy or how an air
stream is diverted.

Buoyancy is also evident in a block of wood float-
ing on water. The wood is not as dense as the water so
it is lifted up. The hot air the hawks ride is not as dense
as cold air so it floats up in the sea of colder air around
it. The movement of air and gases of different densities
is important in a boiler plant, we refer to it as “natural
draft,” movement of air that naturally occurs because air
or gas of higher temperatures is lighter than colder sur-
roundings and rises.Figure 1-3. Static, velocity, total measurements
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We can see the leaves and twigs in a stream spin off
to the side indicating the water is deflected by a rock in
the stream. We can see the level of the water increase
beside the rock revealing the increase in static pressure
as the velocity pressure is converted when it hits the
rock. That conversion of velocity pressure to static pres-
sure is how our centrifugal fans and pumps work.

When something happens that doesn’t make sense
try to relate it to what you observe happening in nature.
That’s how I arrive at many solutions to problems.

WATER, STEAM AND ENERGY

At almost every hearing for the installation or ex-
pansion of a new boiler plant there is the proverbial little
old lady in tennis shoes claiming we don’t need the
plant because it’s much easier and cleaner to use electric-
ity. We have to explain to her that almost all the electric-
ity is generated using boilers, even nuclear power. Each
time I’m questioned about why the facility needs a boiler
plant I think of how history was shaped by the use of
boilers. If it were not for the development of boilers, we
could still be heating our homes with a fireplace in each
room; imagine the environmental consequences of that!

Most people know so little about the use of water
and steam for energy that it’s important to establish an
understanding of the very simple basics, which is what
I’ll attempt to do in this section. Although you may feel
you understand the basics you want to read this section
because there are some simple shortcuts described here
that can help you.

Water is the basis for heat energy measurement.
Our measure of heat energy, the British thermal unit (Btu
for short) is defined as the amount of heat required to
raise the temperature of water one degree Fahrenheit.
We engineers know that’s not precisely true at every
condition of water temperature but it’s good enough for
the boiler operator. As for the energy in steam, well it
depends on the pressure and temperature of the steam
but, for all practical purposes it takes 1,000 Btu to make
a pound of steam and we get it back when the steam
condenses.

If you want to be more precise, you can use the
steam tables (Page 353) A few words on using those
steam tables is appropriate. Engineers use the word “en-
thalpy” to describe the amount of heat in a pound of
water or steam. We needed a reference where the energy
is zero and chose the temperature of ice water, 32°F. That
water has no enthalpy even though it has energy and
energy could be removed from it by converting it to ice.

So, the enthalpy of water or steam is the amount of en-
ergy required to get a pound of water at freezing tem-
perature up to the temperature of the water or steam.
Since we use freezing water as a reference point, the
difference in enthalpy is always equal to the amount of
heat required to get one pound of water from one con-
dition to the other.

Did I forget to mention that steam is really water?
Some of you are going to wonder about my sanity in
making such a simple statement but I’ve run into boiler
operators that couldn’t accept the concept that the water
going in leaves as steam. Steam is water in the form of
gas. It’s the same H2O molecules which have absorbed
so much energy, heated up, that they’re bouncing
around so frantically that they now look like a gas. The
form of the water changes as heat is added, it gets hotter
until it reaches saturation temperature. Then it converts
to steam with no change in temperature and finally su-
perheats. There is, for each pressure, a temperature
where both water and steam can exist and that’s what
we call the saturation point or saturation condition.

Most of us are raised to know that water boils at
212°F. That’s only true at sea level. In Denver, Colorado,
it boils at about 203°F. Under a nearly pure vacuum,
29.75 inches of mercury, it boils at 40°F. The steam tables
list the relationships of temperature and pressure for
saturated conditions. Since a boiler operator doesn’t
need to be concerned with the small differences in atmo-
spheric pressure the table shows temperatures for inches
of mercury vacuum and gage pressure. If you happen to
be a mile high, like Denver, you’ll have to subtract about
3 psi from the table data. Any steam table used by an
engineer will relate the temperatures to absolute pres-
sure.

What is absolute pressure? If you must ask you
missed it in the part on measurements, flip back a few
pages.

Provided the temperature of water is always less
than the saturation temperature that matches the pres-
sure the water is exposed to, the water will remain a
liquid and you can estimate the enthalpy of the water by
subtracting 32 from the temperature in degrees Fahren-
heit. For example, boiler feedwater at 182°F would have
an enthalpy of 150 Btu. It takes 970 Btu to convert one
pound of water at 212°F to steam at the same tempera-
ture so you’re reasonably accurate if you assume steam
at one atmosphere has an enthalpy of 1,150 Btu (212–
32+970). If we sent the 182°F feedwater to a boiler to
convert it to steam, we would add 1,000 Btu to each
pound. Just remembering 32°F water has zero Btu and it
takes 970 Btu to convert water to steam from and at
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212°F is about all it takes to handle the math of saturated
steam problems.

We do have other measures of energy that’s unique
to our industry. One is the Boiler Horsepower (BHP).
With 1,000 Btu to make a pound of steam and the ability
to generate several hundred pounds of it the numbers
get large and cumbersome, so the term Boiler Horse-
power was standardized to equal 34.5 pounds of steam
per hour from and at 212°F. Since we know that one
pound requires 970 Btu at those conditions a boiler
horsepower is also about 33,465 Btu per hour (34.5 ×
970), more precisely it’s 33,472. It’s important here to
note the distinction that a Boiler Horsepower is a rate
value (quantity per hour) and Btu’s are quantities. We
abbreviate Btu’s per hour “Btuh” to identify the number
as representing a rate of flow of energy.

Another measure of energy unique to our industry,
but not used much anymore, is Sq. Ft. E.D.R. meaning
square feet of equivalent direct radiation. It’s also a rate
value. It was used to determine boiler load by calculat-
ing the heating surface of all the radiators and
baseboards in a building. There are two relative values
of Sq. Ft. E.D.R. depending on whether the radiators are
operating on steam or hot water. It’s 240 Btuh for steam
and 150 Btuh for water. There are rare occasions when
you will encounter the measure but its better use is to
relate what happens with heating surface. If a steam
installation were converted to hot water, it would need
an additional 60% (240/150 = 1.6) of heating surface to
heat the same as the steam. Flooded radiators can’t pro-
duce the same amount of heat as one with steam in it
even though the water is at the same temperature.

The rate of heat transfer from a hot metal to steam
and vice versa is always greater than heat transfer from
a hot metal to water. It’s because of the change in vol-
ume more than anything else. Take a simple steam heat-
ing system operating at 10 psi (240°F). Check the steam
tables and you’ll find a pound of water occupies 0.01692
cubic feet and a pound of steam occupies 16.6 cubic feet.
As the steam is created it takes up almost 1,000 times as
much space as the liquid did. That rapid change in vol-
ume creates turbulence so the heating surface always
has water and steam rushing along it. It’s about the same
effect as you experience when skiing or riding in a con-
vertible, you’re cooler because the air is sweeping over
your skin. When the steam is condensing it collapses
into a space one one-thousandth of it’s original volume
and more steam rushes in to fill the void. That’s the
mechanism that improves heat transfer with steam, not
the fact that steam has more heat on a per pound basis.

Steam may have more heat per pound but those

pounds take up a lot more space. One cubic foot of water
at 240°F contains 12,234 Btu but one cubic foot of steam
only contains 69.88 Btu. Say, that provokes a question.
Why don’t we only use hot water systems because water
can hold more heat? The best answer is because we
would have to move all those pounds of water around to
deliver the heat. To deliver the heat provided by one
pound of steam would require about 200 pounds of
water. Steam, as a gas, naturally flows from locations of
higher pressure to those of lower pressure, we don’t
have to pump it. The rate of water flow is restricted to
about 10 feet per second to keep down noise and ero-
sion. Steam can flow at ten times that speed. Nominal
design for a steam system is a flowing velocity of about
6,000 feet per minute. If you found that confusing, check
the units, there are 60 seconds in a minute.

Hot water is a little easier to control when we
have many low temperature users. A hot water system
has a minimal change in the volume of the water at all
operating temperatures. For that reason we will pay
the cost of pumping water around a hot water system
in exchange for avoiding the dramatic volume changes
in steam systems. Never forget that there is a change in
volume in a hot water system; to forget is to invite a
disaster. Water changes volume with changes in tem-
perature at a greater rate than anything else, almost ten
times as much as the steel most of our boiler systems
are made of; see the tables in the appendix. Unlike
steam it doesn’t compress as the pressure rises so the
system must allow it to go somewhere. The normal
means for the expansion of the water in a hot water
system is an expansion tank, a closed vessel containing
air or nitrogen gas in part of it. Modern versions of ex-
pansion tanks have a rubber bladder in them to sepa-
rate the air and water. The bladder prevents absorption
of the air into the water. The air or nitrogen compresses
as the water expands, making room for the water with
a little increase in overall system pressure. Tanks with-
out bladders normally have a gage glass that shows the
level of the water in the tank so you can tell what their
condition is.

A hot water system will also have a means to add
water, usually directly from a city water supply. Most
have a water pressure regulator that adds water as
needed to keep the pressure above the setting of the
regulator. A relief valve (not the boiler’s safety valve) is
also provided to drain off excess water. Older systems
can be modified and added to the extent that the expan-
sion tank is no longer large enough to handle the full
range of expansion of a system. In some newer installa-
tions I’ve found tanks that were not designed to handle
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the full expansion of the system. Those systems require
automatic pressure regulators to keep pressure in the
system as the water shrinks when it cools and the relief
valve to dump water as it expands while the system
heats up. The tank should be large enough, however, to
prevent the constant addition and draining of water
during normal operation. A good tight system with a
properly sized expansion tank should retain its initial
charge of water and water treatment chemicals to sim-
plify system maintenance.

All hot water systems larger than a residential unit
should have a meter in the makeup water line so you
can determine if water was added to the system and
how much. Lacking that meter a hot water system can
operate with a small leak for a long period of time dur-
ing which scale and sludge formation will occur until
you finally notice the stack temperature getting higher
or some other indication of permanent damage to the
boiler or system.

Steam compresses so there is seldom a problem of
expansion with steam boilers unless you flood the sys-
tem. However, since steam temperature and pressure is
related when using steam at low temperatures we fre-
quently get a vacuum and air from the atmosphere leaks
in. We will say a vacuum “pulls” air in but it really
doesn’t have hands and arms that can reach out to grab
the air. The atmospheric air is at a higher pressure so it
will flow into the vacuum. In those cases where we have
a tight system the vacuum formed as steam condenses
will approach absolute zero so the weight of the air
outside the system will produce a differential pressure of
15 psi which can be enough to crush pressure vessels in
the system. To prevent that happening low temperature
steam systems usually have vacuum breakers to allow
air into the system. Check valves make good vacuum
breakers because they can let air in but not let the steam
out. Thermostatic steam traps and air vents are required
to let the air out when steam is admitted to the system.
If installed and operated properly low pressure steam
systems can work well because the metal in the system
will be hot and dry when the air contacts it so corrosion
is minimal.

To know how much heat is delivered per hour you
determine the difference in enthalpy of the water or
steam going to the facility and what’s returning then
multiply that difference by the rate of water or steam
flowing to the process. The basic formula is (enthalpy in
less enthalpy out times pounds per hour of steam or
water). In the case of water there’s a little problem with
that formula because you normally determine flow in
water systems in gallons per minute. Well, just like the

others, there’s a simple rule of thumb; gpm times 500
equals pounds per hour. One gallon of water weighs
about 8.33 pounds and one gpm would be 60 gallons per
hour so 8.33 × 60 equals 499.8 and that’s close enough.
Since the difference in enthalpy is about the same as the
difference in temperature for water, heat transferred in a
hot water system can be calculated as temperature in
minus temperature out multiplied by gpm times 500.

For steam systems it’s simply 1,000 times the steam
flow in pounds per hour if the condensate is returned.
There are times when the condensate isn’t returned be-
cause a condensate line or pump broke or the conden-
sate is contaminated. That’s common in a lot of
industrial plants because it’s too easy for the condensate
to be contaminated so it’s wasted intentionally. In those
circumstances you have to toss in the heat lost in the
condensate that would have been returned. What you’re
really delivering to the plant under those conditions is
the heat to convert the water to steam plus the energy
required to heat it from makeup temperatures to steam
temperature.

There are also applications where the steam is
mixed with the process, becoming part of the production
output. An example is heating water by injecting steam
into it. The amount of heat you have to add to make the
steam is the same as the previous example but the heat
delivered to the process is all the energy in the steam.

The one problem many boiler operators have is
grasping the concept of saturation. Steam can’t be gener-
ated until the water is heated to the temperature corre-
sponding to the saturation pressure. Once the water is at
that temperature, the temperature can’t go any higher as
long as water is present. At the saturated condition any
addition of heat will convert water to steam and any
removal of heat will convert steam to condensate. The
temperature cannot change as long as steam and water
are both present. When the heat is only added to the
steam then the steam temperature will rise because
there’s no water to convert to steam. Whenever the
steam temperature is above the saturation temperature it
is called superheated.

Superheated steam doesn’t just require addition of
heat. If you have an insulated vessel containing nothing
but saturated steam and lower the pressure then the
saturation temperature drops. The energy in the steam
doesn’t change so the temperature cannot drop and the
steam is superheated. In applications where high pres-
sure steam is delivered through a control valve to a
much lower pressure in a process heater the superheat
has to be removed before the steam can start to con-
dense. The heat transfer is from gas to the metal, without



18 Boiler Operator’s Handbook

all the turbulence associated with steam condensing to a
liquid. It isn’t as efficient as the heat transfer for con-
densing steam. Process heaters can be choked by super-
heated steam where the poor gas to metal heat transfer
leaves much of the surface of the heat exchanger un-
available for the higher rates of condensing heat transfer.
That’s right, your concept that superheated steam would
be better just went out the window.

So why superheat the steam? We superheat steam
so it will stay dry as it flows through a steam turbine or
engine. Without superheat some water would form as
soon as energy is extracted. The water droplets would
impinge on the moving parts of the turbine (a familiar
concept would be spraying water into the spinning
wheel of a windmill) damaging the turbine blades. In an
engine it would collect in the bottom of the cylinder. In
electric power generating plants it’s common to pipe the
steam out of the turbine, raise its temperature again (re-
heating it) then returning it to the turbine just to main-
tain the superheat.

When we’re generating superheated steam some of
it is needed for uses other than the turbine so we don’t
want it superheated. In that case we desuperheat it. Heat
is removed or water is added to the superheated steam
for desuperheating. When water is added, it absorbs the
heat required to cool the steam by boiling into steam. In
most applications superheat cannot be eliminated en-
tirely because we need some small amount of superheat
to detect the difference between that condition and satu-
ration. As long as we have a little superheat, we know
it’s all steam. When it is at saturation conditions, we
can’t tell how much water is in the steam.

Understanding saturation is the key to understand-
ing steam explosions. When water is heated to satura-
tion conditions higher than 212°F, as in a boiler, it cannot
exist as water at that temperature if the vessel containing
it fails. Under those circumstances the saturated condi-
tion becomes one atmosphere and 212°F as the water
leaks out. A portion of the water is converted to steam to
absorb the heat required to reduce the temperature of
the remaining water to 212°F. How much steam is gen-
erated is determined by the original boiler water tem-
perature but every pound of water converted to steam
expands to 26.8 cubic feet. The rapid expansion of the
steam is the steam explosion.

Let’s do the math for a heating boiler operating at
10 psig. The 240°F water has to cool to 212°F releasing 28
Btu per pound. It can only do so by generating steam at
212°F which contains 1,150 Btu per pound. One pound
of steam can cool 41 pounds of water (1,150 ÷ 28). The
volume of 42 pounds of 240°F water at 0.01692 cubic feet

per pound (0.71 cubic feet) becomes 41 pounds of water
at 212°F (0.01672 × 41 = 0.685 cubic feet) and one pound
of steam (26.8 cubic feet) so the original volume of water
expanded 38.71 times (0.685 + 26.8 = 27.48 ÷ 0.71) and it
happens almost instantly.

Other situations involving steam at saturation are
described in the discussion of equipment where it must
be understood.

COMBUSTION

Most of our fuel that we use is called “fossil fuel”
because its origin is animal and vegetable matter that
was trapped in layers of the earth where it became fos-
silized, breaking down, for the most part, into hydrocar-
bons. Hydrocarbons are materials made up principally
of hydrogen and carbon atoms. It’s the hydrocarbon
portion of fossil fuels that generates more than 90% of
the energy we use today, from the propane that fires up
your barbecue to the coal burned in a large utility boiler
to make electricity. The normal everyday boiler plant
that you’re operating also burns hydrocarbons but we
concentrate mainly on four forms, natural gas, light oil,
heavy oil, and coal.

The principal difference in these fuels is the hydro-
gen/carbon ratio and the amount of other elements that
are in the fuel. Despite the fact that our typical hydrocar-
bons vary from a gas lighter than air to a solid they all
burn the same, combining with oxygen from the air to
release energy in the form of heat. It’s not necessary to
know how it does it, only to understand that certain
relationships exist and generally what happens depend-
ing on changes you make or changes that are imposed
on you by the system. If you look at a number of what
we call “ultimate analysis” of fuels you’ll discover that
the fuel gets heavier with an increase in the amount of
carbon in the fuel and lighter as hydrogen increases.
There are other factors but let’s just discuss simple com-
bustion first.

If you were ever in the Boy Scouts, you were
taught the fire triangle. To create a fire you need three
things, a fuel, air, and enough heat to get the fire going.
You also probably discovered that you can stack up a
campfire (you’ll discover I love campfires) using pieces
of wood about four inches in diameter and over a foot
long and even though you have a lot of fuel there with
air all around it you can’t start the darn thing with a
match. Obviously there’s fuel and air so the problem is
not enough heat. To get that fire going you have to have
some kindling, smaller and lighter pieces of fuel that
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will continue to burn once you heat them with a match
and they produce more heat to light those big sticks you
put on the campfire.

Once the fire gets going, the heat generated by
those big sticks burning is enough to keep them going
and light more big sticks as you stack them on the fire.
If you pull the fire apart, isolating the big sticks from
each other, the fire will go out. Now we have a very
good lesson on the relationship of fuel and heat in a fire.
As the fuel burns it generates heat and some of that heat
is used to keep the fuel burning and some is used to start
added fuel burning. When the fire is compact, where a
good portion of the heat it generates is only exposed to
the fire and more fuel the fire will be self supporting. If
the fire is spread out where all its heat radiates out to
cold objects the fire will go out.

The fuel in the furnace of a boiler burns at tempera-
tures in the range of 1200 to 3200°F which is usually
more than enough to keep it burning and heat up any
new fuel that’s added to the fire. Modern furnaces, how-
ever, are almost entirely composed of water-cooled walls
which absorb most of the radiant heat of the fire. Despite
that high temperature a fire in a modern boiler is barely
holding on and it doesn’t take much to put it out. That’s
why we need flame detectors, which are covered in a
later chapter.

All of our fuels are principally hydrocarbons, ma-
terial containing atoms of hydrogen and carbon in vari-
ous combinations with varying amounts of other
elements. The reason hydrocarbons are important is they
release energy in the form of heat when they burn. We
call the burning of the fuel the “process of combustion.”
That’s because we engineers have to use big words, we
say combustion instead of burning to give the action a
name, burn is a verb, combustion is a noun. It really isn’t
that complicated a word and most operators have no
problem using it.

We use different adjectives for combustion includ-
ing partial, perfect, complete, and incomplete to describe
different results when burning fuels. Partial combustion
means we burned part, but not all, of the fuel. Incom-
plete combustion is basically the same but the difference
is we intentionally have partial combustion and incom-
plete combustion is undesirable. Perfect combustion is
an ideal condition that is almost never achieved. It’s
when we burn all the fuel with the precise amount of air
necessary to do so. Of course we engineers have to use
a fancy word to describe that condition, and it’s “sto-
ichiometric” combustion. Complete combustion burns
all the fuel but we always have some air left over.

Every fuel has its air-fuel ratio. That’s the number

of pounds of air required to perfectly burn one pound of
fuel. The air-fuel ratio of a fuel is principally dependent
on the ratio of carbon to hydrogen in the fuel, the
amount of hydrocarbon in the fuel, and, to a lesser de-
gree, the air required to combine with other elements in
the fuel. Note that this is a mass ratio, not related to
volumes, but it can be converted to a volumetric ratio
(cubic feet of air per cubic foot of fuel) provided we
specify the conditions of pressure and temperature to
define the density of the fuel and air. The air-fuel ratio
for a fuel can be determined from an ultimate analysis of
the fuel (Appendix L, page 380).

The air required for the fuel is not consumed com-
pletely, only part of the air is used, the oxygen. I’m sure
you know that atmospheric air, the stuff we breathe,
contains about 21% oxygen by volume. We engineers get
more precise and say it’s 20.9% but for all practical pur-
poses 21% is close enough. What’s in the other 79%? It’s
all nitrogen, what we call an “inert” gas because it
doesn’t do much of anything except hang around in the
atmosphere. When we get to talking about the air pollu-
tion we create when operating a boiler you’ll discover it
isn’t entirely inert. That little tenth of a percent we engi-
neers consider contains a lot of gases, mostly carbon
dioxide, that don’t really do anything in the process of
combustion either so we can say they’re inert.

It’s a good thing that air has that 79% nitrogen
because it absorbs a lot of the heat generated in the fire
and limits how fast that oxygen can get to the fuel. It’s
considered a moderator in the process of combustion
because it keeps the fuel and oxygen from going wild;
without it everything would burn to a crisp in an awful
big hurry.

You should recall an incident in the early days of
the manned space flight program where three astronauts
were burned to death in a capsule during a test while
sitting on the ground. At that time they were using pure
oxygen in the capsules, a small electrical fire provided
enough heat to get things started and, without the nitro-
gen to moderate the rate of combustion, the inside of the
capsule was consumed by fire in seconds. We do have
flames that burn fuel with pure oxygen, the space
shuttle’s engines do it and the typical metalworker’s
cutting torch uses it, but those applications have a limit
on their burning imposed by consumption of all the fuel
and the moderating effect of the nitrogen in air sur-
rounding those operations. Keeping those cutting torch
oxygen tanks properly strapped down in the boiler plant
is important because they’re a source of pure oxygen
that could produce a rapid, essentially explosive, fire in
the plant where we aren’t prepared for it.
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The appropriate title for this part should be com-
bustion chemistry but I know what would happen. Men-
tion the word “chemistry” and a boiler operator’s eyes
glaze over and they look for a route of escape. Hey, if we
wanted to be an engineer or chemist maybe we would
study chemistry, we’re not engineers or chemists so
don’t bother us with that stuff. Okay, I understand the
feelings and I remember them but you have to under-
stand what’s happening in that fire to know how to
operate a boiler properly. I’m not going to present any-
thing that’s far out, no confusing calculations or any of
that stuff, it’s really quite simple and you’ll find you can
understand it and use that understanding to become a
wiser operator.

Any fossil fuel has only three elements in it that
will combine with the oxygen in the air and release heat.
All of a sudden combustion chemistry is not so complex
is it? Actually there are only four reactions that you need
to know. (Combining of materials to produce different
materials is a reaction). Let’s start with the easy one first;
hydrogen in the fuel combines with oxygen in the air to
produce di-hydrogen oxide (H2O). Yes, you’re right,
that’s really what we call H-two-O and it’s water.

Of course the heat generated by the process pro-
duces water so hot that it’s steam so we don’t see liquid
water dripping from a fire. I like to say hydrogen is like
the best looking girl at the dance. She always gets a
partner. Hydrogen will mug one of the other products of
combustion if necessary to get its oxygen. To date no-
body has been able to find any hydrogen left over from
a combustion process because it always gets its oxygen
to make water. You’re assured that all the hydrogen in
the fuel will burn to water if combustion is complete. If
it isn’t complete, the hydrogen will still be combined
with some carbon atoms to produce a hydrocarbon,
sometimes it isn’t any of the hydrocarbons that the fuel
started out as, it can be an entirely different one.

Carbon, in complete combustion, combines with
the oxygen in the air to make carbon dioxide, CO2 for
short. We say “C-oh-two” basically reading off the letters
and number. That’s one atom of carbon and two atoms
of oxygen. You’ll probably recall that it’s the fizz in soda
pop and what we breathe out. Actually our bodies con-
vert hydrocarbons to water and carbon dioxide. We just
do it slower and at much lower temperatures than in a
boiler furnace. Since carbon is the major element in fuel,
we make lots of carbon dioxide in a boiler. Next in quan-
tity is water. Now, that brings up an interesting point, if
we’re making carbon dioxide and water, both common
substances that we consume, then what’s the problem
with boilers and the environment? We’ll get to that but,

for the most part, firing a boiler is natural and it pro-
duces mostly CO2 and H2O which aren’t harmful.

Notice that I had to say “in complete combustion”
in the lead sentence of that last paragraph. If we have
incomplete combustion, the carbon will not burn com-
pletely. Instead of forming CO2 it forms CO, carbon
monoxide. That’s the colorless, odorless gas that kills.
The person deciding to commit suicide by sitting in his
running car in a closed garage dies because the car en-
gine generates CO and he breathes it. That CO is trying
to find another oxygen atom to become CO2 and it will
strip it from our bodies if it can. That’s what happens, it
robs us of our oxygen and we die of asphyxiation.

The last flammable (stuff that burns) constituent in
fuel is sulfur. Sulfur combines with the oxygen in the air
to form SO2, sulfur dioxide. There isn’t a lot of sulfur in
fuel but what’s there burns. And, that’s it! Three ele-
ments, Carbon, Hydrogen, and Sulfur combine with
oxygen to produce CO2, water, and SO2 and heat is gen-
erated in the process. Now, hopefully, I can show you
the chemical combustion formulas and they’ll all make
sense. When we use numbers in subscript (small and
slightly below normal) that indicates the numbers of
atoms (represented by the letter just in front of the num-
ber) in a molecule. Numbers in normal case indicate the
number of molecules. Atoms, represented by the letters,
combine to form molecules. Many gases, oxygen is one
of them, are what we call diatomic; that means it takes
two atoms to make a molecule of that gas. All fuels are
made up of atoms of hydrogen and carbon, it’s the mix
of atoms to form the molecules of the fuel that produces
the different fuels we’re used to. In other words, it’s the
combination and number of hydrogen and carbon mol-
ecules that determines if the fuel is a gas, an oil, or a
solid material like coal. Here’s the list of basic combus-
tion chemistry equations.

C + O2 => CO2
+ 14,096 Btu for each pound of carbon burned.

2H2 + O2 => 2 H2O
+ 61,031 Btu for each pound of hydrogen burned

S + O2 => SO2
+ 3,894 Btu for each pound of sulfur burned

2C + O2 => 2CO
+ 3,960 Btu for each pound of carbon burned

C is Carbon, one atom
CO is a molecule of carbon monoxide, containing two atoms
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CO2 is carbon dioxide, one molecule containing three atoms
H2 is a molecule of hydrogen, consisting of two atoms
H2O is a molecule of water, consisting of three atoms
O2 is a molecule of oxygen, consisting of two atoms
S is an atom of sulfur
SO2 is a molecule of sulfur dioxide, three atoms

The rules of the equations are rather simple. You
have to have the same number of atoms on both sides of
the equation. Try counting and you’ll see that’s the case.
You see, we don’t destroy anything when we burn it. It’s
one of the natural laws of thermodynamics that’s called
the law of conservation of mass. It may appear that the
wood in the campfire disappeared but the truth is that it
combined with the oxygen in the air to form gases that
disappeared into the atmosphere along with the smoke.
Every pound of carbon is still there. It’s just combined
with oxygen in the CO and CO2. I know it doesn’t make
sense that we get energy without converting any of that
matter to the energy but that’s the case. At least nobody
has been able to find a difference in weight to prove it.

You’ll also notice that we don’t get much heat from
the carbon when we make CO. That’s one sure way to
know you’re making any significant amount of it. When
I was sailing, we sort of used that fact to tune the boilers.
Once we were at sea we pushed the boilers to generate
as much steam as possible to turn that propeller with the
turbines. Every rotation of that big screw got us 21 feet
closer to Europe or 21 feet closer to home, depending on
which way we were going, and the more rotations we
got the faster we got there. We would push the fans wide
open then increase fuel until we noticed our speed
wasn’t increasing. Usually what happened is the speed
would drop off. That was a sure indication we were
making CO so we would back off on the fuel a little and
that was the optimum point for firing.

Why did the speed suddenly drop off? Notice in
the formulas that one oxygen molecule produces only
one molecule of CO2 and two of CO. There’s another
natural rule that says all molecules at any particular
pressure and temperature take up the same amount of
space. Since we double the number of flue gas molecules
when we make CO the gas volume increases. The in-
creased gas volume produces more pressure drop
through the boiler which restricts flue gas flow out.
Since the gas can’t get out as fast, less air can get in and
there’s less oxygen so we make more CO. The result is a
generous generation of CO until the heat input has
dropped to where there’s a balance between the pressure
drop from more CO and the reduced generation of CO
as the air input is decreased. Try it some time… carefully.

Just decrease your air or increase your fuel at a constant
firing rate and watch the steam flow meter. When the
CO starts forming you’ll see the steam flow drop off.

Maybe it’s a little late, but I think this is a great
time to discuss how fuels are produced. It’s because the
methods used in creating those fuels are partially occur-
ring in our fire in our boiler and by talking about both
at the same time it may make more sense why I would
insist you know how some fuels are made. Coal is not
necessarily made but is simply dug up and transported
to the boiler plant right? Not really, some of it is put
through a water washer, some of it is treated by expo-
sure to superheated steam, and a small amount of it is
ground up fine and mixed with fuel oil to create another
fuel. Natural gas and fuel oil also go through prepara-
tion processes. Natural gas is normally put through a
scrubber after it’s extracted from the ground to remove
excess carbon dioxide and sulfur compounds.

For all practical purposes the gas flowing up the
large pipelines from Louisiana and Texas to all us con-
sumers on the east coast doesn’t have any sulfur in it to
speak of. If it did the sulfur might react with the oils in
the big compressors the pipeline companies use to pump
the gas north and make those oils acid. Once the gas
arrives at a gas supplier in the northeast sulfur is added
back into the gas in the form of mercaptans, chemical
compounds that give gas its odor so we can detect leaks.
Those mercaptans contain sulfur.

Fuel oil whether it’s number 1 (kerosene), 2 (die-
sel), or any of the heavier grades (4, 5 & 6) all come from
crude oil, the oil that’s pumped from the earth or gushes
when it’s under pressure. The crude oil is “refined” in a
refinery to separate the different fuels, and a lot more,
from the material that comes out of the ground. One big
fraction of crude oil is gasoline. In fact there is such a big
demand for gasoline that some of the other products are
re-refined by different processes to make more gasoline
to satisfy our love for driving around in automobiles.
The basic process of separating the different components
from crude oil is distillation where the oil is heated until
the lighter portions including naphtha, gasoline, and
others evaporate.

A good portion of our kerosene and light fuel oil
(Number 2) is produced by distillation. Some of that and
heavier parts of the crude oil are heated further and
exposed to catalysts (materials that help a reaction oc-
cur) to “crack” them, breaking more complex hydrocar-
bons down into lighter, less complex ones. That’s what
happens when the fuel is exposed to the heat of the fire,
it’s distilled and cracked until it becomes very simple
hydrocarbons that readily react with air to burn. It’s ar-
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gued, with some degree of accuracy, that only gases
burn and the heat has to convert the fuel to a gas before
it will burn. All that distillation and cracking takes some
time and that’s why a fuel doesn’t burn instantly once
it’s exposed to air.

Now let’s try something just a little more compli-
cated. Let’s burn the major portion of our natural gas.
It’s mostly methane, which is represented by the formula
CH4. The same rules for formulas apply. To burn the
methane we need a couple of oxygen molecules, O2 from
the air. One molecule of the O2 combines with the carbon
to form CO2 and the other combines with the four hy-
drogen atoms to make two molecules of H2O. The equa-
tion is:

CH4 + 2 O2 => CO2 + 2H2O
16 32 28 20

The numbers under the groups of molecules in the
equation represent the atomic weights of the different
molecules. I’m sure you know that metals have different
weights, aluminum being a lot lighter than steel so you
can easily agree that carbon, hydrogen, and oxygen have
different weights. You’ll also be pleased to know that
even I don’t remember the atomic weights, it’s not neces-
sary to, so you can relax, you don’t have to remember the
numbers, only the concepts. Atomic weights have no
units, they’re all relative with oxygen assigned an atomic
weight of 8 as the reference because it’s the standard we
use to measure molecular weights. Hydrogen has an
atomic weight just slightly more than one and we use
one because it’s close enough for what we’re doing. Car-
bon has an atomic weight of twelve and that’s all we
need to see the total balance of the combustion equation
for methane. One carbon plus four hydrogens gives
methane a molecular weight of 16 (12 + 4). The two mol-
ecules of oxygen consist of four atoms so its weight is 32
(4 × 8). The CO2 is 12 + 2 × 8 and the two water molecules
are twice (2 × 1 + 8). The law of conservation of mass
means that we should have as much as we started with
and, sure enough, 16 + 32 is 48, the same as 28 +20.

We engineering types use this business about
weights to get an idea of the amount of energy in the
fuel. Remember earlier we said we could make 14,096
Btu for every pound of carbon we burned? Well, in the
case of methane 12/16ths of it is carbon, and that will
provide 10,572 Btu per pound of CH4 (12 ÷ 16 × 14,096).
Similarly, the 4/16ths of hydrogen will produce 15,257
Btu (4 ÷ 16 × 61,031). Add the two values to get a higher
heating value of methane of 25,829 Btu per pound. Now
I know that doesn’t meet with your understanding of

how we normally measure the heating value of natural
gas. We say natural gas produces about 1,000 Btu per
cubic foot, right? That’s because it’s always measured by
volume, in cubic feet. However, the measurement is also
always corrected for the actual weight of the gas because
it’s the mass that determines the heating value, not the
volume.

Whenever an engineer wants to know exactly how
much flue gas will be produced by a fuel, precisely what
the air to fuel ratio is for that fuel, and how much energy
we’ll get from the fuel we ask for an “ultimate analysis”
of the fuel. That analysis tells us precisely how much
carbon, hydrogen, sulfur, etc. is in the fuel. An ultimate
analysis also includes a measure of the actual heating
value. The worksheet in the appendix on page 382 is
used to determine the amount of air required to burn a
pound of fuel and some other information we use as
engineers.

I still haven’t really explained why the big sticks on
that campfire didn’t start burning right away. In addi-
tion to the fact the big heavy stick sucks up all the heat
from the match without its temperature going high
enough for it to burn it has to do with something we call
flammability limits. If you add enough heat to any mix-
ture of air and fuel some of it will burn. What we really
have to do is come up with a mixture of air and fuel that
will not only burn, but will produce enough heat in that
process that it will continue to burn. I really wonder if
I’ll ever stop finding situations where I can’t get a fuel
and air mixture to burn. After forty-five years in the
business you would think I could always get a fire go-
ing, not just campfires, fires in a boiler furnace. Throw in
enough heat and some fuel and air and it should burn,
right? Well, I can honestly say “no” because I’ve been
through several bad times trying to get a fire going with
no success. This is one of those situations when you can,
hopefully, learn from my mistakes and not get as frus-
trated as I have trying to get a fuel to burn. There are
two rules. First, the fuel and air mixture has to be in the
flammable range and secondly, you need a fuel rich con-
dition to start. The hard part for those of us designing
and building boiler plants is to make certain we have
those conditions.

What’s the flammable range? It just happens to be
the same thing as the explosive range. It’s a range of
mixtures of fuel and air within which a fire will be self
supporting, not requiring added heat to keep the process
of combustion going. To be perfectly honest with you,
every time we fire a burner we’re producing an explo-
sive mixture of fuel and air. It doesn’t explode because it
burns as fast as we’re creating it. If it doesn’t burn and
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we keep creating that mixture the story is a lot different.
Eventually something will produce a spark or add
enough heat to start it burning. Then the mixture burns
almost instantly and it’s that rapid burning and heating
to produce rapidly expanding flue gases that we call an
explosion.

A graphic of a typical fuel’s flammability range is
shown in Figure 1-4. At the far left of the graph is where
we have a mixture that’s all air, no fuel. On the far right
is where we have all fuel and no air. The quantities of
fuel and air in the mixture vary proportionally along the
graph as indicated by the two triangles. The thin line in
the middle of that band is the stoichiometric point, the
mixture that would produce perfect combustion. Mix-
tures to the left of the stoichiometric point are called lean
mixtures because they have less fuel than required for
perfect combustion. They can also be called air rich.
Mixtures to the right are called fuel rich because there is
more fuel in the mixture than that required for perfect
combustion. Keep in mind that we’re looking at pounds
of air and pounds of fuel, not volume. The flammability
range is the shaded area and it’s only within that narrow
range of mixtures that a flame will be self sustaining.

At either end of the flammable range, which we
also call the explosive range, are the two limits of flam-
mability. The one where flammability will be lost if we
add any more air is called the lower explosive limit, LEL
for short. The one where too much fuel prevents sus-
tained combustion is called the upper explosive limit,
UEL. If you think about it, it’s essential that we have this
flammability range. Otherwise the sticks would burn as
you carried them back to put on the campfire; actually
everything would burn up. On the other hand, that nar-
row range of mixtures keeps me humble and could do
the same to you. It isn’t as easy to get a fire going in a
furnace when you consider that you have to get the fuel
and air mixture within that narrow range. You get to
bypass most of the experiences we engineers have be-

cause we make sure it works before you get your hands
on it.

Getting the mixture in the flammable range isn’t
the only criteria when it comes to combustion in a boiler
furnace. The only way that flame will burn steady and
stable is if it begins at the UEL. In other words, the point
where ignition begins is where the fuel and air mixture
pass from a really fuel rich condition into the explosive
range. I can still recall looking through the rear observa-
tion port into a furnace full of pulverized coal and air, so
much that it looked like a fog in there. I could see the
bright flame of the oil ignitor burning through the fog
but the darn coal wouldn’t light! Needless to say I was
very uncomfortable looking at that mixture of fuel and
air and wondering whether it might suddenly light.

Many a boiler failed to light because there wasn’t
that fuel rich edge right where the ignitor added the heat
to light it off. Usually it’s due to the mixture being too
fuel rich and the ignitor not reaching the point where the
UEL is to get things started. In other situations the fire is
lit and the heat from the fire manages to force ignition
into the fuel and air entering the furnace until the fire
reaches a point that’s way too fuel rich and the fire goes
out. Then, because the furnace has some heat, the fuel
and air mix again to reach the flammable range and the
mixture lights again and burns back toward the burner
again. We call it instability, you typically call it “run like
hell.”

Here’s where I always tell boiler operators that you
shouldn’t always do what you see the service engineer
doing. It’s standard practice for service engineers to
manually control the fuel going into the furnace when
lighting a burner they just adjusted. They do it because
they aren’t certain about the mixture and have their
hand on the valve to control it, usually shutting the
burner down faster than the flame safety system would.
Once they get it right, they usually let it light off the
automatic valves. Of course I should say that applies to
service engineers that worked for me at Power and
Combustion. In some instances a service engineer will
leave a job that doesn’t light off properly; as far as I
know we never did.

I always tell this story because it introduces an-
other term in a manner that operators understand. One
of the reasons Power and Combustion provided quality
boiler and burner installations was the interaction be-
tween the design engineer (me) and the technicians in
the service department who performed the work in the
field. They never hesitated to show me how I had
screwed up or call when they had a problem they
couldn’t resolve. In the 1980’s my service manager atFigure 1-4. Flammability range
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Power and Combustion was a gentleman named Elmer
Sells. Elmer and I got along well because we’re both
hillbillies, natives of the Appalachians, I grew up in
western New York State and he grew up in West Vir-
ginia. We were into the start-up phase of a project to
convert three oil fired boilers at Fort Detrick to gas fir-
ing.

I got a call from Elmer asking that I come out to the
plant to look at a problem they had. When he called he
used that West Virginia drawl that normally meant he
figured he had me, so I knew I was in trouble before I
even left. I arrived right after lunch time and found
Elmer standing next to the largest boiler, a four burner
unit rated at 140,000 pph. Working that WV drawl he
informed me they had just purged the boiler and he
would like me to try to light off the bottom left burner.

As I climbed up the ladder to the burner access
platform I noticed the observation port on the burner
was open so I stood off to the side of the burner while
I started it. The gas-electric ignitor started fine but there
was a little delay after I opened the last main gas shut-
off valve. The burner ignited, the boiler shuddered, and
a tube of flame shot out of that observation port about
six to nine feet long. I had my finger on the burner stop
button immediately but realized the burner was operat-
ing normally. Then I turned to look down at Elmer who
was standing there with his hands clasped behind his
back while rocking back and forth on his toes and heels.
He dropped his broad smile and said, again with that
WV twang “little rough, ain’t it?” I agreed and realized
what I had done wrong so we set out to correct the prob-
lem. Today those burners light off quietly and smoothly.
The lesson to be learned here is any roughness on light
off is just another form of explosion and shouldn’t be
tolerated.

In recent years I’ve encountered facilities where the
contractor that placed the equipment in operation
couldn’t establish a smooth light off and left the job in-
forming the owner that it was “just a puff” that occurred
as the burner started. Don’t ever let anyone convince
you that a puff is anything other than an explosion. A
puff is simply an explosion that did no or limited dam-
age. Every puff you experience should be considered a
warning and is not be tolerated because sooner or later
whatever is causing the problem will get worse and you
will experience an explosion that does some serious
damage.

What causes explosions, including puffs? It is the
direct result of an accumulation of a flammable mixture.
Make no mistake about it, when you’re burning a fuel
you are creating an explosive mixture because there is no

difference between a mixture of fuel and air that will
burn and an explosive mixture. The reason we can safely
fire a boiler is we burn the explosive mixture at the same
rate that we create it. It’s only when the mixture doesn’t
burn and accumulates that we have an explosion. We
control the combustion by controlling the rate of burn-
ing. When an accumulation ignites it burns at a rate
dictated by nature and that’s a lot faster than our normal
fire, so fast that the products of combustion expanding
can create a pressure wave which will create a force of 18
to 70 psig. The explosions we experience and call a puff
were simply small accumulations of an explosive mix-
ture which did not produce pressure high enough to
rupture the furnace.

It’s not always possible to avoid a puff or rough
light off. They occur when burner systems fail to repeat
the conditions established when they were set up. Mate-
rial can plug orifices, linkage can slip, regulator springs
can soften and many times a combination of minimal
factors can combine to prevent a smooth light off or
burner operation. If you experience a puff you should
consider it a warning sign that something is going
wrong and do something about it. If your sense of what
has been happening with your burner is sound, you may
be able to correct the problem yourself but you should
keep in mind that more than 34% of boiler explosions are
attributed to operator error or poor maintenance; make
adjustments only when you are confident that you un-
derstand what is causing the delayed ignition. If you
aren’t certain, it’s much wiser to call for a service tech-
nician that has experience with burner adjustments.

I think it’s important that a flame begin within the
throat of the burner where heat radiating from the re-
fractory throat provides ignition energy. I normally don’t
see a stable flame on a burner without a good refractory
throat. A boiler just south of Baltimore had a furnace
explosion in 1993 that was due to the improper adjust-
ment of the burner such that the UEL was established so
far out in front of the burner that it would not light the
first two or three tries; an accumulation of unburned fuel
brought the mixture into the explosive range on the next
attempt and the boiler room walls flew out into the park-
ing lot. That incident and several others I’ve investigated
justifies my instructions to all boiler operators. The best
thing I can tell you at the end of a chapter on combus-
tion. You can push the reset push-button on the flame
detector chassis two times and only two times, never
take a chance on strike three.

I can’t leave the subject of combustion without
touching on the latest buzzwords that has EPA’s atten-
tion and, therefore, every State’s department of air qual-
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ity. Combustion optimization is simply the process of
adjusting the air to fuel ratio on a boiler to get the most
heat out of the fuel. The environmental engineers also
want it to be while generating the smallest amount of
emissions. For many a small plant a service technician
comes in once or twice a year (the typical state regula-
tion requires a combustion analysis at least once a year)
and he “tunes up” the boiler. From all I can tell that’s the
EPA’s perception of it. Those of you with more sophisti-
cated controls and oxygen trim have automatic combus-
tion optimization, the controls are constantly adjusting
the fuel to air ratio.

THE CENTRAL BOILER PLANT

Steam and hot water are used for building and
process heating because the conversion of our fossil fuels
(coal, oil, natural gas) and biomass (like wood and ba-
gasse) to heat is not a simple process. Water and steam
are clean and inexpensive and are excellent for transfer-
ring energy from one location to another. It is also rela-
tively easy and inexpensive to extract the heat from the
steam or hot water once it has been delivered to where
the heat is required. Boilers made it possible to centralize
the process for converting fuel to heat so the heat could
be distributed throughout a facility for use. One boiler
plant in a large commercial or industrial facility can
serve hundreds or even thousands of heat users. The
central plant concept is the most efficient way to deliver
heat to a facility.

Many will question that statement, I know. If cen-
tral plants are so efficient then why are so many facilities
installing local boilers and doing away with the central
plant? The answer is false economy. Many of our central
plants are at the age where all the equipment and piping
are well past its original design life and should be re-
placed. Replacing the central plant with several small
local boilers is seen as a way to reduce the capital (first)
cost. We can install one gas pipe distributing fuel to all
those local boilers at a much lower cost than installing
insulated steam and condensate or hot water supply and
return piping.

However, the cost of several small boilers with a
combined capacity exceeding that of the central plant
puts a considerable dent in the distribution piping sav-
ing. Those are not the principal reasons for the switch;
the main reason central plants are abandoned is the con-
tention that all those little local plants, operating a low
steam pressure or with hot water below 250°F don’t
need boiler operators present. The justification is elimi-

nating the high wages of boiler operators. There’s the
main source of the false economy. Installing many more
boilers to maintain will reduce the cost of qualified op-
erators. Ha!

The most recent study I’m aware of is one by
Servidyne Systems Inc., & the California Energy Com-
mission which claims “a well trained staff and good PM
program has potential of 6% to 19% savings in energy.”
If the staff is eliminated then an increase in cost of 6.3%
to 23.4% is possible because they are not there to main-
tain that savings. A little plant with a 500 horsepower
boiler load could see energy cost increases in terms of
1999 dollars of $110 to $408 per day; you can man a plant
around the clock for that upper figure.

Fuel prices in January of 2001 were triple the 1999
cost and they’re increasing again as I write this. So, you
see, decentralizing almost any existing plant will save on
labor but burn those savings up in fuel. That doesn’t
consider the additional cost of maintaining several boil-
ers instead of two or three. By the time all those local
boilers start needing regular maintenance the people
that decided to eliminate the central plant have claimed
success and left. The facility maintenance bill starts to
climb to join the high fuel bills associated with all those
local boilers.

Now someone’s going to claim that the local boil-
ers are more efficient because they’re operating at low
pressure. That’s not true. Nothing prevents a high pres-
sure steam plant with economizers generating steam
more efficiently than a low pressure boiler when the
feedwater temperature is less than the saturation pres-
sure of the heating boiler. A typical central plant in an
institution will have 227°F feedwater to cool the flue
gases but local heating boilers will be about 238°F. Since
the flue gases can be cooled more by the high pressure
plant the central plant boiler efficiency will be higher.

Add to the higher efficiency of a central plant the
ability to burn oil as well as gas and the purchasing price
advantage for the fuel, the most expensive cost when
operating a plant, is also lower. Today’s time of use pric-
ing has almost eliminated the deals we got for interrupt-
ible gas. In the 1990’s when firm gas was about $5 a
decatherm interruptible gas was about $3.50. You could
save 30% on the price of gas by allowing the supplier to
call for you to stop burning that fuel at any time. The
ability to burn fuel oil allowed you to take advantage of
an interruptible gas contract. Today it’s not interruptible,
but you pay a much higher price than oil when gas is in
short supply.

Running fuel oil supply and return piping to a lot
of local boilers is usually abandoned as a first cost sav-
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ings. Besides, who will be around to switch them? There
are automatic controls for switching fuels but the ge-
niuses that decide to abandon a central plant must be
afraid of them. With time of use prices someone needs to
compare them for oil and gas to decide when to fire oil.
In the winter of 2001 I had a customer capable of firing
oil that fired gas at prices of $10 to $11 a therm when oil
cost only about $7.50; they burned up a difference in less
than two months that would have paid a boiler
operator’s salary for a year. The only way a central plant
can cost more to operate than a lot of local boilers is if
the heat loss from the distribution piping is excessively
high. However, it takes a lot of quality installed distribu-
tion piping to produce enough heat loss to justify a lot of
local boilers. If your management is considering shutting
down your central plant lend them this book so they can
ask the right questions of whoever is pushing for it.

I was always encouraging customers to install boil-
ers in their central plants with higher pressure ratings.
The cost differential for a boiler capable of operating at
600 psig instead of 150 psig is not that great compared to
the value of the potential for adding a superheater and
converting the boiler for generating electricity later. Very
few chose to heed those suggestions and today they’re
regretting it because distributed generation is the big
thing. A plant that generates power with the same steam
that’s used in the facility produces that electricity at a
fraction of the cost of an electric generating station. Usu-
ally 80% of the energy in the fuel a simple boiler plant
uses is converted to useful energy in the facility; less
than 40% of the energy in a conventional utility steam
plant gets converted to electricity. All facilities that
dumped their central plants for a multitude of little boil-
ers also dumped their ability to make power economi-
cally.

Distributed generation is a new buzzword that
basically means electricity is generated in many loca-
tions (instead of large centrally located power plants that
are usually long distances from the users of the power).
By having several small plants distributed throughout
an area transmission lines lose less power and don’t
have to be so big.

ELECTRICITY

If there’s anything that boiler operators pretend to
know nothing about it’s electricity. I have met several
boiler operators that would send for an electrician to
change a light bulb. To choose to know nothing about it
is to doom yourself to becoming a janitor, with pay to

match. Not only are we in an age where electricity pow-
ers our controls but we’re coming into the age of distrib-
uted generation where every decent sized boiler plant
will be generating electricity. It’s essential that the boiler
operators of tomorrow know enough about electricity to
use it, generate it, and occasionally troubleshoot a cir-
cuit.

The current trend is toward engine and gas turbine
cogeneration. That’s where the fuel that’s normally
burned in the boiler is fired in the engine or gas turbine
instead. The engine or turbine generates electric power
and the steam or hot water is generated by the heat from
the exhaust of the engine or turbine.

Some visionaries like to think we’ll all be running
with fuel cells in the future. Fuel cells generate electricity
by reversing the electrolysis process. I trust you’ll re-
member that day in chemistry lab in high school when
you put two wires into water with an inverted test tube
over each and watched gases form at the ends of the
wires with the bubbles rising to collect in the test tubes?
That was electrolysis, breaking water down into its two
elements, hydrogen and oxygen. A fuel cell combines
hydrogen and oxygen to form water and generate elec-
tricity. Heat is also generated in the process and that’s
what would be used to generate our steam and hot
water. Fuel cells have advantages like no moving parts,
other than fuel and cooling fluid pumps, so they are
very reliable. We might all be using them today if it
weren’t for one simple problem. They can’t generate
electricity using the carbon in the fuel. Any fuel cell
using a typical hydrocarbon fuel like natural gas basi-
cally burns the carbon.

Whether it’s an engine, a gas turbine, a fuel cell, or
a very conventional steam turbine driving an electric
generator you will eventually be operating one because
all plants will have them. So, … now’s the time to get an
adequate understanding of electricity.

I’m not going to use all the hydraulic analogies we
engineers typically try to use because I think they are
just confusing. Electricity is different but it isn’t a dark
and mysterious thing that is beyond the understanding
of a competent boiler operator. There are only two basic
things you have to know about electricity and the rest
falls into place.

For electricity to work there has to be a closed cir-
cuit. A circuit is a path that the electricity flows through.
Break the circuit anywhere so it is not a closed path and
electric current can’t flow through it. The second thing is
that there has to be something in that circuit that pro-
duces electrical current. If electric current isn’t flowing
through the circuit the circuit isn’t doing anything.
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That’s it, create a circuit to make electricity work and
break the circuit to stop it. When the path is complete so
current can flow we call it a closed circuit. Whenever
there’s a break in it we call it an open circuit. To be fair
I should also explain that a “break” is typically undesir-
able whereas the “open” is a normal interruption in the
circuit.

You pull the plug on the toaster that’s stuck and
belching black smoke while incinerating the last slice of
bread that you planned on having for breakfast and you
opened the circuit. Actually, you opened it in two places,
the plug does have two prongs. When you turn the light
switch off you opened the circuit. In most cases opening
a circuit consists of moving a piece of metal so there is
a gap between it and the rest of the metal that forms the
circuit. In almost every case where we use electricity we
use metal wire and metal parts to form the circuit. Some-
times, as with the toaster plug, you can see the open. In
other situations, as with the light switch, you can’t see
the open because it’s enclosed in plastic to protect you
and it.

When mother nature is dealing with electricity
metal is not a requirement. At some time in your life you
had to walk across a carpet on a cold dry winter day,
reach for the doorknob and get surprised by a spark
jumping from your finger to the knob. We call that static
electricity but there wasn’t anything static (as in stand-
ing still) about it. As you walked along the carpet your
shoes scraped electrons off the carpet which then col-
lected in your body. When you reached for the doorknob
the electrons passed through your finger, through the air,
into the doorknob. Another way mother nature shows us
how she handles electricity is lightning. In those cases
electric arcs form where the electricity just flows through
the air, just like the static spark off your finger traveling
to the doorknob.

Those two natural examples imply that a circuit
doesn’t have to be like a circle (so the electrons can con-
tinue to flow around it) but the truth is that they are. The
electrons you dumped to the doorknob eventually bleed
through the door, hinges, door frame and into the floor
to get back to the carpet. The discharge of lightning is
dumping electrons dragged to the earth by the rain
drops back up to the clouds in the sky. Those rather fast
and furious discharges of electricity are not the kind of
thing we want to do in the boiler plant. Note that it’s
called a “discharge” which means the electric charge is
eliminated, at least until it builds up again. Once you’ve
recovered from that spark between your finger and
doorknob you will not get shocked again, provided you
didn’t move around the carpet some more.

A battery is like having stored electrons. The differ-
ence is a battery contains chemicals that react to replace
the electrons when you start discharging it. You can dis-
charge a battery by running the electrons through a light
bulb, as in a flashlight, or, as I sometimes do when car-
rying some spares around, by shorting the battery. I do
that when the keys in my pocket manage to touch both
ends of the battery. I have some rechargeable batteries in
which the chemical process is reversed to restore the
charge. A battery will keep restoring the charge until the
chemicals all change then we call it “dead.” There’s not
much difference between a dead battery and a dead elec-
trical circuit except that the battery just can’t produce
enough electrons to raise the voltage and a dead circuit
can have full voltage someplace.

It’s important to realize that an electrical circuit
that isn’t doing anything can still have a charge of elec-
trons stored someplace ready to surprise us just like
when we reached for the doorknob. The problem with
electric circuits is they have the capacity to store a lot
more electrons than our shoes can rubbing the carpet
and it’s current that kills. The voltage you build up
walking across the dry carpet is a lot higher than most
electrical circuits, it takes a lot of voltage to make elec-
trons jump that gap between your finger and the door-
knob.

You’ll recall there was this earlier chapter on flow?
Electricity is no different. You control the flow of the
electricity, those little electrons have to flow for some-
thing to happen. Voltage is nothing more than a refer-
ence value like steam pressure. The electric company, or
you if you’re generating it, produce enough electron
flow to keep the voltage up just like you produce
enough steam flow to keep the pressure up. Most electric
flow control is on-off; you close the switch and open it to
control the flow. You may have a dimmer on one or more
lights in your home, they control the flow of electrons to
dim the lights. At other times the equipment is designed
to automatically control the flow.

I’ve managed over forty years to deal with electric-
ity but I have to admit that I still don’t really understand
what happens with alternating current. I base all my
operating judgment on principles for direct current and
a little understanding of alternating current. I trust you
can do the same, you don’t have to be able to design
electrical systems, only understand how they work and
how to operate them. Of course you can troubleshoot
them to a degree if you understand how they work.

I even use the basic Ohm’s law on AC circuits to
get an idea of what’s going on. I know it isn’t a correct
analysis but it’s good enough for me. You know Ohm’s
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law, it’s really mother nature’s law, Ohm is just the guy
that realized it. The voltage between any two points in a
circuit is equal to the value of the current flowing
through the circuit times the resistance of the circuit
between the two points. V=IR where V stands for volt-
age, I stands for current in amperes, and the R represents
resistance in ohms. If you know any two of the values
you can determine the third because current equals volt-
age divided by resistance and resistance equals voltage
divided by current.

Ohm’s law is a lot of help when troubleshooting
electronic control circuitry. Most of our control circuits
today use a standard range of four to twenty milliamps
to represent the measured values. For example, a steam
pressure transmitter set at a range of 0 to 150 psig will
produce a current of 12 milliamps when the measured
pressure is 75 psig. If we aren’t getting a 75 psig indica-
tion on the control panel and want to know why we can
take a voltmeter and measure voltage at several points
in the circuit to see why. Start with the power supply, it
should be about 24 volts if it’s a typical one. That gives
you a starting point and you can use one side of the
power supply, whenever possible, to check for voltage at
other points in the circuit.

The voltage drop across the transmitter should be
more than half that of the power supply because all the
transmitter does is increase or decrease its resistance; to
control the current so it relates to the measured steam
pressure. If there isn’t much voltage drop across the
transmitter then there’s a problem elsewhere in the cir-
cuit. I’ll frequently check for a voltage drop between
each wire before it is connected to the transmitter termi-
nal and a spot past the screw that holds the wire because
poor connections are frequently a problem. 24 volts DC
can’t push current through a loose or corroded connec-
tion and corrosion is always a problem in the humid
atmosphere of a boiler plant. I’ve fixed many a faulty
circuit by just tightening screws without even checking
the voltage.

A voltmeter or even a light bulb in a socket with
two wires extended can be used to check the typical 120
volt control circuit. Just make sure you don’t touch those
test leads on the light to anything that could be higher or
lower voltage. If the resistance between two points is
zero, or nearly zero, then there’s no voltage and your
meter or test light will show nothing. If the circuit is
open between the two points you put your test leads on
you will get a reading or the light will shine. The circuit
will not operate because the meter or light doesn’t pass
enough electrical current.

In the days of electro-mechanical burner manage-

ment systems I added a light to a control panel, down in
the bottom door, and labeled it “test.” The light was
connected to the grounded conductor and a piece of
wire long enough to reach anywhere in the panel was
connected to the light and left coiled up in the bottom.
All an operator had to do was pick up the coiled wire
and touch it’s end to any terminal or other wire in the
panel to find out if the wire or terminal was “hot.” The
idea was to allow the operator to pick up that lead and
troubleshoot the system when he had problem.

Most of the time that provision was eliminated
from the design after the submittal to the owner. Why?
It was a combination of Owner management being con-
vinced that an electrician was the only one that could
troubleshoot electrical circuits or they had trade restric-
tions which required that work be done by an electri-
cian. Frequently it’s assigned to a trade identified as an
instrument technician. I’ve discovered, however, that
most electricians are totally lost in a burner management
control system and few instrument techs understand
them. Set up your own test light so you have it when
you need it.

The need for troubleshooting burner management
systems has decreased considerably with the introduc-
tion of microprocessor based systems. Many of them
include a display that will tell the operator what isn’t
working (failure to make a low fire start switch on start-
up being a very common one) and they’re simply more
reliable than all those relays and that extensive wiring.
Just the same, you should be able to do it. Read the
drawings and sequence of operation until you under-
stand how your system works then review it every year
so you will have most of it in your head when the need
to solve a problem comes up.

What good was that test lead? Well, all you had to
do was touch the end of it to one of the terminals or
wires in the system (while holding the insulation on the
wire so you don’t light up) and see if the test light comes
on. If the light comes on then there’s a closed circuit up
to that point. If it’s not on then you know there’s an open
somewhere between the power supply and that termi-
nal. When one terminal is hot and the next one isn’t you
can look on the drawing to see what’s connected be-
tween the two. If it’s supposed to have a closed contact
at the stage you’re looking at then you go out into the
plant to find the device to see what’s wrong with it. The
device could be broken or it could be valved off (al-
though there aren’t supposed to be valves between a
boiler or burner and the limit switches). It could be
something as dumb as a screw vibrated out and the
switch flopped over, something that really screws up
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mercury switches.
If a fuel safety shut-off valve should open, but

doesn’t, you can check its terminal (when the burner
management system indicates it should be energized) to
see if it’s getting power (light on). If it isn’t then you can
check back through the panel circuitry to find what’s
open. Keep in mind that you only have ten or fifteen
seconds to do that most of the time and you’ll have to go
through several burner cycles until you spot the prob-
lem. If the output terminal is energized then you’ll have
to check the power at the valve to be certain it’s not a
loose or broken wire between panel and valve motor.

I used to take it for granted but got stung so many
times that now I always check to be certain a burner
management system is properly grounded. Lack of a
ground can produce some very unusual and weird con-
ditions. Anytime you see lights that are about half bright
or equipment running that’s noisy and just not normal
look for lack of a ground or an additional one.

Exactly what is a ground? It’s anything that is con-
nected to a closed circuit to mother earth. In most plants
there is a ground grid, an arrangement of wires laid out
in a grid underground and all interconnected to each
other and the steel of the building to produce a
grounded circuit. At your house it’s your water line and
possibly also separate copper rods driven straight into
the ground. A ground wire is any wiring connected to
the ground.

Don’t confuse a ground wire with a grounded con-
ductor. Ground wires are there to bleed stray voltage to
ground, not to carry current. A grounded conductor is a
wire that carries electrical current but is connected to a
ground wire. All the white wires in your house should
be grounded conductors. If you took the cover off your
circuit breaker panel you should see that they’re all con-
nected together in there and also connected to a wire
that is attached to your water line (the ground wire).

All the steel in a building, the boilers, pumps, pip-
ing, etc., should all be connected to a ground. In cases
like the building steel or pumps and piping the electri-
cians will call them “bonded.” Bonding and grounding
is the process of attaching everything that could carry
electrical current (but shouldn’t) to the ground below the
building. At sometime in your career you should have
an opportunity to do what I’ve done, three times. You’re
working around a pump or something and step back or
drop a tool and knock the grounding conductor loose.
There’s more in the section on maintenance that ad-
dresses that.

With everything connected to a ground the differ-
ence in voltage between any wire and ground should

indicate the voltage of the system the wire is in. System
voltages do vary though and you shouldn’t get excited
if the voltage seems a little off. The common 120 volt
system will vary from a low of 98 to a high of 132 al-
though they typically fall in the 115 to 120 range. 480
volt systems usually range from 440 to 460 volts between
leads at the motor.

We never give it much thought but you should
always know another location where you can disconnect
the power to a circuit. Remember the toaster? The reason
you pulled the plug out of the wall was the toaster con-
trol didn’t work. There’s usually a button or lever we
can push or flip to release the toast and turn the toaster
off but sometimes it gets jammed. That’s a regular for
me because I like the whole grain large loaf bread and
those slices are always getting stuck in the toaster. Well,
just like the toaster, you should be able to identify an-
other means of shutting down every piece of electrical
equipment in the plant.

Usually you just push a button labeled stop and
that’s all you have to do. The stop button moves a metal
bar away from two contacts to open the control circuit
which stops current flowing through a coil that holds the
motor starter contacts closed. The coil releases the motor
starter contacts and the motor stops. The question is,
what do you do when a) the push-button contacts don’t
open? b) the insulation on the two wires leading to the
push-button in a conduit placed too low over a boiler
melts and the wires touch each other (what we call a
short)? c) a screwdriver somebody left in the motor con-
trol center dropped onto the terminal board for the
starter shorting out that same push-button circuit? d)
Humidity in the electrical room promoted corrosion on
the metal core of the coil until the portion holding the
motor contacts rusted to it so the motor contacts stay
closed even when there’s no power to the coil? e) two or
more of the motor starter contacts fused together and
will not release even though the coil isn’t holding them
shut? (I could go on with a lot of other scenarios) What
do you do? Make sure you know where to flip a circuit
breaker or throw a disconnect in case something like that
happens.

Keep in mind that disconnects are not normally
used to break circuits. They’re the devices that have cop-
per bars that are hinged at one end and slip between two
other pieces of copper that press against the bar to pro-
duce a closed circuit. If you pull one of those to shut a
motor down expect some sparks. You wouldn’t normally
do it because those copper bars aren’t designed for arc-
ing and they’ll melt a little wherever the arc forms.
When you do have to do it, do it as fast as possible.
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Speaking of arcs… you know, that spark between
your finger and doorknob and the lightning are arcs:
they can be hazardous to you and the equipment. Every
motor starter and circuit breaker is fitted with an “arc
chute.” It’s constructed of insulating material and de-
signed to help break the arc that forms when you’re
opening a circuit. You won’t see them used on common
120 volt or lower circuitry because that’s not enough
voltage and seldom has enough current to produce a
sizable arc. Normally the arc chute has to be removed to
see, let alone get at, the main circuit contacts to inspect
and maintain them. You’ll recognize them after peeking
into several starters and breaker cabinets. Whatever you
do, make certain it’s put back!

When somebody leaves the arc chutes off, and it
happens frequently, the arc that forms when the contacts
open lasts longer and does serious damage to the con-
tacts because all the current in the arc tends to leave
through one point and that point gets so hot that the
metal melts and tries to follow the current producing a
high spot on the contacts. The next time the contacts
close that high spot is the only place contact is made and
the metal is overheated because all the current for the
motor has to go through that one little point. It melts and
the coil pressure pushes the contacts together squeezing
that melted part out until enough metal is touching on
the contact to reduce the heat. Then the contact is fused
closed and it won’t necessarily open when the coil is de-
energized. That’s when you’re running around trying to
find another way to shut the damn motor down!

If only two of the contacts fuse together or some-
thing happens to one of the three circuit wires for a three
phase motor it runs on only one phase. We call that
single phasing because current can only flow one way at
a time between two wires. Three phase motors can oper-
ate on one phase if the load is low enough but it will
destroy the motor in a short period of time.

Three phase motors use three electrical currents
that flow between the wires. If they aren’t balanced the
motors can run hot and fail early. Your motor starter
terminals should be checked regularly (every two or
three years) and after any maintenance to be certain that
the voltage is balanced. Use a meter to measure the volt-
age on each pair of leads, L1 to L2, L2 to L3, and L3 to
L1. That big L, by the way, stands for “line” meaning
line voltage, the supply voltage. The difference between
the average difference and the lowest or highest mea-
surement shouldn’t exceed five percent. If there is a big
difference in voltage you should get an electrician to
check everything in the plant.

That’s about all I know about three phase motors

that is worth telling an operator. The current has to flow
in all three wires for it to work and the current isn’t
flowing through each wire at the same rate and the volt-
age isn’t the same in any wire at any particular instant in
time. Don’t do anything that could result in one wire
having an open circuit when the others don’t.

Speaking of motors, that’s one of the few things I
haven’t destroyed… yet. I can proudly say that I haven’t
burned up a motor. We won’t talk about all the other
things I’ve managed to destroy. You can, however, burn
up a motor if you don’t treat it properly. The common
method is starting and stopping one. Motors are rated
for “continuous duty,” “intermittent duty,” and “severe
duty.” You might think that had something to do with
where they were located or how many hours the run a
day but it doesn’t. Continuous duty motors are designed
to operate continuously but only be started once or twice
an hour. Intermittent duty motors are designed to start
and stop a little more frequently and severe duty motors
are designed to be started and stopped all the time. So,
if you have a small boiler with a level controlled feed
pump that starts and stops all the time it should have an
intermittent or severe duty motor.

When a motor is started the electricity has to bring
it from a dead stop up to speed and that takes a lot of
energy. It’s sort of like pushing somebody’s car when
they’re broke down (does anybody do that anymore?) It
takes a lot of push to get it moving. A motor has what
we call high inrush current, in other words a lot of elec-
tricity flows through it when it starts. All that energy
heats up the motor because it isn’t as efficient as it is
when it’s up to speed. If you stop it, then start it up
again right away the heat is still there and added to. So
don’t start and stop continuous duty motors a lot. Some-
times we have some problems getting a boiler started
and repeatedly start and stop the burner blower. If
there’s a selector switch on the panel that lets you run
the fan constantly that’s a better thing to do than let it
continually start and stop.

One operating technique I was taught was starting
a centrifugal pump with the discharge valve shut. It
won’t hurt the pump, at least not right away, and pre-
venting any fluid flow reduces the load of the pump
while the motor is coming up to speed. Once the motor
is up to speed you open the discharge valve so fluid can
flow. That only works on centrifugal pumps.

You can also overload a motor. One of the things I
always used to do when designing boiler plants was
specify a pump or fan be supplied with a motor that was
non-overloading. In other words, it was oversized so no
matter what we did operating it, we couldn’t overload it.
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Now I know that oversized motors are very inefficient so
I try not to do that (oversize them). Since we’re all work-
ing toward more energy efficient installations you will
have more opportunities to burn up a motor than I ever
did!

DOCUMENTATION

The importance of a boiler plant log, SOPs and
disaster plans has already been stressed. Since I measure
the quality of care a plant receives by its documentation
I thought it important to let you know what I believe
should be documented in a boiler plant.

Okay, that’s a fair question, what is documenta-
tion? It’s all the paperwork. Frequently I get a comment
from an operator that goes something like “If I wanted
to do paperwork I would have got a desk job!” It’s not
so much doing it, if you think about it the only paper-
work you do regularly is filling out the logs. Since the
logs are your proof of what you did they’re always part
of an operator’s job. SOPs, disaster plans, and the rest
that I’m about to cover are primarily one time deals with
maintenance as required. You prepare them once and
revise them when necessary.

Maintaining documentation can make a big differ-
ence in plant operation. Occasionally I get a call to visit
a customer to attempt to determine who made a piece of
equipment, what size is it, and where they can get an-
other one. Of course those situations are always crisis
ones because whatever it is just broke down and they
need it desperately. Frequently I’ll be in a plant collect-
ing data for a new project or to troubleshoot a problem
and discover the nameplate on a piece of equipment is
either (1) covered with eight layers of paint, (2) scratched
and hammered until it’s beyond recognition, or (3) sim-
ply missing… and the plant will not have one piece of
paper that describes it. Look around your plant at every
piece of equipment and imagine what’s going to happen
if it falls apart when you need it!

Just a couple of weeks ago I was in a plant with
pumps that were so corroded you couldn’t even read the
manufacturer’s name and markings formed in the cast-
ing, let alone the nameplate. They had no paperwork on
those pumps and no spares. If one broke down they
would have no idea where to find a replacement for it.
They couldn’t even go to their local pump shop and get
something that would work because they had no idea
what the capacity or discharge head of the pump was.
There’s an old saying in the construction industry that
applies to everyone, it’s short and sure, “Document or

Disaster.”
Not only do you need plant documentation, it has

to be organized. I insist the design for every project have
an equipment list and a bill of materials and that they be
correct. When the job is done those documents become
the index for the operating and maintenance instruction
manuals. I’ve had customers who didn’t seem to care if
they had them and others who requested as many as
eighteen copies. Of course the ones that asked for all
those copies never managed to have one in the plant
when I visited it later!

My method is to assign every piece of equipment
in the plant a 3 digit equipment number beginning with
101. Drawing number 02 for every job is the equipment
list where every piece of equipment is described along
with a common name, manufacturer’s information (in-
cluding shop order, invoice, and serial number) and
performance requirements. Drawing number 01, by the
way, is a list of the drawings. When equipment or sys-
tems are added to the plant the 02 drawing for that job
becomes an extension of the first, etc. When they’re
properly prepared on 8-1/2 × 11 paper equipment lists
are an invaluable, single and readily accessible informa-
tion source.

I also produce an alphabetical index for equipment
which references the number so the information can be
found in the equipment list.

Material is identified by a bill of material number
that consists of a drawing number and the bill of mate-
rial item number from that drawing. My drawing num-
bers were all two digit (I never made more than 99
drawings for a job) so you can tell a number is a bill of
material number because it has two digits followed by a
dash and the item number. It tells you where you can
find it on a drawing (the drawing number) and where
it’s described (in the bill of material on the drawing). If
there isn’t a drawing describing some material (for ex-
ample, there’s no creating a drawing of water chemicals)
I make up a drawing that is nothing but a list of those
materials.

What’s the difference between equipment and ma-
terial? If I can define it in the space for a material item
on a drawing it’s material. When it takes more than one
or two lines to describe everything I need to know about
it, it’s equipment. It’s also equipment when you need an
instruction manual to use it.

I want the equipment number marked on the
equipment, and some materials, to facilitate reference
and I stamp every page of the O & M Instructions with
the number before I put them in the binders. Everything
is then arranged and stored by the numbers. I’ve encour-
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aged every plant I work in to take that format and ex-
tend it to identify everything in the plant.

Most plants will find my numbering method works
for them. Large facilities may find it is easier to use four
digit equipment numbers where the first digit segregates
items (0_ _ _ _ for general equipment, 1_ _ _ _ for Boiler
1, etc., and drawing numbers get much larger as well. If
possible, form a scheme for yourself and use it to iden-
tify equipment and material so you can find something
when you want it and you have a rationale for where the
paper is stored in a filing cabinet.

Someone’s bound to ask, why use numbers? Why
not just arrange alphabetically by the equipment name?
The answer is, if you are a very small plant then you can
use alpha. However, any reasonable size of boiler plant
is going to have a lot of equipment and it may take sev-
eral file drawers to store all the information. Every time
you add something to the plant with a numbering sys-
tem that material goes to the last space in the last drawer
in the file, the next consecutive number. If you add
something with an alpha arrangement you will have to
insert it somewhere in the middle and move all the rest
of the material about to make space for it. Numbering
devices and using an index to locate the number is easier
to manage.

Each equipment file also needs to have references to
repairs and maintenance history, spare parts, and other
pertinent information. Since repairs and maintenance are
ongoing the easiest way in a paper system is to have a
sheet in each equipment file which has a line for each ac-
tivity. The sheet might look something like this:

101 - Boiler 1 - Maintenance and Repair History
Original installation and start-up complete - October 11, 1993
Annual Inspection - July 18, 1994
Annual Inspection - July 22, 1995
Replaced fan motor - August 12, 1995
Annual Inspection - June 30, 1996
Annual Inspection - July 11, 1997
Annual Inspection - July 17, 1998
Annual Inspection - June 23, 1999
Annual Inspection - July 21, 2000
Replaced burner - October 11, 2000
Plugged three tubes - January 22, 2001
Annual Inspection - June 30, 2001
Replaced probed on low water cutoff - August 21, 2001
Replaced steam pressure switches - August 30, 2001

As you can see, this brief history of repairs and
maintenance can easily fit on one sheet of paper to cover
several years. To know more about, say… why the three

tubes were plugged, you would simply look at the main-
tenance and repair logs for January 22, 2001. It’s also
obvious that this requires some discipline on your part,
the item has to be added to the equipment record. It’s so
much easier with a computerized system and equipment
numbers.

Today it’s easiest to use a computer to maintain
your records, just be sure you back it up. You can iden-
tify the location of the instruction manual by file number
and drawer number or other reference. The digital pro-
cessing allows you to insert information for a piece of
equipment in a record without having to move every-
thing about. Actually it’s moved, it’s just that you don’t
do it, the computer does. You can also find maintenance
and repair information and other data related to a piece
of equipment by simply searching those files for an
equipment number.

Even though the matter of filing is facilitated by
the computer you should still use equipment numbers.
A number is unique to the computer but it can’t always
pick out differences in alpha references that we all use.
For example, your data files could have references to
Boiler No. 1, boiler #1, Blr. 1, boiler 1, and Number one
boiler all entered by different people and sometimes
even by the same person. The computer doesn’t realize
all those references mean boiler 1, and some information
could be lost in the depths of the data files.

With little plants I like to see everything stored
together, the original specification, the manufacturer’s
paperwork, maintenance and repair records, parts lists,
record of parts on hand and where they’re stored. When
all the documentation for a piece of equipment is stored
in one spot you can find information quickly and, quite
importantly, when you dispose of the equipment you
can pull the paper from only one spot to discard it or
move it. If the equipment was replaced you can replace
the documentation readily as well. You shouldn’t have
to sift through tons of paper that describes pieces that
were thrown out years ago; it seems I’m always doing
that.

Okay, we have a need for documentation, a means
of keeping it in order, now what do we have to keep?
Here’s a list of equipment items that is as complete as I
can make it. You won’t always need everything but none
are unnecessary. The best thing to do is keep everything
because you never know when a piece of information is
valuable until you can’t find it!

• An equipment list, arranged in numerical order
with a description of each piece of equipment. A
name for the equipment; manufacturer,
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manufacturer’s model number, a copy, rubbing or
photo of the nameplate, model number, serial num-
ber, National Board and State Numbers for boilers
and pressure vessels, capacity, maximum allowable
pressure, maximum operating temperature, mini-
mum operating temperature, maximum and mini-
mum ambient temperatures for operation and
storage, voltage requirements, power or amp draw,
weight dry, weight operating, overall dimensions.

• Original specification and/or purchase order for
the equipment.

• Manufacturer’s Data Report Forms and all Repair
Forms (boilers and pressure vessels).

• The Manufacturer’s Operating and Maintenance
Manual.

• PIDs (Process and Instrumentation Diagrams)
These drawings show the intended flow of all the
process fluids (water, steam, gas, oil, etc.) in the
plant and the instruments that are used to measure,
indicate, and record the values of those fluid flows.
Frequently they will have the range of flow for
each fluid. A steam line may show values like “0 to
25,000 pph” so you’ll know what the range of flows
are. It can also show pipe sizes.

• Lubrication records, what lubricants are required
and when the equipment was lubricated or lubri-
cant was changed. Include tribology reports.

• Maintenance and repair records. Either a reference
to the date of repair (see above) so details can be
found in the maintenance and repair log or a de-
scription of the work and when it was done.

• Spare Parts List furnished by Manufacturer (in-
cluding updated lists when they change part num-
bers and prices)

• List of spare parts on hand and the location where
they are stored.

Of course you’ll also need a material list. In small
facilities that can just be the bills of materials on the
drawings. When you have more than ten to twenty
drawings for the plant that begins to get cumbersome. A
prepared material list, again you could use a computer,
can consist of a number of pages in a three ring binder

(my preference) with pages for each drawing bill of
material (could be a copy of the original drawing) and
an index that helps me find the more important ones.
The advantage here is that you can change the informa-
tion in the notebook to reflect replacements and not have
to alter the original drawings. When you replace a valve
you can edit the material list to include the manufacturer
and figure number of the valve you put in. The figure
number on the drawing may identify a valve that’s no
longer available or the original manufacturer could be
out of business.

All those documents should be prepared initially
by the engineer and contractor that built your boiler
plant. They’re something you should have if you don’t
and, if you don’t, you should take the time to create.
Once you have them, all you should do is keep them
current and add maintenance history. Now, it’s time to
talk about documentation that has to be produced by the
operators.

STANDARD OPERATING PROCEDURES

It’s so regrettable that many boiler plants have lost
valuable knowledge and experience that was developed
over the years of the plant’s operation. I’m always
amazed that people have an attitude that is expressed in
statements like “if Charlie ever retires this plant is in a
lot of trouble.” The problem isn’t just Charlie’s retire-
ment, if he dies tomorrow the plant is in a lot of trouble!
The message that’s really being passed with those com-
ments is that Charlie knows a lot about the boiler plant
and he’s the only one that knows it. You may think a lot
of Charlie, you may rely on him for help on a regular
basis, but the truth is that Charlie is a selfish SOB that
intends to take his knowledge with him when he leaves
the plant and doesn’t give a damn about what happens
to it or anyone else working there after he leaves.

Maybe everyone thinks he’s great right now but
different words will be used when he’s gone and some-
one has to do what Charlie has always done. Charlie
may do something a certain way because he remembers
how someone (maybe himself) got hurt doing it another
way. If he leaves the plant and takes that knowledge
with him it’s highly likely that equipment will be dam-
aged, the plant will be shut down, someone will get
hurt, or, god forbid, someone dies—because nobody
knows what Charlie knew. I don’t want any Charlie’s in
my boiler plants and I’m constantly warning chiefs
about his type. Don’t be a Charlie, help document your
SOPs and keep them up to date.
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Standard Operating Procedures (SOPs) are known,
followed and disregarded, changed and updated but
seldom written down. It’s the lack of SOPs in written
form that make Charlie and his kind bad boys in my
book, and in the books of people that later suffer from
the lack of knowledge that Charlie had. Charlie has
SOPs, the problem is they are all in his head. That
doesn’t do anyone a damn bit of good when Charlie is
gone.

As far as I’m concerned very operator owes it to his
fellow employees and successors to keep a written set of
SOPs, keep them up to date, and be certain that they are
complete enough to be followed properly. When a bad
experience demonstrates you did it the wrong way that
should result in a change in SOPs so nobody else has to
have that bad experience. I always suggest a footnote be
added in the SOP that reads something like “To avoid
failure experienced on (date)” so new and future opera-
tors will be able to look up the history of that incident in
the log should they question the SOP. Documenting the
operation that works well is one way to ensure that the
experience is normally a pleasant one and you (and ev-
eryone else) avoids the unpleasant ones.

If it were a simple matter to write down steps to
follow for each operation in a boiler plant and they al-
ways worked then this book wouldn’t be necessary. Hell,
operators wouldn’t be necessary. No two plants, no two
boilers, function exactly the same and the only way you
determine how to handle those variances is with experi-
ence. The manufacturer’s instructions for operating the
equipment are almost always inadequate because they
can’t (nor do they even try to) foresee the unique situa-
tions that surround their equipment when it’s installed
in your plant. Don’t expect the chapters that follow to be
complete either. I list the general activity and identify
some things you should know to perform the activity
wisely but I don’t know what your plant is like and I
can’t write your procedures either. You and your fellow
operators (if any) are the only ones that can produce a
quality document of SOPs for your plant.

Of the many reasons I get from operators that claim
they can’t prepare their own SOPs a lack of skill in han-
dling the English language is one of the weakest. “Aw,
Ken, I can’t write procedures, I don’t write well at all.”
That’s not a good excuse, you write it down in the same
words you would use to explain it to another operator,
there’s no difference between saying it and writing it,
you’re trying to document an operation, not write a
Pulitzer prize winner. I can’t write worth a damn but I
felt obligated to put what I do know down in this book.

If your SOP doesn’t read well, that’s tough,

what’s important is the message and not how it is ex-
pressed. Some operators have been concerned with the
appearance of their writing and used the services of
someone with more language skills to help. Be cautious
and read their editing out loud because they don’t
know squat about operating a boiler plant and can
change meaning. I remember reviewing a lovely look-
ing document for one plant. One of the operators was
married to a teacher and she typed it all for them. It
contained the words “make sure you fill the blower
with water before turning the burner control switch
on.” The correct word was “boiler,” it must have been
misspelled in the original form; and, hopefully, nobody
is stupid enough to try to fill the forced draft blower
casing with water before turning the burner on but… If
you have access to help with writing your procedures
feel free to use it but don’t expect someone else to do
your job. The final text should be understandable to
you and other operators. I won’t tell you some of the
things that were in an SOP rewritten by an operator’s
sibling that happened to be in marketing for a toy com-
pany. It was humorous reading, actually entertaining,
but it didn’t serve the purpose at all.

Plain old lined paper in a three ring notebook will
do the job. It’s not necessary to have the SOPs typed but
print if you’re doing them by hand, too many people
have trouble reading someone else’s writing. Someone in
the plant may be able to type them for you after they’re
written down and checked but, like using creative prose
assistance, check it afterward. I’m a strong proponent of
putting a computer in every boiler plant so the operators
can use it to record log data, analyze plant performance,
plan maintenance and document maintenance activities,
etc., so using a word processor on it to produce your
SOPs is a good thing to do. It just isn’t important that it
be so fancy. Some advantages include the ability to
change a sentence or paragraph without having to type
a whole new page, indexing, and all the other niceties of
word processors. If you can get them on a computer
that’s the best deal, just make sure you have backups
and at least one up-to-date printed copy. To make sure
you’re dealing with the current document the date of the
last revision of each page should always be written on
the bottom in what we call a footer.

I also recommend some form of review of SOPs. If
you’re the only one writing them you should add your
initials to the bottom of each page. If you are one of
several operators all of you should initial a page when
it’s created or revised. The implication of the initials is
that you read the page and agree that it is the way you
operate; so read before initialing.
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Your SOPs should include all the operating activi-
ties in the boiler plant and in other areas of the facility
that you are responsible for. They can include related
items such as, how shifts rotate, which shift is respon-
sible for operating certain equipment or in certain areas
of the plant, what equipment a particular shift is respon-
sible for maintaining, etc. Your SOP should contain your
description of each of the operating modes that will be
discussed later in this book along with all the detail as-
sociated with operating each piece of equipment. Some
may have to contain special provisions for specific pieces
of equipment such as modifying flow loops for different
hot water boilers because the piping arrangement pro-
duces different situations at each of the boilers, even
though the boilers are identical.

Your SOPs can modify the order of operations
where it is more convenient for you. An example would
be where the order of opening valves is reversed (with-
out consequence) because the operator would have to go
from one level to another then back again to open them
in the normal order. They should recognize additional
valves, drains, vents, switches, disconnects, and circuit
breakers that are particular to your plant or added over
time. I must have made ten trips up and down three
flights of ladders on one ship trying to determine why I
wasn’t getting steam to an evaporator and finally found
a valve had been added in the piping to accomplish a
major repair; it was closed. Opening and closing it
wasn’t in the SOP for starting that evaporator, the SOP
wasn’t updated to recognize the change but someone
had started closing that valve. I scribbled “make sure
valve is open on third deck beside Boiler 2” in the mar-
gin under start-up and “leave that damn valve on third
deck open” under the shutdown description.

When you get into writing your SOPs you’ll dis-
cover why some of us engineers like to put pretty brass
tags on valves to label or number them. Then there’s
little or no confusion as to which valve is which and
writing the SOP is easier. So, don’t hesitate to tag valves.
If the boss is too cheap to go for the brass tags there are
alternatives, including using a magic marker and writ-
ing the number on the wall next to the valve.

SOPs can also include standard maintenance proce-
dures which, even though they’re maintenance, not op-
erating activities, are performed by the operating staff
and, when included in one document, show the extent of
activities performed by the operators. If you are in a
large plant with separate maintenance staff there should
be another document for maintenance activities and
someone should check for coordination of the two to
ensure that all procedures are documented, there are no

duplications and no conflicting procedures.
Once you have a set of SOPs the difficult work

begins, You have to keep them up to date. After initial
preparation of your SOPs and for a week on each anni-
versary of their completion you should think about each
function as you perform it and ask yourself “Is this pro-
cedure in the SOPs? Am I doing the job the way it’s
described?” If the answer to either is “no” then you need
to get your SOPs up to date. Be very attentive to any
construction going on in the plant because that work
may change your SOPs or require you to create some
new ones.

Don’t make them and forget them. I would esti-
mate that every fifth plant I visit for the first time has
written SOPs that are completely out of date. Only four
months ago an operator exclaimed “of course we have
SOPs, they’re right here” and proudly showed me a
notebook that described coal unloading, coal firing, ash
handling, etc. The problem was the plant had been con-
verted to oil ten years ago and gas three years later.

When projects involve such things as adding a
new boiler, replacing the burners, replacing a pump,
adding new controls or technology such as VSD’s
(variable speed drives) changes in your SOPs are a
foregone conclusion. If you prepare an initial draft of
the SOP for the operation prior to project completion it
gives you time to think about how you’re going to op-
erate that new or modified equipment. Look in the
manufacturer’s instructions for keys to successful op-
eration and mentally rehearse the operation before it’s
time to do it. After you’ve gone through start-up and a
few normal operations of the project you can edit your
SOP to account for things you learned during the start-
up and operation.

If you don’t have SOPs or they’re not up to date
don’t put off creating or correcting them. When you
have a highly skilled and experienced Charlie in your
plant bounce them off him and make certain you have
captured as much of his knowledge as possible in those
documents so you’re not wishing he was there after he’s
gone.

Finally, know and follow your SOPs. When I evalu-
ate a plant and its operators I frequently pick out a pro-
cedure and ask them the personnel to run through it,
describing what they would do while I stand there with
the copy of the written procedure. It’s tough on ‘em!
First of all, they can’t grab the procedure and read it (I
have it in my hand) and secondly, if they don’t follow it
I will know every step they missed. Pretend I am coming
to check out your plant every quarter and review your
knowledge of your written procedures.
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DISASTER PLANS

Preparing disaster plans has become a big deal
since the tragedy of 9/11 but I’ve been promoting the
development of disaster plans for a boiler room ever
since I spent 92 hours resolving a ground fault in the
main propulsion system of a ship in the middle of the
Atlantic Ocean. We would have completed the recovery
in a lot less time and been far more confident of what we
were doing if someone had prepared a plan for such a
failure. Sometimes it’s unpleasant to consider what we
would do if something happened but if we don’t prepare
we may find ourselves running around in circles like
Chicken Little (an old children’s story)

Let’s face it, if steam pressure is lost you are going to
hear about it even if it isn’t your fault and there’s nothing
you could do about it. That’s a given and it’s easy to ex-
plain away a disaster but there’s no explaining when you
aren’t prepared to handle it. Just as you develop SOPs for
new installations, by imagining what you would do to
operate, you develop disaster plans for situations that
you can imagine happening. Preparing may make you
the hero someday in the future, not because you did
something brave, but that you did something wise, plan-
ning what to do in the event of a disaster.

First the plans have to consider what to do if a
disaster is happening and what you can do to limit the
damage. Plans for fire are essential, especially if your
facility does not have sprinklers. Even if you have sprin-
klers you have to consider what you would do if they
were not available, as in loss of all water. Pick spots at
ten foot spacing all over the plant, imagine a fire starting
at that point then decide how you would fight it with
and without water supply. Of course you’re going to
have some duplicate situations; you’ll have areas where
a fire is impossible (don’t bet on it though, even concrete
can burn) so you can simply refer to plans for those
other locations. In some cases you have to consider pro-
tecting a bigger potential loss (like fuel oil storage tanks)
before fighting the actual fire.

Look at the equipment in the vicinity and pay spe-
cial attention to electrical conduits because it’s possible
for a small fire in one location to completely shut down
the plant. For some dumb reason, probably because it
was cheaper for the contractor to do it, many of the
plants I know of have all the control wiring for the entire
plant run through one spot. They’re extremely vulner-
able. Pay special attention to what you would do with a
fire in the control room, if you have one, or at the control
panels. Once you’ve developed plans for fires that start
you can work on plans for fires that get out of control

and, finally, how to restore operations after a fire. This
exercise typically leads to some decisions to reduce vul-
nerability to a fire by adding sprinklers, relocating sys-
tems (especially wiring) and duplicating some services
to make a fire more survivable.

A good appendix to put together for your disaster
plan manual is a list of every piece of equipment in your
plant with a source for that equipment. In the case of
critical parts that are known to break down regularly
you probably have that equipment in your parts inven-
tory and can simply indicate “parts” in the manual.
Other devices that are too expensive to keep as spares or
are not likely to break down are the ones that you need
sources for. Sources can be a rental company, stocking
parts distributor, or the manufacturer. Include contact
names, phone numbers, fax numbers, e-mail addresses
and travel directions (in case you have to go get it) for
each potential supplier. This list has to be maintained
and kept up to date. Don’t neglect anything when pre-
paring your list, it should include such items as trans-
formers, transfer switches, distribution panels, fuel oil
storage tanks, large valves and pipe fittings that are not
the standard stock item for your local suppliers.

Some disasters we don’t expect to happen do. Total
loss of the plant is one possibility. I’ve seen boiler rooms
practically flattened by an explosion. In another plant
the building was untouched but all three boilers had
their casings blown off by a simultaneous combustibles
explosion. The disaster plan for such an incident would
include a list of suppliers of rental boilers that have ca-
pacity and pressure ratings to match your plant, contact
names and phone numbers, two sets of prepared direc-
tions for the contractors on truck routes to deliver the
boilers and set them up (two in case the primary site is
unusable), in addition, a design for piping to connect the
boilers to existing service connections, with alternates
for each source and each service pipe.

It’s best to have plans broken down by area, here’s
what we will do to set up a temporary plant in area A
and here’s the one for area B. Each plan should include
an option for temporary water treatment facilities,
deaerator, etc. if needed. It’s best to include options for
the ability to use some existing equipment in a plan that
considers what to do if the entire plant is lost.

I’m going to give you a list of disasters which you
can address by preparing a disaster plan that you would
follow in each event. You will discover that throwing up
your hands and walking away is your first impression
but after you have had time to think about it that isn’t
the only solution. Even with total disasters you should
have a plan for what to do when they happen. Try devel-
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oping a plan for each of these disasters where the condi-
tions described relate to your plant:

• You are experiencing heavy rain; flooding is occur-
ring all over the place; the nearby stream is over
it’s banks and threatening to enter the boiler room;
your relief can’t get in; oil delivery is out of the
question; you have a natural gas supply line over
that stream that’s starting to catch debris and back
up the water; the roof drains are plugged with
leaves so the roof is flooded and water is running
down all the walls.

• All the weather just described happened up river
from you and all of a sudden the water is pouring
into the boiler room because the river overflowed.

• A tornado just swept through the plant; all the
windows are blown out, the roof is gone and rain
is coming in; the insulation was swept off several
hundred feet of distribution piping supplying an
area where steam supply is critical; the stack for
your largest boiler was buckled over by the storm.

• It’s an unusually hot summer; temperatures in the
upper levels of the boiler room are so high that
motor starters located there are tripping as if the
motor was overloaded. You lost some ventilation
fans; you can’t stand to be in the boiler room for
more than ten minutes at a time; insulation on
steam lines that were soaked by an oil leak are
smoking; the control room air conditioning isn’t
making it so you’re perspiring all over the log book
as you try to record all the systems that are shut-
ting down from overheating.

• You are experiencing heavy snow, well beyond
normal such that you’re trapped in the plant, your
relief can’t get in; oil delivery trucks can’t get there
for a day or two; the roof of the boiler room is
buckling under the weight of the snow; the atmo-
spheric vents for gas systems and the oil tanks are
buried in a snow drift; combustion air openings are
plugged or plugging with snow.

• Today is the third day of sub zero weather and
systems that were supposed to keep operating in
the cold are beginning to freeze up. For you in the
south, it only has to be the first day of sub freezing
weather.

• The electrical power is out and you were just told
by the electric company that it’s down for at least

a day. Two subsidiary considerations are when it’s
below freezing and when it’s extremely hot.

• Consider loss of city water supply due to a city line
rupture. You just got told it will be at least twenty-
four hours before you can expect water pressure
but you have to keep the plant going and you need
makeup water.

• Boiler No. 1 (or the lowest number that’s still
around) just blew up shredding all piping and
wiring within six feet of the boiler; steam, water,
chemicals, fuel gas and/or fuel oil are spilling into
the area; you can’t hear a thing because the blast
just destroyed your ear drums temporarily. Repeat
this consideration for each boiler in the plant.

• Your plant is next to a chemical complex that
makes a hazardous gas; they have an alarm system
to indicate a gas release and it’s been blowing for
five minutes which is a fair indication that it’s not
a drill.

Almost every operator that looks at this list com-
plains “C’mon, Ken, that’s not fair! These things don’t
happen every day, how can I plan for them?” Sometime
later they’re realizing what they can do and you should
be doing the same thing. Prepare disaster plans and
don’t be afraid to imagine the almost incomprehensible.
At least now, after 9/11 I don’t have to explain that part
to people.

LOGS

Recording data in a log has been addressed in prior
sections but the maintenance of logs is so critical to op-
erating wisely that it deserves a section of its own. I have
a multitude of stories that reflect on the performance of
plants and operators and almost every one involves a
failure to maintain an adequate log. A few describe how
maintenance of a log favored the operators and the
plant. I won’t bore you with all the stories but I will
provide some direction in how to avoid cost, embarrass-
ment, and injury through the dedicated maintenance of
logs.

Logs are tools. They contain information that al-
lows the operator to make better decisions. In many
cases they are the only records of a plant’s operation and
the activity therein. By looking at the log an operator can
determine if a current condition of pressure or tempera-
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ture is consistent with what existed at another time un-
der similar conditions; a valuable check on the memory
which can, and frequently does, fail. Mine does.

The wise operator knows the value of his log. By
maintaining an adequate log the operator is demonstrat-
ing his skill, protecting the interest of his employer, and
developing a database as a resource for evaluating the
performance of his plant which allows him to improve
on the plant’s performance. There are many sources of
information available to an operator today but the one
resource that continues to be a reliable source of infor-
mation is the log.

Modern plants are equipped with computers, re-
corders, electronic devices called data loggers and other
means of recording data but those devices do not record
everything. The electronic devices may not retain infor-
mation, some only retain data for twenty-four hours.
Frequently the traditional boiler plant log is abandoned
in the mistaken belief that all that modern instrumenta-
tion eliminates the need for a log. All too frequently
those plants realize, after a serious incident, that belief
was ill founded. A major, or even a minor, incident can
destroy electronic data to leave the plant and operator
with no historic data for reference or evidence.

The typical boiler plant at the turn of the century
should have a log “book,” not a three-ring binder or
loose pages. A bound book with consecutively num-
bered or dated pages is the best type of log book. Con-
trary to what one might believe, handwritten paper logs
have survived many of the worst boiler plant incidents,
being lost only when the entire plant was destroyed.
Others have survived a plant burnt down although the
edges of every page was burned back.

Most importantly, if ever required as evidence in
court, it should survive scrutiny. A judge or jury will be
confident that the document wasn’t tampered with or
altered, believing the document is factual and represen-
tative of what the operator recorded. Loose pages and
electronic data can be altered readily without evidence
of that alteration so they are not considered a legal
record. When you are facing a law suit it’s too late to
create a log. And, in today’s litigious society it’s foolish
to think that you’ll never be sued.

On the other hand, your maintenance of a log
could support your employer’s claim against a contrac-
tor or manufacturer or even be the basis for a claim by
your spouse in the event you’re injured or killed. A log
is more than just a piece of paper you have to fill out, it’s
every operator’s responsibility to maintain one.

The best log today is a combination of electronic
data, printed records and handwritten logs. The hand-

written log can contain data that isn’t stored electroni-
cally or it can include that data as an original source that
is subsequently entered into an electronic database by
the operator. There is no need to put all data on a single
piece of media.

As technology continues to develop, an electronic
database will eventually eliminate the handwritten log.
An electronic log that could eliminate the handwritten
log should consist of a non-erasable media (such as a
CDR) with provisions for the operator to record all per-
tinent data in concert with electronic data storage. The
log should be duplicated in another location to preserve
it and should also be on non-erasable media. One or
more could store the electronic data normally captured
by recorders and data loggers while another could store
data entered by the operator. Password control can pro-
vide the equivalent of the operator’s signature. Unless
the data are secure and duplicates exist at a location
outside the plant where they’re not exposed to the same
opportunities for damage don’t abandon a paper log.

Types of Logs
A boiler plant log can consist of many documents

and devices that, as a group, constitute the log. Typical
documents that form a log as of the writing of this book
include:

Operator’s log—A paper document that contains consecu-
tive dated entries made by the plant operators to
describe activity on their shift or watch. The log
can contain a record of data readings recorded by
the operator along with a narrative on activities
undertaken by the operator, a record of visitors,
contractors, and others that visited the plant, work
performed by contractors, problems encountered,
etc. Of all documents this one must be arranged to
survive as a legal document of what occurred in
the boiler plant. It should not be alterable nor al-
tered absent of signature. If an operator decides to
change what he has written in the log he should do
so according to prescribed procedures discussed
later.

Water treatment log—A paper document that contains a
record of water analysis and water chemical addi-
tions. This document could be part of the
operator’s log if desired but normally consists of
forms prepared by the water treatment service or-
ganization.

Maintenance and repair log—Documents that constitute a
record of maintenance and repair of everything in
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the plant. This log should be arranged to facilitate
locating the information. There’s more on this log
in the documentation and maintenance sections.

Visitor’s log—A paper document recording the signatures
of visitors to the plant. Normally unnecessary un-
less the plant has a great number of visitors on
regular occasions which would clutter the
operator’s log.

Contractor’s log—A paper document recording the signa-
tures of contractors working in the plant. Normally
unnecessary unless the plant has a great number of
contractors regularly working in the plant so the
information would clutter the operator’s log.

Recorder charts—All charts from recorders are a part of
the plant log. They provide a continuous record of
pressures, temperatures, and levels that would nor-
mally be recorded at intervals in the operator’s log.
These are normally paper documents that show
values for pressures, temperatures, and levels over
a twenty-four-hour period or a week. Some re-
corder charts span a month and strip charts can
easily hold data for three months.

Modern recorders are provided that store the data on
floppy disks or CD’s but these have their limits and
their survivability is questionable. See previous
comment on digital data.

Creating Your Log
Many plants simply visit the nearest stationary

store to purchase journal binders. These are fabric-cov-
ered cardboard bound books with lined and numbered
pages. All data are entered by the operator according to
standard operating procedures. That is the least expen-
sive approach to producing a log but not necessarily the
best method. Anything larger than a small heating plant
should consider using a custom log book.

Why a custom log book? There are basically five rea-
sons. First, it saves an operator’s time. Second, it provides
a consistency not available with a journal, even with well-
developed SOPs for log entries. Third, it ensures data are
recorded consistently over time. Fourth, it invites contri-
butions of a professional to assist in the development of
the log to ensure all important information is recorded.
Fifth, a custom log provides a sense of professionalism
that isn’t associated with the journal type.

A preprinted log can provide assigned spaces for
entering much of the data and recording normal activi-

ties. Every log must have space for an operator’s narra-
tive. The operator’s narrative is that written portion of
the log normally referred to as notes. It contains a de-
scription of what happened in the plant in the operator’s
own words. Custom preprinted logs also incorporate the
feature of a carbon copy. Every other page is perforated
at the binder so it can be removed and carbon paper is
used over that page to produce a duplicate that can be
removed every day to another location. That copy is also
used by the manager to perform more detailed analysis
and note comments by the operators that require the
manager take action to correct deficiencies or have work
performed that isn’t within the purview of the operators.

I promote an unusual log format—Bound paper
operator’s logs that are maintained by the individual
operators and a computerized log which provides the
electronic database for the plant. Contents of the
operator’s log is entered in the database. Thus, the best
of both worlds are possible, there’s an original document
prepared in the operator’s handwriting and an electronic
database the operator transfers his information to. It also
allows some independence on the part of the operator
and will reveal the lack of understanding of an unquali-
fied operator.

What to Record, Why and When
Despite the installation of recorders there is lots of

important data in a boiler plant that is not recorded
other than in the operator’s log. The content also de-
pends on the provision of other logs; data can be re-
corded in different binders that, combined, form the
plant’s log. The amount of data recorded is dependent
on factors such as personnel responsibilities, the type of
plant and the importance of plant reliability and effi-
ciency. For that reason a full evaluation of the log by a
professional or an in-depth review by a facility’s opera-
tors and management personnel should be conducted to
ensure the log contains all the data necessary for the
plant. Frequently operators and management are not
aware of the value of certain data. For that reason the
following recommended list is included with a rationale
for why that data should be recorded. If you can’t justify
a professional review, this list should help you produce
an adequate log.

When to record data depends on the type and size
of plant. A small heating plant may have limited visits
by operating personnel and choose to record data once a
week. There is a dramatic exposure to additional ex-
pense for fuel and water and serious damage to equip-
ment that is seldom considered with that timing. A
household heater receives more attention than those
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plants because the residents note deviations in tempera-
ture or noise. A boiler installation in any building should
be checked at least daily by someone that is competent
in checking the plant and recording and interpreting
data.

Probably one of the most serious exposures for lim-
ited operator attendance is in our country’s schools. It is
not in the least unusual for parents to discover, only
after asking the children, that the temperatures have
been irregular in their school for several weeks, or even
an entire season. In our schools the attendant is typically
the janitor who, without training, can define his atten-
dance to the boiler as storing his mop bucket in the
boiler room. A qualified person should check the boiler
plant and record readings twice a day while school is in
session. That same rule applies to apartment and office
buildings. Plants with boilers larger than 300 horse-
power and supplying critical loads such as hospitals and
nursing homes should have a qualified person check the
boiler plant three times daily as a minimum.

High pressure boiler plants are commonly required
to have a licensed boiler operator in attendance but that
is not the case in every state; many times the presence of
a boiler operator is a function of a union contract rather
than state law. When an operator is in attendance record-
ing data hourly is a common practice. The actual written
log, however, may only include a record of data by shift
or on a four or two-hour interval. There is little value to
hourly data other than requiring the operator to be
within the vicinity of each piece of equipment every
hour. It’s a matter of professionalism, operators with a
sense of being a professional enter data in the log every
hour to demonstrate that they’re watching the plant.

Suggested Matter and Data to Record
Here is an abbreviated list of things that should be

documented in the boiler plant log along with some
good reasons for maintaining a record of the values or
information. It’s arranged in alphabetical order and
many of these items won’t apply to your plant so you
wouldn’t include them in your log.

Air heater outlet air temperature: Monitoring the heated
air temperature along with flue gas inlet and outlet
temperatures provide an indication of fouling of
the heat transfer surfaces, leakage past seals or
through corroded tubes, and other performance
problems with the air heater.

Annual inspection: The operator’s narrative should
record the annual (bi-annual or fifth year in certain

jurisdictions and with certain types of pressure
vessels) inspection of the boilers and pressure ves-
sels in the plant. Inspections are required by law in
every state so documenting that it happened is
imperative. Don’t rely on the inspector, some of
whom have been known to lose paperwork. The
record should include the name of the National
Board Certified Inspector and any findings that
inspector relates to the operator.

Blowdown heat exchanger drain temperature: This data
provides a means of calculating the cost of heat lost
to blowdown. The temperature is an indicator of
the performance of the heat recovery system and
blowdown/makeup relationship. The drain also
dumps to a sanitary sewer which, by Code and
law, can’t be higher than about 140°F so it’s also a
record of compliance.

Boiler inlet water temperature: For steam boilers it is an
indication of heat lost in feedwater piping or heat
added by feedwater heaters and economizers. For
hot water boilers it is an indicator of load, required
for output calculations. The inlet temperature for
fluid heaters and vaporizers serves the same pur-
poses.

Boiler outlet water temperature: Hot water heating boil-
ers are typically controlled to maintain this tem-
perature. It is required for output calculations.

Boiler water flow: Hot water boilers, especially certain
types of HTHW boilers, require a controlled flow
of water. The value is required for output calcula-
tions and should also be monitored for reliability
because minimal flow should trip a limit switch.

Booster pump pressure: See condensate pump pressure.

Burner gas pressure: The gas pressure at the burner is
indicative of input and should be monitored for
consistency relative to load. Increases in gas pres-
sure relative to load are indicative of plugging of or
damage to the gas burner. Decreases are indicative
of failure or damage to the gas burner.

Burner oil pressure: The oil pressure at the burner is
indicative of input and should be monitored for
consistency relative to load. Increases in oil pres-
sure relative to load are indicative of plugging of or
damage to the burner gun or the atomizing me-
dium controls. Decreases are indicative of failure or
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damage to the burner gun or atomizing medium
controls.

City water temperature/pressure: See makeup water

Combustibles: Monitoring the combustibles content of
the flue gas can lead to early detection of burner
problems and fuel air ratio control failure. Larger
plants may actually control air to fuel ratio using
combustibles and monitoring that value is very
important to them.

Combustion air temperature: Frequently this is also the
boiler room temperature. The combustion air tem-
perature is the base for a boiler heat loss efficiency
determination.

Contractor’s activities: The operator’s narrative should
describe which contractors were in the plant, when
they were there, how many men, and what they
were working on. It wouldn’t hurt to list the names
of each of the contractor’s employees. Less needs to
be recorded if there’s a contractor’s log. Even if
there is, the operator’s log should note the presence
of the contractors as well, use a simpler record such
as “XYZ Contractors on site at 8:20 a.m.—seven
men.”

Condensate pump pressure: Also called booster pumps,
these lift condensate to the deaerator and the dis-
charge pressure relative to plant steam load and
deaerator pressure is indicative of the condition of
the spray valves in the deaerator. The discharge
pressure of condensate return pumps, not necessar-
ily in the boiler plant, can reveal steam blowing
through traps connected to the same header.

Condensate tank temperature: The tank temperature is a
first indicator of excessive trap failures. Once the
temperature exceeds 200° a trap inspection is war-
ranted. When makeup and condensate are blended
in the tank, the temperature can indicate the per-
centage of returns. An upward shift in temperature
of those tanks indicate trap problems.

Contractors: Unless frequent work suggests having a
contractor’s log the operator’s log should record all
contractors working in the plant, the names of the
workers, and what they’re working on.

Deaerator pressure: Small variations in the deaerator
pressure relative to feedwater temperature or plant

steam load can indicate problems with the
deaerator.

Draft readings: The draft readings are seldom recorded
by electronic equipment but they are indicative of
the internal conditions of a boiler. Variations in
draft readings are frequently subtle, occur over
extended periods of operation, and are load related
so the operator can miss a significant change.
Variations relative to load can indicate fireside
blockage, loose baffles, loss of refractory baffles
and seals.

Drum pressure: For high pressure steam boilers the
drum pressure is indicative of load because of the
drop through the non-return valve, and the super-
heater when equipped. The drum pressure also
permits a more accurate calculation of blowdown
losses.

Feedwater pressure: Changes in heating plants with cy-
cling feed pumps indicate problems with the
pumps or piping. Changes in plants with
feedwater flow control valves are relative to boiler
load.

Feedwater temperature: The amount of steam a boiler
can generate is dependent on feedwater tempera-
ture. Lower temperature feedwater will reduce the
capacity of the boiler to generate steam. It has an
effect on evaporation rate and overall plant perfor-
mance. The temperature is also indicative of
deaerator performance.

FGR: See recirculated flue gas.

Flame signal strength: Upsets in burner conditions and
soot or moisture accumulations on the flame detec-
tor are indicated by changes in the flame signal
strength. Monitoring it can preclude a sudden un-
expected boiler outage. Gradual degradation of the
flame detector can be monitored for guidance in
replacement beyond the normal one year.

Fuel oil meter reading: The totalizer should be read at
the beginning or end of the shift to track how much
fuel was burned each shift. These data are essential
for calculating evaporation rate and fuel inventory
maintenance. A fuel oil meter reading should be
taken for each boiler whenever possible to deter-
mine the boiler performance. If there is no meter
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then fuel tank level readings have to be used to
determine consumption.

Fuel oil supply temperature: Measured at the inlet of the
pumps it provides an indication of the temperature
in the tank(s) for inventory management and de-
tecting leaks in UST’s (underground storage tanks).
When burning heavy oil the temperature after the
heaters is monitored to confirm heater operation.
Temperature to the burners is critical for proper
atomization and it can vary with oil deliveries be-
cause the viscosity of the delivered oil can change.

Fuel oil tank levels: Required for fuel oil inventory man-
agement and detecting UST leaks.

Gas fuel meter reading: The totalizer should be read at
the beginning or end of the shift to track how much
fuel was burned on that shift. These data are essen-
tial for calculating evaporation rate and comparing
with the gas supplier’s meter readings. A gas fuel
meter reading should be taken for each boiler
whenever possible to determine the boiler perfor-
mance. If the only meter available is the gas
supplier’s meter, it should be read to monitor con-
sumption relative to steam generated, heat output,
degree days, or other measure of performance.

Gas supply pressure: The pressure of the gas supplied to
the plant is monitored to confirm the gas supplier’s
delivery promise. Gas supply pressure should also
be monitored for possible loss of supply. Gas pres-
sure supplied to each boiler, after the boiler pres-
sure regulator, must be maintained constant and at
a prescribed value for accuracy of boiler gas flow
meters and/or air fuel ratio. Changes in the gas
pressure supply pressure to boilers with parallel
positioning controls can alter the air fuel ratio and
must be monitored to prevent unsafe operating
conditions.

Happenings: Anything that happens which is not nor-
mal should be documented. An operator’s com-
ment that he heard what sounded like a gunshot
proved beneficial in a later court case. Happenings
must be recorded consistently to support the cred-
ibility of a single incident report in court.

Header pressure: In high pressure steam plants this is
the pressure that is controlled. Changes indicate
problems with controls, excessively large load
changes and inadequate boiler capacity.

Low water cutoff tests: (See testing)

Makeup water meter reading: The principal source of
contaminants in boiler water is the makeup water.
If makeup is consistent and there is no leakage of
untreated water into the system (such as a domes-
tic hot water heating coil break) the water chemis-
try should be consistent. A sudden decrease in
makeup is an indication of an external coil break
that can be returning untreated water to the boilers.
Monitoring makeup water permits extending time
between water chemistry analysis. The quantity of
makeup has a significant impact on energy con-
sumption. Every gallon of cold, say 50°, makeup
water that replaces 180° condensate requires more
than 1,000 Btu of additional heat input. I consider
this one essential, even in the smallest of plants
and regardless if they are steam or hot water.

Makeup water pressure: This is a value that is seldom
monitored because operators take the continuous
supply of city water for granted. Someday the city
will disappoint you. Monitoring the pressure from
wells is more critical.

Makeup water temperature: Determines heat required
for makeup, see makeup water meter reading.

Oil supply pressure: Main oil supply and boiler oil sup-
ply pressures must both be monitored. Variation in
oil supply pressure is indicative of problems with
fuel oil pumps, tank levels, variations in oil viscos-
ity or quality. Changes in burner oil supply pres-
sure can upset fuel air ratio.

Operating hours: Recording the amount of time a piece
of equipment is operating can permit output and
input calculations as well as a record of the amount
of time the equipment has been running. Logging
equipment start and stop times or operating hour
meter readings are invaluable for plant perfor-
mance analysis and maintenance scheduling.

Outdoor air temperature: Preferably the high and low
outdoor air temperature should be recorded. The
outdoor air temperature is a prime indicator of
heating and ventilation loads. Taking the high and
low temperatures for a day permits calculating
Degree Days for the facility location. Sophisticated
recording devices can record the time the outdoor
air temperature is within a given range to provide
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bin data when desired. Bin data are records of the
number of hours the outdoor temperature was
within a certain range, and they allow very accu-
rate evaluation of heating plants.

Oxygen: Monitoring and maintaining a minimum oxy-
gen content of the furnace gases is one good prac-
tice for maintaining efficiency. Usually, however,
the analysis is made of the stack gases. Recording
oxygen readings can reveal problems with air to
fuel ratio controls, damage to boiler casings or
burner problems. When available it should be re-
corded regularly.

Primary air temperature (coal firing): Too high a tem-
perature will result in pulverizer fires, too low a
temperature will result in pulverizer plugging be-
cause the coal is not dried adequately. The tem-
perature of the primary air (leaving the pulverizer)
when compared to the entering air (air heater out-
let temperature) is indicative of coal condition,
moisture content, and/or pulverizer condition.

Recirculated flue gas temperature: This temperature
should be monitored for changes that indicate fan
seal leakage and stratification in boiler outlet ducts.

Reheater steam flow and inlet and outlet pressures and
temperatures: On boilers equipped with reheaters
these data are required to determine the heat ab-
sorbed by the steam. Reheater outlet temperature
also has to be monitored like superheater outlet
temperature.

Softened water pressure: Comparing the pressures at the
inlet and outlet of the softener is a simple measure
for determining the cleanliness and quality of the
resin bed. Higher pressure drop through a softener
can limit the capacity of the makeup water supply.

Stack gas oxygen: see oxygen

Stack gas combustibles: see combustibles

Stack temperature: This list is in alphabetical order but
stack temperature is undoubtedly one of the most
important data points to record. Monitoring stack
temperature is like monitoring a human’s tempera-
ture. Stack temperature is the most important indi-
cator of boiler health so it should be recorded as
frequently as possible. Stack temperature varies
slightly with load so load related temperatures

should be monitored to indicate scale accumula-
tion, fireside accumulation, baffle failures, im-
proper air fuel ratio and other problems.

Steam flow indication: If the plant load varies consider-
ably during a shift, say more than ten percent of
operating boiler capacity, recording the indication
of steam flow consistent with the other data read-
ings is desirable to maintain a correct relationship
for evaluation.

Superheater outlet pressure: This pressure should be re-
corded because, combined with the outlet tempera-
ture, it is used to determine the amount of heat
added to the steam. Variations (relative to load) in
superheater pressure drop can indicate superheater
leaks or blockage that is otherwise undetectable.

Superheater outlet temperature: The damage associated
with an excessive superheater outlet temperature
requires constant monitoring of the superheater
outlet temperature. The superheater outlet tem-
perature combined with the outlet pressure is re-
quired to determine the amount of heat added to
the steam.

TDS: The total dissolved solids content of the makeup,
condensate, boiler feedwater, and boiler water
should be monitored at a frequency adequate to
detect problems and any time a problem with wa-
ter chemistry is indicated.

Testing: Regular testing such as testing operation of the
low water cutoffs on steam boilers should have a
check box where, by checking the box, the operator
indicates he performed that operational test. An
initial box, where the operator’s initials indicate
who did it is appropriate when more than one
person is on the shift. Most other tests, conducted
infrequently, such as quarterly lift testing of a
steam boiler’s safety valves can be included in the
operator’s narrative. Tests that should be recorded,
and their frequency, include:

• Combustion analysis—Frequency is subject to
State Environmental Regulations but should be
performed at least quarterly for boilers that
operate continuously and any time the effi-
ciency of combustion is questioned.

• Flame sensor tests—each month for gas and oil
fired boilers.
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• Hydrostatic tests—for boilers, annually. For
unfired pressure vessels, bi- annually except
for compressed air storage tanks which may
only be tested every five years. Note that these
are common time frames, your jurisdiction
may require a higher or lower frequency. For
any pressure vessel or piping system a test
should be conducted after the vessel or piping
is opened for inspection or repair.

• Low water cutoff tests- each day for steam
boilers, each shift for high pressure steam boil-
ers, semi-annually for hot water boilers. Test-
ing of the low water cutoff is imperative since
fully one third of boiler failures are due to low
water.

• Safety valve lift tests—each quarter for steam
boilers operating at less than 400 psig, annually
for hot water boilers.

• Safety valve pop tests—each year for steam
boilers and hot oil vapor boilers. Alternatively
record replacement with rebuilt safety valves.
The boiler inspector normally governs the per-
formance of these tests because many boilers
have more than one safety valve and the seals
have to be broken (and replaced by the inspec-
tor) to test the second valve.

Water analysis—depends on the plant. High pressure
steam boilers with highly variable loads and
makeup water requirements should have water
analyzed every shift. Other high pressure plants
may test water daily. For steam plants where
makeup water is limited and consistent, conden-

sate returns cannot be contaminated, and makeup
water is metered, weekly analysis should do. For
hot water boiler plants with limited leakage and
when makeup water is metered monthly analysis
should be adequate. Monitoring the makeup is the
key, analysis should be checked immediately when
makeup usage changes abruptly, either up or
down.

Water pressure/temperature: See Makeup, Boiler,
Feedwater.

Visitors: Unless frequent visitors suggest having a
visitor’s log the operator’s log should record all
visitors to the plant.

Log Calculations
The logged record of a boiler plant’s operation

should include calculations of fuel consumed (absolute
minimum), steam generated or MBtu output, and per-
cent makeup as a minimum. These are fundamental
values that, if not monitored, can allow plant perfor-
mance to decay until it becomes a serious problem.

Other calculations that can be incorporated into a
log include evaporation rate or heat rate, a degree day
calculation and steam generated or heat output per de-
gree day or according to a degree day formula. Recon-
ciliation of fuel oil inventory (including shrink or swell
of oil in outdoor above ground storage tanks) to ac-
count for variations in inventory is recommended for
oil burners. Reconciliation of boiler fuel flow meters
with gas service meters is invaluable for monitoring
the quality of the gas service instrumentation as well as
in plant instruments. Calculation of the plant heat bal-
ance will permit determining how much steam was
delivered to the facility.
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WWWWWe cheer the football quarterback that throws the
winning touchdown, the baseball player that hits the last
inning home run and the jockey that rides the leader
over the finish line. Inside boiler plants around the coun-
try are other heroes. He demonstrates skill and experi-
ence as he flawlessly lights off a boiler, brings it up to
pressure and puts it on line. That’s controlling thousands
of horsepower with explosive energy that exceeds the
imagination of most of us. She moves swiftly to respond
to a cacophony of alarms, swinging valve handles and
pressing buttons in a long practiced dance to restore
operations to normal and the noise to the low roar we’re
used to.

If it were not for the experience, training, and skill
of today’s boiler operators we could be learning of the
thousands of accidents and significant number of inju-
ries and loss of life that was normal a century ago. They
are operating equipment with a lower designed margin
of safety and more complex limits on operation than
their predecessors ever dreamed of.

OPERATING MODES

There are many different modes of boiler plant
operation. The one normally dealt with is “normal op-
eration” when the plant is generating steam (vapor) or
heating water (fluid) and all the operator need do is
monitor it in the event something goes wrong. The other
modes of operation require an operator act to change the
condition of the plant.

No book can provide a specific set of instructions
to perform those activities because every boiler plant is
different. The following are guidelines to use for writing
your own procedures if they don’t exist and to check
them in the event they do.

VALVE MANIPULATION

If it weren’t for the fact that piping systems are
normally built with generous safety factors I would con-
sider the operation of valves one of the most critical
skills for a boiler operator. It’s still a critical skill, there’s

just other ways that you can kill yourself and other
people more readily because the piping can take the
punishment some of us manage to hand out. At some
time in your life as a boiler operator you’re bound to
discover this because you’ll be torn between standing
there and doing your job and running like hell because
all the piping in the plant is shaking around and making
banging sounds that make you think it’s going to blow
apart at any minute.

After forty-five years I’ve grown accustomed to it
and start checking out the plant to find where the prob-
lem originated while everyone else is running out the
doors. That doesn’t mean that someday I won’t run, only
that I’ve experienced the normal hammering enough to
know when the piping will survive… if I stop it in a
reasonable period of time! Most of the time those bang-
ing and shaking incidents are due to improper operation
of a valve.

Sometimes the problem isn’t involved in operating
the valve, it’s because it didn’t work or was left in the
wrong position. One such incident happened after start-
ing up a new boiler plant and while I was operating it
during construction. Steam wasn’t needed at night and I
was the only one there so I just shut off the boilers,
opened a header drain and left the plant. The following
morning as the boilers came up the whole main steam
system started banging and thrashing about. After ev-
erything quieted down again, which took a while, and I
ended up draining what seemed like an awful lot of
water out of the header I finally realized the drain valve
I opened the night before was plugged. A vacuum had
built up in the system and drawn condensate into every-
thing. After I dismantled the drain piping, cleaned it,
and the valve, I vowed I would make sure more than
one drain or vent was open to ensure a vacuum didn’t
build up in any steam piping I shut down.

A similar instance created havoc when a steam line
on a bridge flooded due to a vacuum. You see the bridge
was temporarily supported during the original hydro-
static test of the piping because it was never designed to
support the flooded steam line. Guess what happened!

When manipulating valves on steam piping it’s
important to remember that a cold line is either full of
air or water, it’s rare for it to contain a vacuum. When

Chapter 2

Operations
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shutting down a steam system the space occupied by the
steam has to be filled with something when the steam
condenses, either air or water; unless you’re in a plant
that injects nitrogen into cooling steam piping. Water
setting in any piping system will descend to the lowest
level if allowed. Air can compress in piping to preclude
admission of steam or water. Steam at pressures less
than 15 psig is lighter than air and steam at 15 psig (ac-
tually a tad lower than that) and above is heavier than
air. It’s one reason we keep a high pressure boiler vent
open until the pressure is above 25 psig and vent low
pressure boilers until we’re carrying a load, counting on
the flow of steam to sweep the heavier air out of the
boiler.

Air can be trapped high or low in a steam system
depending on the pressure and it can create pockets
where piping is suddenly heated as the air is displaced.
Some air is desirable in water systems to serve as a cush-
ion to absorb the shock of sudden changes in flow.
There’s always a standing length of piping at the top of
any water system. It’s there to trap air for that purpose.
In your house it’ll be in the wall behind your medicine
cabinet.

Modern plumbing systems use a special fitting
with a seal so the air can’t be absorbed in the water to
lose the cushion. Plumbers used to know that the solu-
tion to a hammering sound in the customer’s pipes ev-
ery time a valve closed was to drain, then refill, the
system to restore that air cushion. Of course some of
them made a pretty elaborate thing of it so they could
charge more to perform that simple act. Draining and
refilling the water piping in your house is usually all
you have to do to eliminate pipes banging every time
you close a faucet.

Every time you fill or drain a system you should
follow a prescribed procedure that’s proved successful
for your plant. If it’s a new plant you’ll have to develop
the procedures so you should think about how you’ve
done others and apply your experience in producing a
prescribed procedure for each piping system in the new
plant. There’s no sense in busting it before you even get
it started.

The first step in filling a system is opening vents
and drains. Keep in mind that they’re never empty, usu-
ally they’re filled with air and it’s necessary to get it out.
When shutting down a system you have to open the
vents and drains so the liquid can drain out and the air
can fill the space left by condensing steam. Speaking to
the latter, it’s always important to open some vents first
a little steam escaping proves to you that the valve is
open.

Once you’ve closed a main steam valve to a piping
system the pressure will drop quickly and a vacuum
could be generated before you get a vent or drain valve
open. Open the vents first and let a little steam escape
because it’s safer. On large systems it may take several
vents and drains to admit air fast enough to prevent
pulling a vacuum. Any system containing large pieces of
equipment (deaerators, tanks, heat exchangers, etc.)
should be monitored closely as you shut them down to
ensure a vacuum doesn’t happen because the equipment
isn’t necessarily designed for a vacuum and atmospheric
pressure can crush them. Fail to do it and you’ll appre-
ciate that the day you suck in a heat exchanger that costs
several thousand dollars to replace.

Simply draining water without venting a system
can also create damaging vacuums. Anytime the column
of water in the piping gets over 35 feet it can create as
pure a vacuum as steam. Draining a water system with-
out venting tanks on upper floors can result in all those
tanks being crushed by atmospheric pressure because
the water draining out left a vacuum.

It boils down to knowing the fluid you’re dealing
with, what’s in the piping, and what will happen when
you open or close that valve. Filling any large system,
whether with water or steam, should be done with a
valve installed for that purpose. Normally it’s a small
valve mounted on the side of the shut-off valve (Figure
2-1) but it can also be piped as a bypass or even consist
of a simple drain and hose bib where you should con-
nect a hose from the supply to fill the water piping. The

Figure 2-1. Warm-up bypass valves
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problem is that sometimes (Okay, I’ll be honest… fre-
quently) we engineers don’t think about it and put in a
bypass or fill valve that is so small it will take hours to
fill the system. On the other hand, I’ve seen systems
where the fill valve was the largest. Just forgive us dumb
engineers and take the time to fill the system or, if you
have to fill it regularly, put in a larger bypass or fill valve
(like the additional one in Figure 2-1). Please note that I
don’t encourage you to leave the insulation off the valve
and piping.

Some operators choose to crack the main isolating
valve to speed up the filling process. Before I continue I
want to make sure that term is clear. I remember an
apprentice that we called Tiny who happily trotted off to
follow my instructions to crack a ten-inch steam valve in
the upper level of a boiler room. I was very grateful that
he decided to get some clarification and leaned over the
rail on an upper platform (with the twelve-pound maul
he had in his hand showing) and yelled down “Mr. Ken,
exactly where do you want me to hit it?”

To crack a valve means to open it until the disc lifts
off the seat (creating a small opening or crack for the
fluid to flow through). A ten inch steam header shut-off
valve should have something like a three inch globe
bypassing it to allow warm-up of the steam main. Try as
hard as you can and you still won’t be able to crack a
valve that large without producing a significant surge in
steam flow. I encountered a valve that took two turns of
the wheel to close it back off after I cracked it open and
the resulting jump in steam flow lifted the boiler water
level in the boiler to the point it tripped on high level.

Another common and dumb trick is filling a hot
water boiler by opening the main shut-off valves so you
drop the pressure in the whole system and steam starts
flashing off at all the high points then collapses as pres-
sure is restored.

Regardless, you should always crack any valve as
the first stage of opening it. When the valve is larger
than two inch wait a moment or two to see what hap-
pens while preparing to spin it shut again; if you have
to. Then you can wander off whistling and looking
around, playing the innocent party, if systems start ham-
mering and banging because you changed the pressure
in a system too fast. The important thing to remember
here is that it will do the same thing the next time so
change your operating mode to eliminate that action
thereafter.

Always open and close valves slooowly until such
time as you know you can get away with spinning them.
Even then, don’t spin valves. Someone else may see you
doing it and follow suit anytime they’re directed to op-

erate one. Once upon a time I was a cadet on my first
ship and spun a boiler non-return valve open just like I
observed the second assistant doing. The difference was
he had done it while there was less pressure in the boiler.
I did it when the boiler pressure was considerably
higher than the rest of the system, oops! (I know what it
sounds like when boiler water is lifted out of the boiler,
bangs around in the superheater, and then hits the first
stages of the turbine; …it isn’t a pleasant sound)

Despite my yelling at them about the same thing
year in and year out, I still find steamfitters putting
valves way up in the air where you need a ladder, and
sometimes to act like a monkey, to get at the darn valves
to operate them. A valve is installed in a piping system
so someone can shut it off when necessary and anything
higher than four feet off the floor is a pain to operate. I
design systems with piping dropped to pressure reduc-
ing stations, distribution headers, etc. to put valves at
operating level only to find later that the contractor con-
vinced the owner (who doesn’t do the operating) that
money could be saved by rearranging the piping a little.
How frequently do operators expose themselves to po-
tential harm by climbing up to get at a valve just so
someone could save a few bucks on an installation?

In other instances the contractor simply put the
valve where a pipe joint was needed. If you’re associated
with new construction do your best to get valves located
where they’re convenient. If they aren’t convenient and
you have to operate them more than once a year then
ask for an extension. A chainwheel or extension rod is
going to cost the owner something but all you have to
do is mention the cost of the workmen’s compensation
claim if you fall while trying to operate that valve. Don’t
let them get cheap either, ask for the chainwheels with
the built in hammers that help drive the valve open
whenever it’s larger than three inch. Use oversized
chainwheels otherwise. Push the issue, think of yourself
and remind your employer, if you’re all alone in the
boiler plant and fall while climbing to reach a valve it’s
going to cost a lot more than installing an extension rod
or chainwheel.

I don’t understand why but I haven’t run into any
operator that knew the proper procedure for operating a
lubricated plug valve before I explained it. That funny
looking knob that sticks out of the square where you put
the handle isn’t a giant grease fitting that takes an
equally large grease gun. It’s just a screw and when you
turn it the movement presses a small amount of grease
into the valve. The grease isn’t soft flowing material ei-
ther, it’s very thick and stiff; when you replace it you
turn that fitting all the way out so you can put in a stick
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of grease.
You should give that fitting a quarter turn every

time you operate a lubricated plug valve unless you’re
operating it several times in a shift, in which case you
give it a turn a shift. I’ve had several steamfitters tell me
that a lubricated plug valve is no good because “they
always leak.” I don’t understand where they get that, it’s
the only valve that you can stop leaking in service.
When you turn that plug screw you’re driving that stiff
grease in between the metal parts of the plug valve to
seal it. Unless nobody has operated the valve for years,
so the grease has hardened and doesn’t flow uniformly
into the valve, it will always seal. That’s one reason Fac-
tory Mutual first chose the lubricated plug valve for fuel
safety shut-off service, what we commonly refer to as an
“FM Cock” because they should never leak if operated
properly.

With the exception of those lubricated plug valves
all valves do leak. Some soft seated valves can last what
seems like indefinitely but an operator should always be
conscious of the fact that a valve can leak and should
never, even with lubricated plug valves, rely on a valve
holding right after it was closed. Sometimes indications
like pressure dropping can give false assurance that a
valve isn’t leaking so you should always wait until con-
ditions have stabilized, cooled down or heated up as the
case may be, before taking the position that a valve is
closed tight. Also keep in mind that zero pressure mea-
sured by a gage at the high point of a system (or a gage
with a water leg that’s compensated for it) doesn’t reveal
the pressure at the low point of a system which could
have several feet of static fluid pressure on it.

A system isn’t down and without pressure until all
the vents and drains have been opened and, to be abso-
lutely certain, the lowest drain valve passed some fluid
when it was opened (to prove it really was open and the
connecting piping wasn’t clogged) and, finally, no fluid
is leaving it. If there’s a possibility of gas lighter than air
entering the system (like natural gas) test for it at the
high point vent and a high point closest to the potential
source of that gas before declaring a system isolated.
Also, don’t count on a valve holding if it held last time.
I’ve had many experiences with random leaks through
valves; they leak one time and not several others or
never leak, except occasionally. Hmmm… wasn’t that a
statement typical of an engineer?

When isolating systems (see more under lock-out,
tag-out) it’s always advisable to ensure that you’ve
double protection in the event one of the valves fails or
leaks; if there’s another one in the line close it. A vent or
drain between the two valves will release any leakage to

atmosphere instead of into the system that’s isolated.
Resilient seated valves (butterfly, ball, globe, and check)
can seal initially then leak later if upstream pressures
increase.

An important consideration in valve operation is
the use of a valve wrench. If you don’t have any valve
wrenches in your plant then make some and hang them
where they’re convenient. You don’t slap a pipe wrench
on a valve handle to open or close the valve. I’ve been in
many a plant where the chief engineer would fire any-
one caught doing it. The pipe wrench is designed to grip
a pipe by cutting into it; using one on a valve handle will
create sharp slivers and grooves in the handle’s metal
which can tear through leather gloves and cut up the
hand of the next person that tries to operate the valve.

Make some valve wrenches, all you need is differ-
ent sizes of round stock, a vise to bend it, and for larger
sizes a torch to heat the metal so you can bend it. Never
put the portion you grip in the vise so it remains smooth.
The standard construction (Figure 2-2) includes drilling
a hole for a hook for hanging the wrench near the valve
for use when you need it. Valve wrenches, by the way,
are not for closing valves, only for opening them. Those
chief engineers I mentioned would also ream you out if
they caught you using a valve wrench to force a valve
closed.

One last comment on operating valves. It’s a matter
of courtesy that has almost been abandoned since I was
an operator. When you open a valve you always close
the handle back down one half, then back one quarter,
turn. That way anyone coming along behind you will be
able to tell immediately if the valve is open because
they’ll try to close it and it will make at least a quarter
turn toward closed. If you leave the valve jammed open
someone can think it’s closed because it doesn’t spin that
quarter turn. I was so used to that practice, and still

Figure 2-2. Valve wrench
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believe in it, that I’m regularly foiled by someone leav-
ing a valve jammed open. Thank goodness the impor-
tant ones have to be rising stem so I can tell their
position by looking at them.

NEW START-UP

There is a significant difference between starting a
boiler plant that is new and one that has been in opera-
tion. Hundreds of wiring connections, pipe joints, and
other work went into preparing the boiler and there’s
bound to be a few unforeseen problems as the start-up
proceeds. These guidelines should help you achieve a
smooth start-up. They should also be used after any
maintenance that resulted in opening a system.

First, have a written procedure prepared, not an
outline. Each step should be described along with who is
responsible for the action. In many cases it will be the
installing contractor’s responsibility to produce this
document but you should check it for completeness and
accuracy. Imagine the start-up proceeding and try to
imagine all the things that could go wrong as well when
preparing or checking a written procedure. The follow-
ing should be addressed by the written procedure.

Preparing for Operation
Be certain the safety shutdown push-buttons,

switches, valves, and other devices are in place and op-
erational. Test each one if possible and refuse to continue
the procedure if one is not present or not operational.

Check all electrical circuits for shorts and grounds
before energizing them. Make sure all equipment and
piping is electrically grounded before admitting fluids
into the plant. Energize all electrical circuits before ad-
mitting fluids into the plant to ensure they can be pow-
ered up. Test all electrical emergency trips and
shutdown devices. De-energize circuits before admitting
fluids.

Prior to closing a boiler or pressure vessel inspect
it to ensure there are no personnel, tools, or other things
inside that shouldn’t be there. In Amsterdam in 1967 I
almost closed a boiler with ten shipyard workers nap-
ping in its furnace.

Small boilers can come set up from the factory to
reduce the chances of a problem on initial start-up. It’s
rare that a boiler to be attended is factory tested and
even then you can’t be certain that the conditions in your
plant are identical to the conditions in the factory. So, the
initial start-up of a boiler requires a careful approach to
lighting the initial fire. You should ensure air flow, make

certain it’s linear on modulating boilers and establish
safe light-off conditions before thinking about starting to
fire.

The codes require a minimum amount of building
opening to admit fresh air for combustion but I’ve found
that it’s frequently overlooked. If you’re starting up the
only boiler in the plant it’s possible there’s no way for
combustion air to enter that boiler room. If the boiler is
an addition to an existing plant the likelihood that some-
one paid attention to the requirements for combustion
air is even more remote.

A basic rule is two openings consisting of one
square inch in each opening for every 1,000 Btuh of
boiler input and a minimum of 100 square inches for
small boilers. Larger installations allow 4,000 Btuh per
square inch. One opening should be high up in the
building and the other near the floor. Prior to starting a
new boiler the availability of fresh air should be con-
firmed and the openings should be labeled “combustion
air, do not cover.”

I’ve ventured into many a building where the air
openings were blocked because the operators could feel
a draft. Then they couldn’t understand why their boiler
was smoking. Once you’ve confirmed the fresh air
source make sure you have linear air flow on any modu-
lating boiler; refer to the chapter on tune-ups for estab-
lishing linearity.

Make sure each fluid system is closed and ready to
accept fluids before opening shut-off valves. When pre-
paring to admit liquids identify vent valves and make
certain they are open, you can’t put much water in a
boiler plugged full of air. If the fluid is admitted through
a pressure reducing station position a person to monitor
the pressure in the system.

Position observers to detect leaks in the piping and
equipment. Be certain that observers are capable of see-
ing all drains leaving the plant to ensure hazardous or
toxic materials don’t escape. Ensure the person control-
ling the valve(s) admitting the fluid is in contact with all
observers and can shut the valves immediately if a prob-
lem arises. Ensure personnel are positioned to close vent
valves as the system is filled.

Have I said it before? Look at the instruction manu-
als. Know how much fluid is required to fill the system
and estimate the filling time. It’s another way to ensure
you know the fluid is going where it’s supposed to.
Wondering where all that fuel oil went several minutes
after the tank should have been full is not a comfortable
feeling. Whenever possible have means of detecting the
level as the system fills so you will know what’s happen-
ing.
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Fill Systems
Fill the system slowly. Whenever possible use by-

pass valves even though the filling may be slower than
desired. The person attending to the valves controlling
fluid entering the systems should not leave that post and
close the valves immediately upon instructions of, or
any sounds from, any observer. I must add that the valve
operator should announce at regular intervals after clos-
ing a fill valve. We once stood around waiting for a
boiler to fill for more than three hours when we finally
checked with the apprentice that was stationed on the
valve. He closed it when someone shouted “hold it” and
that’s how it had been for three hours.

Observe vent valves and close them as fluid
reaches them. After the system has filled operate the
vent valves again to bleed off any air that may have been
trapped and then migrated to the vents. When filling
systems with compressible gas use testers and bleed the
system at the high or low points accordingly (high
points for systems where the fluid is heavier than air,
low points for fluids lighter than air).

Allow the systems to reach supply pressure or con-
trolled pressure slowly while diligently looking for
leaks. Compressed gases (including air) will expand ex-
plosively if the container ruptures so your plan should
provide for small increases in pressure with hold points
at regular intervals to check for leaks and any signs of
distortion of the vessel or piping that could be caused by
the pressure. A hold point, by the way, is when you have
reached a certain time or condition in an operation
where you planned to hold everything while checking
that the procedure is happening as planned and all
safety measures have been taken. In many cases they’re
described in the SOP as a hold point.

Hydrostatically test each system after it is filled
following the procedures described for pressure testing.
As with filling there should be a person assigned to
control the pump or valve that is pressurizing the sys-
tem.

Check electrical circuits that are connected to the
systems during hydrostatic tests to ensure the liquid did
not introduce an undesirable ground. Check them again
after all test apparatus is removed and normal connec-
tions reinstated.

Finally, make certain that all the tests performed
are documented. A note in the log saying “tested Boiler
2” isn’t adequate. The documentation should contain
values that demonstrate you really did it. The log should
read “Tested Boiler 2 to 226 psig by the boiler gage.”
Every time I’m told something was tested and I ask for
the pressure, voltage, resistance, and I don’t get numbers

I doubt it was done. Yesterday I checked on one of those
general statements and found it was a lie, the tests
hadn’t been done because there’s no way the results
would meet the requirements.

Start Makeup Systems
Once all pressure testing is completed, begin op-

eration of the systems in an orderly manner. Water soft-
eners, dealkalizers, etc. should be placed in service to
condition water to be fed to a boiler system. Provide
means to drain water until water suitably conditioned
for the boiler is produced. If the installing contractor was
sloppy you’ll find yourself flushing mud, short pieces of
welding rod, and lunch bags containing leftovers out of
the line and flushing will become a major project. I can
remember one job where we had to cut the pipe caps off
the bottom of drip legs to get the large rocks out.

Establish Light-off Conditions
The combustible range (see fuels) is so narrow that

it really is difficult to establish conditions to create a fire
in a furnace. Today’s modern boilers which surround the
fire with (relatively) cold surfaces don’t provide heat or
reflect it back to help maintain a fire making firing dif-
ficult if conditions are not correct. On fixed fire boilers
(no modulation) check the instructions for any measure-
ments that will help you establish the proper air flow or
conditions for the combustion air. On modulating boilers
set the air flow at a low fire (minimum fire) condition.

If there is no other means of determining where to
set the air flow I start at maximum on fixed fire units
and 25% on modulating units. Yes, maximum is easy to
set and no, 25% isn’t that hard to determine. If you don’t
have a manometer make one by taping some clear tub-
ing to a yardstick (actually that’s a better manometer, I
always have problems with the tubing coming off my
fancy purchased one); leave a loop of tubing hanging off
the low end to hold the water. You just need a way to
measure the air flow and pressure drop across anything
in the flow path is adequate.

Set up your manometer on a ten to one slope (Fig-
ure 2-3) so every inch on the ruler is a tenth of an inch in
actual pressure. Position the end of the tubing at the inlet
of the forced draft fan or air inlet then fill the manometer
with water until the level is at zero. Run the fan to high
fire (maximum) and record the reading on the manom-
eter. Recall that pressure drop is proportional to the
square of flow so the measurement when you are at 1/4
flow (25%) will be 1/16 of the reading at high fire. Run
your modulating controls down to the bottom to see if
the manometer reading is about 1/16 of what you got at
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high fire. If it isn’t check that manual again; some boilers
are only rated for a 2 to 1 turndown so low fire is 50%
and the differential pressure reading would be 1/4 of the
high fire value.

If you must adjust linkage, and that’s very possible,
remember to check for any changes to the high fire read-
ing after you’ve ensured the controls will stroke (go
from high to low and back) without binding any of the
linkage. Once you’ve established light-off combustion
air flow you can set up the fuel or fuels.

Setting up fuel oil at low fire should be a snap. The
only problems with it could be an improper piping de-
sign which, among other things, doesn’t include any fuel
oil return. As far as I’m concerned if you install a boiler
without a fuel oil return line you’re setting it up for a
furnace explosion! With a fuel oil return line you can set
up your oil conditions without creating a fire.

Before opening the oil valves, make sure the oil
atomizer is not in the burner or open a joint at the hose
or tubing to the burner so you know you’re not dump-
ing oil during this process. Who says the safety shut-off
valves don’t leak?

Once again check the instruction manual, this time
you’re looking for a burner oil pressure at light-off.
That’s either operating pressure for a fixed fire burner or
a specific pressure for a modulating burner. Pressure
atomizing burners will follow the rules for flow and

pressure drop but air and steam atomized burners don’t.
If you can’t get the information from the manual use the
pressure that’s half the range of the pressure gauge for
fixed fire burners, 1/5 of that for modulating pressure
atomizing burners, and 1/16 of it for steam or air atom-
ized burners. Half the gauge is explained in the chapter
on measurements.

Once you’ve established the required oil pressure
for light-off you can set it. Close the fuel oil recirculation
control valve; a globe type valve in the fuel oil return
line at the boiler. Position the controls at low fire on
modulating boilers. That can be as simple as holding the
“decrease” push-button on a jackshaft controlled boiler
to several adjustments on a pneumatic control valve.
Slowly open the fuel oil supply valve while observing
the burner supply pressure gauge. Slowly is because you
could interrupt the flow of oil to another (operating)
boiler and shut down the plant. (That’s said by a
dummy that did it more than once!) The burner pressure
should suddenly jump to oil supply pressure because
the recirculating valve is closed and there is no flow
through the piping.

Now you know why we want to be sure no oil is
going to the atomizer, if the safety shut-off valve is leak-
ing there will be oil dripping or spraying out of the
burner yoke or the opening we created. Needless to say,
if the safety shut-off leaks we stop start-up and call the

Figure 2-3. Manometer on slope
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manufacturer. Assuming there are no leaks we have now
pressure tested the burner piping at operating pressure
(or did you actually hydro test it?) and we can continue
with the setup. Crack the recirculating control valve then
slowly open it until you’ve established light-off pressure
at the burner piping (after the firing rate control valve)
then continue slowly opening the supply valve while
adjusting the recirculating control as necessary to main-
tain the pressure.

Nope, you’re not done. Establishing a pressure for
light-off isn’t that simple. Remember the chapter on
flow? You aren’t so concerned with pressure as you are
with flow and establishing the pressure doesn’t prove
the flow. Use the oil flow indication on full metering
systems or take two oil meter readings at a set interval
to determine gpm to determine the flow; it should be the
design flow for fixed fire boilers and 20% to 50% (de-
pending on turndown capability) for modulating boilers.

If there’s no meter I will count quarter-turns of the
recirculating control valve on another identical boiler,
match that position and establish light-off pressure by
adjusting the control valve. Barring any other means of
setting it I’ll listen to the recirculating control valve and
set the low fire pressure while the squeal through the
recirculating control valve sounds familiar. After you
have established a final position for the control valve
you can set the recirculating control valve to produce a
pressure that matches operating pressure at low fire for
a good smooth light-off.

Since we don’t recirculate gas you can’t guarantee
a light-off position by measuring the flow. We can estab-
lish the pressure. For fixed fire units it’s a matter of set-
ting the pressure regulator. The pressure regulator on a
modulating burner should be set for the design supply
pressure. We’ll get light-off pressure refined when we
perform the initial light-off.

Light-off pressure is not necessarily low fire but it
usually is. Some burners will operate at lower flows than
that required for light-off and your plant may have op-
erating conditions where it is imperative to establish a
low fire position independent of light-off. If that’s the
case, your control provisions should includes means of
proving the light-off conditions.

Low fire is typically the light-off condition on most
boilers. It’s imperative that the low fire conditions are
fixed and reliable because many upsetting situations
could produce unstable fires and explosive conditions
otherwise. The fuel flow control valves should never
shut, and I do mean never! Their minimum position
should be set mechanically so something has to break
before they shut. That way any upset in the controls,

including broken linkage, should establish a low fire
condition.

It pays to look at your equipment to see how it will
fail, if linkage comes loose and can fall to open the fuel
control valve add weights so it will close to minimum
fire instead. The air flow controls should also rest on a
mechanical stop at low fire so the dampers never shut,
unless they leak so much at closed that low fire air flow
is still achieved. I’ve run into a few new full metering
systems where the designer or contractor felt a mechani-
cal stop was unnecessary, establishing minimum fire
using control signals; of course most of those discoveries
were on plants that had experienced a boiler explosion!
I was there to find out why and no low fire stops is
usually one reason.

Fill Boiler and Test Low Water Cutoffs
Before starting a fire in the boiler, fill it with water

to a low level in the gauge glass, about an inch. Make
sure the vent valve on the top of the boiler is open so air
can get out to let the water in. When the water is heated
from cold to boiling it will have swelled so much that
the level will rise to over the middle of the glass. In
unusual boilers it’s sometimes necessary to drain some
water before the boiler reaches operating temperature
because the boiler has a large volume of water compared
to the room for expansion in the steam drum. You’ll
have to drain water to keep it in sight in the glass.

From this point on you have to keep an eye on that
water level. When the water level is visible in the gauge
glass it’s time to test the low water cutoff. Proving a low
water cutoff works on a new boiler is doubly important
because there are so many ways to defeat those devices.
The cutoffs should be tested without operating any by-
pass buttons or similar provisions to ensure they operate
properly. Their failure is a primary reason for boiler fail-
ures.

Be sure to test the low water cutoff properly; simu-
late a loss of water due to evaporation by draining the
water column or cutoff chamber slowly so the water
level drops gradually to the cutoff setting. If it doesn’t
shut the burner controls down, don’t continue the start-
up until it’s fixed.

Prove Combustion Air Flow
After the boiler is filled with water it’s time to start

a burner cycle which always begins with establishing
and proving air flow through the burner and furnace. In
very small boilers, like your home hot water heater, air-
flow is a function of combustion and is not proven. In
most boilers, however, it amounts to starting a fan which
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will produce a measurable air flow that can be proven.
Proof typically consists of a fan motor starter interlock
contact and an air flow switch.

Note that I said air “flow” switch, on many sys-
tems a simple pressure switch is used and pressure
doesn’t prove there’s flow. Too often I see boilers with a
simple windbox pressure switch used to prove combus-
tion air flow. It’s contacts will close when the fan runs
and open when the fan is shut down because a pressure
switch simply compares pressure at the point of connec-
tion and atmospheric pressure. If one of those switches
is giving you difficulty (they seldom do) you can usually
get it to function by closing the burner register. I’m not
saying you should do that, you shouldn’t; there’s no air
flow through the burner when the register is shut… but
the switch is made!

I’ve seen many installations where the operators
have pulled similar tricks to get the boiler operating or
keep it operating. Air flow should be proven by a means
that’s independent of such conditions and my favorite
method is using the differential pressure across a fixed
(not adjustable) resistance somewhere in the air flow
stream. I’ll mention some methods later in the book.

Purge the Boiler
Once air flow is proven we “purge” the boiler. A

purge is a constant flow of air through the boiler that
must occur long enough to ensure any combustible
material is swept out the stack so it can’t be ignited by
the starting burner. On an initial start-up some math has
to be done to determine the purge timing and the flow
rate may have to be established. Your state law and fre-
quently insurance company requirements dictate the
flow rate and timing of a purge. These are the more
common requirements: Single burner boilers can be
purged at the maximum combustion air flow rate unless
they are coal fired. Multiple burner and coal fired boilers
purge air flow requirements vary but the basic rule is
25% of full load air flow.

Single burner fire tube boilers must purge for suf-
ficient time to displace the volume of the setting four
times. Single burner water tube boilers must purge for
sufficient time to displace the volume of the setting eight
times. Multiple burner and coal fired boilers must purge
for sufficient time to displace the volume of the setting
five times and for at least five minutes.

So how to calculate the purge air timing? First cal-
culate the volume of the setting. The setting is every-
thing from the point where combustion air enters
enclosed spaces leading to the furnace to the exit of the
stack. For all the fans, ductwork, air heaters, burner

windbox and similar parts the inside is mostly air so you
can determine its volume by simply measuring the out-
side and multiplying length, width and height to get the
volume. Do the same thing for the boiler. The
manufacturer’s instruction manual will list the weight of
the boiler empty and flooded so you can calculate the
volume of water, steam, steel, and refractory then sub-
tracting that to get the volume of the gas space in the
boiler. Divide the dry weight by 500, the approximate
weight of a cubic foot of steel to determine the steel
volume and divide the difference between flooded and
dry weight by 62.4 to determine the volume of water;
subtract the results from the outside volume of the
boiler. The total gives you the volume of the setting.

For single burner oil and gas fired boilers you can
use the required combustion air flow rate for full load air
flow, see the section on fuels. If the boiler fans cannot be
operated at full load air flow on a purge determine the
actual purge air flow rate (as a percent of full load) using
the processes described for estimating the minimum air
flow. For multiple burner and coal fired boilers use 25%
of the full load air flow as a purge rate. Now you have
a volume in cubic feet and a rate of flow in cubic feet per
minute. Divide the volume by the flow rate and you
know how many minutes it takes to displace the volume
of the setting which is one air change. Multiply that re-
sult by the required number of air changes (4, 5 or 8) to
determine the purge timing.

Maybe you aren’t starting a new boiler but you
would like to know what the required timing for your
existing unit is. The means is described and it’s always
a good thing to know. For many of you the result is
going to be a surprise. The required purge timing is
usually a lot longer than what the boiler is originally set
up for. I’m the only engineer I know that actually per-
forms those calculations to determine the required purge
timing.

It wasn’t a big deal in the days of pneumatic timers
where an operator could reach in the panel and readily
turn the timer back… most of them did it. When we
started installing microprocessor based (programmable
controller) systems near the end of the twentieth century
some of our customers got very excited; the operators
couldn’t reach into the control system to change the pro-
gram memory and shorten the purge. As a result, they
had some very long purge times to go through after a
power interruption or any boiler trip. There’s more on
this subject in the section on why boilers blow up. Try to
live with the legally binding number if you can.

Once you’ve done the math, calculated the correct
purge time and set the controls for it, use the purge to
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clear the boiler every time before attempting ignition. It
provides a lot of time to think about why the boiler
tripped or how it did as you continue with the start-up;
valuable time if you use it.

I had a few service technicians working for me that
thought it a nuisance and always shortened the purge
time (remember, all they had to do was spin a knob on
a timing relay to change it). Their skill and experience
allowed them some leeway in breaking the rules and,
luckily for them, they normally got away with nothing
more than a few singed eyebrows when they stretched it
too far. You don’t have that skill and experience so don’t
play Russian Roulette with a boiler explosion. Do a com-
plete purge.

A purge must be proven before you start timing it
and the purge conditions must be proven during the
entire purge period. Purge proving is one thing very few
systems do well and you should assure yourself that the
system on your new burner really proves a purge air
flow exists. I insist on installing a purge air flow proving
device that actually measures the air flow but I discov-
ered that can be defeated (see why they fail) so I’m con-
fident no automatic control system can really prove the
purge air flow.

The boiler operator should be the final authority on
purge air flow and ensure the automatic system’s accep-
tance of the condition is correct. On small boilers the
typical proof is a fan running and the controls at high
fire position. As the boiler size increases, a device to
monitor flow should be provided and one that measures
air flow just like I suggested for combustion air flow is
best. A proven purge is imperative for safe boiler opera-
tion. Many of the explosions and regular puffing I’ve
experienced were the result of an inadequate or non-
existent purge (see that chapter on why they fail) so
don’t be satisfied with anything less and don’t trust the
sensors entirely.

Open Fuel Supply, Prove Lightoff Conditions:
When you’re satisfied the purge system is working

properly you can open manual fuel shut-off valves to
bring fuel up to the safety shut-off valves. Don’t open
the burner shut-off valves yet. The piping should be
checked to ensure the fuel is up to the safety shut-off
valves and there are no leaks before proceeding. You
should also perform a leak test of the fuel safety shut-off
valves (see maintenance) to ensure they’re working
properly before proceeding. I know, they’re new valves;
but I also know that valves leak, even new ones!

After that final check you can install the oil guns or
gas guns that you intentionally left out so no fuel could

get into the boiler. It’s a good habit to get into, always re-
move the guns when the boiler is not to be fired and you
can readily remove them. That way you have some de-
gree of confidence that fuel can’t possibly get into the
boiler. It’s better for a leak to appear at the front where
you can see or smell it than to quietly create an explosive
condition inside the boiler. The most expensive boiler ac-
cident to date, a billion dollars worth, was the result of
leaking fuel. If you can’t break a fitting to show leakage at
the front then you should check an idle boiler regularly
when there is (or could be) fuel in the burner piping.

Once a purge is complete modulating boilers
should be positioned for light-off. Because most boilers
light off at low fire we commonly refer to this as the low
fire position, not the light-off position and I will follow
suit. You should be aware that light-off position and low
fire do not have to be the same. Once a burner is oper-
ating it can usually remain stable at firing rates lower
than rates required to achieve a smooth light-off.

Where loads can require a boiler to operate at very
low firing rates on occasion, and it’s more desirable to
keep a boiler going, separate minimum (low) fire and
light-off positions may be established. In those instances
the position switches have to prove the settings are high
enough for ignition as well as low to minimize input
during light-off.

Low fire position switches have always proven to
be difficult to maintain and set because the low fire is at
the minimum stops described earlier. I’ve never quite
understood why they’re such a problem because the
position proving switch(es) do not have to be set right at
the minimum position. I do know that many technicians
try to do just that but it’s simply easier than doing the
more logical thing which is to determine an acceptable
upper limit for light-off and adjust the low fire switch
accordingly. The acceptable upper limit is determined by
increasing the firing rate until lightoff gets rough. That’s
above the upper limit and you back off it a little.

There’s plenty of room for switch adjustment on a
multiple burner boiler because low fire has to be estab-
lished by an independent means of control. The mini-
mum stop on the main fuel flow control valve should be
set so the flow produces a pressure slightly less than
desired at low fire with one burner in operation. The
additional flow can then be provided by the minimum
fire controls. I always use minimum fire pressure regu-
lators which bypass the main fuel control valve to main-
tain a certain minimum pressure in the burner header
regardless of the number of burners in operation. Setting
the main control valve with its minimum stop to pro-
duce almost enough flow for one burner helps make it
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possible to keep the boiler from losing all burners in the
event the minimum fire pressure regulator fails. You’ll
probably encounter multiple burner boilers without
minimum pressure regulators, and experience the diffi-
culties of operating without them. All multiple burner
boilers should have them, one for gas, one for oil, for
more reliable operation.

A low fire position is not a certain solution to prob-
lems when lighting off a boiler. Fixed fire boilers light off
at full fire so there is no switch or adjustment to be made
and they can experience rough light off. A rough lighting
is due to creation of a fuel and air mixture that is outside
the flammable range (see the chapter on fuels) which
finally lights when a proper mixture is established.

When firing gas it’s usually because the mixture is
fuel rich due to gas leaking past a regulator. A quantity
of gas is trapped between the regulator and safety shut-
off valves at a higher pressure than normal. When the
shut-off valves open the result is a flow of gas larger
than normal for a few seconds until that buildup of gas
bleeds off. On oil fired boilers the gun can start empty
with fuel mixing with the air in the gun to produce too
lean a mixture. On the next try, if the gun isn’t purged,
the mixture can be fuel rich. A rich or lean condition can
be created depending on operation of atomizing me-
dium controls. If the boiler doesn’t have smooth ignition
start looking for short term surges or sags in fuel pres-
sure and flow when compared to conditions after a
stable fire is established.

There’s usually a lot of room for low fire variations
because most boilers have fan dampers that simply can’t
close enough to produce a minimal excess air condition
at low fire. Those dampers leak so badly that low fire is
usually established with the dampers in what could be
considered a closed position and excess air is still 200 to
300%. A good variable speed drive will provide lower
excess air at low fire but the flow usually has to be con-
trolled to overcome problems with changes in stack draft
producing significant changes in the air flow.

Remember, it’s always important that low fire be a
stable condition. With multiple burner boilers where the
code limits low fire air flow to 25% of full load air flow
that can be difficult because air fuel ratios can change
with number of burner registers open. Set procedures
must be established to get the air flowing at the correct
amount through the burners to be started; and those
procedures must then be followed religiously.

Establish an Ignitor
With low fire (actually light-off) position deter-

mined it’s time to actually get a flame going in the

burner. Except for very small boilers that involves the
operation of an ignitor. Most boilers will be equipped
with a gas-electric ignitor. Small boilers frequently use
nothing more than an electric spark to light the fire,
that’s because their burner is the size of an ignitor or
smaller. You can also run into some with oil-electric ig-
nitors and a few with high energy electric ignitors and
other unique methods. The bulk of boilers use a gas elec-
tric ignitor and we’ll stick to that mode. Many of you
may choose to call an ignitor a “pilot fire” or “pilot
light” but I’ll simply talk about ignitors and you’re free
to use any of those labels.

Since ignitors use an electric arc to start the gas or
oil fire it’s appropriate to make certain the flame sensor
doesn’t think the electric arc is a fire. Begin by closing all
the manual fuel shut-off valves including the ones that
supply fuel to the ignitor. Next, go through several par-
tial ignition cycles to see if the spark is detected. What’s
an “ignition cycle?” That’s everything you and the
Burner Management and combustion controls do from
starting of the fans to igniting the main fuel on the first
burner fired, including a purge.

On multiple burner boilers we also have a “burner
ignition cycle” which includes waiting then trying to
light that burner. If the flame scanner “picks up” (the
system indicates the scanner recognizes a flame which is
probably from another burner) your burner supplier has
a problem and you shouldn’t continue to operate the
boiler until the problem is fixed. Sometimes you can
correct the difficulty by re-sighting the scanner (adjust it
so it points in another direction) but if you do you
should perform this check regularly to ensure the adjust-
ment hasn’t failed to prevent sensing a spark as a flame.

We also talk about discrimination and it’s very
important in multiple burner boilers. The flame scanner
for a burner should not detect the fire of any other
burner. If it does, it can improperly indicate the ignitor,
or main flame, of its burner is on and allow the fuel
valves to remain open when, in fact, there’s no fire there.
To prevent this, and any false indication of a fire, a
Burner Management system will normally lock out
when a fire is detected that shouldn’t be there. That’s
anytime a flame is detected but the fuel safety shut-off
valves aren’t energized. Even with a single burner boiler
you should make sure that works. Slip the scanner out of
the burner assembly during the purge period and ex-
pose it to a flame, the burner should lock out.

For almost all ignitors the trial time is ten seconds.
We call it the pilot trial for ignition (PTFI). That means
that ten seconds after the ignitor gas shut-off valves
open the scanner must detect a flame to permit contin-
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ued operation of the boiler. If the ignitor flame isn’t
detected the valves should shut and the Burner Manage-
ment should “lock out.” When you’re satisfied that the
system passed the spark test check the timing and make
sure that the system locks out.

Open the ignitor manual valves when the spark
test and check of PTFI is complete. Then see if you can
establish a proven ignitor flame. Once the ignitor is
proven the Burner Management allows at least ten sec-
onds for main flame trial for ignition (MFTI) before shut-
ting down and we can use that period to check the
ignitor fire and do some other things. You don’t have to
do this every time you start the burner, only after main-
tenance or adjustments have been made that could allow
the scanner to see a spark as a flame. That includes a
change in scanner alignment or simply removing and
replacing the burner; you can’t be certain it’s back in
exactly the same place.

You should be satisfied that the ignitor lights
quickly (not just before the end of its ten second trial)
and burns with a clean and stable fire. If the ignitor isn’t
stable you can’t expect it to do a good job of lighting the
main fire. It should be bright and ragged looking be-
cause there’s lots of excess air there. You don’t want it
snapping and breaking up like fire from a machine gun
where there are bursts of fire.

An ignitor gives us an opportunity to check opera-
tion of the boiler safeties and, during initial start-up,
maintain a minimum input into the furnace to slowly
dry-out the refractory. Drain the water from the low
water cutoffs during the main flame trial period without
pressing any bypass push-buttons to be certain the cut-
offs shut the burner down; I have encountered systems
that do an excellent job of alarming a low water cutoff
but didn’t trip the burner.

Use the cycling of the fuel safety shut-off valves to
check fuel safeties as well (see the chapter on setting
safety switches). Every safety and limit switch should be
operated to ensure they will actually shut the burner
down.

Start Refractory Dry-out
The life of refractory in a boiler is almost entirely

dependent on how it was treated on the initial start-up.
By performing a controlled, slow warm-up of the boiler
you can ensure a long life for the refractory. Slam the fire
to it and you can count on repairing refractory every
time you open it until you break down and do a com-
plete refractory replacement. I like to use the ignitor to
begin a dry-out. It requires some temporary wiring and
a relay in most cases (you simply energize the ignitor

fuel valves (not the spark) in place of the main fuel to
keep the ignitor going.

Operating on ignitor will provide a very slow
warming of the boiler, so slow that it may seem like it’s
doing nothing; give it a day if you do it. Only when it’s
apparent that the ignitor can’t bring the temperature up
anymore remove any temporary wiring to restore nor-
mal ignitor operation and allow main burner operation.
A critical temperature during refractory dry-out is 212° F
because at that point you start making steam out of any
water that’s in the refractory. The steam, expanding rap-
idly, can erode the refractory as it seeps out into the
furnace. If you raise the temperature rapidly through
that temperature the steam generation can be so great
that it creates pressure pockets in the refractory to force
it apart, creating voids and cracks that will be repair
items for years to come. That’s why long-term operation
on ignitor can be beneficial to a new boiler, drying out
that refractory so slowly that erosion, cracks and voids
are dramatically minimized.

Of course, all of this is a waste for boilers with
refractory that’s already been fired, right? Wrong! How
do you know what weather conditions that boiler was in
traveling to your site? Treat your new boiler as if the
refractory was soaking wet and you’ll never regret it.
Treat it as if you should be able to run it to high fire right
away and plan on a lifetime of refractory repairs. Once
you’ve reached the limits of ignitor operation you’re
ready to establish a main flame and prepare for a com-
bination of refractory dry-out and boiler boil-out.

Repeat the operation to dry-out any major refrac-
tory repairs as well. Refractory is one of those things that
can’t be guaranteed because the manufacturer and in-
staller have no way of knowing how the dry-out was
handled. You want it to remain intact so give it the ten-
der loving care it deserves.

Establish Main Flame
Having spent a day or two on initially drying the

refractory and testing ignitor operation we’re ready to
light that main burner. This is not a time to be faint of
heart or careless and quick. Although most small boilers
come factory tested so you have some reason to believe
it’s set right for main flame ignition that’s no guarantee.
On many boilers you’ll find that particular burner ar-
rangement is being fired for the first time ever, so no-
body knows what the right settings are. I frequently see
operators slowly opening the burner manual shut-off
valve after the automatic valves open as a burner starts;
that’s because they saw the technician do the same thing
on the initial start-up. I’ll explain later why you
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shouldn’t do that but now, on initial start-up, that’s what
you have to do.

I say you can’t be timid or quick in this operation
because you don’t want to create a flammable mixture
that doesn’t light right away. If you open the manual
valve too slowly you will allow so little fuel in that the
mixture at the burner will always be too lean to burn.
However, the fuel can settle or rise and accumulate to
create a mixture that’s just right, waiting for you to fi-
nally get ignition. If you open the valve rapidly you can
shoot right past the point where the mixture is right and
into a fuel rich condition that won’t burn; that only hap-
pens if the controls admit too much fuel, and they have
half a chance on an initial start-up. That fuel in its rich
condition can mix with some air in the furnace to pro-
duce a flammable mixture and accumulate in prepara-
tion for an explosion, suddenly lighting when you don’t
expect it.

If you’re going to be the one operating that valve
do a few practice runs before doing it for real and time
yourself. You should operate a plug valve or butterfly
valve from closed to open in approximately five seconds.
That gives you enough time to stroke through all the
potential mixture conditions within the trial for ignition
period without going so fast that you miss the proper
point of ignition. When lighting off on oil you’re usually
using a multiple turn valve that’s really open enough for
low fire in two turns so practice getting it two turns
open in five seconds. Also train yourself to close the
valve at the same speed.

Keep in mind when you’re operating that valve
that there is a delay involved; the fuel has to displace the
air in the burner piping and burner parts before it can
enter the furnace and start mixing with the air. An assis-
tant watching the fuel gauge can read off pressures to
you so you can get an idea of where you are. You want
to stop opening the valve the instant you see that main
fire light and be prepared to close it a little or open it a
little more depending on your perception of the fire. If
the fire is bright and snappy, an indication that it’s air
rich, you should open the valve more. If the fire is lazy,
rolling, and smoking to indicate it’s fuel rich you should
close down on the valve.

If you didn’t get a fire then allow a full purge of the
boiler. It’s not uncommon to have several attempts at
starting that first fire. My service technicians were artists
and knew what they were doing but they always upset
me by shortening the purge time so they could get back
to trying the main burner faster. Please don’t do that!
Every missed fire leaves an accumulation of fuel in the
boiler that can produce a healthy explosion when it’s lit

by the next operation of the ignitor. Always, please, al-
low for a full purge; and …if you saw a smoky fire purge
it twice to get all that fuel out of there before trying
again.

Use the purge period to think about why you
didn’t get a fire. It might be because the gas piping was
full of air and you forgot to purge it. It might be that you
simply forgot to start the oil pump (in which case, why
did the low oil pressure switch not prevent an attempt at
ignition?) or you forgot to open a fuel or atomizing
medium valve. Maybe you saw a little light burning
indicating you didn’t have enough fuel or a lot of smoke
indicating you had too much so you can adjust the con-
trols accordingly. One problem with steam and air atom-
ized burners is not enough fuel but it’s not apparent
because the steam or air is breaking it up. Make some
corrections then, after a purge, try again until you get it
going.

Now for an operation that many service techni-
cians fail to do, mainly because it can take some time
and several light-offs, do a pilot turndown test. It’s a
process where you prove to yourself that, if the ignitor
fire has decayed to the point where it can’t light the
main burner, the scanner will prevent an attempt at ig-
nition on a faulty pilot. Throttle the gas supply to the
ignitor until you note a drop in the flame. Make sure the
ignitor can light the main flame. Continue dropping the
pressure and checking to be sure the main flame ignites.
If, during the process, the scanner fails to detect the ig-
nitor flame and the Burner Management locks out the
test is complete.

That seldom happens, what usually happens is the
ignitor fails to light the main fire. Now you have to
repoint or orifice the scanner so it will not detect the
ignitor flame when it isn’t adequate to light the main
burner. Matching that scanner position or orificing so it
also allows reliable detection of the main flame can fre-
quently be a problem. You have to do it, however, or the
system can be forced to repeatedly attempt light-off of a
main flame with an inadequate ignitor and the results
have been very devastating in some installations.

Now that you have managed to light a main
burner you want to establish proper firing conditions so
you can repeat them for every light-off. If you managed
to open the manual valve completely without changing
the condition of the fire you’re past the need to balance
the manual valve and controls. If not, then note the
burner pressure and close down on the main fuel control
valve a little (or adjust the minimum pressure regulator)
then open the manual valve a little to restore the pres-
sure and repeat the process until the manual valve is
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wide open. Once you know what the proper conditions
for start-up are the only reason for operating the manual
valve is when you question the ability of the system to
repeat those conditions. You should get a smooth light-
off every time, once you have it set.

Now that you can get a main flame it’s a good time
to review the process. Open valves admitting fuel to the
furnace only after purge and low fire position interlocks
are proven. Open the valves in the main fuel only after
a pilot (ignitor) flame is proven. Prove the purge limits
prevent completion of a purge cycle when combustion
air is blocked by blocking it. Ensure the purge require-
ments are not satisfied when the burner register(s)
is(are) closed, when the fan inlet is blocked to the degree
the required air flow cannot achieve the specified flow
rate and when the boiler outlet is similarly blocked.
Ensure the burner start-up cannot continue after purging
until the low fire position is proven. Admit main fuel
only after observing a stable and adequate pilot flame
exists and extinguishes at the end of the main flame trial
for ignition period (unless there are separate pilot and
main flame sensors where you assure the main flame
sensor does not detect the pilot flame). Purge the boiler
completely according to the code after each test or fail-
ure to produce a main flame. Don’t alter flame trial tim-
ing of the control.

Boil-out and Complete Dry-out
This normally only applies to a new boiler. You

may have to boil-out a boiler after tube replacements or
complete dry-out of some refractory repair so follow the
sequence when necessary. The entire process is skipped
for normal operation of a boiler.

Some boilers will have pipe caps or plugs in casing
drains where moisture can escape during dry-out. They
should be removed for this period of operation.

Normally the boiler is simply filled with treated
makeup water or feedwater before this stage. Once the
process begins that will have to change. Boil-out chemi-
cals should be as prescribed by your boiler water treat-
ment supplier or the boiler manufacturer. Be certain you
don’t have conflicting requirements. Handle those
chemicals with extreme care and using all the required
protective clothing and equipment; they’re a lot tougher
than normal chemicals. They should be added right be-
fore you start the boil-out and dry-out and removed as
soon as the boil-out is done.

Burner operating time should be limited until the
boiler is operational and you’ve completed refractory
dry-out and boiler boil-out. When it’s possible to operate
the boiler on main flame, make the first step a combined

refractory dry-out boiler boil-out procedure. Neither
function can be performed without having an effect of
the outcome of the other. Procedures supplied by the
boiler manufacturer should be followed or the selected
procedure should be submitted to, and approved by, the
manufacturer.

The contractor may say “we always did it that
way;” but that doesn’t make it right; insist on a written
document. Be certain to remove brass, copper or bronze
parts exposed to the boiler water because the caustic
water can damage them. In many instances that includes
the safety valves. Replace them with overflow lines run
to a safe point of discharge where any liquid that passes
through can be collected and treated. Be prepared to
dispose of the boil-out chemicals after the process is
completed. Sometimes it’s necessary to interrupt the
dry-out procedure to dump the boil-out chemicals, flush,
and refill the boiler. Have a procedure in place for re-
establishing the dry-out. Be prepared to commence nor-
mal water treatment immediately after the boil-out.

Don’t rush these steps, pushing activity along at
this point can damage the boiler in a manner that will
last its lifetime. Have adequate personnel on hand for
the maximum period required because it is not unusual
to start and stop the boiler frequently during the initial
phase of a dry-out. It’s also possible for the procedure to
take much more than an eight hour shift. On any large
boiler it’s common for it to take more than a day.

Normally the dry-out and boil-out are performed
with controls in manual for minimal adjustments as nec-
essary to obtain a clean burning fire. You started the dry-
out before beginning boil-out and will probably end up
finishing boil-out before the dry-out is complete. That’s
because you don’t produce any steam pressure to speak
of while boiling out so the temperature is only a little
over 212° F  when the boil-out is complete.

You’ll have to let the boiler cool some before drain-
ing the boil-out chemicals and refilling it but there’s no
harm in dropping them while the boiler is hot. There are
two arguments about dropping boil-out water; one is
solids will stick to the metal and bake on so allowing the
water to cool is best, the other is they will retain the
solids while hot but drop them out if they’re allowed to
cool so dumping the water hot is best. I happen to be-
lieve the second argument but always look for recom-
mendations of an appropriate temperature to drain the
water from the boiler and chemical manufacturers.

The boil-out water is considerably more caustic
than normal boiler blowdown so you should provide for
proper disposal of that water, neutralizing it before
dumping it in the sanitary sewer or employing a li-
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censed hauler to dispose of it.
Once the boil-out chemicals are drained the boiler

water must be treated. The boil-out removed all the var-
nish and grease that was covering the inside of the boiler
and protecting the metal from corrosion. It also removed
that material so it couldn’t burn on to produce a perma-
nent scale on the boiler heating surfaces. From comple-
tion of boil-out on those surfaces have to be protected by
proper water treatment.

After boil-out is complete, the safety valves and
other materials removed for the boil-out should be re-
placed. This can also produce an interruption in the dry-
out of the refractory and require a gentle reheating
before continuing.

Refractory dry-out is complete when the tempera-
ture of the refractory at any point has gradually raised to
something higher than atmospheric boiling temperature.
That’s usually 212° F  but can be lower (203° F  in Denver,
Colorado). Some people will accept termination of water
flowing out of casing drains, others are more elaborate.
The minor expense of some thermocouples located at
certain points in the refractory and monitoring them is
the best way to determine a dry-out is complete.

Set Initial Firing Controls
The boiler should be checked for proper operation

in automatic, tuning it if necessary, to achieve clean effi-
cient combustion at all firing rates. (See Chapter 10.)

Another requirement for a new boiler is establish-
ing a smooth transition from light-off to automatic op-
eration. This is normally accomplished without any
trouble on boilers with jackshaft type controls and isn’t
a factor on fixed fire units. Making the transition with
full metering controls is another matter. Normally there
is an interface between the combustion controls and the
Burner Management systems which allows the Burner
Management system to control damper and valve posi-
tions to satisfy requirements for purge and light-off (low
fire) positions. At some point after a successful ignition
of the main fuel the interface lets the automatic controls
take over. A stable, safe, and smooth transition between
light-off and automatic operation requires more than a
simple switching from one to the other.

To begin with, a cold boiler with modulation
shouldn’t be released to automatic control immediately.
There’s enough thermal shock for a boiler to experience
going from relatively cold (even in what we would call
a hot boiler room) to firing at low fire where the steel is
less than a millimeter from hot flue gases over 1,000° F . If
the controls simply shift to automatic that temperature
difference will readily double. Limiting thermal shock as

much as possible is important to extending boiler life so
provisions to prevent the controls running to high fire
right after ignition is important. The simplest approach
is you set the controls in manual before the boiler starts
and make sure that the manual signal is adjusted to low
fire. Other approaches include low fire hold systems and
ramping controls.

Low Fire Hold
A low fire hold consists of provisions to keep the

burner at low fire until the boiler is near operating tem-
perature. The normal arrangement is a pressure switch
or temperature switch similar to the operating and high
limit controls but with an electrical contact that’s nor-
mally open. The pressure or temperature has to reach
the switch setting before the contact closes to allow au-
tomatic operation. The switch has to be set lower than
the normal pressure or temperature modulating controls
so the burner isn’t affected by the low fire hold system
after the boiler is up to operating conditions. Sometimes
during emergencies you’ll have to bypass the low fire
hold controls or the boiler will not get hot until spring.
Be certain you can operate in manual to over-ride low
fire hold controls.

With the typical jackshaft control the switch pre-
vents an increase in firing rate above light-off position
until the pressure or temperature is reached. An auto-
matic low fire hold is very important for modulating
boilers that are controlled by a thermostat. A few warm
days could prevent the boiler operating until it was dead
cold; the low fire hold will prevent the rapid heating of
that boiler on high fire with severe thermal shock. When
the outdoor temperature is swinging from warm to cold
the amount of time the boiler is held at low fire is almost
proportional to the average heat load, it will be less as
the average temperature drops and the delay before re-
lease to modulation will decrease. Unless you are always
on hand to control the warm-up of a boiler you should
have low fire hold controls. One final note, on some
steam boilers where operating pressures are low you
might want to use a temperature switch for low fire hold
because pressures can swing more significantly generat-
ing control problems.

You really don’t want to suddenly switch from
light-off position to modulating because the controls will
simply run the burner right up to high fire when it isn’t
necessary. If you’re controlling the boiler manually you
should allow it to come on line while at low fire. Then,
when it seems to have reached its limit, gradually in-
crease the firing rate until the load is up to normal op-
erating conditions, then switch to automatic.
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When the boiler is unattended ramping controls
function the same way and are recommended for high
pressure steam boilers that start and stop automatically.
They control the rate of change of the firing rate so it
gradually increases at a constant rate (like going up a
ramp) until it’s at high fire or, more normally, the set
pressure is reached and the automatic controls take over.
A ramping control should only function on the initial
transition from light-off to automatic, or from low fire
hold to automatic. The transition rate should be adjust-
able and you should set it so the rate is as slow as pos-
sible to minimize thermal shock. Pneumatic and
microprocessor based systems are described in the sec-
tion on controls.

Test Safeties
Never forget that the safety valves are the last line

of a defense against a boiler explosion and test them as
soon as possible. First, do a lift test on steam and high
temperature hot water boilers when the pressure has
exceeded 75% of the set pressure of the valves. Hot
water boiler safeties can usually be tested before firing
by applying city water pressure.

As soon as possible in the start-up of a new boiler
run a pop test of steam and high temperature hot water
boilers. A pop test is described later.

Boiler Warm-up
Your boiler manufacturer should have indicated a

warm-up rate in the instruction manual. A problem with
it is normally there’s no way for you to determine if
you’re actually doing it. If it were critical for tempera-
tures below 212° F  then the boiler should be equipped
with thermometers. Normally it is a psi per hour rate
that you can track. On large boilers it’s not at all uncom-
mon to have to stop and start the burners to limit that
warm-up rate. Most boilers smaller than a quarter of a
million pounds of steam per hour can be allowed to
warm up at the low fire rate.

Fixed fire boilers are absorbing the maximum heat
input every time the boiler is fired so they have to be
started and stopped to reduce the warm-up rate. If that’s
required, other than on initial start-up, the manufacturer
should provide automatic provisions for it.

Multiple burner boilers can be warmed up slowly
by only operating one, or a portion of the burners. The
burners should be switched regularly, according to the
manufacturer’s instructions or every fifteen minutes to
one half hour so the heating is more uniform. Always
start another burner before extinguishing the one it re-
places so you don’t have to purge the unit. A purge is

blowing cold air over the metal you just heated to pro-
duce a sudden swing in its exposure to temperature.
That could produce stress cracks in the metal that you
don’t want to have. A boiler should be limited to the
number of starts and full stops it is exposed to. When the
manufacturer recommends limiting stops and starts it’s
for high pressure boilers with very thick metal that is
more susceptible to damage from stress due to tempera-
ture variations across its thickness.

Full Metering Switch to Automatic
Simply switching from light-off position to firing

rate control, whether it’s manual or automatic, can be
rough with a full metering control system. The fuel and
air controls are pre-positioned by the interface with the
Burner Management system and may be lower or higher
than the position that produces flow rates acceptable to
the control system. The result is what we call a “bump”
as the controls are suddenly allowed to react to the dif-
ference and make some rather abrupt, and usually exces-
sive, changes in valve or damper positions in an effort to
establish the required flows.

On almost any pneumatic or electronic (not micro-
processor based) controls you can also experience prob-
lems with reset windup, where the controls detect an
error and try to correct it, but can’t, so the controller
output continues to increase or decrease until it reaches
zero or maximum possible output. The outputs are out-
side the control signal range (such as 3 to 15 psig where
the signal can drop to zero or climb to 18 psig—the stan-
dard supply pressure. Similarly a 1 to 5 volts range can
be a negative voltage and go as high as 12). In either case
there is no response to controller action until the control
signal winds back into the normal control range.

Modern microprocessor based controls have anti-
windup features and procedureless, bumpless transfer
(manual to auto and vice versa) features that eliminated
the problems with earlier pneumatic and electronic con-
trols. It’s possible the system designer didn’t properly
configure those features and you can still experience
bumps on transfers.

A fuel control valve should be positioned at a mini-
mum (mechanical) stop where fuel flow after ignition is
more than the controller’s set point. If it isn’t, the con-
troller would wind up to maximum output (and it has
lots of time to do it before a main flame starts) so the fuel
valve would suddenly swing open when the controls are
released to automatic. If the flow is a little higher than
the controller’s set point, reset windup (in this case it
would wind down), there’s simply a delay in response.
However, there may not be sufficient time between main
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flame ignition and transfer to automatic for the controls
to wind down and excessive fuel feed could still occur.

If the controls do wind down before transfer they
will have to recover and once the fuel valve starts to
open it swings open more than it should. To overcome
those strange actions the interface between Burner Man-
agement and combustion controls should actually adjust
the set points to achieve purge and light-off conditions
so the controls are controlling all the time. The ramping
controls should help overcome that problem with reset
wind-up on light-off. Bumps off low fire and maximum
fire can occur during normal firing and are discussed in
the section on controls.

Collect Performance Data
After establishing a low fire on a modulating boiler

the controls have to be adjusted at other firing rates for
optimum performance of the boiler under all operating
conditions. Be certain that linearity was established on
air flow before continuing. The firing rate should be in-
creased over five to ten operating points one at a time
and the controls adjusted or data collected for setting
full metering controls.

A common problem with new boilers is they are
installed in the summer when there isn’t a steam re-
quirement that permits operation at full load. You may
find it’s best to generate a load (dumping steam works
but is noisy without a good muffler) to get the job done.
You can wait until cold weather to tune your boiler but
don’t allow it to automatically fire at rates where you
haven’t proven operation.

Most boilers are fitted with a jackshaft control so
you simply adjust the modulating motor until the next
adjustment screw (Figure 2-4) is over the roller, observe
the fire to be certain it’s burning clean, analyze the stack

gases and adjust the screw to increase fuel input until a
little CO is detected then decrease the fuel input until
the O2 is increased by the prescribed amount above the
value where CO was detected. Record data when you’re
satisfied with the adjustments.

Before advancing to the next screw adjust it so its
cam is near the same position of the fuel valve as the
screw over the roller, that way you won’t smoke or cre-
ate a lot of CO when shifting up to the next position.
Once all the screws are adjusted, collect performance
data at each screw as you reduce firing rate and compare
them to what you set going up. Procedures for adjusting
steam flow/air flow and full metering controls are de-
scribed in the section on controls; the first step for them
is to manually fire the boiler at the test points collecting
data for aligning the controls.

Acceptance Testing
The final step in start-up of a new boiler should be

the performance of an acceptance test. Data should be
collected and recorded at the firing rate where efficiency
is guaranteed by the manufacturer and, if it is a modu-
lating boiler, at no less than three other firing rates
(maximum, 75%, 50%, and 25% being common). All data
collected should be carefully recorded and stored in a
binder for future reference. If it is a new plant the perfor-
mance of all equipment should be documented at the
various firing rates. Occasionally a plant is started when
there is no place to use the steam and no way to perform
the test until other installations are in place. The install-
ing contractor then requests a delay in testing until a
load is available. When that occurs collect data at firing
rates which can be handled. Nearly identical readings at
a later date will prove the boiler wasn’t abused while
waiting for a load.

Acceptance tests vary. ASME PTC-4.1 the “Steam
Generating Units” power test code provides three means
of testing a boiler for acceptance. However, a test in con-
formance with that test code is an expensive proposition
requiring continuous documented operation of the boiler
for a period of 8 to 12 hours. It’s justified for a boiler de-
signed to generate more than 60,000 pounds of steam per
hour but not for a small 50-horsepower boiler that only
generates 1,700 pounds per hour. There are other simpler
and acceptable means for testing boilers; the important
element is having established one acceptable to owner
and manufacturer before the boiler is purchased. In the
unlikely event the boiler fails to perform the manufac-
turer is then committed to make it right.

I always recommend testing for three hours at each
load point and, with that exception, testing using theFigure 2-4. Adjustment screw on control valve
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“heat loss method” of PTC-4.1. That way you have a
formal acceptance test but not the expense of long runs.
It shouldn’t require any overtime because you have an
hour to establish test conditions and you can do two a
day. On a boiler with two fuels that would mean no less
than four days just running acceptance tests. I always
wonder what some engineers were thinking when they
said the start-up should take a couple of days, it takes
more time to check operation and tune the boiler than it
does to test it.

A final acceptance test when a boiler is field erected
is very important. A contractor can build a boiler wrong
and many have. What about the boiler that is factory
tested? I would still run an acceptance test of the final
installation. The cost of a boiler is a small fraction of the
cost of fuel it will burn in its lifetime; on average—ten
times the price of the boiler each year. A small difference
in performance can represent a considerable sum. I actu-
ally estimate the cost of a 1% difference in efficiency for
a particular installation and use that value, with the
vendor’s knowledge, in evaluating boiler offerings.

Other start-up activities that may be associated
with a new plant are covered in the following descrip-
tions.

DEAD PLANT START-UP

Normally when we say a plant is dead we mean
dead cold. There’s no heat in a boiler or any auxiliary
equipment associated with normal operation. We’ll also
loosely use the term to describe a plant that has a hot, or
warm, boiler but isn’t maintaining normal operating
pressure. A dead plant start-up is returning a dead plant
that had been operating to operating condition. It’s not
uncommon to return a plant to service that was shut
down for the summer or a protracted business slump.
It’s also occasionally necessary to return a plant to ser-
vice after a loss of electric power or water supply that
forced it to shut down. The operations mentioned here
are assumed to occur after a plant was laid-up according
to the procedures described later. Some activities also
apply to simply returning a plant to normal operation.

Remove sorbent from the boiler, deaerator and
other closed vessels, install new gaskets and close man-
holes. Check all personnel, tools, etc. are out before clos-
ing the vessels. Fill fluid systems as described in New
Plant Start-up. Everything from leaves to birds can find
their way into air and gas openings to block them while
a plant is shut down. Check to confirm stack clean-outs,
vent openings and air inlets are clean. Confirm the vent

valve on the boiler and the free-blow drain are open. If
the burner on the boiler was dismantled or repaired the
steps in New Plant Start-up should be followed to en-
sure proper burner operation. As soon as possible com-
pare initial operating data with current operating
conditions to ensure there have been no significant
changes in the boiler’s performance.

Record oil tank levels, fuel gas, steam, and water
meter readings to establish values at start-up. Leakage,
testing, and other activities may have changed the meter
readings from the shutdown or last recorded state.

A cold boiler should be returned to operating con-
ditions slowly. When starting a boiler in a dead plant it’s
advisable to bring the served facility up with the boiler.
That increases the time it takes to raise pressure on the
boiler and the facility to allow for gradual heating. Open
all valves that lead to the facility only after confirming
all drains and vents in the facility have been closed or
are manned by trained observers.

In steam plants his process normally creates a flood
of returned condensate as pressure builds so provisions
for handling it should be provided. Lower the operating
level of the boiler feed tank or deaerator and condensate
tank beforehand if possible. If that’s not possible, close
isolating valves to feed those tanks and manually main-
tain the lowest reasonable level until pressure in the fa-
cility is near normal.

For hot water installations the system should be
flooded, the expansion tank level confirmed, and circu-
lating pumps started to generate at least minimum flow
in the system. This may require a walk-through of all
equipment rooms to ensure the systems are ready to cir-
culate water. Any equipment still receiving maintenance
should be adequately isolated using proper lock-out and
tag-out procedures.

Lock controls in manual at low fire. Starting a dead
plant or boiler should provide a very slow increase in
temperature until the boiler’s contents are above 220° F .
That minimizes damage to the refractory from pockets of
absorbed moisture; a sudden increase in volume as liquid
changes to steam will build up pressure inside the refrac-
tory and rupture it. It’s sometimes necessary to repeat an
initial dry-out because the refractory got wet or refractory
repairs were performed while the plant was down.

Performing operational tests of the boiler’s operat-
ing limits during the initial firing of the boiler will pro-
vide frequent interruptions to the heat. That will reduce
problems with the refractory and provide early reassur-
ance that the safety and operating limits are functioning
properly. A wise operator will not only confirm limit
operations but record it in the log book.
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As soon as steam is evident at the boiler vent, op-
erate vents in the facility to remove air from the steam
distribution system. If the system has automatic air
vents it’s a good idea to operate a few manual vents
anyway to ensure the automatic vents are working.

In high pressure steam plants close the free blow
drain valve only after steady steam flow is certain. The
purpose is to prevent any condensate accumulation over
the non-return valve that would slug over into the steam
piping when an interrupted flow is re-established.

Close the boiler vent valve when the pressure is up
to 10 psig on heating boilers or 25 psig on power boilers.
Allowing a loss of steam until those pressures are
reached helps ensure all the air is removed from the
boiler.

If the boiler feed tank is fitted with a steam heating
sparge line it should be placed in operation after the
boiler vent valve is closed. If it is a coil heater it may be
allowed to come up with the plant.

Open the vent valves on a deaerator wide before
admitting steam and gradually open the steam supply to
the deaerator only after there is a constant flow of water
to the boiler. Any sudden surges in water flow could
rapidly produce a vacuum in the deaerator. Also avoid
any rapid changes in facility steam consumption that
could cause a drop in steam pressure. If a vacuum is
formed the deaerator and its storage tank could be dam-
aged. Once the deaerator pressure is up to normal, open
the isolating valves wide so the steam pressure regulator
can function and close the vent valve to its normal throt-
tling position.

Test the low water cutoff before reaching normal
operating pressure and after the pressure is high enough
for the boiler to return to firing. That’s normally when
pressure exceeds 6 psig for heating boilers, 30 psig for
power boilers. Lift test the safety valves when the pres-
sure is above 75% of the safety valve set pressure. They
could have corroded shut during the shutdown period.

At some point low fire will not be adequate for
pressure to continue to rise. Increase the firing rate
manually in small increments (less than 10%) and allow
the pressure to stabilize before increasing it again. Ini-
tially all the condensate will stay in a steam system be-
cause the pressure will be below atmospheric wherever
automatic vents aren’t operating properly or don’t exist.
Condensate will not return until there is enough pres-
sure differential to push it back to the boiler plant. At
several points during the start-up the pressure differen-
tial will accelerate condensate returning; the slow steps
will limit the rate at which that happens. Wait until the
pressure is at, or slightly above, normal operating pres-

sure to switch control to automatic.
After an hour or so of automatic boiler operation

the normal operating levels of the condensate tank and
deaerator may be restored if they were lowered for the
start-up. Increase the level gradually to avoid any dam-
age associated with a rush of cold inlet water. If your
timing is right you shouldn’t have an inrush because the
vessels will be filled by the condensate stored in the
system. Make a point of noting the amount of conden-
sate returned to provide better guidance in an SOP for
the next dead plant start-up.

With steam generation stabilized, draw water
analysis and determine setup of chemical feed and
blowdown controls. Open cooling water valves to any
quench system. Open valves to put the continuous
blowdown heat recovery system into operation. Vent the
flash tank until steam has been flowing out the vent for
ten to fifteen minutes so you don’t push air into the
deaerator. Alternatively, leave the deaerator vent wide
open until the blowdown system is in normal operation.

Record the start-up activity in the log and begin
monitoring the plant as required for normal operation.
It’s very important to note all problems that came up,
changes in operating procedures that were required to
accomplish the start-up or correct problems, and the
conditions at various times during the process with the
times noted. That data can be used to compare with the
original SOP for dead plant start-up and modify it to
improve the process.

Notice that I didn’t say shorten the process. Usu-
ally when starting up a dead plant you have time be-
cause many other operations won’t even be
contemplated until you have steam or hot water flowing
normally. A slow start-up ensures minimal stress from
thermal shock and avoids the pitfalls of rushing to get
the job done.

On the other hand, when the plant is being re-
stored after an unscheduled interruption, you can take
the shortest reasonable time based on experience with
prior start-ups. If called upon to rush you should al-
ready know which boiler to select for it—the one that
needs the most refractory repairs anyway. Selectively
damaging the plant under emergency conditions, such
as restoring heat to a hospital or nursing home where it’s
critical, is part of a well prepared disaster plan.

NORMAL BOILER START-UP

After that initial plant start-up we begin to relax
and, regretfully, can get too casual about a boiler start-
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up. We tend to forget that the equipment deteriorates
with age and use to the degree that something could go
wrong. A certain amount of that should be addressed
each year right after the annual inspection when, be-
cause we had the boiler apart, we should start it up as if
it were new. We should also pick up a few other good
habits that take that wear and age into consideration.

Close circuit breakers as needed to apply power to
the burner management control at least 24 hours prior to
starting a fire in the boiler. Flame sensors can deteriorate
and provide false flame signals but may operate nor-
mally when they are first energized. The long warm-up
ensures the sensors are properly checked by the burner
management system during start-up.

A normal boiler start-up assumes other boilers in
the plant are operating and the boiler to be started has
not had maintenance or other work performed on it. If
there was work performed, review the recommendations
for new plant and dead plant start-up to determine if
there’s anything you should check or test before pro-
ceeding. Make sure the vent valve is open. If the stop
valve at the steam header is closed the free blow drain
valve should be open.

Set firing rate controls to manual and low fire.
Make one quick trip around the boiler to be certain it
isn’t open and all valves are in the proper positions be-
fore starting it. Open the fuel block valves slowly to
ensure you don’t upset fuel supply to operating boilers.
When firing oil, check an oil burner assembly then and
insert in the burner. If oil is steam atomized, open isolat-
ing valves to admit steam to the inlet of the burner
steam shut-off valve. If oil is air atomized, start compres-
sor and admit air to the inlet of the burner air shut-off
valve. Check to be certain normal operating fuel supply
pressures have been established. Blow down the gauge
glass and water column while observing the water level
in the glass to assure yourself the boiler contains water.

Turn the burner management control on to allow a
burner to start. On multiple burner boilers and in older
single burner plants it may be necessary to initiate a
purge and burner ignition. When the pilot flame is
proven, gradually open the atomizing steam or atomiz-
ing air shut-off valve at the burner. This ensures that any
fuel oil that may be transported to the burner by the
atomizing medium will be exposed immediately to the
ignition energy of the ignitor and burned at nearly a
normal rate. Opening the valves earlier can inject a slug
of oil into the furnace that would subsequently vaporize
to produce an explosive mixture in the furnace and ig-
nite when the pilot comes on. Open the fuel shut-off
valve, if the atomizing medium didn’t produce a fire, to

start the main burner. If the atomizing medium dumped
in some fuel that produced a fire it’s best to repeat the
purge. Sometimes you’re so slow at opening the steam
or air valve that you don’t have time to get fuel on.
That’s okay, wait until it has purged again. This is a
normal start-up and you aren’t in a hurry.

Shortly after the burner has started and is operat-
ing normally, close the burner manual valve. The burner
management system should detect a flame failure and
initiate a boiler shutdown. Only if the boiler shut down,
reset the burner management system for another start.
Open the burner manual valve after the burner manage-
ment system indicates an ignitor flame is proven. Hav-
ing restored operation, check the low water cutoffs by
blowing each one down and confirming the burner
management system shuts the boiler down. Do not use
any bypass push-button while testing the cutoffs at this
time, you want a full operational test. Once the boiler is
up and operating it may not shut down for months; this
is the one and only, best and truest time to confirm that
the flame failure and low water safety systems all work.
Repeat the low water cutoff tests if it’s necessary to shut
the burner down to control the rate of heating of the
boiler.

Close the boiler vent valves when the pressure is
up on heating boilers or 25 psig on power boilers. If the
non-return valve on a high pressure boiler is closed,
open it so steam will flow to the free blow drain. If the
second steam stop valve was left open, open the free
blow drain to drain the boiler header and leave the non-
return closed.

Allow the pressure to increase while observing it
closely. The burner should shut down when the operat-
ing pressure or temperature control setting is reached.
Once that operation is proven, test the high pressure or
high temperature limit switch by temporarily installing a
jumper on the terminals of the control switch. The high
limit should shut the boiler down before the safety
valves open or the temperature of a heating boiler ex-
ceeds 250° F . It should also lock out to prevent continued
operation. Allow the pressure to fall until it is below the
operating pressure then reset the controls so the burner
can be started again. Remove the jumper from the con-
trol switch terminals.

Once you’ve proven operation of the low water
cutoff and the boiler pressure or temperature control and
limit switches you can run through successive tests of
each combustion air and fuel limit switch. Proving the
operation of the low combustion air flow switch can
produce a condition of flammable mixtures in the boiler
so you must be careful with that one. In some cases you
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will have to simply adjust the switch setting to simulate
a condition, not the best of tests, but at least you will
have done something to ensure it operates. I’ve attended
testing programs where many of the fuel and air limit
switches didn’t function when the operator thought they
would.

• With the firing rate set at minimum fire, reduce
combustion air flow by slowly sliding a blank over
the inlet of the forced draft fan while someone
watches the fire. The minimum air flow switch
should trip before the fire gets smokey or unstable.
Take care that the blank doesn’t affect the switch
sensing the air flow, use another method of reduc-
ing air if it does.

• Increase gas pressure to the burner while watching
the fire, again at minimum fire. The high gas pres-
sure switch should trip before the fire gets smokey.

• Decrease gas pressure to the burner while watch-
ing the fire, again at minimum fire. The low gas
pressure switch should trip before the fire becomes
unstable.

• Decrease oil pressure to the burner while watching
the fire, again at minimum fire. The low oil pres-
sure switch should trip before the fire becomes
unstable.

• If the oil is heated at the boiler you can check op-
eration of high and low oil temperature switches (if
present) by adjusting the oil temperature while
observing the fire. This takes time due to the ther-
mal inertia of the system so be prepared for that. If
the fuel is heated at a common supply point the
testing should only be done when you will not
interrupt the operation of other boilers.

What happens if the burner doesn’t trip on low
water cutoff, flame failure, or high pressure limit? You
secure it, note the failure in the log, and notify your
superiors that it isn’t working properly. A boiler with
malfunctioning safety controls should not be placed in
operation.

Open the boiler isolating valve on a heating boiler
when the boiler pressure is reasonably close to the
header pressure. It’s best to open the second stop valve
on high pressure boilers when the pressure in the boiler
is within twenty pounds of header pressure. The mini-
mal difference in pressure limits steam wire drawing the

second stop valve seats and makes it easier to open the
valve. When there’s a bypass built into, or around, the
second stop valve you can use it to pressurize the boiler
header. The normal way is to open the non-return valve
when ready to put the boiler on line to build up pressure
in the boiler header. In either case, always be certain the
free blow drain valve is open and blowing steam to
ensure yourself there’s no condensate in the header that
would suddenly enter the plant steam header.

After steam is flowing to the header, as indicated
by a steam flow recorder or a drop in boiler pressure as
the non-return valve lifts, close the free blow drain of a
high pressure boiler.

Once the boiler is “on-line” which means it is de-
livering heat to the facility, record the fuel and steam or
other output meter readings. It’s one of the little things
I ask operators for that I never get an answer to—“how
much fuel does it take to bring that boiler up and onto
the line?” If yours is one of those plants that change
boilers frequently it may be a very important question
because there’s considerable amount of fuel used to do
that and an associated amount of energy lost when a
boiler is taken off line and left to cool.

The final step in a normal boiler start-up is to es-
tablish its manual firing rate or place it in automatic
control. Since you should still be at low fire, this can
require increasing the firing rate manually until the de-
sired firing rate is reached. If you intend to place it in
automatic you should increase the firing rate until you
notice that it’s about the same as the same sized boiler
that’s already on automatic before switching to auto.
Simply throwing the switch to auto isn’t the appropriate
way to do things because the boiler controls could swing
for some time before they are stable again.

EMERGENCY BOILER START-UP

Emergencies come in two forms, instantaneous and
impending. If you’ve done your job as far as observing
the equipment is concerned, regardless of who main-
tains it, you shouldn’t face too many of either. There are
some emergency situations that are beyond our control,
such as power failures, but we should have plans for
them; right? Instantaneous emergencies involve an im-
mediate shutdown of the plant or an operating boiler
such that you can’t supply steam to the facility served by
the boiler plant. Impending emergencies are the ones
where you know it’s only a matter of time until you
can’t supply that steam.

Impending emergencies involve things like the se-
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vere squeal of a fan belt or motor bearing on operating
equipment that tells you it’s bound to fail very soon. It
can also be clouds on the horizon and the sound of thun-
der when you know the power is going to fail because
you never seem to make it through a thunderstorm
without a power failure. Natural occurrences from flood
to excessive heat to deep snow and forest fires seldom
come without a warning so they should be impending
emergencies, something you know is coming.

With your disaster plan in mind you can take ap-
propriate action. And that’s why you make the plans, so
you don’t have to stop and think about it. The less time
you take to act the more time is allowed for warming up
a boiler and other things that you don’t want to rush
unless you have to. If you’ve actually rehearsed those
disaster plans you will find yourself surprisingly com-
fortable with what’s going on.

Steam may be such a precious commodity in your
plant that you maintain a boiler on hot standby. In that
case, start the standby boiler so it can be brought on line.
Once the problem with the boiler that tripped is resolved
you can put it on standby or restore it to service.

Frequently the reason for a boiler shutdown can be
determined, and corrected, quickly so it can be returned
to service. Many times it’s resolved quickly and the
boiler is returned to service even before anyone else
notices you have a problem. When that can’t happen,
then it’s time for an emergency boiler start-up.

Any emergency that results in the shutdown of a
boiler should be responded to with an instant evaluation
of the condition of that boiler. If you’re confident that it
cannot be returned to operation or are not sure why it
went down the first step would be to start another boiler,
if you have one, so it’s warming up. Starting the other
boiler takes time from finding the problem with the unit
in operation but it also allows for a more gradual warm-
up of that boiler in the event the one that was running
can’t be restarted.

Of course, if you know it went down because of a
short power interruption, or other cause you know will
not prevent a restart, there’s no reason to start that other
unit. If there’s water and steam pouring out of the boiler
that shut down or large gaping holes in what used to be
square casing you know there’s no hope for the boiler
that went down and all you can do is secure it.

I define an emergency boiler start-up as one that
requires operation of a boiler from a dead cold condition
in as little time as possible. There are things you can do
to limit the damage to the boiler in that process and
actually accelerate the start-up time. Which ones are
available to you will determine what you do. You can

use these suggestions as guidelines to prepare your own
disaster plan that describes an emergency boiler start-
up.

Frequently heating boilers are allowed to sit idle
with their steam valves open. This frequently gives the
operator an impression that the boiler is ready to go
because there’s pressure on it. Nothing could be further
from the truth and I discourage that practice because it
injects a considerable temperature swing in the shell of
the boiler right at the water line. Steam at the surface is
at saturation and hot, the original boiler water and con-
densate below the surface can be much cooler. Even
systems that drain the condensate from the bottom of
the boiler do not correct for the fact that the majority of
the water in the boiler is relatively cold.

Power boilers will always be considerably colder
than normal steam condition. The principle concern in
an emergency start of a boiler is the development of
stresses in the boiler metal associated with rapid heating
of the boiler. Whether it’s a low pressure firetube or a
large watertube doesn’t matter much, both have thick
steel parts in contact with the boiler water that have to
be heated to normal saturation temperature and the time
spent in doing that will determine the extent of damage
by thermal overstress.

Rather than heating all the water in the boiler you
can bring warm or hot water in to help accelerate the
warm-up. That’s especially true when the boiler is the
only one you’re firing. Temporarily shutting off the
makeup water and operating the boiler blowoff valves to
drop level so the heated water from the boiler feed tank
or deaerator displaces much of the cold water in the
boiler will both add to the heating of the boiler and
provide some movement of water to help transfer that
heat to the thick parts of the boiler metal. Once you’ve
about drained a boiler feed tank you can restore the
makeup. Let a deaerator sit until you’re producing
steam then bring the makeup on real slowly.

In an emergency you want to push the envelope as
much as possible without damaging the boiler. Your di-
saster plan should have been developed after some test-
ing that determines what firing rate provides the fastest
warm-up of the boiler within the limits recommended
by the boiler manufacturer so you can immediately set
that firing rate to get the fastest possible warm-up.

If your normal procedure for warm-up includes
shutting the burner down, don’t do it. I’ve never been a
proponent of that activity other than for refractory dry
out. If you think about it, the operation of the burner
followed by a purge produces dramatic swings in the
metal’s exposure to temperatures on the fire sides. I
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think you will do less damage to the boiler by firing
continuously, although at low fire, than cycling the
burner on and off. In multiple burner boilers, where
you’re only operating one or a portion of the burners
during warm-up, operation should consist of firing an-
other burner before shutting one down as explained in
the first discussion on start-up.

Then, of course, there’s the matter of how serious
the need for steam is. Loss of steam for blanketing
chemical reactions may be more critical than damage to
the boiler. In a hospital during a disaster where every
operating room is handling emergency surgery main-
taining steam for sterilization is a must. In such situa-
tions your disaster plan can call for ignoring the
manufacturer’s recommendations so you bring a boiler
up to operation as fast as possible.

At some point you’ve established how much time
it will take to recover and documented it in your disaster
planning. That information should be supplied to the
facility served by the boiler plant so they’re aware of it
when preparing their disaster plans. Some facilities may
reply with the question “is that the absolutely quickest
you can do it?” In most cases you can answer “No, but
it will expose (multiply your steam generating capacity
in pounds per hour by $20 or the boiler horsepower by
$700) of boiler to probable failure to do it quicker. Now
they have a time and a dollar value for doing it faster,
usually you won’t get any more questions.

Note that I didn’t mention refractory. If the boiler
has been laid up properly there’s no reason to believe
serious damage to the refractory could occur during an
emergency start-up. Very old boilers and coal fired units
may have sufficient thicknesses of refractory that it’s a
concern and your plan should address those conditions
when they exist. Finally, log it all!

NORMAL OPERATION

I hear it so frequently: “all that boiler operator does
is sit on his butt and read the paper” or words to that
effect. Of course, you may have the same perception of
others; does a night watchman do anything? a librarian?
how about us engineers? Remember that old Indian
proverb: “never criticize a man until you’ve walked a
mile in his moccasins.” I always address that first quote
with the following inquiry and offer the list that follows
it so the person knows what a boiler operator does on a
normal shift.

What is the most sensitive, precise, and accurate
sensor in a boiler plant? I always wait for the person I

ask to bring up a few answers. Occasionally they answer
the operator’s brain but I can say that’s wrong. It’s the
operator’s ear. Think about it… Even before the pressure
gages drop or the alarm goes off you know when some-
thing goes wrong; you hear it! When I’m asked what is
necessary to eliminate personnel during the evening or
night shifts I always manage to get the inquirer’s mental
gears turning by explaining that and asking how much
they’re willing to spend to get a system that approaches
the ability of an operator listening to his plant.

Now, in addition to always being on top of every-
thing going on in that plant, what does an operator do?
During any typical working day in a steam plant a boiler
operator will spend no less than 4 hours plus 1 hour per
operating boiler and 1/2 hour per idle boiler to:

• Note in that newspaper the weather forecast for his
next shift and predict the steam load to see if an-
other boiler must be started or one stopped to ac-
commodate that load. Transfer the number of local
degree days from the paper to the log. Review
communications from the prior shift, the chief en-
gineer and plant engineer to see if facility opera-
tions will change the load and plan accordingly. In
production facilities, review the production sched-
ule for the same purpose. In some cases today’s
operator checks the standing orders and produc-
tion schedules on the plant’s Intranet to determine
the boiler load.

• Check each boiler in operation to note water level,
steam pressure, feedwater pressure, fuel pressure,
fuel temperature, stack temperature, draft, casing
color and temperature, firing rate, position of con-
trol linkage, security of control linkage connec-
tions, condition of air inlets, temperature of blower
bearings, temperature of blower motor and its
bearings, signs of vibration at blower or its motor,
flame signal strength, flame appearance, flue gas
appearance, and detect signs of leakage.

• Check each idle boiler to note water level, internal
pressure, position of vent valve, stack temperature,
draft conditions, casing temperature, position of
control linkage, security of control linkage connec-
tions, condition of air inlet, furnace and boiler pass
conditions, and look for signs of leakage.

• Check auxiliary equipment and systems to note
salt storage level, brine level, softener in service,
other pretreatment equipment as applicable, con-
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densate tank level, deaerator level, deaerator pres-
sure, condensate temperature, feedwater tempera-
ture, condition of deaerator vent gases,
temperature of condensate pump bearings and the
pump’s motor and motor bearings, temperature
and condition of the condensate pump seal and
seal flushing flow, temperature of the boiler feed
pump bearings and the pump’s motor and motor
bearings, temperature and condition of the feed
pump seal, continuous blowdown discharge tem-
perature, flash tank pressure, blowdown drain
temperature, chemical feed tank levels, fuel oil sup-
ply pressure, fuel oil service pumps, motors, and
bearings when firing oil, fuel gas supply pressure,
fuel tank levels, and look for signs of leakage.

• Draw representative samples of boiler water and
test the water for partial alkalinity, total alkalinity,
phosphate residual, sulfite residual, chlorides, iron,
total dissolved solids, and other concentrations as
dictated by the water treatment supplier. Draw rep-
resentative samples of condensate and test for
hardness, pH, iron, total dissolved solids, and other
concentrations as dictated by the water treatment
supplier. Draw multiple samples of condensate and
test when necessary to isolate hardness leakage.
Draw representative samples of the boiler
feedwater to test for pH, chlorides, total dissolved
solids, and other concentrations as dictated by the
water treatment supplier. Draw samples of raw
water and test for hardness and total dissolved
solids. Draw samples of softened makeup water
and test for hardness, repeating frequently near
ends of softener runs to detect breakthroughs.

• Record, in the boiler plant log, many of the levels,
pressures and temperatures described above, main-
tenance activities described below, unusual activi-
ties and events, and observations of conditions that
are precursors to failures. Record water, fuel and
steam flow meter readings. Calculate and record
evaporation rate and fuel consumption per degree
day then evaluate the results to identify changes or
upsets in system operation and quality of control
adjustments. Calculate percentage of returns and
compare with history to detect system leaks and
upsets.

• Perform normal operating activities including: Test
the low water cutoffs on each operating boiler each
shift for three shift operation and at least twice

each day. Calculate effect of changes in raw water
hardness on softener capacity and adjust softener
regeneration rates accordingly. Adjust the continu-
ous blowdown rates at operating boilers to main-
tain dissolved solids concentrations, iron,
alkalinity, or whatever is the controlling factor.
Adjust the chemical feed pump rates to restore
normal water chemistry for each concentration.
Clean fuel oil filters when firing oil. Operate boiler
soot blowers as required. Adjust firing rate controls
to maintain normal operating pressures and/or
cycling controls to maximize cycle time according
to the load. When indicated, sample and test boiler
flue gases to evaluate firing conditions then adjust
fuel to air ratio accordingly.

• Provide escort for visitors, inspectors and contrac-
tors. Note work being performed by contractors
and service providers, inspect their work where
required. Receive shipments of fuel oil, water treat-
ment chemicals, maintenance parts and other mate-
rials. Document all visitors, contractors, deliveries,
etc., in the log.

In addition to the daily activities described above,
perform weekly activities including: Inspect air inlet lou-
vers and screens for blockage, clean as necessary. Restore
full levels to all lubricating oil reservoirs in pumps,
blowers, fans, air compressors, etc., using the required
lubricant. Check salt elutriation conditions and adjust
brine feed accordingly. Draw representative samples of
the boiler feedwater and test for dissolved oxygen. Take
direct level readings and check for water incursion in
fuel oil storage tanks. Perform bottom blowoff of operat-
ing boilers (this activity normally requires the presence
of two operators).

In addition to the foregoing, perform monthly ac-
tivities including: Lift test safety valves on all operating
steam boilers. Conduct slow drain test of low water cut-
offs. Test flame detectors. Check along all fuel gas piping
elements with leak tester. Check fuel gas regulator vents
to detect diaphragm leaks, vent valve vents to detect
leaking vent valves. Inspect all piping in plant for loss or
dislodging of insulation. Inspect stack cleanout for accu-
mulation of debris, clean as required. Changing and
cleaning of filters is usually performed on a monthly
basis but each one is staggered to provide a level load of
work as much as possible.

Annually the operators should prepare each boiler
for the internal annual inspection by the National Board
Commissioned Inspector. During that process the opera-
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tors should inspect the boiler internals on the water side
to assess their performance in maintaining water quality
and on the fire side to detect any soot accumulation,
refractory damage or dislodging, seal damage or loss,
and other problems that might change the heat transfer
rates in the boiler. At least two people are needed for
inspections to satisfy confined space requirements.

Biannual, five-year, and ten-year inspection and
maintenance cycles need to be considered as well. Pro-
grams for greasing motors and driven equipment can be
scheduled in a manner that spreads this work out rather
than doing it all at once.

Annual tests that should be performed by the
boiler operators include: Leak testing of fuel oil safety
shut-off valves, regulators, and vent valves. Calibration
checks of gauges and thermometers. Removal and re-
placing of safety valves where the insurance inspector
requires rebuilding, normally on a five year per valve
basis.

All the above assumes a bare bones boiler plant.
There is always additional equipment and systems that
need to be monitored and maintained on a regular basis
and service the facility and/or the boiler plant including
(but not limited to) domestic hot water heaters, air com-
pressors, cooling towers, chillers, air handling units, etc.
Adding the monitoring, maintenance, and water condi-
tioning for those systems can easily consume another
operator’s time for a normal day.

IDLE SYSTEMS

For some strange reason people think a boiler plant
that’s shut down during the summer or an air condition-
ing system that’s shut down during the winter doesn’t
need any attention. The contrary is true, they need more
attention because it’s during those periods when the
equipment isn’t operating that they normally incur the
most damage. Before you say I don’t know what I’m
talking about consider this: most of the rusting and cor-
rosion in heating systems occurs during the summer
when the boilers are shut down and a typical reason for
catastrophic failure of a chilled water system is freezing
when it’s shut down. Idle equipment deserves just as
much attention as operating equipment.

Idle boilers should be warm (see the section on
standby boilers) or laid up wet or dry. Concerns with
warm boilers include checking to ensure they’re really
warm; the temperature of the water at the bottom of the
boiler should be the same as the water at the top of the
boiler. Boilers that are not up to operating pressures and

temperatures can weep enough to promote high rates of
localized corrosion so casing drains should be checked
daily to ensure there’s no evidence of the boiler weeping
excessively.

Idle boilers require more attention because an oper-
ating boiler is generating inert gas; it’s less likely to ex-
plode than an idle boiler. The fuel oil and gas supply
shut-off valves should be checked to ensure they’re
closed and supply pressures after them down to zero.
Gas fired boilers should be checked by sniffing at an
observation port or other sampling means to ensure
there isn’t any gas leaking into the boiler.

The most expensive industrial accident incurred to
date was the result of gas igniting after leaking into an
idle boiler at the River Rouge Steel Mill in February of
1999. The result of that boiler explosion was six dead,
several injured and over a billion dollars in damage. If
the boiler is oil fired the oil burner should be removed or
the oil supply piping disconnected from the burner and
plugged so no oil can leak into the furnace. Separate
ignitor gas supplies should also be isolated and checked.

The ash pits, bunkers and furnaces of coal and
solid fuel fired boilers should be checked for accumula-
tion of anything that could create problems including
water, trash, rodents and sleeping contractor employees.
Speaking of contractors, an idle boiler should be covered
to prevent damage from contractor operations above
and around it and panels and fan inlets should be sealed
to keep construction dust from entering them.

I like to leave power on a burner management
panel and control panels so the indicating lights, trans-
formers and the like keep the enclosures dry. Alterna-
tively you should check for operation of panel heaters or
temporary lights installed for that purpose. You can’t be
certain that there’s sufficient power to keep the panels
dry so simply open the panels once a week to check for
condensation; any rusting or discoloration says you
need heaters in them.

You don’t want to discover your boiler is full of
holes when you try to start it up in the fall so, if the
boilers are in wet layup the water should be tested for
sulfite content and pH weekly and corrected if the analy-
sis shows the levels to be inadequate for proper storage.
Boilers without stack caps should have the stacks cov-
ered if they are above the boiler and stack base access
doors opened if they aren’t so you can be certain rain
isn’t entering the boiler and corroding it. Sometimes that
isn’t easy to do so it’s more important to see to it that
any rain that falls drys out quickly by providing, and
regularly confirming, good ventilation over the metal
surfaces and up the stack.
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During the winter an idle boiler can freeze up if the
plant is sealed so much that combustion air from oper-
ating equipment is drawn down the stack of the idle
boiler. That’s why I say stack temperatures should al-
ways be recorded, even on idle boilers. Stagnant water
piping and the like can also freeze if the cold outside air
that’s always drawn into a boiler plant for combustion
happens to flow over that piping or equipment.

Chillers, cooling towers, and other air conditioning
equipment plus any equipment or piping system that
contains water should be drained completely when it’s
idle. If it’s not possible to drain a system completely then
it should be filled with an antifreeze solution that’s guar-
anteed to prevent freezing at the lowest known tempera-
ture at your plant. If neither of those options are
available to you then you have to be concerned with
freeze protection, checking every piece of idle equip-
ment regularly during the winter months to be certain
it’s not freezing.

Some freezing is due to us engineers, I’ll admit. I
recall one installation where the engineer designed lou-
vers for combustion air in the wall of a boiler room
where the air drawn in traveled right over the chiller;
since it was inside the boiler room it was supposed to be
warm and plant personnel failed to drain it. At the be-
ginning of the cooling season they got an expensive sur-
prise. Remember that story because you can’t forget that
standing water in the boiler plant can freeze if cold air is
drawn over it, including water in idle boilers.

Your water supply piping is susceptible to freezing
because the water is already cold and it won’t take much
more to start freezing it. There’s been more than one
boiler plant shut down in the winter because cold drafts
froze their city water line solid. Don’t take an indicating
light’s operation as proof that electric tracing is on, put
your hand on the covering. If it isn’t warm slip a ther-
mometer under the lagging and if necessary push it
through the insulation to the pipe (be careful with
pointed thermometers that you don’t penetrate the trac-
ing).

Salt storage tanks are usually idle but they can
overflow at any time. Brine can also freeze. An idle soft-
ener can freeze if exposed to a cold draft and can con-
tribute to salt leaking into the effluent (another one of
those engineering terms, it’s the treated water leaving
the softeners) if it isn’t checked while it’s idle.

Idle condensate and boiler feed pumps can freeze
up. That’s why it’s important to rotate them regularly.
That’s rotate, not bump. When you bump a pump you
simply push the electric motor’s start and stop buttons
one after the other so the motor turns over. The problem

with bumping any rotating equipment is it tends to stop
turning right where it stopped last time. Any rotor sus-
pended between bearings will tend to sag over time and
if left in, or returned to, the same position every time the
sagging increases.

To rotate a pump you should turn it by hand.
Sometimes that means temporarily removing a coupling
guard or reaching under it. The final key is to turn it 1º
turns so it’s 90 degrees off its last position. Rotate it once
a month and it will only be in the same position one
fourth of the year. All rotating equipment, anything run
by an electric motor, gas or diesel engine or steam engine
or turbine including the drives should be rotated
monthly. By maintaining a schedule of the rotating
equipment and rotating one a day or one a week (de-
pending on how many you have) all the equipment in a
facility can be rotated on that monthly schedule.

Idle piping systems also deserve some attention.
The first lesson of idle liquid piping systems should be
to ensure there is always one way for the liquid to ex-
pand out of the piping system. If you valve off a piping
system to the extent that the liquid is trapped inside, the
piping will be exposed to considerable swings in pres-
sure as the liquid is heated and cooled. The liquids that
enter a boiler plant are typically colder than the plant so
it’s very easy to isolate a cold liquid which will expand
when heated. If that liquid is completely trapped the
only way it can expand is to stretch the pipe and you
better believe that it can do it.

Expanding liquid normally raises the pressure to
the point of failure of a gasket or packing at a valve stem
and operators will consider it a simple leak. If, however,
you fix all the leaks the pressure will eventually split the
pipe because expanding heated water can produce as
much force as freezing ice.

The simple solution for idle systems is never isolate
them completely. If you have to, then install provisions
for expansion or a relief valve on them that discharges
the liquid to a safe location. A favorite spot for this prob-
lem is the short length of piping between two fuel oil
safety shut-off valves. The engineer’s solution is a relief
valve connected to that piping and discharging to the oil
return line. If you don’t have one of those you should
have a branch line with a small valve for leak testing
closed with a nipple and pipe cap. Remove the cap and
open the valve each time the boiler is shut down for an
extended period then close it back up after a little air has
gotten in. That little bit of air should not create a prob-
lem at the burner because it should pass through while
the ignitor is still operating.

Fuel oil in idle piping exposed to the heat of a
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boiler room can gradually break down to form heavier
hydrocarbons and gases that produce the equivalent of
air pockets in piping. That doesn’t necessarily create a
problem for the piping but pumping that fuel with its
pocket of gas to a burner can create a flame out (there’s
not enough energy in the gas to keep the flame going)
and subsequent re-ignition of the fuel oil to produce a
furnace explosion. Always recirculate oil to eliminate
any gases long before starting a burner on fuel oil. Fuel
oil piping can also be a hazard if it is fully isolated

I have seen four-inch water piping reduced to less
than 3-inch internal diameter in a matter of months be-
cause it was idle. Despite chlorination and other forms
of water treatment microbes manage to survive. Given
stagnant water and a minimal source of nutrients (food
to eat) they can thrive. Not only do those microbes con-
struct rather solid homes on the inside of the pipes they
also generate waste that can be very acidic or caustic to
corrode the piping. Just recently I have seen a large
number of articles in engineering magazines on the
problems of MIC (microbe induced corrosion) which, in
many cases, is comparable to oxygen pitting because the
microbes concentrate under a little growth on the inside
of the pipe and emit the acids and alkalis that attack
locally.

Normally the solution for idle cold water piping is
simply opening a vent or drain valve to refresh the water
in the idle piping once a week. Microbes can’t survive in
water above 140° F  and don’t do well in water much
warmer than 120° F . Water lines that are in the upper
levels or a boiler room shouldn’t have a problem with
microbial growth because of the heat but would suffer
from oxygen pitting if you regularly added oxygen rich
water to them.

Oxygen is another problem in water piping, not as
persistent as in boilers but the cold city water usually
warms up in idle pipes in the boiler plant and raising the
temperature of the water reduces its ability to absorb
oxygen so some of it is released to produce the damage
we know as oxygen pitting. (See deaerator operation for
more on oxygen problems). If the piping is to be idle for
long periods of time it should be drained and kept dry.
That way, both microbes and water borne oxygen can’t
do damage to it. A dry line will develop a very thin coat
of rust that will protect it.

If you can’t keep the pipe dry then adding chemi-
cals to the water or filling the piping with nitrogen to
inert it are options. A nitrogen inerting system consisting
of a regulator and safety valve on a portable cylinder
should maintain the inert status for several months. You
only need to maintain a few inches of water column as

pressure in that idle piping. Nitrogen can find some
pretty small places to leak through and maintaining high
pressures will result in wasting a lot of nitrogen.

Vent and bleed lines for gas pressure regulators,
gas pressure limit switches, and the bleed of double
block and bleed shut-off valve systems are basically idle
piping. The vent lines from a regulator or pressure
switch is there to provide a direct connection for atmo-
spheric pressure on the diaphragm of the control valve
plus convey fuel gas to a safe location in the event the
diaphragm leaks. The bleed line is used intermittently to
dump the gas trapped between the two safety shut-off
valves. Those lines should always be treated as gas lines
even though they may contain air most of the time. The
condition of the terminations of gas system vents and
bleeds, normally a screened fitting, should also be
checked on a regular basis to ensure they aren’t blocked.

An ear to the line can detect a good sized gas leak.
They should also be checked by stretching a rag over
their outlet (or a union just inside the building when the
outlet is inaccessible) and soaking it with soapy water.
Bubbles indicate a leak. They should be checked when-
ever there’s reason to believe they could be leaking or on
annual inspection. I’m reminded of when my service
technicians made repeated visits to a plant in an attempt
to locate an intermittent gas leak. They eventually dis-
covered the rubber disc of a bleed valve had been cut by
the sharp seat of the valve and occasionally buckled to
block the valve partially open while the boiler was oper-
ating.

Fuel oil tanks that aren’t in use should be full ex-
cept for one that may be filling. That way you minimize
the exposure of the metal in the tanks to air and its cor-
rosive properties. You also limit the contact of air with
the oil. Full, of course, doesn’t mean up to the brim; you
always need some freeboard (space between the liquid
level and the top) to allow for expansion. I thought I had
the matter of expansion down and filled fuel oil tanks up
to the very top once. The oil was normally delivered hot
(good old bunker C) so it would shrink into the tank. I
discovered later that the particular shipment I received
was colder than normal so it expanded instead of shrink-
ing and I got to spend a day cleaning up the fuel spill I
created. See fuel oil in the section on consumables for
more on the wise use of fuel oil storage.

Propane and fuel oil storage facilities have a bad
habit of becoming garbage dumps. In the fall leaves ac-
cumulate in the diked areas around the oil tanks and on
the ground around the supports of propane tanks. That’s
fuel for a fire from an inadvertent spark or cigarette that
could produce a disastrous fire and possibly an explo-
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sion. Water can accumulate in diked areas or simply
form ponds that stand on metal pipes, supports and
tanks to promote their corrosion. Every day shift should
visit the fuel storage locations for the express purpose of
identifying hazards and eliminating them. Raking leaves
and mopping water may not be in the job description
but you are responsible for those facilities and should
take any action necessary to protect them.

A very important piece of equipment that’s idle
most of the time is an emergency generator. Many plants
test them on a regular schedule but they deserve atten-
tion between tests to detect any problems that might
arise. There are probably many items and systems in
your plant that weren’t included in this discussion but
deserve your attention when they’re idle because they’re
critically necessary when you need them. You have to
identify them and make certain your SOPs include pro-
cedures to check on them.

SUPERHEATING

The recent deregulation of electricity has resulted
in more superheated steam boilers to permit plants to
generate electric power so you better know the impor-
tant requirements of superheater operation. The first and
foremost rule is the superheater has to have steam flow-
ing through it to absorb the heat getting to the tubes or
the tubes will overheat and fail. Water in superheater
tubes doesn’t help, it can block flow in some tubes to
permit them overheating or suddenly blow over at high
velocities to create water hammer damage.

The following guidelines should ensure proper
start-up of a superheated boiler. Note that some boilers,
HRSGs in particular, can have special requirements so be
sure to read that instruction manual. When the boiler is
equipped with a reheater you should have to adjust
valving to direct steam from the boiler through the
reheater and open the reheater vents and drains. When
starting up a boiler with a superheater make sure all
vents and drains on the superheater are open. Similarly,
check that all reheater vents and drains are open.

As soon as a reasonable flow of steam is evident at
the boiler vent, close it to develop maximum flow
through the superheater. When superheater drains ap-
pear to be blowing clear with no moisture present (a
slight gap between the pipe and the cloud of water drop-
lets) close down on the drain valves to increase flow
through the whole superheater. Similarly choke down on
any intermediate vents. Constantly observe the super-
heater outlet temperature, paying close attention after

any change in firing rate, number of burners or ignitors
in service, and other activities that can change flue gas
flow past the superheater. Close drains and vents except
for the final superheater vent valve once you have the
turbine rolling over. Close the superheater vent valves
after the turbine is carrying a load. Close the bypass
valve to the reheater as well, confirming reheater flow
from and to the turbine before closing the reheater vent
valve.

During operation note the superheater, and
reheater if equipped, outlet temperature on a regular
basis. There are many things that can go wrong to pro-
duce a problem with overheating the superheater or
reheater that aren’t necessarily going to be associated
with changes in sound. If the turbine trips, open the
superheater vent valve before trying to reset the turbine
trip valve. If the boiler has a reheater establish flow
through it as well.

Fooling around with a trip valve without super-
heater flow is dangerous. There’s no steam flow so the
superheater outlet temperature indication will fall even
though the metal a few feet inside the boiler is overheat-
ing. It’s very embarrassing and quite scary to see the
superheater outlet indication peak well above design
temperature after you get the trip valve opened back up.

If your plant makes it a practice to lift check the
safety valves then do so with caution, waiting until the
boiler has settled down after lifting each drum safety.

Open the superheater vent first before starting to
take a boiler off line, that’s first before anything else. If
other boilers are serving the load any reheater will have
to be set up to maintain steam flow as well. Whenever
possible keep serving the load after shutting off the fires
to keep the flow up, allow the turbine to drop off with
the boiler so you maintain maximum possible super-
heater steam flow. Don’t open the other vents and drains
until the boiler is down to 25 psig when you’re ready to
open the drum vent. There are so many variables in
superheater and reheater design today that I can’t begin
to ensure you these procedures are the best for your
plant. Be certain you follow manufacturer’s instructions.

Some superheaters are equipped with gas bypass
dampers inside the boiler so you can control the super-
heat temperature to a degree. Others will have an inter-
mediate desuperheater that injects feedwater into piping
connecting two sections of a superheater to drop the
temperature coming out of the first stage and you may
find desuperheaters on reheaters. Some of these devices
can produce a false sense of security by producing safe
superheat readings at the boiler outlets but the tempera-
tures upstream of the desuperheaters or in parts of a
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superheater that aren’t affected by the dampers go too
high. In any kind of upset operating condition check as
many temperatures as you can and don’t bet on the low-
est reading being the right one, always figure the highest
reading is the right one.

Desuperheaters are used to increase the supply of
desuperheated steam (the added water evaporates and
becomes part of the steam). When the steam is used in
heat exchangers and similar apparatus desuperheating
reduces the amount of heating surface required in the
heat exchanger. They should always leave a little super-
heat in the steam so you know there’s no water racing
down the piping looking for an elbow to run into. When
you’re operating a superheated steam plant you have to
know what the saturation conditions are for every ser-
vice and what are the maximum temperature ratings of
the equipment and piping.

SWITCHING FUELS

Any boiler plant of a reasonable size should be
capable of burning more that one fuel. It provides the
owner or user with an alternative fuel in the event the
supply of one is interrupted. It also provides a basis for
negotiating price with the suppliers. Most boiler opera-
tors don’t make the fuel supply or price decisions but
they should be prepared to choose, and choose wisely,
which fuel to burn.

In most northern states the operator is informed by
a phone call when to switch from natural gas to oil fir-
ing. Their natural gas is purchased in accordance with a
special contract so the supply is “interruptible.” It’s a
method that benefits the gas supplier and the consumer.
The large pipelines that transport gas from the southern
states, principally Texas and Louisiana, have a maxi-
mum capacity. The pipeline owners want to optimize the
use of those pipelines. They are limited by the pipeline
capacity to the customers that are supplied “firm” gas.
Those firm gas customers don’t use much, if any, during
the summer and when outdoor temperatures are mild so
there’s always room in the pipelines for more gas to flow
except on very cold days. By selling interruptible gas the
pipelines make use of that extra room in the pipeline.
The purchaser gets a discount, paying less for interrupt-
ible gas, and that’s why both benefit. The only compro-
mise for the purchaser is a switch to an alternate fuel
when notified by the supplier of an interruption.

Once you’re familiar with your plant you will
know an interruption is coming most of the time. On
rare occasions the supplier may have to take a pipeline

out of service for maintenance or repair and will require
an interruption but most of them are due to load (see
Know your Load, page 93). Most of the time a weather
forecast will forewarn you that you will have to stop
firing gas and change to an alternate fuel. You’ll also
know about when you will receive a call that allows you
to switch back to gas.

Here’s an appropriate word of caution when con-
sidering a fuel transfer. There’s no such thing as a “flick
of the switch” fuel transfer. I’ve had to observe the
cleanup from a couple of boilers where someone thought
it was that simple. Most boilers have to shut down and
go through a regular boiler start-up to change from one
fuel to the other. The idiots that believe in “flick of the
switch” end up blowing up boilers.

You might even have a plant that automatically
switches from gas to oil and vice versa. You’ll have what
is called an “automatic interruptible gas service” con-
trolled by an automatic interruptible system (AIS). Those
consist of a set of controls in a panel, normally sealed by
the gas supplier, that sense outdoor air temperature and
control the boilers to automatically switch fuel. These are
typically small heating boiler plants where only one
boiler is required to carry the peak load and a short in-
terruption in steam supply or a dip in steam pressure or
water temperature is not considered a problem. At a
prescribed cold temperature the controls stop boiler op-
eration then automatically restart it on the alternate fuel.
When the temperature rises to a higher value the boiler
is stopped then restarted on natural gas.

Today there’s another reason for switching fuels
and it’s more important for the boiler operator to be-
come involved because it relates to the fast paced finan-
cial situations of today. Many gas contracts today do not
set a fixed price for gas. The price varies according to
any one or more sets of rules or price indices. A typical
index is “well-head price” meaning the price of the gas
where it is extracted from the ground. Currently that
price is set for each month but it could easily be set
hourly in the future.

The boiler operator may have to watch the Internet
on a computer in the control room to be prepared to
switch fuels when the gas price goes high enough. 2000-
2001 produced some significant swings in natural gas
pricing with prices ranging from $2.97 to $10.81 per
Decatherm when fuel oil cost was about $7.12 per
Decatherm. There were a few plant chiefs called upon to
answer why they continued firing natural gas when it
was cheaper to fire oil.

Pricing is the principle reason for fuel switching
but loss of service is another. During an earthquake
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buried gas piping is typically interrupted. I’ve also expe-
rienced interruptions due to contractors digging into the
gas mains and gas piping breaks from flooding that
washed the line out. Sudden ruptures can also interrupt
your gas service so having an alternate oil supply is a
way of recovering from those situations.

As with AIS the simple way to switch fuels is to
shut the boiler down then restart it on the alternate fuel.
One of the reasons AIS is seldom utilized today is many
people didn’t manage to get that right. There were sev-
eral failures in the 1970’s associated with systems cre-
ated that simply switched fuel valves (the flick
business). The installer or designer didn’t understand
that could result in a loss of flame with continued admis-
sion of fuel and a subsequent explosion. So, unless your
system is specifically designed as one of the two “on-
the-fly” switching systems I’m about to describe, shut-
ting down then starting on the second fuel is your only
option.

One favored method of fuel switching is the “low
fire changeover” method. The alternate fuel system (for
the one presently not firing) is placed in service to bring
the fuel supply up to the safety shut-off valves. The op-
erator also makes certain the manual burner shut-off
valve for the alternate fuel is closed. The controls are
switched to manual and firing rate is reduced to mini-
mum fire. The operator then begins the changeover by
turning a selector switch on the control panel to “Dual”
or “Changeover” so the burner management system will
energize both sets of fuel safety shut-off valves. The op-
erator then throttles the manual burner shut-off valve for
the fuel being fired and slowly opens the manual burner
shut-off valve for the alternate fuel. When observation
indicates the alternate fuel is firing the operator spins
the alternate fuel’s manual burner shut-off valve open
while simultaneously closing the valve for the fuel that
was firing. The selector switch is then turned to the al-
ternate fuel position so the burner management system
will close the original fuel safety shut-off valves. The
controls are adjusted to bring firing rate back to slightly
above the rate before the changeover until pressure or
temperature in the boiler is near normal before switch-
ing back to automatic firing rate control.

The designers of burner management systems in-
corporate additional logic in their systems to ensure a
low fire changeover is performed properly. That logic
requires the low fire interlock be maintained while the
selector switch is in the position to admit both fuels.
They frequently add a timing sequence that limits the
time when both fuels can be admitted. If the selector
switch remains in the two fuel position for more than a

few minutes the boiler is shut down. I don’t like those
standard provisions because logic is complex and the
time limit produces a sense of urgency in the operator
that may cause her or him to make a mistake.

In low fire changeover systems I have designed
(keep in mind that I really don’t like this approach to
switching fuels) I allow the operator to initiate it by turn-
ing the selector switch. The control logic then knows
controls have to be in manual and at low fire so the logic
switches controls to manual and low fire. The operator
doesn’t have to do it. Once the low fire position is estab-
lished the control energizes the ignitor and waits ten
seconds for it to be established.

Gas is normally admitted at the perimeter of the
burner while oil enters at the center; rather than accept
one will light the other I use the ignitor which is de-
signed to light both. After ten seconds, the normal TFI
timing, the alternate fuel safety shut-off valves are
opened. Then, after the normal MFTI timing the ignitor
and original fuel are shut down. Manual control of the
fuel flows is not required but the operator may do it. The
controls should be set such that excess air at low fire is
at least 150 to 200%. During the period both fuels are
firing the excess air would be 25% to 50%; that doesn’t
guarantee complete combustion but it will assure a
stable flame exists. Once the operator observes the stable
firing of the alternate fuel and turns the selector switch
to the alternate fuel the controls are released back to
automatic. Switching to Manual and manual adjustment
of the firing rate controls is optional. I also inject ramp-
ing controls mentioned earlier. If the selector remains in
the two fuel position for more than a minute after both
fuel valves are energized the system shuts down the
alternate fuel and returns to automatic. There’s no rea-
son to shut the boiler down.

Low pressure heating systems and similar applica-
tions that do not have a critical steam pressure or water
temperature requirement can accept shutting down and
restarting a boiler so the simple stop and restart method
is satisfactory for them. The low fire changeover method
manages to eliminate the loss of heat input during the
purge period to reduce pressure or temperature loss but
some drop is associated with holding operation at low
fire. In my experience any facility that can’t afford a drop
in pressure or temperature has two other means of
switching fuels that will, unlike the previous methods,
ensure a reasonably constant maintenance of pressure
and temperature. Smaller plants will have a spare boiler
that can be brought up on the alternate fuel and placed
on line. Larger facilities normally don’t have spare boil-
ers so a means of switching fuels on operating units
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while maintaining pressure or temperature is required.
Larger facilities will have full metering combustion

control which allows dual fuel firing to maintain pres-
sure or temperature. Dual fuel firing is simply operating
with both fuels at once. When equipped with a full
metering system the two fuel flows are measured, their
values added and the total fuel flow measurement is
used by the controls to maintain a proper air-fuel ratio.
The alternate fuel is started at low fire with its control in
manual. The ignitor is brought on, then the alternate
fuel, and the boiler simply fires both fuels. Once the
operator observes a stable alternate fuel the controls are
adjusted to bring the alternate fuel up manually until the
automatic control has reduced the original fuel firing
rate to low fire. Once the original fuel is at low fire the
operator switches its control to manual and transfers
control of the alternate fuel to automatic. Finally, the
original fuel valves are de-energized to complete the
transfer.

This method has been successfully applied on
multiple burner boilers with capacities of 250,000 pph.
When applied to multiple burners the second fuel is
started one burner at a time to limit control upsets. An
interlock requires all burners be firing on both fuels be-
fore the alternate fuel firing rate can be increased above
low fire. Safety shut-off valves for the original fuel are
tripped in unison when at low fire; a sudden increase in
excess air will not produce an abnormal furnace environ-
ment with a good control system.

Many times I hear the argument that switching at
load is dangerous. As I said earlier, I don’t like low fire
switching and I consider shutting a boiler down, then
starting on the alternate fuel, a little more dangerous.
There’s a reason most boiler explosions occur on light-
off. You’re creating an explosive mixture then trying to
get it to burn instantly. When a boiler is operating you
have a fire so low fire changeovers or dual fuel firing
don’t involve that opportunity for an explosion. You’re
also producing an inert gas while you’re firing so any
injection of fuel that isn’t burned is surrounded by inert
gas instead of air and it can’t burn. (There’s reasons to be
cautious about this when you have boilers with a com-
mon breeching)

The low fire changeover method requires signifi-
cant quantities of excess air so there is air there for any
introduced fuel to burn if it isn’t ignited immediately by
the existing fire. That’s a bit of a problem because the
existing fire isn’t very stable and all that excess air
makes it even more unstable. Bringing on a second fuel
when dual fuel firing with full metering controls results
in the combustion air increasing as the fuel starts flow-

ing to the furnace. The fire of the existing fuel is above
minimum to produce more heat and is more stable than
it would be at low fire. (Low fire position is normally
determined to be when the fire is stable; anything lower
being unstable)

The method available to you for switching fuels
should be documented by a detailed SOP for that opera-
tion because it is always possible for something to go
wrong to produce an explosive condition.

Finally, practice it. Before an operator is compelled
to switch—it happens when the gas company called and
he or she can’t reach the chief or anyone else for help—
that operator should have done it under supervision at
least twice each way. It’s also advisable to practice it in
the early fall, before cold weather sets in, so everyone
has the memory of it refreshed.

STANDBY OPERATION

Whenever I bring up my opinion of standby opera-
tion it provokes conversation. Before you sit down to
write me a note or call to tell me I’m full of it, please
read this whole section. You may just agree with me that
firing a boiler to keep one on standby is inefficient, bad
for the boiler, and nothing more than an indicator of an
operator’s (or an operator’s boss’s) lack of confidence in
the equipment and/or the operator’s skill. If you still
disagree after reading this section you should also re-
view your logs to see what has happened. You should
find that boiler operation is highly reliable, more reliable
than the electrical service, and should be treated that
way.

Boilers do shut down unexpectedly and loss of
pressure or temperature will happen. You should find
your logs document that the shutdowns were primarily
due to loss of electrical service and an unexpected boiler
failure is rare to nonexistent. So, I ask you, “why do you
continue firing another boiler to keep it hot just in case
the operating unit fails?”

Ever notice that you can’t break a wire by bending
it once but you always can by bending it repeatedly? As
far as I’m concerned you are probably doing more dam-
age to your standby boiler by running the pressure up
regularly than you would if you poured the fire to it to
get it up to pressure from a dead cold start the one or
two times in its life that was necessary.

A well maintained plant where equipment is tested
regularly and maintained properly will not have boiler
failures and has no need of keeping a boiler on standby.
The damage to the boiler and the fuel and electricity
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costs for keeping it hot normally outweigh any advan-
tage of keeping it hot by regularly warming it up. On the
other hand, the maintenance of pressure or temperature
may be so critical that loss of a boiler is unacceptable. In
the 1980’s I had one customer with a simple formula: if
the pressure dropped from 240 psig (normal operation)
to 230 psig it cost the plant a quarter of a million dollars.
A standby boiler isn’t the solution in those cases, it’s
having a sufficient number of boilers on line so loss of
any one will not prevent maintenance of pressure or
temperature.

There is simply no way I can justify the concept of
keeping a boiler on hot standby by firing it regularly.
The only means of maintaining a hot standby that I will
agree with are (1) installation of convection heaters and
(2) blowdown transfer. By installing a heating coil in the
bottom drum of a boiler or installing a heat exchanger,
circulator and piping connecting the blowoff and
feedwater to heat the boiler water using steam from
operating units you can keep a boiler hot enough that it
can be brought on line as fast as one that’s fired to keep
it warm.

Blowdown transfer uses the continuous blowdown
from operating boilers to keep an idle boiler hot. De-
pending on the amount of blowdown it’s possible to
keep more than one boiler in hot standby without firing
them. Either of these methods doesn’t apply heat to the
refractory so some minor refractory damage may incur if
a standby has to be brought on line immediately but the
pressure parts will be uniformly heated and the boiler
will come on line quickly without danger of stress crack-
ing.

Now, quit heating up a boiler to maintain a
standby. It wastes fuel, it increases environmental pollu-
tion, it’s bad for the equipment, and it’s a waste of your
time.

I’ve discovered that plants which seem enamored
with the concept of standby boilers also like to rotate
them frequently. They’re kept on standby so it’s easier to
rotate them. There’s also a bit of confusion regarding the
status of a boiler on standby that should be cleared up;
it seems to happen frequently in plants with multiple
heating boilers. Just because the pressure gauge shows
the same pressure as operating boilers doesn’t mean the
boiler is hot. Steam from the operating boilers will flow
to an idle boiler. A power boiler with a leaking non-re-
turn valve can hold a head of steam.

The problem is that pressure and temperature is
only above the water line; everything below can be dead
cold, and in one case was actually freezing. For the same
reasons that water circulates in a boiler when it’s firing

it will stagnate when it isn’t. I commonly come across
boilers that show pressure where I can reach down and
touch the bottom drum or a portion of the shell and find
it cold. A boiler in that situation is not a hot standby, it’s
a bunch of thermally distorted steel. Any rapid changes
in the water level can result in stress cracking of the
drum or shell and tube sheets.

Systems that simply drain the condensate off at the
surface of these boilers maintains an artificial state that
is dangerous. Those boilers should either be allowed to
flood, so they’re all cold, with the condensate removed
in a section of piping above the boiler, or isolated and
put in lay up properly. It’s not too expensive to replace
a piece of piping compared to replacing a boiler.

ROTATING BOILERS

The act of rotating boilers, sometimes called alter-
nating although I prefer that label be used to refer to
automatic rotation, is the operation of boilers in a man-
ner that assures that all the boilers have the same
amount of operating time. It has been common practice
and many facilities have alternating controls that ensure
every boiler take its turn at operating. Why is it so im-
portant to make certain that all the boilers have an equal
amount of use to improve the certainty that they all start
having break downs at the same time?

Like the old rule of thirds (page 99) I recommend
you operate your plant so one boiler has half the total
operating hours and another has one third of the total
operating hours. The boiler with the most operating
hours will experience problems giving you a good indi-
cation when to maintain, rebuild, or replace parts to
ensure the problems aren’t repeated on the other two.
You’ll also have two boilers with less wear than one and
one with less wear than the other two. If you only have
two boilers one should have twice as many hours as the
other.

Another perpetuated bit of foolishness is alternat-
ing systems that are constantly switching boilers. Either
each time a boiler cycles or every day. Heating up a
boiler takes energy and switching to another results in
all that energy being lost. Why waste it every day? If one
boiler is too big for the load (it is cycling) why would
you operate two to double radiation losses? Rotate the
boilers on at least a quarterly schedule so they get at
least three month’s rest before you start them up again.
Start-ups always put a strain on a boiler, why strain
them any more frequently than necessary?

Oh, that’s right, you would have to lay up the
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boiler properly if you didn’t use it regularly. Collect
some data, do a little math and you’ll discover that it’s
costing the owner a considerable amount of money to
keep two boilers running when one is adequate. Lay one
up for a summer, or a year. The little bit of work it takes
to do the job right will pay off in lower fuel bills that you
can take credit for.

BOTTOM BLOWOFF

Some of you will argue this point because you’ve
used it for everything, everything but the only purpose
for bottom blowoff. Its only purpose is to remove
sludge, scale, and sediment that collects in the bottom
drum of the boiler. There is a prescribed procedure for it
with some variations depending on the type of bottom
blowoff valves that are on the boiler. Some of my cus-
tomers don’t perform a bottom blowoff… ever. That’s
because their water pretreatment and chemistry meth-
ods don’t create any accumulation in that bottom drum
and the little bit that does collect is removed with each
cleaning for annual inspection.

Yes, you may open the bottom blowoff valves to
drain the boiler for its annual internal inspection (bian-
nual for some of you) but draining the boiler is not the
same as performing a bottom blow. Other reasons for
opening those valves are simply not acceptable. The
bottom blowoff valves are not there to regulate the water
level; if the water continuously runs high then get the
level controls fixed. The bottom blowoff valves are not
there to lower the concentration of solids in the boiler
water, that’s what the continuous blowdown system is
for. Continuous blowdown removes water with the
highest concentration of solids and, when diverted to a
blowdown heat recovery system, waste very little en-
ergy.

They are definitely not for maintaining boiler op-
eration; I had a hard time believing an operator was
blowing his boiler down every fifteen minutes so
enough cold water was added to prevent the boiler cy-
cling off; he was wasting fuel, water, and his own energy
to keep the boiler from doing something normal. Oper-
ating the bottom blowoff valves without concern for
operating conditions can interrupt boiler water circula-
tion to result in an eventual failure. Use them only for
their intended purpose.

The first and principal consideration for a bottom
blow is to make certain you are in control of it. I prefer
they be done at the change of shift so two operators are
there to do it. You can do it yourself if, and only if, you

can see the gauge glass while you’re operating the
valves. There are very few boilers set up so you can do
that and it’s still a good thing to have another person on
hand in case something goes wrong; I once had a
blowoff valve stick open.

Whatever you do, don’t consider the blowoff an
option to test the low water cutoff. I see that done regu-
larly and ask the operator the question “What are you
going to do the day the low water cutoff doesn’t work?”
Oh, I get a lot of assuring answers but the only right one
is that operator will finally decide that something’s
wrong, close the blowoff valves and walk to the front of
the boiler to see the gauge glass empty and, as in one
case related to me, look into the furnace to see all the
tubes glowing red! If there’s no one there to keep an eye
on the gauge glass don’t blow the boiler down until
someone is. Watch the glass every second until the entire
process is complete.

A bottom blow removes a considerable amount of
water in a very short time and can change the natural
circulation in the boiler. Unless the manufacturer’s in-
structions specifically state that a bottom blowoff can be
performed below a certain load never perform a bottom
blow without shutting down the burners. Never blow a
boiler with loads above the limit prescribed by the boiler
manufacturer either.

A bottom blow can temporarily stall flow in risers
resulting in high concentration of solids and scale forma-
tion in those tubes to promote subsequent failure. Water
tube boilers are very susceptible to that form of damage.
There should be written procedures in any plant for
performing a bottom blow and they should be complied
with.

Since the purpose of a bottom blow is to remove
solids from that mud drum you want to have enough
water flowing out to flush it well so the first step in
preparing for a bottom blowoff is to either temporarily
raise the drum level controller setpoint, use manual con-
trol, or bypass the feedwater valve to raise the boiler
water level up to within a couple of inches of the top of
the glass. That provides the maximum reservoir of water
for a good flush of the mud drum.

Open the first valve (more later on which valve
gets opened first) then crack (see valve manipulation)
the second valve to allow some water to slowly drain
out of the boiler and heat up the blowoff piping and
flash tank or blowoff tank. When the level in the gauge
glass has dropped an inch, open the valve completely to
provide full flow to flush the mud out of the boiler.
Then, when the level is about two inches from the bot-
tom of the glass close the valves. Restore the setpoint or
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automatic control to establish normal water level.
Continue to monitor the level until it returns to

normal and check it frequently for about an hour after-
ward. I like to blow down the water column a few times
at two minute intervals after the bottom blow; if any
mud was left in the boiler it was loosened and will show
as color in the fresh water in the gauge glass. If I see
some color then I know I have to blow down more fre-
quently; usually when that happens I knew it was com-
ing because the water supply or some other factor that
would increase solids accumulation in the boiler had
changed.

As to which valves to operate first; forget the argu-
ments about the valve closest to the boiler, that’s seldom
the criteria. It depends on the valves. If the two valves
are identical Y pattern globe valves then the closest is
opened first and closed last so all the erosion is concen-
trated on the valve furthest from the boiler; however,
such arrangements are unusual.

The most common mistake I see is associated with
the systems that have one slow opening valve and one
quick opening valve. The operators tend to believe the
slow opening valve should be opened first and closed
last so you can give the boiler a real quick blow with that
quick opening valve; after all, that’s why they put it on
there, right? Nope, the quick opening valve is there be-
cause you can open it quickly without anything flowing.

With the slow opening valve you don’t produce
sudden changes in flow and you crack the valve to
warm up the piping slowly. I can still remember watch-
ing one operator whip a valve open to immediately fill
cold blowoff piping with hot boiler water. Then I
watched the little puffs of steam where the cracks in the
piping had formed from repeated shocks of that nature
rise up between his legs (he was straddling the blowoff
piping). He obviously had no concern for the life of the
family jewels. It’s bad enough to hit cold piping with
212° F  water, let alone water well over 350° F .

Seatless blowoff valves (Figure 2-5) must be oper-
ated in a manner based on their arrangement. The piston
assembly in the valves creates a void as they’re opened
and closes one as they’re closed. The valve closest to the
boiler in this picture is opened last and closed first. The
piston in the second valve in line creates a void in the
blowoff piping when it’s opened, drawing back some air
or water, and pushes it out as it’s closed. If the second
valve were closed first the piston in the valve closest to
the boiler would act to compress the water between the
two valves as it closed.

I’ve watched operators do that, many times using a
valve wrench because they had to apply enough force to

squeeze the water out the packing or gasketed joint, and
they always complained because the valve was so diffi-
cult to close. If they’re unlucky they’ll compress the
water and produce pressures so high that the gasket will
blow out of the flange and hit them in the head or, more
likely, those family jewels.

So you should only use bottom blowoff valves to
remove sediment or drain the boiler and operate them
properly so you don’t thermal shock them and the pip-
ing too much. If you do use them to drain the boiler be
sure to close them off once it’s drained and you’re ready
to open the boiler. It’s very embarrassing when you blow
a lot of dirty water into a boiler you just drained because
you forgot to close the valves. It’s downright dangerous
too. The piping between the valves and the flanged con-
nection at the boiler in Figure 9 is removed and the
valves locked closed before anyone enters the boiler.

ANNUAL INSPECTION

The annual inspection is a standard requirement
except for some jurisdictions. Either the State or your
insurance company will require you arrange for a Na-
tional Board commissioned inspector to inspect your
boilers. The very limited number of incidents with boil-
ers can be attributed to that one requirement more than
any other. Normally inspection is a maintenance activ-
ity but every year you should also have the inspector
stop by for an operating inspection. The inspector

Figure 2-5. Seatless blowoff valves
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should visit to observe the boiler in operation and re-
quire you demonstrate the operation of certain safety
devices.

Used to be the inspector wanted to see those
safety valves operate, some still may. To make it pos-
sible to test the safety valves you will be asked to tem-
porarily jumper the high pressure safety switch or
adjust it to a value above the safety valve settings. If
other boilers are on line to carry the load you may also
close the boiler’s isolating valve(s) so the other boilers
and piping systems are not affected. The inspector will
also require you connect his, or her, test gage to the
connection adjacent to the boiler’s pressure gage; the
inspector’s gauge connection is required by code.

The boiler is then operated in manual control to
raise the steam pressure until the safety valve lifts or the
inspector refuses to let the pressure go higher, or you do.
If the boiler is larger than 100 horsepower it will have
two safety valves and the inspector can ask you to break
the valve seals of the valve with the lower setting and
gag it shut so the higher set valve can be tested. After the
higher set valve operates you remove the gag and the
inspector replaces the valve seals. The code requires the
valves open within a certain percentage of the pressure
their nameplate indicates. If one of the valves fail the test
the inspector will require it be sent out for repair or be
replaced.

Notice I said “used to be.” To reduce their costs
many insurance companies have changed their require-
ments to reduce the amount of time an inspector is on
site. It takes some time to set up the boiler, raise the
pressure, and let it fall. In some cases they’ll accept a lift
test (see maintenance) of the safety valves. Many insur-
ance companies are now simply requiring the valves be
sent out to an authorized shop for rebuilding at five year
intervals.

An authorized shop would be one that has re-
ceived authorization from the National Board to use the
“VR” (for valve repair) symbol stamp issued by the
National Board. However, manufacturers who hold an
ASME Certificate of Authorization “V” or “UV” (de-
pending on the valve) Code Symbol Stamp can also re-
build safety valves.

I’m not suggesting you accept those changes. If
your insurance company will not let the inspector ob-
serve actual lift tests and reseal the valves then suggest
to your employer he get another insurance company.
Rebuilding safety valves isn’t an inexpensive proposi-
tion and an owner typically ends up buying a spare set
to switch out because the rebuild takes several days. I
have one customer that simply buys new valves because

they cost less than rebuilding. It’s simply false economy
again, save some time for an inspector and spend much
more than the inspector’s time on new safety valves and
rebuilding.

I believe the trend is apparent and indicates that
the slack in testing of safeties is allowing more incidents.
2002 data2 show slightly more than 2% of boiler and
pressure vessel “incidents” could be attributed to failure
of a safety valve. That’s more than twice what it used to
be. Pop tests of safety valves should be performed every
year. There’s no guarantee that they will pop when they
should just because you can lift them.

After the safety valves are tested you should re-
move the jumper or reset the high pressure switch then
demonstrate that it opens at or near its setting and below
the set pressure of the safety valves.

The inspector should also expect you to demon-
strate a functional test of the low water cutoff, either by
an evaporation test or a “slow drain” test. The evapora-
tion test consists of boiler operation with the boiler feed
pump off or feedwater control valve closed so no water
is fed to the boiler. As the water evaporates the level
drops until the low water cutoff shuts the burner off. A
slow drain test is used when there is little or no steam
demand. The blowdown valves are opened to drain the
boiler slowly until the low water cutoff functions.

When performing these tests you should not take
your eye off the gage glass or have someone else watch
it. Fully one third of all boiler failures are due to low
water condition according to National Board data. That
means those low water cutoffs fail; that’s why you’re
performing a functional test of each one.

The inspector can also require you demonstrate the
function of other safety interlocks. Specific tests are re-
quired by code depending on the size of your boiler and
State laws can include other requirements. ASME CSD-
1 has a checklist requirement. NFPA-85 contains a list of
mandatory tests. The National Board promoted adoption
of those Standards in the mid 1990’s and most jurisdic-
tions have adopted them. You will find, however, that
not all inspectors are up to speed on those Standards.

In many cases the inspector will simply require
you show you have documented evidence that you con-
ducted the tests. As far as I know the National Board has
not added a requirement in the inspection code that says
the inspectors have to observe any of those tests.

I have every respect for anyone who carries a com-
mission as a National Board Inspector. However, I’ll use
an old saying that those of you that also grew up on a
farm will understand; “There’s a rotten apple in every
bunch.” There are inspectors that will sit at their home
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office and fill out inspection reports. There are those that
will come to the plant but, other than walking past them,
never really look at the boilers. They’ll spend all their
time in the chief’s office drinking coffee and talking. If
you have one of them, quietly report what you observed
to the chief boiler inspector of the state or common-
wealth.

I know the feeling such a suggestion provokes—it’s
none of my business; we keep our boilers up so it
doesn’t matter; I like the guy and don’t want to get him
in trouble; I might be found out and lose my job… Think
of it another way. Think of the people that are going to
be injured by the failure of another boiler that inspector
doesn’t properly inspect. Imagine that boiler is in the
building where your children go to school! It’s a subject
near and dear to my heart because there isn’t enough
monitoring of inspectors. I have hard and unpleasant
experience with such situations. I know of one little girl
that was severely burned and… That’s all I’ll say on a
subject I could rant on for another ten pages but I won’t.
I’ll just trust you to do the right thing.

Testing of safety valves and inspection of the boil-
ers by inspectors is essential in reducing our exposure to
a boiler failure. We certainly don’t want to return to
conditions that existed in the first decade of the last cen-
tury when millions were injured and thousands died
from boiler failures.

It’s the benefit of a third-party inspection with no
responsibility to the owner of the boiler that makes the
system as good as it is. Every boiler inspector is well
trained and tested before receiving a commission as a
National Board Inspector. You should take advantage of
their training and skills during every inspection, calling
their attention to changes or conditions that you ques-
tion. Never treat them as someone you have to hide
things from. That’s exposing yourself. After all, who’s
going to be closest to that boiler if it does explode?

OPERATING DURING
MAINTENANCE AND REPAIR

You have some additional duties when a contractor
or other employees are working in the plant on mainte-
nance or repair activities. Concerns are protecting the
health and welfare of those workers, making certain they
don’t do damage to the plant, and making certain they
don’t disrupt normal operations inadvertently.

You may be required to start and secure boilers to
provide access for the workmen to the equipment or
parts of the plant. It can be as simple as operating to

reduce temperatures where they are working above a
boiler. It could also be as complicated as generating
steam required for the contractor’s operations. It isn’t
uncommon to isolate sections of piping for work. What-
ever the activity and regardless of who does the work
the operator should be the final authority for accessing
any system and that should be made perfectly clear to
anyone that enters the plant.

Frequently the chief or manager of the boiler plant
takes the attitude that an operator should have no au-
thority over contractors working in the plant. If that
happens with you its an indication of a lack of trust in
your skill but can also be an indication that the chief
can’t relinquish authority appropriately. You should go
to that superior and explain that you are not comfortable
operating a plant when others can do things without
your knowledge and consent. Make certain he or she
understands that your interest is in the safe operation of
the plant and they should make certain the contractor
works with your approval.

That’s not an excuse to be dictatorial and unwaver-
ing. I’ve known operators that seemed to enjoy the
power they had over contractors and saw to it that they
didn’t interrupt the operator’s schedule, regardless. If
the owner is paying the contractor to work on a time and
material basis the contractor won’t complain a bit. Every
minute the contractor’s employees stand around waiting
for you to give them approval or shut down a system
simply means more time and more profit for the contrac-
tor. Treat every one of them as if they were working on
time and material.

Probably the most difficult thing for the operator to
remember during these periods is the requirement that
everything done is recorded in the log. In the unlikely,
but probable, revelation of problems later—either as a
result of the workmen’s activities or because they failed
to do something—the log provides a documented his-
tory of the work for reference. Believe it or not, I served
as an expert witness for a customer whose boiler opera-
tors failed to record a contractor blew up each of their
new boilers on two different days. I do hope you’re not
that lax in maintaining your log.

There’s frequently an air of distrust between boiler
plant operators and contractors working in the plant.
Without going into the reasons for it, because I don’t
understand it anyway, I just want to mention that a log
entry that reveals that distrust through nonspecific state-
ments or general comments will not satisfy the require-
ments of a court. An owner whose operator made entries
like “contractor XYZ is breaking everything” and “the
stupid contractor broke it” couldn’t get the jury to accept
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it. The jury couldn’t get past the implication that the
operator logged an opinion rather than fact.

All log entries regarding a contractor’s activities
should be factual and devoid of comment. Log entries
should indicate what was done, who did it, and when it
was done, nothing more. It’s very important you do it
because there may be nobody else there to see it—forc-
ing a later conclusion that what you’re testifying hap-
pened, without a log entry, may be nothing but your
imagination. I know one time a simple seven word entry
“Cliff working on Boiler 3 control panel” later proved to
recover a rather expensive burner management chassis
that Cliff had simply removed and taken with him.

Whenever possible there should be checklists pre-
pared for any repair or maintenance work in the plant.
That’s so it can be inconsistent with normal operating
procedures. Otherwise what is a normal activity could
be made unsafe. Many a contractor has decided a line
has no pressure or contents and started working on it
without realizing it could suddenly be filled with boiler
water (bottom blowoff).

That also provokes the thought that operating pro-
cedures may have to be changed to accommodate work
in the plant. Despite the fact that the blowoff lines should
be locked out and tagged out when working on them
people make mistakes or bad assumptions. A notice for
the day regarding operation of bottom blowoff should
also be prepared by the chief or maintenance manager so
operators know the piping will be worked on.

When contractors are working in the plant you
should be in relatively constant observation of their ac-
tivities. You can’t fail to enforce the owner’s safety rules
and regulations, informing the contractor when the rules
are violated and reporting any refusal to comply. If a
contractor’s employee is injured as the result of a hazard
addressed by the safety rules and that employee was not
informed of the rules the owner could be found liable for
the person’s injuries.

Make sure safety rules are complied with but don’t
help the contractor comply. The contractor should do
confined space testing before contractor’s employees
enter a confined space. The contractor should perform
the lock-out tag-out so all you should have to do is add
your lock when everything is proven out.

The best projects for repair, retrofit, or maintenance
in a plant by a contractor exist when the operator and
contractor work together. By preparing a schedule and
working to it you will help the contractor get done and
get out of your plant as soon as possible. When several
people are in a plant and their goals differ that situation
produces many opportunities for things to go wrong. If

the contractor and operator share a goal of limiting inter-
ference to plant operation and getting the work done
readily and quickly then there is less likelihood of prob-
lems cropping up. Remember what I said back in that
first chapter on priorities.

PRESSURE TESTING

The most catastrophic incidents within a boiler
plant are due to sudden releases of steam and water
under pressure. To help ensure the equipment, piping,
etc. is capable of operating without rupture, regular
pressure testing is performed. Pressure testing is nor-
mally limited to hydrostatic testing but that’s not always
possible. The procedures you use should be consistent to
ensure the systems are safe for operation under pressure
and not damaged while pressure testing. I’ll cover hy-
drostatic testing first, because it’s common and pre-
ferred.

As with filling there should be a person assigned to
control the pump or valve that is pressurizing the sys-
tem. Be as certain as possible that you have removed all
air from the system. A system is usually air free if the
water pressure increases rapidly once everything is
closed. If the pressure doesn’t jump to city or system
pump pressure there may be air. Once you’ve started the
hydro pump look at the gage. If pressure isn’t jumping
up with each cycle of the pump then there’s still air in it;
get it out. If the system ruptures with compressed air in
it the air and water will pass out through the point of
failure with dramatic force.

Hydrostatic tests should be conducted with water
between 70° F  and 120° F  for reasons of safety, that tem-
perature range is also required by code. Normally hy-
drostatic test pressure is 150% of the maximum
allowable pressure or the setting of the safety valves.

Of course you can’t just apply 150% test pressure to
a system without concern for what’s attached to it. Many
pressure switches, transmitters, etc., can’t withstand the
hydrostatic test pressure so they have to be discon-
nected. That includes some thermal wells and tempera-
ture switches and sensors so be certain they’re okay or
remove them for the test. It’s all that cumbersome re-
moving stuff and putting it back that many contractors
wish to avoid so they’ll try to get away with a lower test
pressure.

Many times even boiler inspectors permit testing at
normal operating pressures but I consider that foolish
because the system can fail and allow pressure to reach
the settings of the safety valves plus the valves can stick
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a little resulting in higher pressures. We tested a large
number of compressed air storage tanks for an installa-
tion in the 1980’s at the request of their inspectors. It’s a
good thing we did it hydrostatically. Eleven of them
failed, four at pressures below the safety setting and one
just slightly above normal operating pressure.

A hydrostatic test, done properly, will not result in
injury if the containment fails; a little water will run out
and the pressure will drop instantly. A boiler in opera-
tion doesn’t fail that pleasantly. Which would you rather
have, a rupture (consisting of a leak of cool water) due
to a hydrostatic test and when you’re looking for it or an
explosion of steam and boiling hot water (or worse)
when you least expected it? Testing at anything less than
the standard test pressure is providing false hope that
the containment won’t fail in operation.

That’s why I said “help ensure” back in that first
paragraph. Pressure testing a vessel at 150% of its maxi-
mum allowable working pressure still doesn’t mean it
can’t fail at lower pressures. During operation tempera-
tures of boilers and many pressure vessels are substan-
tially higher than the maximum hydrostatic test
temperature. Those higher temperatures introduce addi-
tional stress into the vessel and can contribute to failure
of one that just passed a 150% hydro. It’s even more
likely to fail in service if it passed a hydro at normal
operating pressures.

One reason you always have somebody at the
pump or valve controlling the application of pressure is
to release it immediately if a problem is detected. An-
other is to make certain that the pressure doesn’t exceed
the chosen test pressure. If a manufacturer (who has to
test at 150%) exceeds the test pressure by more than 6%
the engineering of the vessel must be repeated to ensure
it was not subjected to excessive stress during the hydro.
There’s no excuse for letting the test pressure run above
the 150% so don’t do it. Ensure the pressure in the sys-
tem never exceeds the specified test pressure by more
than 6%. If it does, note it in the log and notify the
manufacturer to determine if any damage was done by
exceeding the test pressure.

Check electrical circuits that are connected to the
systems during hydrostatic tests to ensure the liquid did
not introduce an undesirable ground. Check them again
after all test apparatus is removed and normal connec-
tions reinstated.

When testing is performed pneumatically (with air)
the test pressure should not exceed 125% of maximum
allowable working pressure. Also, the pressure must be
increased in steps with inspections for leaks at each pres-
sure. The rapid expansion of the air in the event the

vessel ruptures could do serious damage. That’s why
flooding a vessel with water for a hydrostatic test is so
important, the water pressure will drop instantly with a
rupture but any air in the system will expand to push
the water out with considerable force.

A sound test requires the source of pressure be
disconnected and the pressure observed for a period of
time to ensure there are no leaks. Occasionally the pres-
sure will increase or decrease as the testing fluid heats or
cools. If leaks are found, drain the system for repair and
repeat the test when the repairs are complete. Note that
any air test requires precautions and should only be
used when there’s no option.

A special test not normally performed is a boiler
casing test. It ensures there are no significant leaks of the
products of combustion from the boiler into the boiler
room. The test requires blocking the stack, preferably at
a point outside the boiler room, and the burner opening
into the boiler. The actual test pressure should not ex-
ceed the manufacturer’s rating for the casing or any
ductwork connected to the boiler that is also included in
the test. The best way to apply pressure is using the test
setup shown in the Figure 2-6 which, by it’s construc-
tion, serves as a gauge for the test and a way to prevent
exceeding the test pressure. When some bubbles rise
through the loop the test pressure is achieved. Once the
pressure is reached the air supply is disconnected and
the level drop observed. It shouldn’t drop more than one
inch per minute after bubbles stop rising through the
column. If leaks are indicated drop the pressure, insert a
lit smoke bomb through the capped connection, and re-
instate test pressure to locate the leak. Reduce air line to
1/2 inch and other piping to match the size of the obser-
vation port if it is less than two inches.

Note that the 25-inch water leg is selected for boil-
ers designed for a maximum casing pressure of 25 inches
water column. Many are only capable of 10 inches so the
leg should be shorter. I normally specify a 25-inch pres-
sure rating and that’s why the system in Figure 2-6
shows it.

The application of a smoke bomb is necessary to
spot leaks in the casing. It’s normally done for a replace-
ment casing job and I have yet to see one done where a
couple of smoke spurts didn’t point out a spot where the
boilermaker missed a little stretch of casing weld.

This test only applies to boilers with casings de-
signed to operate under pressure. A person should re-
main, hand on air valve, at the test apparatus whenever
the compressed air connection is open. Be certain to re-
move blanks and any combustible sealing material
(caulking) when the test is completed.
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LAY-UP

When a boiler will not be used for an extended
period of time (more than a week or so) it is important
for operators to be certain that boiler is maintained in
such a manner to prevent corrosion or other damage
while the boiler is inactive. The operating activities that
prepare the boiler for an extended period of inactivity is
called laying it up. There are two means of boiler lay-up,
dry and wet; as the names imply, it depends on whether
the boiler contains water or is drained.

Wet lay-up is the common method because it is
used for short term lay-up and does not require as much
preparation to put the boiler into lay-up and restore it to
operating condition. The first step in laying up a boiler
is to shut it down and allow it to cool completely. During
the cool down period some circulation of boiler water
occurs and it’s the best time to measure boiler chemistry
and establish water conditions for lay-up. The sulfite
content of the water should be doubled compared to
normal (60 ppm vs 30 ppm) and alkalinity raised to the
maximum value (pH of 11) so the boiler internals will be
protected from corrosion. During a short term lay-up the
only other provision that is made is raising the water
level to the top of the drum to minimize the internal
surfaces that are exposed to air.

For a long-term wet lay-up the
entire boiler drum should be pro-
tected from contact with air so it
should be flooded. I recommend
the installation of an expansion
tank on the boiler to maintain a
flooded condition. The expansion
of the water can be determined
from values in the steam tables,
the difference between dry and
flooded weight of the boiler, and
the normal range of boiler plant
temperatures (40° F  to 135° F ) to
size the expansion tank. A tank
with a capacity of 3% of the
boiler (in gallons) should work in
most situations. Best is a bladder
tank connected to a branch con-
nection off the boiler vent with
another vent valve to bleed water
when chemicals have to be added
or the pressure adjusted. Starting
with a tank drained of air until
there’s no pressure over the blad-
der will allow the pressure in the

boiler to raise to 15 psig when the tank is half full. An
alternative method is to install a bucket on a pipe nipple,
set it up on the vent valve and add or remove water to
maintain the level in the bucket. Water should be added
by introducing additional sulfite using the chemical
pump and maintaining 60 to 120 ppm in the chemical
pump’s storage tank.

Long-term wet lay-up requires addressing the con-
dition of the fireside of the boiler. When it will be down
for more than a month it’s advisable to seal the stack or
block the boiler breeching at a point inside the boiler
room. The daily swing in temperature and humidity can
produce conditions that promote condensation of water
in atmospheric air on the surfaces of the boiler because
the water and steel are colder at some times. By restrict-
ing air flow you reduce the potential for condensation
but you don’t eliminate it.

Once the air in the boiler is confined you can use
silica gel as explained for dry lay-up or simply add a
little heat with lights or a short length of tubing using
condensate, blowdown water, or steam to raise the tem-
perature of the air in the boiler to a couple of degrees
above the water temperature so it’s never condensing on
the surfaces.

Dry lay-up, as the name implies, is achieved by
draining the boiler. It is not that simple however. Left

Figure 2-6. Casing test assembly
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exposed to air and the varying temperature and humid-
ity around a boiler plant there will be significant deterio-
ration of the boiler ’s interior unless protected. To
prevent corrosion the boiler should be free of moisture.
After the boiler is drained all drain valves should be
closed, the drum covers or inspection openings opened
and dry air blown through the boiler to remove any
remaining moisture. Checking the exhaust air with a
hygrometer until the humidity in the boiler is less than
10% or 5% above the humidity of the drying air is rec-
ommended. Then, insert a package of silica gel with a
corrosion proof drain pan under it and close the boiler
completely. The air will simply compress and expand in
the boiler as it heats and cools so there is no reason to
install an expansion tank. The silica gel must be checked
twice a year to ensure it is active. Any moisture found in
the drain pan should be removed.

The fire sides of the boiler have to be considered
for long-term lay-up. The connection to the stack and the
combustion air inlets should be blocked off. The en-
closed spaces should be dried and maintained with a
silica gel dryer as described above.

Normally boiler control panels, motor starters, etc.
can be maintained by simply leaving the power on the
panels. The indicating lights in the panels should supply
sufficient heat to lower the internal humidity and pre-
vent corrosion from moisture. If the panels are exposed
to the weather addition of some light bulbs inside to
lower the humidity is recommended. Wiring two 100
watt lights in series will produce about 25 watts of heat
but the likelihood of one of the bulbs failing is very low.
Add lights to panels that do not have any. Motors for
combustion air fans, boiler water feed or circulating
pumps can be heated by applying reduced voltage to the
windings or using heaters that are supplied for such a
purpose.

Always refer to the manufacturer’s instruction
manuals for suggestions or requirements for lay-up.
Regardless of how the boiler is laid up its condition must
be monitored on a regular basis, preferably weekly, to
ensure it is not deteriorating. All you’re normally doing
is making sure the seals are intact (nobody opened it and
left it) and there’s no external signs of corrosion or other
problems. Test water during wet lay-up on a weekly
basis to ensure it has sufficient sulfite to remove any
oxygen. Check silica gel inside the furnace on a monthly
basis and inside the boiler on a semi-annual basis.

All too often I’ve seen a boiler abandoned to the
ravages of weather, etc., simply because the plant had no
need of it. Later, when they attempted to sell it, the con-
dition was so bad they couldn’t and their only option for

removing it was to pay for its removal. Even if you don’t
need the equipment, preserve it. Someone may need it
and, if it’s in good shape, the owner will get enough for
it to pay for its removal. Otherwise you may be looking
at that rusting hulk until the day you retire.

When the whole plant is put in lay-up these guide-
lines can be extended to other equipment. Special con-
sideration should be given to a long-term lay-up. Valves
and Pumps with packing should have the packing re-
moved and replaced with fresh material heavy in graph-
ite. Packing that was in use and allowed to dry will
harden and be almost impossible to remove later. Pumps
that have mechanical seals can’t be reliably preserved
but you could try disassembling the seals, coating the
sealing surfaces with a mineral oil and reassembling
them. Pumps containing oil and such materials that lu-
bricate without freezing can simply be isolated after fill-
ing with liquid that is confirmed water free and not
prone to form acids while stagnant. Pumps containing
water should be drained completely, close their supply
and discharge valves, then use the vent and drain con-
nections to blow dry air through them and dry them
completely before isolating.

TUNE-UPS

Along the east coast of the US I’ve found that it’s
uncommon for a boiler operator to be expected to per-
form the tune-up of a boiler. A few plants do their own
tune-ups but use other personnel with labels like Instru-
ment Technician to do the work. Rarely is it done by a
licensed boiler operator. Tune-ups should be performed
on an annual basis and whenever there’s reason to be-
lieve the controls are out of tune and it is always the
boiler operator’s role to identify a problem with the con-
trols that require a tune-up.

Another factor in tune-ups are the requirements of
the local environmental office, whoever is responsible
for enforcing the clean air act. Many states now require
a tune-up be performed each year. That is, however, not
as frequent as I believe they should be done. I’ve docu-
mented many cases where performance of a tune-up as
soon as evidence of mis-operation exists will pay for it-
self in as little as a couple of weeks. The larger your
plant is, basically the more fuel you burn, the sooner a
tune-up will pay for itself. The important thing is that
the operator monitor operation to determine when it’s
needed.

Sometimes the evidence is rather apparent, smoke
pouring out the stack or frequent flame failures, but
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that’s the extreme and an operator should detect prob-
lems long before it gets that bad. If you are expected to
perform boiler tune-ups you better have some experi-
ence working on them with someone else before doing it
yourself. If you’ve never tuned up a boiler before you
should tell your employer and suggest he employ a con-
tractor with the understanding that you will work with
that contractor to gain experience in performing the
tune-up.

It should be clear to the contractor that you are to
be instructed as part of the process because I know many
contractor employees that do their best to conceal what
they’re doing from the boiler operator in an effort to
protect their job. After all, if they teach all the operators
to tune boilers they won’t be needed.

I personally believe a plant should use a contractor
for tune-ups because the contractor’s employees are
doing the job at a higher frequency so their equipment is
maintained in calibration, their skill level is higher, and
they aren’t distracted by other things going on in the
boiler plant. A contractor can afford to invest in high
tech equipment for tune-ups when doing several a
month.

That same equipment is too expensive for a plant
that only needs to use it once or twice a year. That
doesn’t mean that a contractor is always the best option.
I’ve also encountered many situations where the con-
tractor considers the tune-ups as fill-in jobs and pulls the
employee regularly to handle emergencies so the tune-
up loses the continuity that’s required to ensure it’s done
properly. The single biggest problem with operators
doing tune-ups is they get pulled away to handle other
situations and if the contractor’s operation is the same
that’s a disadvantage to using that contractor.

Is a tune-up necessary right now? That’s a question
a boiler operator has to ask whenever plant operating
conditions indicate it. Monitoring of evaporation rate or
heat rate and other conditions typically indicates a tune-
up may be necessary. Of course the operator has to be
aware of situations that can create a problem that could
be wrongly attributed to controls (like blocking of plant
air entrances) and correct them first.

Something coming loose and shifting position from
vibration or for other reasons should also be sought out
before committing to a tune-up. An employer will get
very upset if the cost of a tune-up is revealed to be some-
thing other than a problem with the controls. I remem-
ber one chief that got peeved when he discovered the
operator called for a regular tune-up just because he got
lonely and wanted the company of the contractor’s tech-
nician.

A number of things must be considered in associa-
tion with a boiler tune-up and some of them are best
accomplished by the operator. To tune a boiler it’s neces-
sary to create stable firing conditions for at least a short
period of time so the technician can collect data that are
all relative to that firing rate. This can mean anything
from operating the subject boiler in manual, while using
another to handle to load, to controlling steam dumped
to atmosphere to produce a constant load.

An operator can be so involved in simply main-
taining the firing condition that there’s not time to col-
lect the data and that’s another reason for using a
contractor. In many cases there are problems creating
the load conditions for tune-ups because there isn’t
enough load. Wasting steam may seem like a logical
solution but if the plant normally operates with high
condensate returns wasting steam may be impossible
because the water pre-treatment system can’t produce
enough water to waste as steam. That’s why, in many
cases, boiler tune-ups are restricted to the winter.

When a boiler is tuned up in the summer the data
and adjustments at high fire may be made by tempo-
rarily running the firing rate up to grab readings which
isn’t the same as establishing a stable condition so per-
formance at those rates may be a lot different than the
final data indicate. A boiler plant log should always in-
clude a note to the effect that a tune-up was achieved by
grabbing readings so the assumption that it was a proper
tune-up is not made.

I will argue that it isn’t necessarily important to fire
a boiler at or near full load to tune it up with a full
metering combustion control system. When properly
configured a full metering system can be set up with a
few readings, preferably at loads to at least 50% of maxi-
mum firing rate because the variables associated with
load are corrected for by the system with one single
exception that is knowing what the maximum firing rate
according to air flow is.

I differentiate setting up a boiler with any controls
other than a metering system as tuning a boiler (note
that the word controls is excluded). It is also working
with a fixed fired unit or one with a matching parallel
positioning system. Proper tuning of boiler controls re-
quires the volume of another book and I have no inten-
tions of explaining all the intricacies in this one. Tuning
a boiler is a little simpler since you’re setting it at each
operating point.

Tuning a boiler (fixed fired or with a jackshaft) is
accomplished by firing the boiler at a set rate established
by adjustments to the position of fuel and air flow con-
trols and collecting data. Then you make adjustments to
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improve efficiency and collecting more data until the
data indicate your adjustments are optimum. It requires
finding an extreme condition without becoming too ex-
treme and that’s where the skill and experience of the
person doing it is so important.

The air to fuel ratio is repeatedly adjusted until the
boiler just starts making CO. There’s value to skill and
experience in realizing that an adjustment just started
producing a lot of CO and you should back off. Of
course you need some form of instrumentation to know
if you are making CO when you’re only making a little
(sometimes you can’t tell except by analyzing the flue
gas). There are many different devices available and
some of them will indicate “combustibles” instead of CO
but the truth is they’re one and the same (see the chapter
on combustion chemistry). When you’ve adjusted the
burner to the point that you start making CO in excess
of 20 to 50 ppm you’ve exceeded the point of optimum
combustion and should reduce the fuel flow a little. The
adjustment that produces CO at less than 50 ppm is
optimum.

Aw, I got ahead of myself. You have to do that
several times in the course of tuning a boiler but you
have to make certain you’re prepared for doing that first.
First you have to make some decisions regarding the
combustion air flow. If you’re tuning the boiler on a hot
day in August the fan will pump fewer pounds of air
than on a cold winter day where the air is colder and
denser. On the other hand, the boiler could be operating
with doors and windows open that will normally be
closed in the winter; restrictions to air flow will reduce
the number of pounds of air the fan will deliver.

The best time to tune a boiler is early winter when
the air in the boiler room is about as cold as it will get
and all those doors and windows are shut so you know
the air flow will not be significantly different over the
heating season. It’s in the cold winter months that you
burn the most fuel (unless the boilers are used to power
absorption chillers then you should tune them in early
July) and you want your boiler tuned to get the best
efficiency when it’s burning the most fuel.

A boiler tuned in August will be efficient when it’s
operating and burning a couple of gallons an hour but
not quite as efficient in January when it could be burn-
ing five hundred gallons an hour. Tune for the condi-
tions you will experience. If you’re setting it up in
August adjust your safety factor because it will be in-
creased as the air gets colder and decreased as the build-
ing is closed up. If you can do it without any complaints,
close the building up to simulate winter air flow restric-
tions then tune to optimum..

The safety factor you have to add is a function of
all the variables of your plant’s operation. I know that
we say a boiler should be tuned to about 15% excess air
when operating over 50% of boiler capacity but that’s a
rule of thumb and not necessarily what’s best for you.

You should always tune your boilers in three
stages: establish proper air flow, find the optimum con-
dition, then add the safety factor. Before you can finish
you have to know what the safety factor is and it de-
pends on the plant itself and how you operate it. If you
maintain a reasonably constant boiler room temperature
(or constant air temperature where the combustion air is
obtained) and the pressure is reasonably constant then
you shouldn’t need as much safety factor as a plant
where doors are always opening and closing to vary
pressure or temperature. Also allow for the effect of dif-
ferent wind directions. Variations in fuel supply pres-
sure, temperature, or condition can also be a factor.

If you use more than one fuel oil supplier the dif-
ferences can be significant and fuel oil itself can vary
considerably so you need larger allowances for safety
when firing oil. In the Baltimore area we have to keep
in mind that Cove Point (a liquefied natural gas depot)
can be in operation and the LNG (liquefied natural gas)
they receive from North Africa requires about 10%
more air than what’s delivered from the gulf states of
the US. So, we add a safety factor that assures us we
will always, or almost always, operate the boiler in an
air rich condition.

If your controls are tight, air flow is reliable and
fuel is reasonably consistent then a 1% oxygen in flue
gas safety factor is adequate. If not, you should push
that up to 2%; if your conditions are extreme then 3% is
appropriate. That’s the safety factor and you adjust each
point on the fuel cam to produce flue gas oxygen that’s
equal to the determined optimum plus the safety factor.

If your boiler is fixed fired then you only have to
worry about air flow at the one operating condition.
However, if the boiler modulates, establishing a linear air
flow control relationship is important as a first step. Refer
to the chapter on linearity under controls for further ex-
planation. To achieve linearity on a jackshaft controlled
boiler you set up a manometer to measure pressure drop
at some point in the air flow path (usually connecting be-
tween the furnace port and boiler outlet is adequate) then
operate the fan only and manually position the jackshaft
to the align with each of the fuel valve adjustment screws
(either one if you have more than one).

Read the air pressure differential at each screw. It’s
best to start at the highest firing rate so you can be cer-
tain your manometer will give you some precision then
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take readings while reducing the air flow. A typical
manometer can be set at a slope (Figure 2-3) to give you
more precise readings with accuracy in hundredths of an
inch of water. That’s normally required when taking
these readings. Next determine the percentage of full
load differential by dividing the reading at maximum
fire into the readings for each of the other points. Finally,
plot those data on a copy of the square root graph paper
in the appendix. If the control setup is linear then lines
connecting each plotted point should be something very
close to a straight line (the only straight one in Figure 2-
7. If it’s something like one of lines A through G you will
have to adjust the fan linkage to get something more
linear. Anything that falls within the bounds of curves C
or D (the shaded area in Figure 2-7) should be close
enough to linear for smooth control.

Check your approximate turndown next. Read the
corresponding percent flow below the intersection of
your lowest differential percentage on the square root
graph paper and divide the result into one. That’s your
turndown number and it should be comparable to the
values appropriate for the type of burner, firing oil if
capable of firing gas and oil. If the air turndown is more
than 1-1/2 times what the burner is capable of you
might want to shorten the fan damper stroke. If the air
turndown is less than what the burner is capable of you
should try to extend the damper stroke, stopping only
when you can’t reduce the air flow any more. You’re
going to need about 25% to 50% excess air at low fire
and may find that you have as much as 200% because
your damper just doesn’t close off tight enough.

Before you do anything about linearity I recom-
mend sketching the position of the linkage before mak-
ing adjustments. Doing it right on the curve you just

plotted is best, so you know what that linkage arrange-
ment created. It’s not necessary to getting the job done
but it regularly expedites it. Curves A and G indicate a
poor relationship in lever arm length and can be cor-
rected by shortening the longest lever and extending the
shortest. It can also require a trip to the supply house to
get a longer lever, something the original start-up tech-
nician didn’t bother doing.

Curves B and E can be corrected by changing the
rotation position of the levers. For curve F, rotate the
driving shaft link so it is closer to perpendicular to the
connecting link when in the low fire position. For a
curve that crosses the opposite way, adjust the driven
link. You will have to repeat the data collection and plot
another set of data points to see how well you did then
either accept it or repeat the adjustments with the insight
developed from the change in the readings.

Once you’ve set the air flow up so it’s linear or at
least something like curve C or curve D you should
document the final linkage positions, preferably by
drawing a sketch of them right on the curve where you
plotted the final data points, and file it away with other
important documents. Someone can come along, take
the whole thing apart, and put it back together wrong so
you have to repeat the process again. It’s happened to
me many times.

Once you’re satisfied with the setup make certain
every lever is tight to the shaft and all connecting links
are locked at their set lengths. On the most recent job I
specified new linkage fell apart twice during the first
month of operation. Good star lock washers will help
ensure connections will not come loose. Paint also helps.
I would also suggest you use a trick I saw in use by
Martin Marietta personnel at the Louisiana Army Am-
munition Depot. Once they had their linkage set they
took a different color of automobile spray paint and
painted all the connections. That way, if one slipped,
they could spot a problem by a quick glance at the link-
age. Any glimmer of another color indicated something
slipped.

Now that you have the air flow control set so it’s
linear the adjustment of the fuel valves should be easier
and more routine. If the boiler has never been fired be-
fore, you just replaced the fuel valve, or you’ve made
similar repairs that affect fuel air ratio then it’s a good
idea to back off on each fuel adjustment screw a turn to
give you some assurances that you’ll be firing air rich
when you light off the boiler. Make certain the controls
are in manual and start the boiler.

As soon as you have a fire make certain it isn’t
smoking or generating significant quantities of CO. If it’s

Figure 2-7. Linearity curves L & A to F (E &F in shaded
area as good)
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necessary to adjust the screw for low fire to eliminate
smoking or a lot of CO note how many turns it took on
that screw and back all the others off the same amount.
If the air is blowing the fire out then increase fuel flow
to get a stable low fire. Do not, however, raise the other
adjustment screws.

What if it doesn’t light at all? I want to say “don’t
ask me!” because I’ve always had trouble at that point
and there are many variations in what happens. I’ve
experienced everything from plugged strainers on fuel
lines to flooded steam lines plus a lot of problems in
between. It can be something as stupid as a burner in-
serted without a tip to a gas ring completely plugged
with refractory. You’ll have to check everything and each
time it fails to light you have to purge it. Review the
chapters on combustion and fuels before you tackle such
a problem.

Once you have a decent fire going begin with the
jackshaft setting that centers the cam over the first fuel
adjustment screw (Figure 2-4) take readings of O2 and
CO and record them. Adjust the screw slightly to in-
crease or decrease fuel flow appropriately until you have
established the optimum point discussed earlier, record
those conditions of O2 and CO then add the safety factor
to your O2 reading and reduce fuel flow a little more to
establish the O2 equal to optimum plus your safety fac-
tor (within a few tenths of a percent). Record those final
O2 and CO readings.

Continue by advancing to the next screw and re-
peating the process until all points are adjusted. You
may have to allow steam pressure to drop then run the
control up to get the highest settings if there isn’t suffi-
cient boiler load. Once you have completed tuning the
boiler it can be set to run in automatic. Be certain to
document the tuning in the log and put a record of all
the readings at each firing rate in the maintenance log
with a reference to the date on the history sheet in the
boiler’s documentation.

To determine how much excess air is at each firing
point (something you might want to record in addition
to the data above) read the percent excess air that corre-
sponds to your O2 reading from the Excess air curve in
the appendix (Page 384) You’ll notice that the excess air
has to increase considerably as you approach the lowest
firing rates. You won’t be able to eliminate the CO with-
out it. That’s normal because velocities through the
burner drop with load and the fuel and air don’t mix as
well so you have to have more excess air at those lower
loads.

You just tuned the boiler up to do the best it’s ca-
pable of doing. If you’re not satisfied with the results it

may be because other things on your burner need ad-
justment. You can run into situations where no amount
of excess air will eliminate CO. It’s also possible that
there’s too much excess air which will also produce CO
because all that air cools the fire too much. Try the chap-
ter on combustion for other clues.

I know someone is going to say you don’t have to
take data and set every damn screw. Many a contractor’s
technician will set up a boiler at what they call low fire,
25%, 50%, 75% and full load, five readings for twice as
many screws. They cheat and adjust every other screw
until it’s in between the settings of the other two. Gee, I
wonder why the manufacturer’s didn’t just put half as
many screws on those valve cams? If you’re going to do
a job, do it right.

A final note on tune-ups. They are not a final fix.
As the boiler continues to operate the linkage, fan wheel,
and everything else is subjected to friction and wear.
With jackshaft type parallel positioning controls every-
thing in the plant can alter the burner’s air to fuel ratio.

I’ve been told that all you have to do is to repeat a
tune-up every year, whether it needs it or not, and you
find your readings are still the same. If you do that, give
me a call, I want to see that boiler! It’s always possible
that something can slip, wear, or change in some manner
during normal operation and you’ll have to repeat the
tuning process to restore efficient and clean firing before
the year is up. When that happens it’s best to treat the
time between tune-ups as the required interval unless a
couple of repeat runs prove that one time was a fluke
and you can go back to annual tune-ups or whatever
interval your equipment sets for you.

AUXILIARY TURBINE OPERATION

Contrary to popular belief auxiliary turbines are
not there just in case you lose electric power. I frequently
hear an operator complain that the turbine driven auxil-
iaries are a waste of time because they would lose every-
thing on a power outage anyway. While it’s true that an
auxiliary turbine will operate without electricity their
more important function is reducing operating cost
while contributing to the heat balance of the plant.

The auxiliary turbines are an optional source of
power and the wise operator will make best use of them
because, operated properly under the right conditions
they can reduce the cost of powering the auxiliary equip-
ment by about 75%. I should also note that, if you run an
auxiliary turbine under the wrong conditions you can
increase the cost of powering the equipment by 1000%.
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There’s no easier way I know of to get rid of a new
boss that doesn’t know anything about boiler plants and
proves to be intolerable. I’m not suggesting you operate
auxiliary turbines improperly to bump up operating costs
and get rid of a boss, but it is one trick I’ve seen used.

There’s that term again, exactly what is a heat bal-
ance? In it’s truest sense a heat balance is the result of
calculations that determine exactly where heat goes in a
boiler plant with the balance meaning heat out equals
heat in. The more common reference is the balance of
heat into and out of a deaerator which could leave a lot
of you out when you don’t have a deaerator.

If you have a sparge line in a boiler feed tank and
heat the boiler feedwater by injecting steam into that line
you’re operating with something similar but seldom use
enough steam in that feed tank to effectively run a tur-
bine.

Maintaining a heat balance is operating a deaerator
and auxiliary turbines to get the most efficient use out of
the steam going to the deaerator. When steam flows
through an auxiliary turbine some energy is extracted
from it to drive the pump, fan, or other auxiliary device.
The exhaust steam then flows to the deaerator where it
is used to preheat and deaerate the boiler feedwater.
That steam condenses as it mixes with the feedwater
delivering virtually all the heat left in it to the feedwater
which is then fed to the boiler.

For all practical purposes (by ignoring the little bit
of heat lost from the piping and equipment through the
insulation) all the energy in deaerator steam is recovered
and returned to the boiler. If it happens to flow through
a turbine on its way to the deaerator and produce a little
power, the cost of generating the power is only the little
bit of heat lost by the steam as it passes through the
turbine.

When compared to the typical electrical utility
plant where 60% of the heat from fuel ends up lost, your
auxiliary turbines are super efficient. Despite their
economies of scale, burning cheap coal, etc., the utility
can’t make power as inexpensively as you can with aux-
iliary turbines. That’s why you can typically power a
piece of auxiliary equipment for one fourth of the cost of
doing it with an electric motor.

If, on the other hand, you run too many auxiliary
turbines so you’re dumping steam out the multiport (re-
lief valve) to atmosphere you’re wasting all the energy
that should have gone to the deaerator and it costs more
than ten times as much as electricity. The trick is to op-
erate the turbines so you’re putting as much as possible
through the turbine without pushing any out the
multiport.

The best auxiliary turbines to use are boiler feed
pump turbines. They require power proportional to
feedwater requirements and deaerator steam is propor-
tional to feedwater requirements. Regrettably they don’t
use steam proportional to their power output, they need
a certain amount of steam to overcome friction and
windage (like fighting the wind, it’s losses associated
with the rotor of a turbine whirling in the steam) so the
steam consumption of an auxiliary turbine isn’t perfectly
proportional to its power output.

There is a reasonable degree of proportionality that
is evident when you look at the Willians line for a par-
ticular turbine. The Willians line is a line on a piece of
graph paper that shows the relationship of steam con-
sumption to turbine power output and it looks some-
thing like that shown in Figure 2-8. Since there is a fixed
amount of energy needed just to keep it spinning there’s
some point where the turbine’s steam requirement per
gallon of boiler feedwater pumped exceeds the require-
ment for heating steam at the deaerator. When operating
a feed pump turbine below that point some of the steam
is wasted, when operating above that point the
deaerator needs more steam than the pump does.

Your basic task is to determine the boiler load clos-
est to that point then operate an auxiliary turbine or
boiler feed pump accordingly; run the turbine whenever
you can without wasting steam. If you have more than
one turbine driven feed pump you have to determine
the boiler load above which you can run two turbines. If
the turbine drives are of different sizes and there are
some for other services (like condensate pumping or
driving fans) you have to learn how to juggle them for
making the most use of the auxiliary steam going to the
deaerator.

When you do have many auxiliary turbines of dif-
ferent sizes using the Willians lines in their instruction

Figure 2-8. Willans line
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manuals will help you determine ways to mix them for
maximum utilization. When you have an option of
changing turbine nozzles (note the two lines in Figure 2-
8) you determine when the extra nozzles are needed by
when the turbine seems to be inadequate to power the
pump. Note the feedwater flow or steam flow when that
occurs so you can determine when to adjust turbine
nozzles.

Boiler feed pump turbines actually help maintain
the heat balance because they’re equipped with controls.
These vary from constant speed controllers which will
vary steam usage as the water flows change to special
control loops for maintaining a constant feedwater pres-
sure or constant differential between feedwater and
steam headers. As the boiler load increases the pump
horsepower has to increase to pump more water. The
increased load will tend to slow down a speed regulated
turbine so the controls open the steam valve more to
restore the speed. Similarly the steam supply to the tur-
bine is increased to maintain feedwater header pressure
or water to steam differential as load increases.

Very large boiler feed pump turbines may actually
have control linkage that opens and closes turbine
nozzles. Those systems will open one nozzle control
valve entirely before starting to open the next so only a
small quantity of steam is throttled. That increases the
efficiency of the turbine and improves the ratio of
feedwater to turbine steam demand.

The steps in starting up and shutting down auxil-
iary turbines are all pretty much the same. The first task
is deciding which one to start. You then set up it’s driven
equipment the same way you would in preparation for
starting a motor. The turbine casing vents and drains
should be open but check that they are. Check oil levels
in the turbine bearings or sump, any reduction gear, and
on the driven equipment. If the turbine is fitted with an
electric motor driven lubricating oil pump start it to start
oil circulating through the bearings. If it’s possible to get
at the shaft, rotate the shaft a quarter turn every five
minutes while it’s warming up to help ensure uniform
heating.

Damage to auxiliary turbines is normally due to
alignment problems associated with thermal imbalance
so take your time to ensure the casing and rotor are
uniformly heated. Large auxiliary turbines can have
some very thick metal parts, especially around the
nozzle blocks and shaft seals so the larger the turbine,
the more time you give it to warm up.

When a bypass is provided on the exhaust valve
crack it to start warming up the casing. Admit only
enough to get steam at the vent then throttle down the

vent so the air is pushed out the drains. If you don’t
have a bypass then crack the exhaust valve. Leave the
vent open enough to dispel air that’s heated by the
steam. Don’t leave it wide open. With a wisp of steam
coming out there should be enough pressure to push air
out the drains. The steam from a typical 100 to 150 psig
supply (or higher) is about half the density of air when
dropped to atmospheric pressure. It’s so light that you
need some push to force the air out the turbine casing
drains.

Since most auxiliary turbines operate with exhaust
pressures of 15 psig or less the steam will always be less
dense than the air. You want to be certain the entire cas-
ing is flooded with steam so the rotor and casing are
heated uniformly. As the casing warms less steam will be
used to heat it up so the drains will begin blowing more
and more steam. Throttle the drain valves to limit steam
waste but be sure to keep them open enough to drain all
the condensate.

When there’s little to no condensate evident at the
drain valves open the exhaust valve; at this point the
steam has nowhere to go and isn’t condensing so the
casing pressure should be close to exhaust line pressure.

Open the drain valve above the steam supply shut-
off valve to drain any accumulated condensate above the
isolating valve then throttle it until you’re primarily
draining condensate. If there’s a bypass on the steam
supply valve crack it to bring steam up to the trip valve
once the supply line is dry, otherwise crack the supply
valve. If there is no drain at the trip valve body don’t
open the supply until you’re ready to start rolling the
turbine. While that supply piping is warming up open
outlet then inlet valves of any turbine bearing coolers,
throttling the inlets if the coolers are lacking temperature
controls.

I’ve received many complaints that my timing is
off here because heating up the casing will heat up the
oil in the bearings. That’s true, and I want it to. If you
open the cooling water to the bearings first the oil may
still be colder than design operating temperature when
you start rolling the turbine over and you may have
insufficient lubrication because the oil is too cold. By
using the casing heating to warm up the oil you ensure
it’s at the right temperature for operation before you
start rolling the turbine. It’s the kind of consideration
you need to include in your SOPs but I’ve never run into
a turbine that overheated oil while warming up the cas-
ing.

Once you’re certain the casing and the steam sup-
ply piping is warm and dry and the oil is up to operat-
ing temperature it’s time to start rolling the turbine.
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Sometimes you have to run the trip valve down (turn it
as if closing it) because someone tripped it earlier and
didn’t reset it. If the valve doesn’t seem to be opening try
that first; there’s a spring loaded trip mechanism that
shuts the valve by releasing the yoke screw and you
have to turn the valve as if to close it until the trip
mechanism is reset.

Open the supply shut-off valve. Crack the trip
valve and continue slowly opening it until the turbine
starts to turn over. The minute you see the shaft start
moving stop opening the valve and close it back down
to maintain a slow rotation of the turbine.

If your ears suddenly hurt because of a loud
screeching noise shut the trip immediately and back up
in the start-up process because you forgot to open the
exhaust valve or there’s another valve in the exhaust
piping that’s closed or throttled. Auxiliary turbines are
equipped with what we call a sentinel valve. It’s expen-
sive to put a full capacity relief valve on every turbine
casing in case someone forgets to open the exhaust
valves so sentinel valves are used. They’re like a relief
valve but they don’t have much capacity; they just let
enough steam out to make one loud squeal that’s de-
signed to wake the dead and shake up any operator that
forgot to open all the exhaust valves.

This is prior to the most critical stage of auxiliary
turbine operation and where things can go very wrong
so it’s important to take your time and allow the turbine
to gently roll over for a while. You’ve just started steam
flowing in the exhaust piping and any pockets of con-
densate should be slowly flushed out during this time. If
there are known areas where the piping may have pock-
ets of condensate and they’re equipped with drain
valves those valves should still be open.

If there’s a reduction gear between the turbine and
driven equipment you want to give it time to warm up
and get the oil properly distributed over the gears and
bearings. Some will have heaters to keep the oil hot
enough while the turbine is down, some will have cool-
ers, and some have nothing but a sump full of oil. Let
the turbine roll slowly until all the temperatures are in
the normal operating range and you’re absolutely cer-
tain you don’t hear any screeching, bumping, or grind-
ing in the whole assembly. It doesn’t hurt to use the
screwdriver at the casing with handle in your ear trick to
listen for any unusual sounds while a turbine is slowly
rolling over. Open valves for cooling water to any reduc-
tion gear or oil coolers on the driven equipment.

The final step before bringing the turbine up to
speed is checking the trip. Normally there is some link-
age between the turbine and the trip valve and all you

have to do is push gently on the lever closest to the
turbine shaft to trip the valve. Some turbines will have
a means to manually operate the trip. Make sure it
works then reset and open it again to restore normal
rolling.

When you’re satisfied that the turbine is rolling
over without problems and the overspeed trip should
work you can start bringing it up to speed. First make
certain that you and anyone around you are not in line
with the rotor. If it flies apart and pieces penetrate the
casing you don’t want to be in the way.

You want to open that trip valve real slow. A fair
amount of energy is required to overcome the inertia of
the rotor, driven equipment, and any gears to get them
moving but once they’re moving it doesn’t take much to
keep the speed up. If you bring the turbine up to speed
too fast it will overspeed and sometimes that trip just
doesn’t act fast enough. If the turbine has a tachometer
you should watch it and slow the opening of the trip
valve as normal speed is approached.

The turbine speed controls should eventually take
over control of the steam flow. Once that happens you
can run the trip valve the rest of the way open. If the
turbine is equipped with a process control (like
feedwater header pressure or feedwater to steam pres-
sure differential) that valve or controller should take
over. Resist the temptation to bring a turbine up on one
of those controllers, especially if they’re in automatic.
Neither the controller nor the manual signal output can
control the steam flow as well as you can with your
hands on that trip valve.

If you were starting a centrifugal pump it’s time to
open the pump discharge valve. Open it slowly so the
turbine controller has an opportunity to respond to the
increased load.

Once the turbine is up to speed and carrying load
you can close the vent and drain valves, provided you
don’t see any condensate coming out. If the exhaust line
from the turbine is routed up from the casing connection
then the casing should have a steam trap to continuously
remove condensate. Make certain that such traps are
really working by temporarily opening a manual casing
drain about five to ten minutes after you closed it; you
should get nothing but steam.

Stop any electric driven oil pump and observe oil
pressures to ensure the turbine’s pump is satisfactorily
providing proper lubrication pressures. Some electric
pumps will automatically stop as the turbine’s oil pump
generates a higher pressure.

What if you have to bring one up in a hurry? I hope
you never do have to because the potential for damage to
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an auxiliary turbine by rapid starting is very high. If you
are in an operation that must be able to bring a turbine
up quickly then you should have condensate traps on the
casing and steam supply drains, an automatic air vent at
the top of the casing, and means to rotate the turbine
regularly, either automatic or prescribed manual means,
so it’s always ready. When starting one of these units al-
ways check by opening a free blow drain to ensure the
casing is dry before starting the turbine. They make a lot
of racket and exhaust steam piping and the deaerator can
get pretty rattled if you start that turbine with any accu-
mulation of water in the casing.

When shutting down and the turbine has an elec-
tric oil pump make certain it is running. Begin to shut
down the turbine by slowly closing down on the trip
valve. The steam supply shut-off should be open or
shut, not throttled, so there’s no erosion or wire draw-
ing to cause it to leak. Make certain that the load
served by the driven equipment is handled by another
turbine or motor driven device as the turbine you’re
shutting down starts slowing noticeably.

When the turbine has slowed a little more close the

discharge valve of any pump powered by the turbine to
ensure a hung up check valve doesn’t allow reverse flow
to start driving everything backwards. Throttle down on
the trip valve until the turbine is gently rolling over and
allow it to continue rolling for twenty minutes to one
half hour. This slow rolling allows the turbine parts to
cool from operating conditions to exhaust temperatures
and slow cooling is desirable for the heavy metal parts.

After that cool down period close the trip valve
and high pressure steam supply valve then immediately
open all the drains a couple of turns. If you’re going to
start it back up again in a few hours leave it under ex-
haust pressure. Otherwise, after the turbine stops rolling,
close the exhaust valve, open the vent and drain valves
completely and stop any electric oil pump.

It’s a little complicated, it takes time, you have to
handle small handwheels in tight spaces around the tur-
bine because the guy that piped it never thought about
operating it but proper operation of auxiliary turbines
can make a real difference in the overall operating cost
of a boiler plant. Wise operators know that and operate
them wisely.
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TTTTTo know is to perceive or understand clearly and
with certainty. Knowledge is based on training, experi-
ence, and the ability to use that training and experience
to develop perceptions of outcomes that haven’t oc-
curred. When you are in control of a facility that has the
potential to level a city block under the worst of circum-
stances that certainty becomes very important.

KNOW YOUR LOAD

The product generated by a boiler plant is steam,
hot water, or similar products that deliver the heat to the
facility served by the boiler plant. The load is the rate at
which heat must be delivered to the facility served by
the boiler plant. Your normal concern (remember the
priorities) is to maintain steam pressure or supply (re-
turn) water temperature. Do you know your load?

When I ask that question I seldom get an answer.
When I’m more specific by asking for a peak load, low
load, weekend load, winter load, or summer load the
result is usually the same. Most of the time the operator
moves to a recorder or log book to try to derive an an-
swer from there. I’ve never understood why operators
didn’t know how much heat the facility required at a
particular time because they have to know it to operate
the plant properly. You have to know your load.

Let’s face it, when it’s late Friday evening near the
middle of October and the weather forecast calls for a
stiff cold front coming through before the end of your
shift you better know whether or not you will have to
start another boiler. You can’t always count on the chief
leaving instructions either. You have to know your load.

Your heating load is one of the first things you
need to know because the weather is fickle and changes
without notice. Maybe your plant is simply a heating
plant so it’s the most important load for you to know
about. On the other hand you could be in a production
facility where the weather has a minimal effect on your
total load. Regardless, it’s a load you should be aware of
and be able to quantify.

The amount of heat needed to maintain tempera-
tures in a facility is a function of the difference between
the temperature in the facility and the outdoor air tem-

perature. For more than half a century we have used
Degree Days as a measure of the heating load, normally
on a month to month basis. Degree Days are, as the units
imply, degrees multiplied by days. They are calculated
for a particular day by subtracting the average outdoor
temperature during the day from 65°F. A typical ex-
ample would be a day with a high of 50°F and a low of
40°F where the average is 45°F and the Degree Days are
20 (65-45). Why use 65°F? If you think about it you never
really need to turn the heat on until the temperature
drops below 65°F so it’s reasonable to say that the heat-
ing requirement for a 65° day is zero. The numbers for
each day are combined to provide the number of Degree
Days for a period of time.

The numbers for all the days in a heating season
(normally October 15th to March 15th) are added up to
provide the number of Degree Days in a season. We
engineers talk of a geographical region in terms of their
seasonal degree days. We’ll also compare degree days
for one heating season to an average that’s based on a
collection of data over more than a century.

You may still find reports of the number of degree
days in the newspaper and on your fuel and electric
bills. Some utilities now list the average temperature for
the month which may also be converted to degree days.
The number of degree days is about equal to the number
of days in the month multiplied by the difference be-
tween the average temperature and 65.

Today we will typically preface Degree Days with
the word “heating” because there is an effort to establish
a comparable value for Cooling Degree Days. In Septem-
ber and May you have to read the paper carefully to
ensure you’re reading heating degree days. It could be a
hot month that produced more cooling degree days so
that’s what they report.

Problem is, Degree Days are reported after the fact
so they’re not available for predicting a boiler load.
However, the same logic can be used to predict load.
Whether your plant is strictly for heating, or provides
heat for other purposes as well, you can determine a
heating load based on outdoor air temperature. We have
the 65°F value for zero load and there are published
extreme temperatures, data are provided in the appen-
dix for locations throughout the United States and

Chapter 3

What the Wise Operator Knows
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Canada, that will allow you to determine what tempera-
ture matches full load or 100% heating load.

Your local air conditioning equipment salesman
can tell you what the design low is in your area. You can
also select your own number because your site could be
as much as 5 degrees warmer or cooler than the nearest
reporting station. If you have several years of logs to
check back through you should be able to find the typi-
cal coldest temperature. Don’t use one or even four ex-
tremes, they’re so uncommon that nobody expects you
to satisfy heating requirements for such temperatures.
It’s also unlikely that those temperatures will produce
the predicted load because they’re normally of short
duration, only that cold for an hour or two, and the mass
of the building will limit the effect on your load.

Using my home town of Joppa, Maryland, I can
calculate my instantaneous heating load readily using
the outdoor temperature. The extreme low for Joppa is
5°F, one degree cooler than the Baltimore airport, so the
range of temperatures for heating at my home is be-
tween 5 and 65°F where the load is zero at 65°F and
100% at 5°F. To determine the percentage of load for a
given outdoor temperature all I have to do is divide the
difference between 65° and the current outside air tem-
perature by 60. My heating load is 50% at an outside air
temperature of 35°F.

All you need do for your location is determine the
range by subtracting the extreme low from 65. You get
the current Degree Day value by subtracting the outside
air temperature from 65. Your percent load is the Degree
Day value divided by the range times 100. Remember
that you convert a number to a percentage by multiply-
ing the result by 100. For an outdoor temperature of 42°F
in Joppa my load is calculated as 65 less 42 divided by
60 to get 0.3833 which times 100 gives me 38.33%. That’s
how you determine a common heating load. Simply
checking the weather forecast in the paper or from the
radio or television will let you know what the load will
be. I do hope you understand that I’m not implying you
should listen to a radio or watch television during your
shift, you need those ears on the plant.

Of course the truth is that very few plants have a
simple heating load. Boiler plant output is usually used
for other purposes, a common one being hot water heat-
ing. Hospitals have sterilizers that run year round.
Kitchens or cafeterias in the building can introduce sub-
stantial loads independent of outdoor temperatures too.
However, they also require considerable ventilation so
much of that load is outdoor temperature related. The
heat in your steam or hot water can be used for many
things that aren’t related to outside air temperature.

In most systems used just for heating you’ll find
the loads are rather consistent in the summer and you
can call that value a base load or summer load to which
you can add the heating load. I’ve been able to generate
formulas for steam loads that are very consistent for
apartment buildings, nursing homes, and similar loads.
The formula becomes the base load plus a factor times
the number of degree days. Each base load and degree
days should be for a specific period of time and degree
days should be for a specific time frame (hour, day,
month).

When generating a formula for heating load it’s
important to realize that the actual steam load at any one
time will seldom match the formula due to everything
from people opening and closing doors to the kitchen
starting up in the morning while everyone’s getting up
and taking a hot shower. My experience is that the actual
load will swing 25% of the maximum heating load in a
typical heating plant. If you generate a formula to use,
the actual load should be equal to the formula value plus
or minus 25%.

Why produce a formula? Because boiler operators
have to deal with us engineers and you can’t convince
an engineer of much without some supported documen-
tation. So, by having a formula that represents your
plant load conditions you can convince an engineer that
you do know what you’re talking about.

Here’s how you do it. Keep track of your load us-
ing steam flow or Btu meter readings, fuel meter read-
ings or tank soundings, preferably recorded each day.
Also record the average temperature or number of de-
gree days each day. You can use a properly installed (in
the shade and away from sources of heat) high/low
thermometer and average those two readings to have an
accurate value for your site if the nearest airport isn’t
consistent with you. Eventually you’ll have to convert
average temperatures to degree days by subtracting
them from 65. Any negative values should be converted
to zero. Once you have some data you can start deter-
mining the value of the formula. If you haven’t been col-
lecting data it will take you a year to collect enough data
to produce a reasonably accurate formula.

Once you have data you begin by determining
your base load. During the months of July and August,
when it’s never cold, you can correctly assume that
there’s no heating requirement and the average steam
generation, Btus, or fuel consumption is representative
of the base load. For the few of you that live in the far
north, you’ll have to take the average of those readings
on days when the outdoor temperature never got below
65°F.



What the Wise Operator Knows 95

If you’re computer literate and can use a spread-
sheet program then determining the formula is rather
easy. If you aren’t capable of doing that, try to get help
from a friend that is. Should those options fail, get a
cheap calculator and go at it. Create a table of values
using your recorded data. In the first column put all the
degree day readings. You can precede that one with such
values as average outdoor temperature or the low and
the high if those are the values you recorded then use
them to calculate the degree days. In the second column
record the steam generation, Btus or fuel use for that
day. For the third column, calculate the heating load by
subtracting the base load value from the value in the
second column. If any of the results are negative, substi-
tute a zero for that result. For the fourth column, calcu-
late the heating ratio by dividing the heating load value
of the third column by the number of degree days in the
first column.

The values in that fourth column should all be
close to each other. If you run into one, or some, that
seems to be significantly different and you can’t resolve
it, cross out that row of data. After eliminating several
rows from one set of plant data I finally realized that
they were every seventh one and I was looking at data
taken on weekdays where the fuel use covered the week-
end. Simply dividing the odd result by three made the
data useful. Count the number of rows of good data
(each daily set of readings) and write the number down
at the bottom of the page.

Add up all the values in the fourth column and
divide by the count of good data rows to get an average
of the values in the fourth column. Your load formula
can now be determined as equal to the base value plus
a factor times degree days and the factor is that average
value. To get an idea of how accurate it is you can use it
to calculate another value (put it in the fifth column)
then compare that to the steam generation, Btus or fuel
use in the second column. When using monthly data I
find I’m normally within 5%, daily data are within 10%
and hourly data are within 25% of the actual values.
Continuing to record data and adjust the base and factor
values improves the accuracy.

I use those formulas to compare the performance of
a building at different times. Adjusting for the number
of degree days corrects for variations in outdoor air tem-
perature. It helps me detect when something went
wrong in a boiler plant or the degree of improvement in
efficiency a particular installation provided. You can use
the formula to predict loads and to detect problems with
the plant.

There’s also another factor that changes your heat-

ing load and influences other uses of the heat you gen-
erate and that’s the people load. The use of the facility
will determine most of the people load. A nursing home
or prison will have a relatively constant people load
because the people are always there and doing the same
thing. Apartment buildings will have a more variable
people load, one of the more difficult to determine. Col-
lege dormitories are another story because all the stu-
dents are on the same schedule; if you know the
schedule the loads are predictable despite the fact that
they will vary considerably. Simply picture all the stu-
dents rising at the same time to get ready for class, tak-
ing showers and washing then vacating the building;
they will create a short-term peak load during that time.
If the building was equipped with night set-back ther-
mostats the load swing will begin with the warm-up and
end with the students leaving for class.

When people are present your loads will be higher
and when they’re absent they’ll be lower. In an office
building, for example, everyone but the cleaning staff
goes home in the evening so you don’t have to heat the
building to a comfortable 75°F at night. In that case you
may have all the thermostats set back to 55°F. Under
those circumstances your peak heating load isn’t based
on 65°F, it’s based on 55°F. The difference between the
thermostat set point of 75 during the day and the 65°F
base we use for calculating degree days is covered by the
people themselves (an office worker puts out about 550
Btuh of heat); then there’s the equipment they’re using
(computers, etc.), and the lights.

People have other effects on heat load depending
on what they’re doing. When everyone is arriving for
work in the morning they manage to pump a lot of the
building heat out and the cold in when passing through
doors. I know one building where they set the lobby
thermostat for 85°F about an hour before starting time so
they store some heat in the area to offset all the cold air
that comes in with the arriving workers.

Store heat? Yes, everything can store heat to one
degree or another. You have to raise the thermostat set-
ting to 75°F in that office building well before the work-
ers start arriving or it will still be 55°F when they arrive
and you won’t hear the end of it. It takes time for the
temperature to return to 75°F because the air in the room
has to warm up the walls, floors, ceilings, furniture, etc.,
from 55° to 75°. How fast it warms up depends on the
weight of the materials and their specific heat, the
amount of heat required to raise the temperature of the
substance one degree Fahrenheit. The appendix has a
table of specific heats for various materials.

When the outdoor temperature is mild the materi-
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als in the building may never get to 55°F before the ther-
mostats are reset in the morning. When it’s very cold out
the temperature of walls and other surfaces exposed to
the outdoors will drop quickly and may be cooler than
the 55°F. Because partitions, floors and ceilings, furni-
ture, etc. cooled slower, they might still be warmer and
help offset the effect of the colder walls. Warm-up loads
can be higher than heating loads if ventilation is not
controlled. Unless the thermostat settings are timed to
compensate for the variation in storage temperatures
you may get some complaints in cold weather or waste
heat in milder weather.

Ventilation loads are primarily people loads. For all
practical purposes a facility has to introduce 20 cfm (cu-
bic feet per minute) of fresh outside air for every person
in the facility. There are more specific requirements that
vary with the Jurisdiction but that is a good rule of
thumb. Many older facilities may still be set for ventila-
tion rates as low as 5 cfm per person so it pays to check
the actual values before trying to determine the heating
load they create. The amount of heat required for venti-
lation air is easy to determine, it’s the total of ventilation
air in cfm multiplied by a constant of 1.08 and the differ-
ence between the outdoor air temperature and room
temperature. As an example, for 100 people you need
2,000 cfm of 0°F outside air which requires 162,000 Btuh
(2,000 × 1.08 × (75 – 0). If you recall our earlier discussion
that’s equivalent to about 162 pounds per hour of steam.
Note that we used 75° not 65° because we can’t count on
the heat from people, etc. to cover that portion of the
load.

In areas containing a high concentration of people
(movie theaters, stadiums, office buildings) the ventila-
tion load can be the largest single load of the facility. The
core of a building, in the middle where there are no
outside walls, and floors and ceilings separate them
from other occupied spaces, the ventilation air can pro-
duce a heating load that would not exist without it. If
your facility has large changes in the number of people
from day to night or over weekends you should see
swings in load due to changes in the ventilation air.

Of course many older buildings don’t adjust venti-
lation air depending on building occupancy. Yours may
be one that continues full flow ventilation at night when
There are only a few people, if any, in the building. If
you have a way of closing that off at night (you’ll never
be able to get zero ventilation) you’ll save a lot on heat-
ing all that air unnecessarily.

Modern facilities are using a combination of secu-
rity and air conditioning controls to determine how
many people are in the building and adjusting ventila-

tion loads accordingly. Another method is measuring the
carbon dioxide content of return air which indicates how
many people are in the building or a certain area of the
building. The new technical name for that is demand
controlled ventilation. If you don’t have the advantage
of one of those specialized controls you’ll probably have
systems like time clocks that set the ventilation at a mini-
mum when people aren’t supposed to be in the building
and adjust them to a value for full occupancy the rest of
the time.

Any of those controls should be set for minimum
ventilation air during the period when the building is
warming up in preparation for occupancy. That way you
avoid the ventilation load while handling the warm up
load to limit the load on your boilers. It also makes no
sense to heat up cold outside air to warm up walls. The
ventilation should increase for a short period before
people start entering the building to flush out the stale
air.

Except for some process requirements the hot wa-
ter heating load is largely a function of people activities.
People have a direct relationship with hot water needs
for cooking, showers, and washing. Each of those hot
water uses is sporadic, occurring at specific (sometimes
inconsistent) times so they’re more on and off than a
constant load. There are several means of producing hot
water and satisfying the irregular loads so there’s a sec-
tion in this book devoted specifically to hot water heat-
ing. When the hot water is heated by many heat
exchangers throughout the facility you have little control
of those loads and you’ll have to monitor plant loads to
determine their effect.

An unusual load that I encountered at one chemi-
cal production facility a few years ago is a rain load. I
was collecting nameplate data at one of the boilers and
found myself almost run over by the operator who was
suddenly rushing around trying to get that boiler oper-
ating. Once he had it on line I asked what the rush was
all about. “It’s about to rain” was his simple reply. That
plant experienced a 30,000 pph increase in boiler load
every time it rained! Many district heating plants expe-
rience a delayed rain load which is due to rain leaking
into the manholes and tunnels containing the steam
lines. It’s a load that indicates inadequate or ineffective
maintenance and shouldn’t be as significant as that one
plant. You may have one and it shouldn’t be difficult to
identify it.

Finally, there are production loads. These are re-
quirements for heat to warm raw materials for produc-
tion, to convert the product to another form (like melting
it) or steam actually injected into the product to alter it.
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They can include tank heating and heat tracing where
heat is used to keep the product in tanks and piping hot
enough that it will flow or remain a liquid. Those heat-
ing requirements are independent of actual production.
I like to treat those requirements like heating loads with
a higher base temperature.

An asphalt plant, for example, may operate at
500°F to keep the asphalt a liquid and that temperature
is so high that swings in outdoor temperature between
0°F and 100°F, an extreme winter to extreme summer
outside air temperature would produce a variation be-
tween 100% and 80% [(500–100) ÷ (500–0) = 80%] If
they’re significant you can treat them the same as heat-
ing loads by using the product temperature instead of
65°F.

That’s a way to determine production heating re-
quirements which will exist as a load independent of the
amount of product made. Actual production loads can
be related to production output. It’s one reason that
boiler operators should know how many widgets or
pounds of product the plant makes and be informed of
how many are planned for production during the next
shift.

Some production facilities produce a negative load.
These include plants with waste heat boilers that can
generate steam or hot water from exothermic reactions
(chemical reactions of the product that generate heat). A
boiler operator can be called upon to control those boil-
ers. For the most part they conform to all the rules de-
scribed for regular boilers in this book but each one can
have unique characteristics or operating features and the
operator should make sure he fully understands all the
manufacturer’s and process designer’s instructions for
their operation.

Except for simple heating plants the operator has
to learn the contribution of each type of load and moni-
tor loads to determine how much each one contributes
to the total load. The simple mathematical relationships
described here should help to explain some of the varia-
tions in loads you experience to provide a way to deter-
mine what the load will be when plant operations
change.

You should be able to tell how much change in
load will be associated with a change in outdoor air tem-
perature, a change in production rates, shutdown of any
particular part of the plant, and short-term swings asso-
ciated with personnel activities. At the bare minimum
you should know what your maximum, minimum,
weekday, weekend, holiday, and total plant shutdown
loads are. Once you know your load and know your
plant you can begin operating wisely.

KNOW YOUR PLANT

I’m always amazed at the boiler operators that
don’t know their plants. I’ve been in plants with an
operator that had been there 15 years and had him reply
“I don’t know” to what I thought was a simple question.
I would be very embarrassed if someone asked me what
steam pressure I normally operated at and I had to re-
spond that I didn’t know. More than half of the opera-
tors asked that question immediately wander over to the
nearest pressure gage to look at it before responding.
More than eighty percent of the operators of hot water
plants can’t tell me what the normal boiler water tem-
perature is. I always say “it wasn’t meant to be a trick
question, I just wanted to know.”

You shouldn’t be asking yourself the same question
now. You should know certain things about your plant
and be able to respond to one of us dumb engineers
without hesitation. We really don’t ask trick questions.
When I look at a pressure gage and it reads somewhere
between 120 and 125 psig I have to ask the question
because it could be either one of those values. Here’s a
quick list of common questions, see how many you can
answer without looking them up:

1. What’s your normal operating pressure/tempera-
ture?

2. What pressure/temperature are the safety/relief
valves set at?

3. What’s the capacity of each boiler?
4. What’s your normal feedwater/return tempera-

ture?
5. What fuels do you fire?
6. What’s the capacity of your fuel storage?
7. Where does your fuel come from? Are there alter-

nate suppliers?
8. What is the turndown for each boiler?
9. What’s your electrical power (208/230/460, 3

phase)?
10. How reliable is your electric power? (How many

interruptions and their length in an average year)
11. What’s your normal compressed air supply pres-

sure?
12. What’s your peak load? Peak day? Peak Hour?
13. What’s your normal winter load?
14. What’s your normal summer load?
15. What’s your minimum load?
16. What’s your water supply pressure?
17. What’s the normal hardness of your water sup-

ply? Of alternate water supplies?
18. Where does your water come from? Do you have
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an alternate supply for water?
19. How many boilers do you run in the summer?
20. How many boilers do you run in the winter?
21. How frequently do you switch boilers?
22. What’s your condensate return system leakage/

percentage?
23. What’s your normal condensate temperature?
24. Is your condensate return pumped?
25. What does your blowdown drain to?

In addition to those questions I frequently aim my
laser pointer to produce a red dot on a vertical pipe, one
that comes up through the floor then continues to pen-
etrate the ceiling, and ask the operator what the line is
for and where it goes. While that is usually a question I
want the answer to it’s occasionally used when an op-
erator gives the impression he knows it all. After forty
years of learning boiler plants I know which of those
piping systems are obscure. You should test yourself in
this regard. Can you look at each pipe in your plant and
name its contents, source and destination? No, you don’t
have to be able to do that to answer the questions of
some dumb engineer like me, you need to know so you
can react quickly and responsibly if that piping fails.

Since most of my operating was aboard ship we
had another criteria for knowing the plant. The engine
room aboard a ship is always at the bottom and there
aren’t any windows. If there’s a skylight it’s so small and
far away it doesn’t provide any light at operating levels.
In the event the electric generator tripped we had to
know how to get around in pitch dark. Most of us car-
ried a working flashlight at all times but I don’t see that
in the typical land based boiler plant.

How about it? Especially you guys that work the
night shift. Can you get around the plant safely in the
dark? Trying it with your eyes shut is one way to test
that skill. Be careful, however, that you don’t put your-
self in the position of falling down a stair or tripping
over something. It’s better to do something as goofy as
walking around the plant with your eyes shut when
someone is there that can call the ambulance if you land
on your face. It may be goofy, but it might also save your
life one day.

There are a lot more questions about your plant
that you don’t have to have immediate answers for be-
cause they’re not asked frequently and, to be honest, you
don’t have to know the answer to operate. You do need
to know a lot that you can’t memorize and there’s no
need to commit it to memory; all you need to know is
where to find the information. You should know the
location of historical documents, logs, maintenance

records… basically where all the paper and spare parts
are stored and how to find something in that maze of
paper or shelves of boxes. The next best thing to know-
ing an answer is knowing where to find it.

MATCHING EQUIPMENT TO THE LOAD

When we discussed priorities in the first chapter of
this book the last was listed as the one you would spend
most of your time on, operating the plant economically.
Without a doubt, matching the equipment to the load is
the easiest way to do that. I find so many boiler plants
operating with two boilers on line and not enough load
to keep one running constantly. I’ve also been in plants
with four boilers on line looking at a load less than the
capacity of one of them. When I make those statements
I get a “so what” look from the boiler operators or the
standard WADITW3 response. Based on what I have
seen, we should be able to conserve about 20% of the
energy used in institutional heating plants in this coun-
try by simply matching loads.

Let’s look at the example of two low pressure heat-
ing boilers operating when one could carry the load
easily. My observations indicate the load is typically less
than half the capacity of the one boiler. Radiation losses,
normally 2% of input or less at full load, account for
11.5% of the input at the lower load; off cycle losses of
the boiler that isn’t firing account for another 1/2 to 2%
depending on effective stack height; purging losses are
doubled; demand charges for electricity when the two
boilers just happen to be running at the same time; and
the additional time an operator spends attending to an
operating boiler all add up to a considerable additional
cost for operating two boilers where one would do and
that’s ignoring the fact that cycling losses are doubled
when the load is less than low fire capacity of one boiler.

Demand charges are calculated by the electric
power company for medium and large installations.
Maximum demand is determined by a separate meter
that constantly measures the electrical load and keeps
track of the maximum average electric load during a 15
minute period in each month. The utility bill includes a
charge for that demand and it’s not small change, $12
per kW which is equal to about $9 per horsepower. Any
activity that produces a higher demand simply boosts
that charge and any temporary operating condition that
produces that demand creates the charge for the entire
month. In some areas the utilities charge for the highest
demand in the prior six months.

Running two feedpumps when one will do is not
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only boosting the demand charge, it’s using electricity as
well. Although it’s not advisable to stop one feed pump
before starting another to avoid a bump in the demand
charge you can wait until the air compressor stops (so
you know it won’t run for a few minutes) to switch over
pumps. A drop in demand of ten horsepower while the
air compressor is down will reduce the demand while
you’re starting a thirty horsepower feed pump to switch
over. That little bit of attention to the electrical demand
could save your employer as much as $90 on the
monthly electric bill.

In those days when all we had were coal fired
plants conventional wisdom called for boilers to be of
three sizes, one that could handle full load, one two
thirds that size, and one a third of full load size. The two
smaller units served as backup for the larger one and the
variation in size ensured a closer match to steam load.
Coal fired units didn’t provide the turndown we have
on modern boilers and cycling a coal fired boiler on and
off left an operator awful tired at the end of a day.

There are many of you that will have a plant with
only one boiler, one feed pump, etc. so your choices are
limited or non-existent in operation. That doesn’t pre-
vent you noting your operation and estimating what
could be saved if you had another, smaller boiler to carry
the normal loads.

You should be able to justify the installation of a
smaller boiler in any plant where the boiler cycles at the
average winter outdoor air temperature. Cycling boilers
are very inefficient and many times a much smaller re-
placement produces fuel savings that pay for it in a heat-
ing season.

For the rest of you, I’m betting that you can make
a significant difference in the fuel and electricity con-
sumption of your plant by doing your best to match the
equipment to the load. For many of you it will simply be
a matter of realizing there is a difference and acting to
reduce the costs. Many others will find it’s a matter of
changing old habits and rationale.

Now that you know your plant and know your
load you will make decisions that reduce the impact on
operating costs. Frequently operators will decide to put
another boiler on line whenever the load on one ap-
proaches 70%. That immediately converts operating con-
ditions from one boiler operating at its maximum
efficiency to two boilers operating near minimum effi-
ciency at 35% load. Radiation losses are doubled with no
change in load and all losses associated with lower firing
rates are encountered. Knowing the load, being able to
forecast its changes, and knowing what your boiler can
do will frequently prevent putting that other boiler on

the line until the load will exceed 100% of what is on
line. Establish values based on experience and don’t
hesitate to experiment to see what the best matches are.

Matching equipment to load isn’t restricted to the
boilers. I don’t know how many plants I visit where the
scheme is to operate one boiler feed pump for each
boiler on the line. Since feed pumps have to be capable
of delivering water at the boiler safety valve pressure it’s
not uncommon for them to have significant capacity
relative to normal operating pressures. As a result you
should never associate the number of pumps in opera-
tion with the number of boilers. They deserve their own
set of rules, established by experience and observation.

Many operators don’t realize that there’s a lower
limit to efficient operation of water softeners. Once the
flow in a softener, or any ion exchange bed for that
matter, drops below a set value (usually 3 gpm per
square foot of flow area) they begin channeling. The
water tends to bypass much of the resin and its capacity
isn’t used. Operators can allow a lot of scale forming
hardness to sneak through their softeners if they run too
many of them in parallel.

If everyone in your plant is doing their best to con-
serve that valuable condensate you will have reduced
the demand for makeup water and may have reduced it
to the point that your softeners start channeling. You’ll
have to watch the softeners closer if you’re down to one
because it might start regenerating automatically when
you’re not looking. That will shut off your supply of
makeup.

Some plants are constantly having trouble with
condensate loss. It’s either due to contamination indica-
tions or leaks. In those cases it’s better to have the tech-
nician that services those softeners modify the
programming to limit the softeners on line unless the
pressure drop through them gets too high. It’s a matter
of adding a differential pressure switch so another soft-
ener will come on line when needed. He should also add
a bypass switch that permits you to manually put a soft-
ener in service.

Whenever I visit a plant and find more than one
piece of equipment operating I do a quick check of the
loads to see if the loads and equipment match. I should
note that this also applies to chillers and devices other
than boiler systems. It is always a cheap way to give a
customer a return on his investment in my time because
I can usually show a considerable savings for doing
nothing but shutting off some of the operating equip-
ment.

In mid summer of 2001 I visited a plant where the
gas booster was running constantly when the gas supply
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pressure was more than adequate to serve the boiler
load. The owner had his operators shut the booster
down and bypass it. Of course they had to check it when
the temperatures got colder to determine when they
might need it. I encouraged them to establish an SOP to
check it out by running it temporarily every fall so they
would be capable of putting it in service should they
need it in the winter but, to the best of my knowledge,
it hasn’t run since. That wasn’t just a case of matching
load, it was a case of recognizing there was no load.

You shouldn’t confuse matching loads and reacting
to changing loads however. I was in one plant that
started up a boiler every morning to handle the warm-
up as the night set-back thermostats switched back up.
An hour or two later the boiler was shut down until the
next morning. First of all, that’s rough on the boiler and
it’s really shortening its life. It’s also wasting a certain
amount of energy because what it took to heat the boiler
up is lost up the stack before the next morning. If an
operator is doing his job of checking all the operating
limits when a boiler is started then that daily start-up
would be rough on the operator; most don’t seem to
bother.

Short-term operation for an intermittent peak load
shouldn’t be considered unless there are problems with
the steam pressure or supply water temperature drop
associated with that load. In other words, it’s okay for
the steam pressure or water temperature to drop a little
when everything starts heating up in the morning. The
drop will limit the heat flow to the load because there’s
a smaller temperature difference and everything will
eventually recover. Don’t hesitate to try it. Let the pres-
sure or temperature drop. A slight dip in conditions on
an operating boiler is much less damaging than running
a boiler up from cold.

If the pressure or temperature dips can’t be toler-
ated you’ll learn quickly what average night-time tem-
perature signals that limit so you can have more boiler
capacity in operation when it’s necessary.

I also want to mention those plants where nobody
seems to notice or care what the boiler to load relation-
ship is. It’s not at all uncommon for me to find a two
boiler hot water plant where both boilers are always
operating. In most of those plants the boilers were each
sized to carry the full load and the operators discovered
they could shut one down and never worry about hav-
ing enough boiler capacity. The cost of fuel to simply
keep a boiler hot can be considerable so they also found
that they saved the owner a lot of money. Of course you
have to shut at least one valve when you shut down that
hot water boiler. Otherwise the hot water flowing

through it will heat up a lot of air that’s lost up the stack.
Don’t think you have to run a proportion of boilers

to match the load. I’ve been in many plants with four boil-
ers, any one of which could carry the full load of the facil-
ity served. They’ll run one or two boilers in the summer
and three in the winter whether they need them or not.
They’re also usually the plants where the boilers are regu-
larly switched so they will all wear out at the same time.

EFFICIENCY

There are so many definitions of efficiency and
many operators (and most engineers) are confused as to
which is which or simply assume they are all the same.
I shall attempt to define the many different labels of ef-
ficiency and to clarify what they actually represent. I’ve
even created a couple of definitions because I’m certain
there’s a need for them.

The first point of confusion involves the definition
of boiler efficiency. It can be officially defined as one
hundred times the heat absorbed in the steam and water
divided by the heat energy added by the fuel and other
sources of energy. That’s the definition established by
the ABMA and the one most of us accept as the true
definition. Those other sources of energy include electric
power supplied to the fans, and pumps that are integral
to the boiler. If all of those values we engineers call “in-
puts” are accounted for then we get a correct value of
efficiency. However, it’s the one that is seldom used.

The energy added to the water and steam is the
“output” of the boiler. There can be multiple outputs
that have to be considered. If the boiler has a reheater
the energy added to the steam that flows through the
reheater is an output in addition to the water that is
evaporated to produce steam and the energy added in
the superheater.

Note that the official definition of boiler efficiency
considers output to include all the heat absorbed by the
water and steam. That includes the heat added to the wa-
ter that’s lost in blowoff and blowdown and the heat lost
in steam for sootblowing. Since the boiler’s output that
we get to use doesn’t come from blowoff or blowdown
water or sootblowing steam how can it be counted as
output? It’s counted because the boiler manufacturer has
no control over the quality of water used to make steam
and no control over the fuel fired and how cleanly it’s
fired. The boiler manufacturer is concerned with the heat
that’s transferred through the tubes.

Soot blower operation to maintain boiler condi-
tions is one of the reasons that a boiler efficiency test in
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accordance with ASME PTC-4.1 (Steam Generating Units
Power Test Code) is supposed to be run for a minimum
of twelve hours. The Test Code does account for the
sootblower steam because it’s required to keep the heat
transfer surfaces clean.

Several years ago the ABMA (American Boiler
Manufacturer’s Association) agreed to guanantee effi-
ciency at only one firing rate and, unless otherwise
specified by the customer, set it at full load. If you have
some efficiencies listed at other firing rates in your boiler
documentation you’ll notice that those others are labeled
“predicted performance” and only the full load is guar-
anteed. The problem with that wisdom is the boiler sel-
dom, if ever, operates at full load. Whenever you have
input, suggest that any new boiler you purchase be
guaranteed for performance at a load you will have, say
50% or 75%. That doesn’t violate the ABMA’s rule. To-
day some chiller manufacturers, and possibly by the
time this book is printed some boiler manufacturers
may, guarantee the part load operating efficiency of their
equipment.

Occasionally you will see a boiler efficiency guar-
anteed at something around 50% to 75% load. That is
probably a sales tactic because the maximum operating
efficiency of a boiler is typically in that range. As the
load and firing rate decreases the volume of flue gas
decreases. The heating surface, on the other hand, stays
the same. Therefore the flue gas spends more time in
contact with a proportionally larger heating surface so
more heat is transferred.

You should notice that when you create your own
performance documentation because the stack tempera-
ture will drop as you reduce firing rate from full load.
Somewhere lower the efficiency will start to drop off
because the flue gas is channeling so only a small por-
tion of it is contacting the heating surface. As the firing
rate decreases it becomes more difficult for the fuel and
air to mix completely so excess air must be increased to
prevent CO and efficiency suffers further. The radiation
losses also become more significant as the load de-
creases. All these factors influence the operating effi-
ciency of the boiler to different extents at different loads.

Heat loss efficiency is determined by backing into
the value. An efficiency is considered to be the output
(what you get out of it) divided by the input (what you
put into it) with the result of the division multiplied by
100.

Efficiency = Output ÷ Input × 100

The loss, and in the case of a boiler it’s a loss of

heat, is the difference between the input and output.
Therefore, the output is equal to the input less the heat
losses. By substituting input less losses for the output in
the formula we get a formula that doesn’t include output
at all.

Efficiency = (Input – losses) ÷ Input × 100

If we can calculate the losses as a percent of the
input then all we have to do is subtract the percent
losses from 100 to get percent efficiency. Surprisingly it
is easier and far more accurate to determine some of the
heat losses as a percent of the input so determining effi-
ciency using the heat loss method is the most widely
accepted method.

The Power Test Code (PTC-4.1) provides a struc-
tured basis for calculating boiler efficiency by two meth-
ods, input-output and heat loss. All the larger boilers we
installed while I worked for Power and Combustion
were tested using both methods in a modified form of
the Power Test Code. The cost of performing those tests
in strict accordance with the Code could not be justified
for even the larger boilers (up to 200,000 pounds per
hour of steam) that we installed. The primary modifica-
tions we made to the Test Code included shorter test
runs (three hours instead of the required eight to twelve)
and less frequent measurements (every twenty minutes
instead of every ten) so we could get two test runs in
within one day and with only one man collecting data.
Of course in those days we used an actual Orsat ana-
lyzer which took some time to operate, not one of those
nice electronic analyzers we have today.

An examination of the results of the hundreds of
test runs we made revealed a typical deviation in the in-
put-output efficiency of as much as five percent while
the heat loss results were normally within one percent.
That’s why I can say, with a reasonable degree of confi-
dence, that the heat loss method is very acceptable.

I always get a kick out of some organizations indi-
cating that they conducted hundreds of boiler efficiency
tests. During my twenty years at PCI we only ran about
two hundred boiler efficiency tests using that modified
approach to the Test Code. Each test did consist of several
test runs so I can say we made hundreds of test runs.
Those were formal tests that included a printed report
with all the calculations, records of collected data, and
fuel analysis. They were not boiler tests conducted in
strict accordance with the Test Code but they were a lot
closer than what some people call a boiler efficiency test.

I don’t consider a strip of narrow paper with a list
of analysis values, temperatures, and a calculated boiler
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efficiency representative of a boiler test. Some firms
that claim they’ve done hundreds of tests haven’t in-
cluded one fuel analysis. Unless you have the fuel
analysis the test is simply flawed because the hydrogen
to carbon ratio of fuels varies considerably. The modern
flue gas analyzer contains programmed calculations
based on an assumed fuel analysis and the odds that
your fuel and the values used by that program are
identical are slim to none. The results are only repre-
sentative and based on an assumed fuel. They’re suffi-
ciently accurate to determine relative efficiency over
the load range and to compare the boiler performance
to another boiler burning the same fuel but if you use
those results to challenge the boiler manufacturer’s
higher prediction you’ll lose the argument. Calculations
in Appendix L permit determination of boiler efficiency
using the heat loss method and a fuel analysis for those
purposes.

The most common value used today is what we
call “combustion efficiency.” When the technician visits
your plant to do your annual combustion analysis (typi-
cally required by EPA (Environmental Protection
Agency) or its equivalent in your State) or you draw
stack samples that allow a calculation of boiler efficiency
that’s combustion efficiency. It’s basically a heat loss ef-
ficiency that assumes a fuel analysis and determines the
energy lost up the boiler stack. It’s the one that is printed
on that little strip of paper by the analyzer. Assuming
the analyzer was properly calibrated the value is a rea-
sonable indication of your boiler efficiency when it is
adjusted for radiation loss.

That’s because the stack loss is the largest single
loss associated with boiler efficiency and the analyzer
does a pretty good job of determining it.

It isn’t much but radiation loss has to be considered
in addition to that combustion efficiency. The manufac-
turer will provide you with a value of radiation loss,
equal to a percent of input at a prescribed boiler load. All
you have to do is determine its impact at the actual load.
Divide the manufacturer’s predicted loss by the percent
of boiler load and, if the predicted loss is at a load other
than 100%, multiply the result by the percent load for the
prediction. In most cases the manufacturer’s prediction is
at 100% load so you only have to divide the predicted
loss by the percent load. A few examples should suffice:

• A boiler with a predicted radiation loss of 3% at
full load is tested and found to have a combustion
efficiency of 79% at a 50% load. The radiation loss
at that load is 6% (0.03 ÷ 0.5) so the operating boiler
efficiency is 73% (0.79 less 0.06)

• A boiler with a predicted radiation loss of 2% at
80% firing rate is tested and found to have a com-
bustion efficiency of 80% at full load. In this case
the operating boiler efficiency is 81.6% (0.8 +0.02 ÷
1 × 0.8)

• A boiler with a predicted radiation loss of 1.5% at
75% firing rate is tested and found to have a com-
bustion efficiency of 78% at a 40% load. In this case
the operating boiler efficiency is 73% (0.82 +0.015 ÷
0.4 × 0.75)

Why bother with the radiation loss? To ignore it is
to invite some crucial errors in operating decisions. Ra-
diation losses are, for all practical purposes, constant
regardless of firing rate so their proportional effect var-
ies with load. My favorite example is a plant with an old
HRT boiler and a newer cast iron boiler. Since the HRT
furnace was substantially hotter it was easier to get low
excess air with a newly installed burner than possible
with the cast iron boiler at the same loads. The predicted
full load radiation loss for the HRT boiler was slightly
more than 8% while the cast iron boiler had a predicted
radiation loss of 4%. At the normal load of 50% the com-
bustion efficiency of the HRT has to be 8% higher than
the cast iron boiler to overcome the higher (16% versus
8% of actual input) radiation losses. The operators were
firing the older boiler because combustion analysis indi-
cated it was 5% more efficient. Evaporation rate data
later proved they couldn’t rely on their combustion effi-
ciency.

For years we have settled on the concept of boiler
efficiency being relative to the higher heating value
(HHV) of the fuel fired. The advent of combined cycle
and cogeneration plants has resulted in the return of
lower heating value (LHV) to our definitions. There is a
significant difference in the values expressed by these
two references, with an efficiency at the LHV always
being significantly higher than an efficiency at the HHV.
In those rare applications where a CHX is applicable, an
LHV efficiency could be greater than 100% because the
system recovers heat the heating value doesn’t acknowl-
edge as existing. LHV doesn’t include the heat that
could be extracted if the water in the flue gas was con-
densed. When I talk efficiency I’m talking HHV, you’ll
have to be aware that someone can use the LHV.

Can a boiler efficiency be greater than 100%? Logic
says the answer is no but by the definition of some effi-
ciency labels some of them can. My favorite example is
the Nevamar project we did back in 1974. That system,
still operating today, uses heated air off a process as
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combustion air. It contains a small amount of hydrocar-
bons with negligible heating value but can, when one
particular process is operating, produce 360°F combus-
tion air. When supplied to the one boiler with an econo-
mizer and a stack temperature of 303° it can produce
results in the accepted definitions that exceed 100%.
That, by the way, is efficiency at the HHV.

If we considered the true and full definition of
boiler efficiency we would have to include the heat in
that combustion air as an input. However, simple input
output efficiency calculations only include the heating
value of the fuel. They’re used to avoid measuring the
energy added by fan motors and pump motors along
with that hotter combustion air. Combustion efficiency
calculations will show a negative loss because the tem-
perature of the hotter air is subtracted from the tempera-
ture of the flue gas.

For reasons I don’t understand everyone concen-
trates on boiler efficiency when it doesn’t change very
much and has little to do with the overall “plant effi-
ciency” which the boiler operator should be attending
to. This is a bigger problem when there is so much con-
fusion over what boiler efficiency really is. Two identical
boilers in different plants can have the same boiler effi-
ciency and combustion efficiency but one will produce
less usable energy than the other because it has a higher
blowdown rate. The energy absorbed by the water and
steam in the boiler (ASME definition) includes the heat
added to the blowdown water. Two plants with identical
boilers and loads can have different plant efficiencies
simply because one plant doesn’t have water softeners
so it must blow down more. Maybe they both have soft-
eners but one has very little condensate return; it must
heat the makeup water to replace that condensate and
blow down more. Those and other variations can pro-
duce plants with boilers having an 80% efficiency oper-
ating with a plant efficiency as low as 40%. Take a plant
with a mismatch between equipment and load and that
plant efficiency can be as low as 20%.

So what’s “Plant Efficiency?” It’s the amount of
heat you deliver to the facility, the usable heat you gen-
erate, divided by the energy used in the plant. What you
deliver to the facility is your output. I like to use energy
in steam or hot water going down the pipe to the plant
less the energy in the condensate or return water. That
way my output is what the facility is using. The energy
used in the plant includes electric power in addition to
fuel.

A kilowatt-hour is 3,413 Btu. Multiply the kWh on
your electric bill by that number to know how many
Btus were added by electricity. If you’re firing gas and

want to deal in therms then multiply the kWh in your
electric bill by 34.13 to convert the electricity use to
therms. If you’re larger and use decatherms or millions
of Btu multiply it by 3.413. With identical units you can
add your electrical and fuel energy inputs to the plant to
get the total energy used.

If you deliver steam to the facility and get nothing
back you’re a 100% makeup plant and the energy you’re
delivering is all in the steam. Look for the enthalpy of
the steam in the steam tables in the appendix, subtract
the enthalpy of the water supplied to the plant and
multiply by the number of pounds of steam produced to
get an output in Btu. Divide by 100,000 to convert to
therms and one million for decatherms or million Btu.

If you’re getting condensate back, you’ll have to
meter it or subtract makeup and blowdown from steam
output to determine the quantity of it. Use the enthalpy
in the steam tables for water at the condensate tempera-
ture. Multiply by pounds of condensate returned to get
Btu. Adjust that result to match your output units and
subtract from the steam output to get plant output.

Maybe you’re generating electricity too, use the
conversion and add that to your output.

For hot water plants determine the water flow rate.
Hopefully it is constant. Convert gallons per minute to
pounds per hour then multiply by the number of hours
in the day, week, or month you’re evaluating. One gpm
is approximately 500 pounds per hour so multiplying
gpm by 500 is close enough. The time period is deter-
mined by how you measure your fuel usage. If you’re
relying on the gas billing it’s usually the month and
you’ll use 720 or 744 hours depending on the month
(except February which will be 672 or 696). Once you
have the number of pounds you were pumping around
you multiply it by the temperature difference of the
water. After all, the definition of a Btu is the amount of
heat required to raise the temperature of water one de-
gree.

You’ll have to use an average temperature for re-
turn water (or supply water if you control on the return
temperature) to calculate the output. Since the loads
swing, a Btu meter, which constantly performs that cal-
culation, should be an integral part of your plant so you
can measure your output.

That’s it, plant efficiency is your output divided by
input. You can calculate it regularly or use some of the
rate measurements we’re about to cover. So, what do
you do with it? You compare it! By measuring your plant
efficiency you’re developing a measure that will allow
you to determine, first and foremost, if the plant perfor-
mance is consistent, increasing, or decreasing. You want
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to produce the highest efficiency or highest rate of out-
put per unit of input that you can. It’s called burning
less fuel and using less electricity while still satisfying
the load.

So, you measure it to determine where you are.
You’ll discover that running one boiler instead of two
makes a big difference. You’ll find out when you shut
down the continuous blowdown heat recovery system
that it costs a lot more to operate without it. However,
continuous blowdown saves more money in water than
it does in fuel.

Now I hope you’re beginning to see where you can
make some difference. All that attention to the tuning of
the boiler to get optimum boiler efficiency is not as pro-
ductive as making certain that the energy converted to
steam and hot water is used efficiently.

Plant efficiency deserves all our attention because
it is the sole purpose of the boiler plant to deliver heat
to the facility. I’m careful to point out that when I say
“facility” I mean the buildings, production equipment,
etc., served by the boiler plant. The facility itself is in-
volved in the energy equation under these conditions
because it can contribute to the performance of the boiler
plant. It does so primarily by returning condensate and,
in some cases, generating some of the steam or produc-
ing some of the heat.

A facility can also waste much of the heat energy
produced in the boilers to increase fuel and electricity
consumption. It may not be your responsibility to reduce
that waste but you should be monitoring and document-
ing it for the benefit of the owner so it can be reduced.
To identify your own overall performance, calculate the
plant efficiency as defined. To get a measure of the facili-
ties performance, compare fuel used to production quan-
tities (production ratios) heating degree days, or a
formula you develop that accounts for the load varia-
tions.

You can also keep track of the difference in energy
returned by the facility. It can make a difference. If the
third shift is assigned cleanup and discovered that the
hot condensate did a better job of cleaning than the
heated domestic water you would catch them doing it.
After all, condensate is distilled water and it will dis-
solve a lot more than city water.

Which efficiency should you use? Well, I’ve already
said plant efficiency is the one you should monitor for
overall plant performance. For comparing boilers use
what I call the boiler operating efficiency which is basi-
cally combustion efficiency with an accounting for radia-
tion loss.

Blowoff and blowdown losses as explained earlier

are functions of water treatment and operation, not
boiler efficiency. They have to be accounted for in Plant
Efficiency because the heat lost to blowoff and blow-
down isn’t delivered to the facility. Steam generated
that’s used in the deaerator isn’t delivered to the facility
nor is steam used to heat the plant.

For all practical purposes every piece of equipment
has an operating efficiency that is separate and distinct
from predicted efficiency. We seldom manage to operate
equipment at its designed capacity so we should be
aware of what it’s efficiency is at the actual operating
conditions. When we lower steam pressure, or raise it,
we’ve changed operating conditions for the boilers,
economizers, boiler feed pumps and system steam traps.
An increase or decrease in pressure will alter the pres-
sure drop in steam mains to amplify the change at the
steam utilization equipment. In some cases we’ll have
charts or graphs that will predict the efficiency at the
new condition. Some, like pump curves, do so with an
accuracy that we can use. We may have to measure per-
formance of other equipment to determine if the change
is beneficial or detrimental.

In some cases operating efficiencies are described
using terms other than percent. Chillers, for example,
will list the kilowatts per ton values at different loads. In
those instances the important thing to know is whether
the ratio should be increased or decreased to increase
efficiency. As operators we don’t have to know the value
precisely, we only need to know whether we want to
increase it or decrease it. In the case of kW per ton we
want to decrease it. In the next section we’ll discuss
some of these parameters which are much easier for
boiler operators to use.

At the risk of being accused of trying to generate
too many new terms I’ll stick my neck out and talk about
“cycling efficiency.” It isn’t addressed in any of the lit-
erature and is not given the attention it deserves. I’ve
discovered it’s very important and have developed an
analysis method to determine it. It’s surprising how
many boilers are out there serving a load only by cy-
cling. Very few of them are in boiler plants manned by
operators but you may have to attend to one.

Whenever the load on a boiler is less than that
boiler’s output at low fire the boiler has to cycle to serve
the load. All the time it sits there it’s radiating heat, that
radiation loss that’s only a few percent at the most at
high fire but may be 10% or more of the input when it’s
cycling. When the pressure or temperature control
switch contacts close the boiler starts, warms up, and
serves the load until the pressure or temperature control
switch contacts open. Every time it’s off the boiler loses
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heat to the load and air drafting through it. When it
starts the boiler loses heat as the purge air cools it down.
Those heat losses, purge air cooling and off cycle cooling
become very significant as a percentage of the input.
Cycling efficiency accounts for all those losses.

Now most engineers will tell you that it really
doesn’t matter much because the boiler input is very low
when it’s cycling. That’s true, but a boiler that is serving
a load at 5% of capacity may be operating at a cycling
efficiency of 30% or less which means it burns more than
three times as much energy in fuel as it delivers to the
facility. Now consider the fact that so many boilers are
outsized so they’re running at those low loads most of
the time and that cycling efficiency becomes meaningful.

Uh oh! Used another word that isn’t in the dictio-
nary. Outsized means the boiler is no longer the right
size for the facility. With added insulation, sealing up air
leaks, adding double glazing, and other activities to con-
serve energy we have decreased the load so much that
the boiler is now too big for it. It got outsized! I can’t
guarantee that it wasn’t too big to begin with because
that’s usually a fact, but calling it outsized doesn’t raise
the hackles of engineers like telling them they oversized
it does.

When a modulating heating boiler is cycling at
temperatures that are halfway between the winter de-
sign low and 65°F cycling efficiency has to be deter-
mined because it’s so low that replacing that boiler with
one that’s the right size (perhaps you’ve heard of right-
sizing, it’s been the rage) fuel savings will pay for it in
one or two heating seasons. Use that half the load and
cycling determination to identify boilers that are cycling
excessively and get an engineer to do an evaluation to
determine if the boiler should be replaced.

PERFORMANCE MONITORING

Calculating boiler efficiency may not be considered
part of the duties of a boiler operator. Monitoring and
optimizing plant performance is. To make it simple we
use values that are less complicated to determine, and
easier to understand and work with. Of course you have
to understand how they’re calculated, and whether you
want the results to be higher or lower to indicate an
improvement in performance or they’re a waste of time.

If you want to work in terms of efficiency the pre-
vious chapter provides guidelines to do just that. Don’t
be surprised if you get numbers that seem out of place
but don’t accept them as true either. It’s simply unreal-
istic to believe something can operate at more than 100%

efficiency, even if the calculations are accurate.
The best method for evaluating steam boilers is

evaporation rate. Divide the quantity of steam generated
by the gallons of oil or therms of gas burned to get it.
Don’t, as one plant in Missouri did, simply put 122 in
the column on the log for evaporation rate because that’s
what it is. In that instance, and in many others, I found
the operators put a value in the log that the chief wanted
so everyone was happy. It wasn’t anywhere near the
actual value which could be calculated from the other
entries in the log.

In the case of the Missouri plant I upset everyone
because I did the math and showed the actual value was
around 108 pounds of steam per gallon of oil and that
two of the three operators managed to run the plant so
their value was 105 while one managed to maintain 114.
Once the other two were clued in as to what they were
doing wrong, and settled down, the average went to 114.
There were sound reasons why the plant couldn’t man-
age an evaporation rate of 122 but, since the manager
wouldn’t accept anything less, the operators put what he
wanted in the log book.

Evaporation rate can be used to compare boilers to
each other and to performance at other loads and at
other times. It’s comparable to a combustion efficiency
as far as variations is concerned. A change in evapora-
tion rate should be relative to a change in combustion
efficiency.

Of course that doesn’t come close to monitoring
plant efficiency. For that you have to compare the deliv-
ery rate, how many pounds of steam you deliver to the
facility divided by the amount of fuel burned in the
same time frame.

The actual value of the number itself isn’t impor-
tant. The object of calculating these rates is to see if
they’ve changed and, if so, did they change for the better.
Whatever you use it should be treated as a flexible num-
ber with a goal of increasing or decreasing it depending
on how you calculate it. The concept is exactly the same
as monitoring your gas mileage on your car where the
miles per gallon dropping off indicates there’s something
wrong or you just did a lot of city driving you normally
don’t do. Changes in the rate can be an indication of im-
proved performance or changes in the load.

Evaporation rate provides a value very consistent
with boiler operating efficiency and delivery rate is con-
sistent with plant efficiency so they are good parameters
to measure, log, and compare to monitor your perfor-
mance and the performance of the plant.

Evaporation rate can indicate problems that can’t be
determined by combustion analysis or other methods of
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monitoring boiler efficiency because the latter are instan-
taneous readings. Frequently combustion analysis are
performed while the boiler controls are in manual and the
service technician has adjusted them to optimum. That
can be a significantly different condition when compared
to operating at varying loads in automatic.

Okay, so you have a steam plant but no steam flow
meter. Well, you’re not unusual. There are still ways of
determining the amount of steam generated. A simple
one in many plants is achieved by installing a twenty
dollar operating hour meter on the boiler feed pump
motor starter. This will work in all cases where the
pumps are operated to control the boiler water level. The
pump has a listed capacity in gallons per minute which,
when multiplied by 60 gives you gallons per hour then
multiply by 8.33 (or the actual density) to get pounds
per hour. Multiply differences in hour meter readings
times the pump capacity, 60 minutes per hour and den-
sity to determine how many pounds of steam you made
then divide that by the amount of fuel burned to get
evaporation rate. If you have a lot of blowdown then
calculate it’s percentage, subtract that from 100, divide
the result by 100 then multiply that result by the meter
reading to get steam generated.

Oh, it’s a hot water plant; well, that’s a little more
difficult. If the water flow through the boiler is constant
a recorder for the water temperatures will provide you
with an average temperature difference and you can
multiply that by the water flow to determine how many
Btu’s went into the water. If the boiler water flow varies
you’ll need a Btu meter that calculates the heat added
based on flow and temperature. Any decent sized plant
will have a Btu meter that makes that calculation.

Check out your situation, since a Btu is the amount
of heat added to one pound of water to raise the water’s
temperature one degree you just have to get the degree
rise and number of pounds figured out. Number of
pounds times temperature rise gives you heat out and
dividing that by fuel used provides Heat Rate. Since
most hot water plants are heating plants you may find
you can get along with a degree day ratio.

Plant efficiency can also have a relative parameter
that’s easy to calculate. In many cases it’s not so easy but
we’ll get to that later. If the plant is used solely for heat-
ing then you can use a degree day ratio. Divide the
quantity of fuel burned by the number of Degree Days in
the same period. You will probably find that the ratio
changes with load so you should always compare gal-
lons per degree day or therms per degree day to periods
with the same or a similar number of degree days. That
value is the opposite of evaporation rate, you want to

keep it as small as possible.
If the boilers are also used to heat hot water, the hot

water use is reasonably consistent with variances that
are insignificant compared to the heating load so you
can treat it as a constant value. Refer back to that earlier
discussion on knowing your load.

If your boiler is serving an industrial plant you
have the potential for a variety of plant efficiency com-
parisons. There are pounds of product per pound of
steam, a very common measure, and complex calcula-
tions that vary depending on the industry, method of
production, and product manufactured. Usually these
plants are large enough that process steam metering is
justified so you can work with a Plant Rate, pounds of
steam delivered to the plant divided by the quantity of
fuel consumed.

No fuel meters? If you’re firing oil then all you
need do is sound the tanks regularly and after every
delivery. If you’re firing gas the gas company always has
a meter you can use. If firing coal there has to be some
way to get an idea of the weight burned.

In plants that are so small that the price of a fuel
meter isn’t justified the boilers usually fire at a fixed rate
so another twenty dollar operating hour meter con-
nected to the fuel safety shut-off valves will give you a
reading. You can go to the trouble of determining how
many gallons or therms were burned but a formula as
simple as hours of operation divided by degree days will
give you a performance value you can monitor. Put an-
other operating hour meter on the feed pump and you’re
comparing fuel input to steam output. Don’t bother with
all the other math, just divide the difference in readings
of one meter by the difference in readings of the other.

Always make sure the ratios you use are quantities
divided by quantities or flow rates divided by flow rates.
I sometimes think we should use a different word for
some of these ratios because A “rate” implies flow when,
in fact, it has nothing to do with flow rate in this context.

Keep in mind that, unlike your car, the boiler plant
is in operation 8,760 hours a year so a little change in
fuel consumption represents a significant change in cost
of operation. Monitoring the performance using one of
the several ratios available to you will allow you to
make those little differences in plant performance that
can amount to significant reductions in operating cost.

MODERNIZING AND UPGRADING

There are two ways of looking at modernizing and
upgrading. An operator either arrives for work one day
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to find contractor’s personnel swarming around the
plant or the operator simply sits and dreams of what
would be nice to have. Occasionally there is some blend
of the two but, for the most part, operators only get to
experience one or the other. There are ways to become
more involved in any modernization or upgrading of
your plant. Even if you can’t get involved you should
respond to an upgrade professionally.

When we were looking at a project for Power and
Combustion I tried to make time to get to the plant to
discuss the modifications with the operators. Usually
that visit benefited us because the operators were always
willing to reveal the skeletons in the closets that might
come out to bite us during the performance of the
project. In many cases I managed to learn what wasn’t
working and what had been a problem so I could
modify the design to correct or eliminate those things.

It’s recent encounters of that nature with operators
that convinced me this book was something that was
needed. I encountered operators totally opposed to the
concept of the project and for many of the wrong rea-
sons. In some cases the operators simply misunderstood
and in others they had a perception that was erroneous.
I’ve learned to treat perceptions much differently than I
used to because a perception is reality to the person that
has it and in many cases I can’t confuse them with
facts—because they’ve made up their mind. I guess
that’s the first suggestion I can come up with when
you’re faced with some plant modernization or up-
grades, don’t close your mind to it and insist it’ll never
work.

If you are one of those people that chooses to de-
cide it will never work, I’ll watch out for you. I have first
hand experience with operators proving their point by
what I would call sabotage. If you do decide to insist it’ll
never work then I’m going to try to be on your side. I’ve
learned through some very bad experiences that when
an operator says it’ll never work, it won’t. I know that
because the operator makes damn sure it won’t work.
That operator is in the position to prove his or her pre-
diction.

I’ve also learned that a lot of engineers dismiss an
operator’s contention and put the project in anyway, fig-
uring the operator will learn to live with it once it’s
demonstrated that it does work. Most of the time it does
work, but only until the engineers and contractors leave.
I’m not accusing any boiler operators of anything, it’s
what happens because nobody bothers to spend enough
time with the operators to show them it does work and
how they should operate it.

If only an operator would be honest enough to say

“Hey, I don’t understand it and if I don’t understand it
I won’t be able to keep it running” instead of saying it
won’t work. Try it if this situation comes up, you may
find that you’re respected more for your honesty than
your knowledge and, hopefully, you’ll get the training
you need.

Why do so many of us buy another Chevy or an-
other Ford or another whatever it is we’re driving? It’s a
matter of comfort, we’re used to that make of car and the
one we have has treated us well so we go buy another
one. Occasionally someone will see another make and
decide that next time I’ll buy that one because it looks,
seems to perform or whatever better than what we have.
Of course if you’re like me you would love to have a
Corvette; it’s just that we can’t afford one. When it
comes to boilers there aren’t any ads on television or in
the paper that tell us what else is out there and that’s a
problem.

There are ads for boilers in trade magazines and
ways of learning of other makes of boiler and burner
and you should take advantage of that. I once had the
misfortune of winning a contract to replace an old HRT
boiler with a rotary cup burner run by an operator that
had never seen anything else and was insistent that he
get the same equipment, just new. It didn’t matter to him
that the old boiler was very inefficient and the burner
was illegal, he knew them and that’s what he wanted.
The toughest part of that job was getting that old timer
to even look at the brochures and instruction manuals
for modern equipment. When I finally decided to incur
his wrath by telling him point blank that he wasn’t go-
ing to get his old boiler and burner back and he had
better try learning about the new one his response was
unexpected. He shrugged his shoulders, said “okay”
and reached for the instruction manual. That was a suc-
cess story only because there was no way to satisfy his
desires.

I’ve seen many a boiler plant rebuilt to look just
like it did simply because the boiler operators wanted
the same thing they had. I’ve seen antique equipment
with promises of very expensive parts and service bills
installed as new. I’ve seen boilers so old and inefficient
that they should have been replaced years ago fitted out
with new burners and controls. I’ve seen more bad engi-
neering performed because it was the will of the boiler
operators than for any other reason and, I’m ashamed to
admit, did some of it myself because there was no other
alternative but walking away from the job.

Many engineers and contractors are more than
willing to give the operators what they want. It’s easy
for them to copy what’s there. It doesn’t take any imagi-
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nation and it doesn’t really require any engineering. I
know that millions of dollars of fuel go up the stacks of
plants that were expanded, supposedly modernized, or
upgraded with no improvement in performance all be-
cause the operators had no vision. But, because the
higher-ups in the organization didn’t know and
wouldn’t oppose their operators, their requirements
were met. I hope you don’t repeat that error.

I’ll cover one more point on this side of this subject
and then quit making some of you feel guilty. The reason
many operators object to any changes in a plant is they
feel their job is threatened. I’ve seen many situations
where plant changes were made intentionally to reduce
personnel. There’s no guarantee that it will not happen
to you, regardless of the fact that eliminating operators
can’t possibly save money because plants left to their
own will not operate as efficiently. I’ve only seen a
couple of instances where money was truly saved and it
was because the operators originally didn’t do anything
but show up for work.

In today’s market there’s no reason to fear being
put out of a job. Qualified, experienced boiler operators
are becoming a rare commodity. You may have to change
jobs but you won’t be out of work long. I really doubt if
you will be laid off with any plant upgrade or modern-
ization because you’re interested enough in doing a
quality job to purchase this book. No wise employer will
get rid of a wise operator. Just last Tuesday an employer
told me frankly that he had to eliminate the steam plant
but he was going to keep all his employees by transfer-
ring them.

If you know the equipment you’re operating is inef-
ficient, always breaking down, costing too much to main-
tain, etc., then you might just be able to demonstrate to
your employer that it would pay to replace it. The typical
employer is concerned first for the reliability of the plant
and secondly for its cost of operation. Actually I’m not
certain that many of them really realize how much it’s
costing them to run their plant; many of them never think
about the sum total of all the monthly fuel bills.

Anyway, you should be aware of how your opera-
tion compares with others and what’s available to im-
prove the operation of your plant. That requires
obtaining information on how other plants perform and

what’s available to improve the operation of yours. I’ve
never attended a NAPE (National Association of Power
Engineers) meeting because I spend enough time with
ASME, ASHRAE, AEE and others but I still believe ev-
ery boiler operator should belong to that association, its
an association for boiler plant operators.

Attending the regular meetings of your local chap-
ter of NAPE will give you an opportunity to talk to other
operators and learn what they’re doing. There are also a
considerable number of publications, mostly magazines,
that target decision makers in boiler plants and similar
facilities and a lot of them provide the subscription at no
cost; the advertisers pay for the cost of publishing them.
If you join NAPE you’ll probably get a lot of invitations
to free subscriptions to the magazines. That association
and others like it are your best resource for information.
Use them to increase your knowledge about the industry
and you’ll be prepared for whatever comes down the
road. You’ll also be knowledgeable enough that your
opinions will be welcomed in any planning for modern-
ization or upgrades in your plant.

Even if you don’t have a say in the modernization
or upgrading of your plant you do have a part to play.
The first and most important thing to do is listen. I wish
I could learn to follow that piece of advice myself, I sel-
dom listen long enough; I allow my mind to start wind-
ing up before I hear the whole story and then stick my
foot in my mouth. It’s hard, I know it’s hard, but when-
ever you try to just listen and say nothing until asked
you’re a lot better off. You’ll learn what’s going on and
you’ll gain insight into what will happen.

Right after listening comes reading. I’ve said it
before and I’ll continue saying it, the wise operator is the
one that reads the instruction manual. I’ve had experi-
ence with manufacturer’s service engineers that didn’t
read their own instruction manual and enjoyed laughing
at them when the supposedly dumb boiler operator
pointed out their problem in their own book. Every
piece of equipment is unique and has its own unusual
features, sometimes just to make them different from
everyone else’s, and those features should always be in
the instruction manual. There will come a time when
you will be expected to operate that new stuff and you
better be prepared.
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AAAAA working knowledge of steam systems makes it
possible to understand the use of special and unique
systems and heat exchange materials because all the
rules of heat and flow don’t change with a system or the
fluids used as the heat exchange medium. This section
provides a little insight into some of the special systems
that a boiler operator can encounter and may be called
upon to operate.

SPECIAL SYSTEMS

You can always read the instruction manual but
just in case you happen to encounter one of the special
systems found in some boiler plants I thought I would
touch on them here. You may never encounter one but if
you do, at least you’ll have an idea what you’re dealing
with before you open the instruction manual.

VACUUM SYSTEMS

In the chapter on energy we touched on what hap-
pens in steam systems with temperatures below 212° F
but there are systems that are designed to operate with
a vacuum. Vacuum pumps (Figure 4-1) intentionally
produce a vacuum by removing air from the piping sys-
tem, both the original air on start-up and air that man-
ages to leak in. Condensate flows to the vacuum system
which is operating as the lowest pressure in the system
and is pumped out to the boiler feed tank or deaerator.
The system shown in Figure 4-1 is a common one that
produces a vacuum by pumping water through a water
jet that acts as an ejector to pump the air out of the sys-
tem. The vacuum system allows users of the heat to
operate at lower temperatures, maybe a necessity in
some situations where there’s a concern for someone
touching a radiator and the problem is solved by oper-
ating at 25 inches of mercury where the steam tempera-
ture would be 134° F .

You won’t run into many vacuum systems because
they’ve been declared unworkable by many engineers
and boiler operators. A singular big problem with them
is air leakage which is impossible to locate during nor-

mal operation and even when you can pressurize the
system they don’t show up because a drop of water or
piece of scale can prevent water leaking out but will
allow air to leak in. Once air leaks start they tend to get
worse because the air dries out the joint sealing com-
pounds. Technology could probably provide us with a
joint compound that could maintain a seal in a vacuum
system but the horse has already escaped the barn.

Another problem I encounter regularly with
vacuum systems is someone works on the system with
no knowledge that there’s a vacuum pump back at the
boiler plant and they put in a vent. Now you’re assured
of a leak because someone created it and it looks per-
fectly normal. I find open vented condensate return
units on vacuum systems regularly. If someone does
this to you the simple solution is to connect the vent to
the steam line instead of atmosphere when the tank can
take the steam pressure. You’ll also have to install a
valve so you can service the unit and put a liquid trap
in the overflow line to block it. The water in the trap
tends to dry out so you have to have a way to refresh it
as well.

Since there’s so few of these systems around I’ll
just suggest you use the manufacturer’s instruction
manual as a guide and other information in this book
that should help you understand what’s happening with
them and how your SOPs, etc., should address them.

Chapter 4

Special Systems

Figure 4-1. Vacuum pumps for condensate system
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HYDRONIC HEATING

Much of this book addresses the steam generating
boiler plant and, while much of what we cover applies
to water heating as well, there are many considerations
in a water plant that are not a concern in a steam plant.
Hydronic is just a word we use to differentiate low pres-
sure hot water heating systems from other types of
boiler plants. I tend to use whichever label is selected by
the people I’m dealing with, hot water one minute and
hydronic the next but that’s simply to make the other
people comfortable by using their label.

Unlike a steam plant a hydronic system can be shut
down without admitting air to prevent a vacuum. For
that one reason hydronic systems should last at least
twice as long as a steam system under otherwise equal
operating conditions. How long is that? About 60 years.

It’s the system of choice today for residential boiler
applications and most commercial buildings because it
doesn’t require as much attention as a steam system.
Properly maintained it will require a minimum of
makeup, almost nothing at all when new, and therefore
need little attention to chemical treatment. With all that
said, there’s some reason to wonder why anyone even
considers having an operator in a hydronic heating plant
but I think I answered that question already.

You don’t have to admit air to a hydronic system
like you do steam because the change in volume from
operating to idle is not significant. That doesn’t mean
that changes in volume are no concern for the operator.
The problem with most hydronic systems is due to
changes in volume that aren’t accounted for in various
stages of operation. Close off a section of steam system
and the steam will condense leaving a vacuum that
might permit atmospheric air to crush some thinner
walled vessels attached to the system, that’s all that will
happen. Of course one of those vessels could be a
$60,000 stainless steel heat exchanger! That happened.

Hydronic systems will also produce a vacuum as
the water cools so you should expect air in that piping
if you isolate it. Hot water and steam piping is usually
strong enough that it can withstand the vacuum and
nothing happens. Close off a section of chilled water
piping in a building so that water is trapped and you
have another story. As the chilled water heats it expands
to build up pressure rapidly. It will rupture the piping if
it can’t leak out somewhere. Unlike steam and air water
isn’t compressible. The best thing to do is close only
enough valves to stop flow, not so many that the system
is completely isolated. When isolating for maintenance,
open some vents as soon as the system is isolated.

Hydronic heating systems must have provisions
for thermal expansion. When you heat water from a
nominal building temperature of 65° F  to an operating
temperature of 180° F  each cubic foot of water in the
system will swell by almost 3%. That’s not a lot percent-
age wise but when you consider the total volume of a
heating system that can be several hundred gallons. A
plant that’s waterlogged (all elements full of water) can
experience extreme swings in pressure associated with
the expansion and contraction of the water. An expan-
sion tank is provided in a hydronic heating system to
reduce pressure swings to a tolerable range.

The tank can be an open type, located above the
highest point in the system at a height adequate to main-
tain the desired system operating pressure. The top of
the tank is open to atmosphere and the gage pressure at
any point in the system is a function of the height of the
water. The tank has to be large enough to accept the
expansion of the water in the system without a consid-
erable change in level because the system pressure will
change about 1 psi for every 2.31 foot change in tank
level.

Sometimes the tank is too small to handle full ex-
pansion and the water overflows from the tank as it
expands. A float valve can be added to replenish the
water when the system cools. Open tanks are used infre-
quently and normally only in systems using ethylene or
propylene glycol and rust inhibitors for freeze and cor-
rosion protection. The only time I’ve encountered these
tanks they’re on cheap systems in locations that con-
tained glycol and received very little maintenance. The
principle problem with an open tank is it allows oxygen
to get into the water with corrosion as the outcome.

Closed expansion tanks can be a simple pressure
vessel or be fitted with a neoprene or Buna-N bladder
that separates the water in the system from the air that
provides the expansion cushion. Pressure maintenance
in systems with closed expansion tanks is established by
controlling the air pressure over the liquid and/or the
amount of water in the system. Some systems use nitro-
gen instead of air to eliminate the oxygen as a source of
corrosion of the tank and system. Tanks without blad-
ders are usually epoxy coated internally, that’s why they
have those “do not weld” stencils that someone painted
over several years ago. (That was a another snicker gen-
erator, a comment that indicates what some people man-
age do to destroy a plant, hopefully you’re much wiser)

Most plants are served by an expansion tank that
can take the full swing of expansion from an idle condi-
tion to design operating temperature. A few plants, how-
ever, either due to space or price limitations, or as a
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result of expansion of the building and adding boilers
without changing the expansion tank, will not have
enough room in the expansion tank. All systems are
normally fitted with a make-up pressure regulator that
admits city water to maintain a certain minimum pres-
sure in the system and a relief valve that will drain off
water when the pressure builds.

Open and simple closed expansion tanks are fitted
with a gauge glass so you can see the water level and
know what’s going on. Bladder type tanks do not pro-
vide any indication of level unless special instruments
are provided or you have a good ear and can get to the
tank to tap your knuckles on it. I prefer a simple closed
tank because, in addition to knowing what’s happening
in the system by looking at the water level, you can add
a low water cutoff to any tank mounted above the boiler
for primary protection in the event of a loss of water.

The tank low level cutoff can’t work alone because
steam can be generated in the boiler to displace water in
the tank so you don’t get a low water indication at the
tank. That’s why you need a low water cutoff on the
boiler and why a low system pressure alarm switch,
shutdown if the plant isn’t attended, is a necessity as
well.

Unlike steam plants the fluid in a hydronic heating
system doesn’t move around on its own. You’ll find I
swap the words water and fluid around when talking of
hydronic systems. That’s because many of them use a
glycol mixture, not just plain water. The glycol changes
the boiling point of the fluid so you need another set of
tables besides the steam tables but they otherwise work
the same.

Steam will readily flow from one point to another
with a very little difference in pressure. A hydronic heat-
ing system is full of water with the only pressure varia-
tion being the elevation at a particular point. There may
be a little thermosyphoning going on where lighter hot
water is lifted up as heavier cold water drops down to
displace it but it’s never enough for heating any reason-
ably sized system. You might find what we call a gravity
system in a house where the pipes are large enough to
allow the liquid to move around but I doubt if you’ll see
it elsewhere. So, for most installations there’s no pres-
sure differential to force the heated water out of the
boiler and to the load.

That’s why every hydronic heating system has cir-
culators. Circulators are pumps that push the water
around the hydronic heating system. They’re not sized
to fill the system, nor capable of pushing the water up to
the highest level in a system. They are selected to over-
come the resistance to flow through the system at the

designed flow rate and that’s all they do. If there is any
large volume of air in the system it will create differen-
tial pressures that can prevent or limit system flow (Fig-
ure 4-2) because the pump wasn’t designed to overcome
that differential. The pump in Figure 4-2 was designed
to pump the water around the system. Once air accumu-
lates in the radiator to produce a condition where the
water drains to the boiler the pump has to push the
water up to the radiator and frequently doesn’t have the
ability to do it. Opening the vent on the radiator allows
the pressure in the expansion tank to push the water up
to displace the air. Air in water systems can create all
sorts of problems.

Figure 4-2. Differential produced by air in hydronic
system

One neat thing about hydronic systems is they’re
easy to measure. Given the definition of a Btu all you
need to know is the temperature in, temperature out,
and the flow rate to know how many Btu’s a boiler is
putting out or how much a particular piece of equip-
ment is using. That’s true at any instant anyway. It’s
another story when you want to get average or total
readings.

The flow rate has to be close to the rating of the
circulator There are pressure drop curves (Figure 4-3) in
the instruction manuals for most equipment so you can
read the pressure drop through a coil and read the flow
off the curve. I prefer a differential gauge but using the
same gauge on both connections will give you a fairly
accurate differential; just reading both installed gauges
assumes they’re identically calibrated and they almost
never are. Two weeks ago I saw two gages on the same
line read 30 psig and 21 psig, I wonder which one was
right? You’ll usually get the reading off a coil table in
gpm so multiply by 500 (to convert gpm to pph) and the
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difference between the inlet and outlet temperatures to
get the Btuh.

Hydronic systems in the US tend to have much
higher flowing pressure requirements than systems in
Europe. The Germans in particular look down on us
because we introduce so much unnecessary differential
in our systems and it wastes a lot of motor horsepower.1

That’s a matter of initial design. In many systems I’ve
found the operators throttle down on a valve here and
there to resolve heating complaints until the whole sys-
tem is operating at a fraction of it’s design flow and in
other situations they adjust valves open enough that
flow through some systems prevents flow in others.

Building owners don’t like to hear that their distri-
bution system is totally upset and they have to bring in
a balancing company to put everything back in order, a
task that is very expensive relative to building size. I’m
not telling you to leave the darn thing alone, If you be-
lieve a small adjustment will solve a problem then try it;
just count every turn or partial turn of that valve and log
it so you can always return and put it back where it was.
It’s preparing to dig yourself out of a hole.

Sometimes the flow control valves in hydronic sys-
tems or piping loops themselves accumulate mud and
sludge because the flow is slow enough to allow the
sediment to drop out. What should happen is the accu-
mulation reduces the size of the flow stream so velocity
increases until a balance is reached where no more ma-
terial accumulates. In the initial years of a building sys-
tem that sediment accumulation can reduce the flow
through the loop so it’s necessary to open a throttling
valve a little to return to the design flow.

If you’re going to do it, do it right and use the
measuring device (you may have to rent it) and the flow

sensing taps on the valve and restore the design flow
which should be shown on the piping drawings. While
you’re at it, check some of the other valves in the same
area to be certain you didn’t alter their flow rates, taking
readings on them before and after you make the adjust-
ment on the one. See the chapter on flow.

Sometimes it’s just a matter of blowing sediment
out. Before we had balancing records for systems I
would recommend opening a valve on each loop after
noting its position then counting the quarter turns and
restore its position afterwards. The temporary jump in
flow would flush out that particular loop and may re-
turn its operation to normal.

Hydronic systems need blowdown just like steam
systems. You shouldn’t have a lot of sludge and sedi-
ment in a system. The problem is - there’s always a little
bit of it; water contains solids and we add chemicals to
treat it so there’s some in the water. It will be swept
along in the areas of the piping that have higher veloci-
ties and settle out in the areas that have the lowest ve-
locities.

Systems with sections designed for future expan-
sion include piping larger than necessary for current
operation so the velocity in those sections will be consid-
erably lower than individual unit loops and other parts
of the system. A unit loop is piping from supply headers
to return headers that serves one piece of equipment that
uses the heat.

When you have future service connections they are
the ones you should use to blow down occasionally to
flush the mud and sediment out because that’s where it
will settle (in addition to the bottom of the boiler). If you
don’t clear them occasionally the sludge will build until
it can be swept up in chunks by the flowing water and
jammed into a smaller distribution or unit loop, then
you’ll have a real problem to fix.

As for how frequently you blow down a hydronic
system, it depends on how much of what quality water
you add to the system. I always recommend installation
of a meter on the makeup water supply for a plant be-
cause that will be your guide to how much water you’ve
added. Then it’s simply a matter of knowing the quality
of the water to see how much mud, sludge, etc. you
added along with that water.

The mud and sludge which is dirt that entered
with the makeup water and sludge created by the water
treatment to remove scale forming salts doesn’t leave
with a water leak unless the leak is a big one. Usually
the leak is in the form of steam. If you heat water to
220° F  a lot will flash off as it drops in pressure at a leak
and flow out as pure steam. All the mud and sediment

Figure 4-3. Pressure drop curves for heating coil
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that was in that water stays in the system. It’s one reason
leaks aren’t as much of a problem, the remaining mud
and sludge plug the leak.

It’s safe to say you can blow down a new system
once a month as long as makeup is minimal. Remember
that blowing down removes water so you will have to
add makeup water and more treatment chemicals with it
to replace what you blew down. Watching the first gush
out the drain valve will be the clue to frequency. Nor-
mally a hydronic system should be tested for TDS (see
chemical water treatment) just like a steam system and
the blowdown should be managed to keep TDS below a
prescribed value (usually 2500 ppm). However, if you
see a slug of mud (the water will be discolored) for more
than ten seconds you’re not blowing down frequently
enough, increase the frequency.

TDS is dissolved solids, not settled solids so there’s
a distinct difference and unlike a steam system (where
everything solid stays in the boiler because it can’t be-
come a gas and leave with the steam) the settled solids
tend to pick many points in the hydronic system to ac-
cumulate.

Don’t believe that old lie that you don’t have to do
any water chemistry testing and maintenance in a hy-
dronic system. Even systems with zero leaks have prob-
lems with the water chemistry changing as it reacts with
the metals in the systems and any air it comes in contact
with. It’s essential to maintain the proper pH of the sys-
tem and a supply of Nitrite or Sulfite to prevent corro-
sion due to oxygen getting in. (See water treatment.)

If you have system leaks that must be replaced by
makeup water then that water has to be treated. As sys-
tems grow older the number of leaks tend to increase,
despite good maintenance practices, and the water treat-
ment program has to improve to handle the large vol-
umes of makeup water. Many hydronic systems are
equipped with nothing to pretreat the water (see water
treatment) so more chemicals are required and in many
cases adding pretreating equipment is justified.

In my experience the major concern with hydronic
boilers is preventing thermal shock. Be sure to read the
chapter on thermal shock in the section on why boilers
fail. It’s particularly important when the plant has more
than one boiler because you have to avoid sending a
slug of cold water from an idle boiler into a system
operating on another boiler and avoid dumping hot
water into a boiler that’s cold.

Most hydronic heating plants permit firing the
boiler without any water flow through it so the boiler
can be warmed up without pumping it’s cold contents
into the system piping. There might be situations and

conditions where you have slugs of cold water in the
piping even though the boiler is up to temperature and
careful manipulation of the boiler’s isolating valves is
required to warm up that piping.

It’s best to crack open one of the two valves (return
or supply) connecting the boiler to the system before
starting the boiler to maintain consistent pressures
throughout the system. Leaving one valve open when a
boiler is out of service but not isolated for repair or other
purposes is not a bad idea. The selected valve should be
in a position where thermosyphoning will not generate
any thermal shock, sometimes warming the boiler up
with a valve open allows thermosyphoning to warm up
piping to avoid thermal shock. Since every plant is dif-
ferent you should develop an SOP that allows starting
and engaging a hydronic boiler with minimal thermal
shock.

Arrangements of hydronic boilers in multi-boiler
plants come in two forms. Parallel installations (Figure
4-4) are most common and can be used with any number
of boilers. Serial installations (Figure 4-5) are less com-
mon and the number of boilers is limited to two or three.
In parallel installations each boiler handles a portion of
the system water and care is recommended to ensure the
water flows to each boiler uniformly.

In some parallel installations the system water is
left flowing through each boiler so a boiler that is shut
down acts as a radiator, wasting heat to the air that is
drawn through it by stack effect to actually cool the sys-
tem water. If you can’t do anything else about this type

Figure 4-4. Hydronic boilers in parallel
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of arrangement put a cardboard blank over the combus-
tion air inlet to minimize the airflow due to draft. The
hot boiler will still waste heat to the boiler room as ra-
diant losses and some thermosyphoning of the air will
occur in the stack so it’s not the best solution.

Closing one of the valves (supply or return) on an
idle boiler will eliminate the heat losses but it will
change system and boiler flows and those effects have to
be considered. Some boiler plants have a bypass line
between the supply and return headers that simulates
the pressure drop of one boiler so you can open it after
closing off a boiler to restore the flow rates in the oper-
ating boiler and system to normal.

When operating with less than the full complement
of boilers on line and bypassing around or through oth-
ers be aware that the system supply temperature will be
less than the boiler outlet temperature because it is
mixed with the return water flowing through the idle
boilers or bypass. Some plants use a header temperature
control so the idle boilers or bypasses doesn’t change the
hot water supply temperature. It will require higher
temperatures in the operating boiler.

If you have a common header temperature control
it should be on the return. These systems usually have a
proportional control so the firing rate of the boiler will
be proportional to the difference between return tem-
perature and the set point (desired return temperature).
The return temperature will be held near the set point
but the supply water temperature will vary depending
on the blend of firing and idle boilers or bypasses. It

won’t hold a constant return temperature either because
there’s a delay in response to changes in the boiler firing
rates.

Checking the temperatures and a little math will
allow you to determine what percentage of the water is
flowing through the operating boiler. When waters of
two different temperatures are mixed the resulting tem-
perature is dependent on the quantities of water at each
temperature. The percentage of water flowing through a
boiler will equal the difference between the mixed water
temperature (Tm) and the return temperature (Tr) di-
vided by the difference between the boiler outlet tem-
perature (Tb) and the return temperature times 100;
boiler water flow as % of total = (Tm-Tr) ÷ (Tb-Tr). This
formula comes in handy when you want to know how
much water is in each part of a mixture.

You can also use the basic formula for energy to
determine how much heat is lost in an idle boiler, the
temperature at the outlet will be lower than the tempera-
ture at the inlet. As in all cases where you’re comparing
differences in gauge or thermometer readings it’s a good
idea, where possible, to switch the devices so you have
a different reading from the same instrument.

Series operation of hydronic plants requires the
piping arrangement allow for total flow through each
boiler and means for isolating the boiler which requires
three valves, two valves to isolate the boilers and one for
bypass as shown in Figure 4-5. The water is heated first
in one boiler then its temperature is raised further in the
second boiler. These systems commonly use a header
temperature controller to regulate the firing rate so the
two boilers fire at the same rate. When the boilers are
controlled independently the modulating controller for
the first boiler has to be set lower than the second one so
it doesn’t take all the load.

Without the common controller you will find your-
self constantly adjusting the controller set points (or fir-
ing one boiler on hand) to fire the two boilers evenly. An
alternative to the common controls is using the position
of the second boiler as a controller for the firing rate of
the first boiler, simply adding another rheostat to the
modulating motor of the first boiler and installing a se-
lector switch will allow both single and two boiler op-
eration.

HTHW BOILER PLANTS

High temperature hot water (HTHW) plants have
all the characteristics, features and problems associated
with hydronic systems. The defined difference is an

Figure 4-5. Hydronic boilers in series
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HTHW plant operates with water temperatures higher
than 250° F . HTHW plants also have some other unique
characteristics that are not found in the typical hydronic
system. In most HTHW plants the boilers are called
HTHW generators. They differ considerably in construc-
tion and operation. The typical HTHW generator (Figure
4-6) is a once through boiler.

Okay, I still call them boilers; because they are boil-
ers. They’re just unique boilers and that’s why we call
them generators. I’ve often wondered if they were called
“generators” in an effort to exclude them from the re-
quirements of the boiler construction codes but I have
never researched it. They don’t have drums and the
headers are usually small enough that someone could
argue that the code doesn’t apply. Those generators re-
quire water flow through them to operate because they
don’t store any hot water, their water volumes are very
low. The controls will include low water flow switches
that prevent burner operation and will shut the burner
down if the water flow in the boiler is too low.

The controls require Btu calculation with measure-
ment of the return water in order to ensure the outlet
temperature is close to steady. Flow through the boiler
consists of several parallel circuits and the tubes are fre-
quently orificed at the headers to ensure proper distribu-
tion of water. It stands to reason that a tube designed for
water flow on a once through basis will have a real prob-
lem if steam is generated in it because the larger volume
of steam will fill the tube. Once steaming starts in one of
those boilers failure due to overheating rapidly follows.

Each HTHW generator is commonly fitted with its
own circulating pump (standby circulating pumps are
normally shared) to ensure adequate water flow. There

are separate pumps used to circulate the high tempera-
ture hot water through the system.

The circulators (in an HTHW plant I’ve always
heard them called circulating pumps) have to pump
water much hotter than the standard pump. Even
though they are installed to pump the water into the
boiler like hydronic circulators they are exposed to tem-
peratures that are so high the oil or grease in the pump
bearings could be overheated. The pump seal or packing
would also be exposed to those high temperatures and
few can handle it. Any leakage of the hot water along the
shaft would start flashing into steam and that could do
serious damage to shaft and seal or packing.

To prevent problems with the seals or packing the
circulating pumps are normally fitted with sealing fluid
systems. Where the seal or packing is exposed to the
suction side of the pump sealing fluid is commonly
drawn off the pump discharge. Some may extract water
using a Pitot tube inside the discharge of the pump so
the velocity pressure is used to generate the differential
to move the sealing fluid. In others it may be necessary
to have a seal pump draw water off the system and
produce the differential necessary to force the water
through the sealing fluid system. Newer pumps may be
fitted with a special impeller on the shaft inside the seal
housing that pumps liquid through the cooler and back
to the seal.

Sealing fluid systems typically consist of two ele-
ments, a strainer to remove any particulate that might
damage the pump seal, packing, or shaft, and a cooler to
reduce the water temperature to values that the seal or
packing can accommodate. After the sealing fluid passes
through the strainer and the cooler it is returned to the
pump to flow over the seal and back into the pump and,
in the case of packing provide the little leakage that
separates the packing and the shaft. In the case of pack-
ing it’s supplied to a lantern ring (see pumps). Proper
control of the cooling of the sealing fluid is required to
ensure the fluid isn’t overcooled to cause thermal shock.

The expansion tanks for HTHW plants are occa-
sionally called accumulators. They can serve the typical
expansion tank roll but can also become a storage space
for the hot water. To limit corrosion problems at the high
temperatures they are always pressurized with pure ni-
trogen instead of air, although a true accumulator might
be pressurized with steam and can contain electric heat-
ing coils to build up the steam pressure on a system
start-up and to maintain pressure when the system is
shut down.

It’s common for the low water cutoffs to be
mounted on the accumulator because the generatorsFigure 4-6. HTHW generator
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don’t have any point where a low water level can be
detected. To avoid thermal shocks in the system the
makeup water is added to the accumulator where there’s
a considerable volume of water for it to mix with before
it hits any metal.

Preventing thermal shock is even more of a prob-
lem in HTHW boiler plants. Most HTHW plants have
more than one boiler (unlike the hydronic plant that
typically has one) and the higher temperature operation
requires careful management of the system when start-
ing a boiler and putting it in service. The temperature
differences between atmospheric and operating condi-
tions are significant.

You should be careful so you don’t suddenly ex-
pose metal at 80° F  to high temperature water at 390° F . In
some circumstances that’s difficult to do but operations
that mix the two fluids (hot and cold) to gradually warm
up a boiler, pump, or piping system can be managed.
Steps in bringing a boiler on line and taking one off line
can get very involved because the pumping and piping
arrangements have to be reconfigured to ensure even
distribution of the load on the boilers.

I have encountered plants with piping arrange-
ments that restricted single boiler operation during peri-
ods of low load to a particular boiler because the system
arrangement didn’t permit isolating the other boilers. In
another plant where the facility load had increased sig-
nificantly the design did not permit operating two boil-
ers to carry the load because there was no way to
arrange the piping to parallel the boilers. It’s possible
for HTHW boilers to operate in series but its uncommon
and the piping arrangement has to provide for it.

Unlike low pressure hydronic plants HTHW boiler
systems seldom have accumulators large enough to hold
all the expansion of the system from atmospheric to
operating conditions. A large pressure vessel designed to
hold several hundred gallons of water is very expensive
so they are occasionally reduced to a size that provides
a cushion on the operation instead of allowing for com-
plete expansion and contraction.

Those larger plants are equipped with provisions
to fill the system as it cools from normal operating tem-
peratures and tanks that allow steam to flash off and
recover the remaining hot water as the system expands.
In some cases the requirement for expansion tanks to
accommodate normal operating temperature swings is
so great that even smaller tanks with operating and
standby provisions for fill and drain are installed in-
stead, a lower pressure or open storage tank being used
to prevent wasting the treated water as the system heats
and cools.

Any HTHW system requires makeup water pumps
to force the makeup water into the system. The pressure
in a city water supply just isn’t adequate. Lack of electric
power in these plants can’t be tolerated because the liq-
uid in the system will cool and shrink to require
makeup. A drop in pressure will result in steam flashing
in some systems and driving water to others with much
noise and pipe rattling. The emergency electric generator
is very important and some plants even have engine
driven makeup pumps as a backup.

There is one more point I would like to make about
HTHW plants. I consider them to be far more dangerous
than any other kind of boiler plant. The heated water
contains a lot of energy and any rupture of a piping
system or a piece of equipment will result in a steam
explosion. The rupture of an HTHW pipe will discharge
almost 100 times as much steam as a steam pipe with
steam at the same temperature. The number and location
of exit doors from a HTHW boiler plant should greatly
exceed those for a steam plant and any control room
should have at least one exit that leads directly outdoors.

ORGANIC FLUID HEATERS AND VAPORIZERS:

Organic fluid is basically oil, hydrocarbons that are
used as heat transfer fluids because they have much
lower vapor pressures than water. What that means is
they can be heated to higher temperatures before they
evaporate. Organic fluids are available that will remain
a liquid and not evaporate at temperatures as high as
800° F  at atmospheric pressure. By and large these mate-
rials function the same as water and steam, they simply
evaporate and pressurize at much higher temperatures.

Organic fluids are used to produce high tempera-
tures without the expense of handling high pressure. A
system can be designed to operate at 500° F  (a common
maximum operating temperature) and pressures not ex-
ceeding 30 psig where a steam or HTHW plant would
have to operate at almost 900 psig. Both liquid and va-
por systems are considered high pressure plants because
the temperature is always higher than 250° F . The boiler
is a power boiler even if the operating temperature is be-
low 15 psig. A fluid heater is basically the same as a hot
water boiler and a vaporizer is very much like a steam
boiler, the principal difference is the operating tempera-
ture.

The typical fluid heater (Figure 4-7) looks a lot like
a common firetube boiler from the outside and many
operators confuse them with a firetube boiler. They’re
actually water tube boilers. What looks like an outer
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shell is a casing. The tubes form one continuous coil
surrounding the furnace and in many cases are two coils
to produce a secondary pass surrounding the furnace
pass. Unlike a firetube boiler, flow has to be proven in
these units before the burner is started and flow must be
maintained or the burner should be tripped.

Other significant differences between steam and
organic fluids include flammability, especially when
they are heated to such high temperatures. If a water or
steam boiler has a leak the tendency is to put the fire out.
If an organic heater or vaporizer has a leak the tendency
is to add to the fire. Almost any plant with organic heat-
ers will also have a steam boiler that must be in opera-
tion in order for the organic device burners to function
because the steam is used to quench any fire that might
occur in the organic device.

Normally a thermocouple in the outlet or stack is
monitored and any rapid increase in temperature auto-
matically results in burner shut down and opening of
the steam quench valves. A few small units are fitted
with compressed CO2 extinguishing systems to avoid
the provision of a steam plant but it takes a lot to put out
an organic heater fire. Once it takes off, any leak adds
enough fuel to melt more of the boiler metal to allow a
bigger leak and bigger fire.

The higher temperature fluids tend to have high
pour points. That means they don’t flow well, if at all, at
normal atmospheric temperatures and the system will
freeze up on shut down. Fluid systems for those high
temperature fluids use steam tracing to warm up the
organic fluid enough that it can be circulated in the sys-
tem in order to get it started.

One operator I know is very happy that he’s oper-
ating the fluid heaters at his plant. He told me he’s
happy because “I don’t have to fool around with water
treatment.” While it’s true that organic fluids don’t need
the attention of a water plant, because the systems are

designed to retain the fluids and vapors so there’s no to
little makeup, the fluids do break down and regular
sampling and chemical analysis is still required.

Over a period of time the fluid can break down and
has to be replaced or reconditioned. Scale as we know it
in water based systems isn’t a problem but carbon can
build on the inside of tubes just like scale if the boiler is
fired too hard, fluid flow is lost, or the fluid begins to
break down, and that can eventually result in a tube
failure. A tube failure can result in the entire heater
melting down so there is a concern for proper operation
to prevent carbon formation just like there are concerns
for scale formation in a water boiler.

Monitoring the pressure drop across the liquid side
of a fluid heater is critical to detecting a buildup of car-
bon in the tubes. Monitoring is not as simple as reading
the gauges at the inlet and outlet then subtracting the
difference. Since viscosity changes with temperature you
need to have a record of pressure drop at different aver-
age temperatures so you have relative pressure drops for
comparison. You want to be as precise as possible with
your measurements because you want to catch the car-
bon formation the instant it starts.

Even a very thin coating of carbon is so rough it
can produce a significantly rough surface on the inside
of the tubes so the pressure drop increases significantly.
That’s usually not a problem because the circulating
pumps are normally positive displacement types that
will continue to force the designed flow of fluid through
the heater. When carbon builds up failure tends to be in-
stantaneous because the increased pressure drop is
handled until the pump motor is overloaded and trips
out. Systems with centrifugal circulating pumps are un-
common because the viscosity variation with tempera-
ture has a significant effect on the flow in the system and
the performance of the pump.

I did have one customer that solved his problem
temporarily by installing a larger motor on the pump. It
was nearly impossible to tell what was going on in the
system because none of the pressure gauges worked.
When they finally got some gages in place a high pres-
sure drop was detected across the heater and they had to
shut the whole plant down to retube it.

Any organic fluid system should be checked
throughout its entire length at least once a shift with
special attention paid to any signs of leakage. The insu-
lation is typically calcium silicate in order to handle the
high temperatures, and it’s also very thick, so a slow
leak can penetrate a lot of insulation (store a lot of fuel)
before it’s detected. System leaks are dangerously close
to becoming fires and they must be caught before they

Figure 4-7. Fluid heater
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become a fire; there is no steam quenching on the piping
like there is in the furnace.

Since most organic fluid systems are used in petro-
chemical and similar industrial production plants imme-
diate shutdown to repair a leak could result in
thousands of dollars of production loss so you may be
compelled to simply monitor a minor leak and be pre-
pared to extinguish any fire that results until the entire
facility can be economically shut down. It’s one of those
situations where the operator has to consider multiple
risks and the cost of each; any leak that can’t be made
up, or becomes extensive to the degree it’s a dramatic
hazard, requires a shut down.

Shutting down a fluid system takes time so the
growth of a leak also becomes a factor to consider. The
fluid has to be circulated long enough to allow the
heater to cool until it will not carburize the fluid left
standing in it. It also has to be cooled enough so it will
not spontaneously ignite when exposed to air, then the
fluid must be drained from the system back to storage
until the level is below the point of the leak. Some facili-
ties don’t have sufficient storage to completely drain
their systems and require a supplier’s empty truck, on
rental, to hold the fluid as it’s drained.

Organic fluid heaters and the occasional vaporizer
make some chemical processes possible only because
they can produce high temperatures at low pressure. A
common application is in the asphalt industry where the
product must be heated to high temperatures so it can
flow readily. All the rules for high pressure boilers apply
and every plant will have unique and special provisions
that the operator should know. Among all plants these
are the ones where the SOPs must be memorized be-
cause lack of rapid and proper response to an upsetting
condition can lead to hazardous conditions or long term
shutdown of the facility.

SERVICE WATER HEATING

Service water is the term currently used by
ASHRAE to describe what I always called domestic hot
water heating. Heating of water for cooking, showers,
baths, washing, etc., is not the same as heating water for
closed hydronic building heating systems so we’ll use
the term “service water” to describe it.

Service water heating systems are frequently ig-
nored. I didn’t think about it much at my home because
I have an electric hot water heater and it managed to
operate trouble free for thirty years. Finally, the plastic
dip tube failed, disintegrating into thousands of little

pieces that fouled every faucet and toilet tank float valve
until I was so frustrated I called the water company to
complain about the junk they put in the water. It was a
little embarrassing to have them tell me it was probably
the dip tube then discover that was the case. Anyway, I
figure my new electric hot water heater and it’s dip tube
will outlive me.

I wish you were all that lucky. It won’t happen
very often. Service water heaters do not enjoy the pres-
ence of chemically treated water to prevent scale and
corrosion and most of them have such problems. I re-
member one area where the well water contained so
much calcium sulphate that it would form heavy scale if
the water temperature was increased by 6° F . There’s
nothing you can do to the water to prevent scale forma-
tion or corrosion so the equipment has to be made for
the service and you will have to operate and maintain it
properly to provide continued operation.

Service water heaters usually have much lower
rates of heat transfer than steam and heating boilers to
reduce scale formation. They are also fabricated for the
application, some of them are glass lined with glass
coated heating surfaces. We can’t treat the water to make
it non-corrosive so we have to protect the heater from
corrosion.

The equipment sold in your area is usually suitable
for service water heating of water used in the area. Don’t
do like a friend of mine that thought the hot water
heater prices were too high in his new neighborhood
and transported one from his old neighborhood in an-
other state. He saved a lot on the heater, but it didn’t last
a year.

Small electric and gas or oil fired service water
heaters require more attention in a commercial applica-
tion than the ones in your home because they get more
use. You should have a schedule for blowing them down
on a regular basis to remove any mud, scale, or other
debris that may accumulate. Regular checking and re-
cording of the stack temperature is also a must for the
fired heaters because that can indicate problems with
scaling; as scale forms it insulates the heating surfaces
requiring higher flue gas temperatures to do the heating.
There’s also some checking and adjustment required for
storage water heaters to keep everything working right.

Since entering semi-retirement I’ve encountered a
fair number of projects involving problems with storage
water heating. I’ve also encountered many installations
where someone felt they solved the problem by install-
ing instantaneous water heaters. If you think an instan-
taneous water heater is an appropriate solution to any
problems you may be having with your hot water sys-
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tem I urge you to reconsider.
Instantaneous hot water heaters do just what they

say they’ll do, heat water quickly, primarily as it is used.
Except for facilities where the instantaneous hot water
heating load is less than about 25% of the lowest plant
loads those heaters can be a real problem for smooth and
reliable boiler operation. It’s also hard to believe an in-
stantaneous heater is anywhere near efficient because
they’re capable of heating more water than is normally
heated so they only operate a fraction of the time allow-
ing considerable off cycle losses.

The amount of hot water used is a function of the
activities of the occupants of the buildings. The curve in
Figure 4-8 is based on ASHRAE data4 indicating the
typical hot water consumption for a family over a 24-
hour period. It’s obvious that an instantaneous hot water
heater has to be able to produce the quantity of hot
water drawn between 7 and 8 in the morning but is re-
quired to produce a fraction of that load for the rest of
the day.

Note that the chart is based on gallons per hour
and does not show instantaneous flows that could easily
exceed the values shown. In my home I can draw water
at the rate of 920 gallons per hour, about eight times the
maximum rate shown on the chart. However, since my
bathtub has a capacity limit of approximately 200 gal-
lons I would draw hot water at that rate for no more
than a few minutes. An instantaneous heater with a ca-
pacity of at least 920 gallons per hour would be required
to ensure a continuous supply of heated water. How-
ever, with a 200-gallon storage tank I am able to fill the
tub and satisfy other household requirements with a
heater that can heat water at the rate of 10 gallons per
hour. Unless, of course, I intend to fill the tub more fre-
quently than once a day.

Since most of us do not take 200-gallon baths that
example is improbable. It does, however, do well to ex-
plain the difference between instantaneous and storage
water heating. The best system will always consist of a
proper mix of water heater and storage that handles the
load without excessive cycling of the water heater. See
the discussion on cycling boilers for reasons why exces-
sive cycling is a problem.

When your hot water loads are large and variable
a modulating burner on an instantaneous hot water
heater will reduce cycling or eliminate it. Instantaneous
heaters with modulating burners can only eliminate cy-
cling if the burner’s turndown capability exceeds the
variation in hot water usage. As you can see from the
figure, that would require a burner with a turndown
better than 20 to 1. Such burners are very expensive so
cycling is a normal condition.

In case you haven’t already figured it out, I dislike
steam powered instantaneous hot water heaters because
they produce load swings in the summer that prevent
smooth and constant operation of the boilers. Now that
I’ve made my position clear (that storage is a necessity)
it’s time to talk about operation and control of hot water
heaters.

Figure 4-9 is a graphic of a boiler and storage tank
system typical of that used in a large apartment build-
ing. Cold city water enters the system at the bottom
center of the graphic where it can either enter the circu-
lating pump or the storage tank. Service water is drawn
off the top of the tank. The arrow at the bottom right
side of the tank represents flow of water circulated

Figure 4-8. Daily hot water consumption curve Figure 4-9. Service water heating system
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through the system to maintain hot water in the piping
distribution system.

This combination of heater and storage will cycle
but it has the advantage of extended cycle operation and
a fixed firing rate for the burner that makes it efficient,
but still simple to operate and maintain, if you know
what you’re doing.

A service water boiler deserves the same attention
as a heating boiler on initial start-up. Before the system
is started the owner, design engineer or installing con-
tractor (depending upon the requirements associated
with installation) should contact the owner’s insurance
company or the authority having jurisdiction (normally
the state, county or municipality) to obtain a boiler cer-
tificate (or a document of similar title) which authorizes
the owner to operate the boiler. There may be provisions
in the jurisdiction to exempt certain equipment but any
requirements should be determined before placing the
system in service. Normally the boiler is subjected to a
visual inspection by a National Board Certified Inspector
before the certificate to operate is issued.

Initial operation of the burner should be achieved
under the supervision of a technician trained in the
proper set up of a fired piece of equipment. That techni-
cian should produce a “start-up sheet,” a document that
includes, as minimum: The name, address, and phone
number of the technician’s employer, the technician’s
name and signature, and the date the initial start-up was
performed; a record of the actual settings of the operat-
ing limit (OL) and the high limit (HL) temperature
switches and an indication that their operation was con-
firmed; a record of the setting of the pressure-tempera-
ture relief valve and a record that its operation was
confirmed; a record of the burner performance while fir-
ing including, but not necessarily limited to: stack tem-
perature, flame signal measurement, percent oxygen in
flue gas, carbon monoxide level of flue gas, if measured,
smoke spot test recording (oil only) if measured, gas
consumption rate (gas firing), temperature of water at
the boiler inlet during normal operation, temperature of
water at the boiler outlet during normal operation, pres-
sure at the inlet of the system, pressure at the discharge
of the pump or other location between pump and boiler,
and position of the throttling valve. The start-up sheet
should be retained as a part of the original documenta-
tion for the system and referenced on each subsequent
start-up (after shutdowns for maintenance or other pur-
poses) to ensure the conditions do not differ substan-
tially from the original start-up conditions.

All openings into the boiler and tank should be
checked to ensure the system is closed and will not lose

water unintentionally when placed in service. Before
closing openings the internals should be inspected to
ensure there are no loose parts, tools, personnel, or any-
thing else inside the system that does not belong there.

Valves and some spigots are opened to vent air and
admit water until the system is flooded and at city water
pressure. It is important to note that, if the city water
supply to the inlet shown in the graphic is separated
from the city water supply by a check valve or back-flow
preventer, an expansion tank or similar provision is re-
quired to prevent an increase in the system pressure
when the water expands as it is heated.

Disconnects, circuit breakers, and control switches
are closed (in that order) to permit system operation.
The circulating pump should start first, followed by the
burner. The start-up sheet should be checked as soon as
operation stabilizes to ensure the conditions do not dif-
fer substantially from the original start-up conditions.

When stable operation is achieved the throttling
valve (TV) should be adjusted to achieve the desired
outlet temperature as indicated by the thermometer (T2)
at the boiler outlet. Throttling of that valve is normally
required to restrict the rate of water flow through the
boiler to get the desired hot water temperature. If the
valve is open too far the flow exceeds the design flow
rate and boiler outlet water temperature is too low. If the
valve is throttled too much the boiler will heat the water
excessively and the burner will start short cycling on the
operating limit (OL).

Think about it, what’s a Btu? If the heater is fired
at a constant rate (most are) then there is a consistent
output in Btu. Since the water flow is constant (the tank
is a detour for any water that isn’t used in the system)
the water temperature rise should be constant.

Provided the demand for hot water does not ex-
ceed the capacity of the boiler, hot water will enter the
tank faster than it flows to the building. Therefore some
of the water heated by the boiler remains in the tank,
mixing with and displacing the cold water. Once the
volume of the tank above the inlet pipe from the boiler
is filled with hot water an interface forms between the
hot and cold water because the cold water is denser than
the hot water.

Boiler operation continues and hot water displaces
the cold water in the tank until the level of the interface
drops to the level of the lower tank temperature control
switch (TC2) to terminate heating operation. The open-
ing of contacts on the lower tank temperature control
switch interrupts operation of the pump and burner to
complete a heating cycle.

During the period when the circulating pump and
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burner are shut down the building is supplied by hot
water from the tank. The weight of the check valve on
the pump discharge provides sufficient differential pres-
sure to prevent flow of water through the boiler during
this period. Sometimes the valve is fitted with a spring
rather than using weight. Don’t put another type of
valve in its place or it may not work.

As the hot water flows out the top of the tank it is
replaced by cold water entering the bottom of the tank.
The interface level raises until it is above the level of the
upper temperature control switch (TC1). Contacts on
TC1 close to start the pump. Auxiliary contacts on the
pump motor starter close to bypass the TC1 Contacts so
the pump will not stop when the TC1 contacts close. The
auxiliary contacts also permit burner operation.

Whenever hot water demand does not exceed the
capacity of the boiler the system continuously repeats
the operation described above. The pump and boiler
start, heat a volume of water equal to the volume of the
storage tank between TC1 And TC2, then stop and wait
until that volume of hot water is consumed.

When service water demand exceeds the capacity
of the boiler the difference between hot water demand
and boiler capacity is made up by hot water flowing out
of the storage tank and cold water entering the tank. The
tank supplies all the hot water until the level is above
TC1 then the hot water from the boiler and the hot water
stored in the tank combine to serve the hot water de-
mand.

Whenever the service water demand exceeds the
capacity of the boiler the elevation of the interface in-
creases. Provided the high demand does not continue
until the hot water stored in the tank is consumed the
boiler will continue to fire until the storage tank is once
again filled with hot water down to the level of TC2,
completing a boiler operating cycle.

Under unusual circumstances of sustained high
demand for hot water the reserve in the storage tank is
consumed. Thereafter the water leaving the system will
be a mix of cold water passing up through the tank and
hot water produced by the boiler. Hopefully this will
never be the case in your plant. If it frequently is, sug-
gest a larger tank, larger boiler, or a combination because
there’s a hazard associated with it that is not desirable.

You may wonder why there are two temperature
switches on the tank. Tests I performed indicate the in-
terface in a storage tank has a temperature gradient of 5
to 10 degrees per inch depending on turbulence. A sys-
tem with a single temperature control would cycle on
and off frequently as the interface rises and falls during
each cycle. Each time the burner starts and stops a purge

is performed that, despite its purpose of safety, cools the
boiler and water with purge air. Provision of two tem-
perature controls properly spaced (more on that later)
can significantly reduce losses and wear and tear associ-
ated with burner and circulating pump cycling.

City water temperature can vary significantly with
the season depending on the water source. If all water is
supplied from wells then the temperature varies less.
When the water is stored in reservoirs or lakes and tow-
ers the temperature can vary between 35°  and 65° . If the
boiler operates at a fixed firing rate, as most do, the
outlet temperature of the boiler will vary with the sea-
son. During burner operation the operator should note
the temperature on the outlet thermometer (T2) regu-
larly and adjust the position of the throttling valve (TV)
to restore the desired tank temperature (±5° F ) at least
monthly. To increase the temperature the valve is closed
some, to lower the temperature the valve is opened fur-
ther. Make the adjustment when the boiler operation has
stabilized then wait a few minutes to see the results
before adjusting the valve further.

Normally the boiler operating limit (OL) and high
limit (HL) do not function. However, when the boiler
operates for extended times during periods of high de-
mand the operating limit could open its contacts because
the temperature gradient in the boiler changes. The op-
erating limit should not be adjusted to the point that it
controls the boiler (starting and stopping it) during nor-
mal operation.

There is no provision to adjust the pressure in the
system. It should follow the supply water pressure. The
safety valve should not be adjusted to determine if it
operates. Operating personnel wearing proper protec-
tive equipment should raise the lifting lever of the safety
valve every three months to confirm that the valve
mechanism is free and the water flow passages are not
blocked. Testing of the safety valve should be recorded
in the log.

The purpose of the high limit is to prevent overheat-
ing of the boiler in the event the circulating pump fails or
operating personnel inadvertently close a valve in the
piping that prevents flow through the boiler. Its adjust-
ment should be noted, lowered into the operating range
to ensure it functions to interrupt burner operation, then
restored to the original setting on an annual basis. The
test of the high limit should be recorded in the log.

The bacteria blamed for the deaths of several
members of the American Legion in Philadelphia is fre-
quently found in water supplies. When exposed to
warm water in a confined environment it can flourish.
It’s not the only one that can cause problems. The in-
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terface in the hot water storage tank always contains a
level of water at the optimum temperature for that bac-
teria to grow and multiply. I suggest you sample water
from the interface for presence of Legionella at quar-
terly intervals after initial start-up and, if none is dis-
covered, annually thereafter. Annual testing should
coincide with heavy rains in the summer where the
bacteria is most likely to enter your system.

The process of checking for Legionella consists of
drawing a sample and sending it to a laboratory for
analysis. It requires a water sampling connection in-
stalled in the storage tank at the location indicated, just
below the level of TC1. If the sample connection is
above the return line inlet it should penetrate the tank
as shown to ensure a sample of the interface is drawn.
To ensure the operating personnel are not exposed to
the bacteria (in the event it is there) they should wear
protective equipment recommended for this operation.
A sample bottle should be placed such that the sample
piping extends into the bottle to the bottom to mini-
mize splashing and generating aerosols while sam-
pling. The sample should be drawn in the late
afternoon or early evening when demand is normally
low and immediately after the pump and boiler start
operating (when the interface is near the level of the
sample line.

If the laboratory test indicates Legionella is in the
interface it should be flushed from the storage tank.
Connect a hose to the sample valve outlet and extend it
into a drum containing sufficient chlorine to super treat
a drum full of water. Turn off the pump circuit breaker
immediately after it starts to prevent pump and boiler
operation temporarily then, after a few minutes of
drawing hot water from the building system, open the
sample valve and close the pump circuit breaker. When
hot water is flowing to the drum the sample valve can
be closed because the complete interface was flushed to
the drum. Repeat the procedure until a laboratory test
of the interface does not show Legionella.

Even if Legionella does form in the storage tank
interface it should not contaminate the hot water deliv-
ered to the building unless the storage tank tempera-
ture is too low or hot water demands result in all the
storage in the tank being consumed. In the latter case
the interface flows into the building’s hot water distri-
bution system. Operating the system to maintain hot
water in storage at 180° F  should kill all bacteria except
what’s in the interface. Blending valves should be in-
stalled to provide the maximum 120° F  water for hand
washing, bathing, etc.

I’ve looked at a few service water heaters where

thermal shock was determined to be the cause of their
failure. Thermal shock is observed by anyone pouring
liquid into a glass of fresh ice. The ice cracks instantly,
even when the liquid is very close to freezing. Iron,
steel, and brass boiler parts are more malleable and
slightly stronger than ice so the effect is not as dra-
matic, but it does happen.

Boiler damage due to thermal shock is normally
the result of repeated heat/cool cycles. Damage occurs
when the metal is over-stressed because the surface is
cooled or heated at a rate that exceeds the heat flow
through it. As a result one surface is at a different tem-
perature than the one opposite it. The differences in
thermal expansion result in compressive stress at the
hottest surface and tensile stress at the coldest surface.
When the difference in stress reaches the breaking
point of the metal then tiny micro cracks form in the
colder surface. Repeated exposure to the heating and
cooling expands the cracks until leaks are evident.
Thermal shock can also be associated with rapid
changes in firing rate but most service water heaters
are designed to accommodate the changes associated
with their on/off operation.

You would think that a hot water heater with nor-
mal temperature differentials of 140° F  would be dam-
aged regularly by thermal shock if even smaller
temperature differentials are a problem. They don’t be-
cause the overall temperature differential is distributed
along the length or height of the boiler. The boiler in
Figure 4-10 would normally have 40° F  water entering
the bottom (at T1) and 180° F  water leaving the outlet
(at T2) with the temperature between those two levels
varying almost linearly from top to bottom. The high
temperature differentials between the products of com-
bustion and the water in the boiler do not produce a
significant temperature difference across the thickness
of the metal because the heat flows through the metal
much faster than through the thin film of flue gas be-
tween the metal and the products of combustion. The
temperature differential across the metal is normally
less than 30° F .

Thermal shock occurs when a liquid in contact
with the metal is quickly displaced by other liquid at a
temperature significantly lower or higher than the
original liquid. The direct contact with the metal parts
and turbulence associated with the rapid replacement
of the liquid heats or cools the metal surface rapidly,
faster than the heat transfer through the metal itself.

So what caused the damage to the boilers I men-
tioned earlier? What can cause thermal shock? Well, in
the case I first examined, the temperature control was
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kind of boiler plant, is zero! That one great benefit also
encourages us to put up with some unique and some-
times hazardous flows that contain the heat we extract
with the boiler. I think the one most hazardous I’ve
seen is a sulfur dioxide stream from firing pure sulfur
to make sulfuric acid. Knowing what you know about
problems with sulfur in conventional fuels should
make you appreciate the special requirements for one
of those boilers.

One unique form of waste heat boiler, by virtue of
its special application, has its own title—HRSG—which
stands for heat recovery steam generator. An HRSG is
used exclusively to recover the heat from the exhaust
of a gas turbine and can consist of multiple stages of
steam pressures and temperatures with economizer sec-
tions. Some are furnished with an attached deaerator
with a special section for generating the deaerator
steam. They usually include duct burners which in-
crease the temperature of the turbine exhaust before
entering the boiler. I’ve explained a little about their
construction in the boiler construction chapter but their
operation is so specific and individualized that it’s in-
appropriate to say anything in general about operating
them. An HRSG has to be operated in accordance with
the SOPs that are developed during the start-up of the
unit and it’s not at all unusual for any deviation from
those procedures to result in unit failure.

A waste heat boiler will always have a lot more
heat exchange surface than a fired boiler because there
is no radiant heat transfer. It’s safe to assume a waste
heat boiler will have twice the heating surface of a con-
ventional boiler for the same capacity. It isn’t uncom-
mon to encounter a waste heat boiler with finned tubes
to provide additional heating surface so you will not
necessarily encounter boilers with twice the number of
tubes. Depending on the source of the heat the boiler
can incorporate an economizer section to preheat the
feedwater and can be of once through design. The ma-
terials of construction may include materials that don’t
conform to the requirements of the Rules for Construc-
tion of Heating Boilers (Section IV) or Rules for Con-
struction of Power Boilers (Section I) because the
liquids or gases that are the source of the heat would
destroy those materials. In those cases the boilers are
constructed in accordance with the Rules for Construc-
tion of Pressure Vessels (Section VIII) as an “unfired
boiler” which allows use of exotic materials including
stainless steels, Inconel, and others.

The largest, physically, waste heat boiler I ever
encountered was one I helped design and, as far as I
know, is still in service in Wilmington, North Carolina.

different. Instead of installing a temperature switch that
penetrates the storage tank at a level above the water
inlet (as shown in Figure 4-9) the contractor provided a
“strap-on” aquastat. That is a temperature switch with
a bare thermal sensing bulb that is simply clamped to
the outside of a tank or pipe to sense the temperature.
In that case, the bulb was clamped to the pipe where
the cold water enters the tank.

Each time the system filled the storage tank until
hot water flowed out of the storage tank into the pip-
ing and into the bottom of the boiler for a short period
until the temperature controller finally responded to
the change from cold to hot water. When the circulat-
ing pump started again the hot water was immediately
displaced by cold water. The thick metal at the bottom
of the boiler was repeatedly subjected to swings be-
tween hot and cold water entering the boiler which re-
sulted in cracks around the bottom of the boiler shell.

As you can tell, simply heating hot water isn’t as
simple as it sounds. There’s even an unusually differ-
ent attitude about scale formation among people that
maintain these devices. Why? They manage to get
away with a considerable amount of scale because wa-
ter temperatures are so low. It’s a common practice to
allow scale to build in one of these heaters (keep in
mind, you can’t treat it because it has to be potable
where someone could drink it) until you can hear the
loose scale (they call it lime deposits) rattling in the
bottom of the heater where steam is forming under the
material and then collapsing as it contacts the colder
water.

Since water is not concentrated in a service water
heater you would not expect it to form scale except
under unusual conditions, but it happens regularly. It’s
not uncommon for scale to form on the heat transfer
surfaces to the point that the heater capacity is less than
demand and you can’t make enough hot water. I can
recall one location where the solids content of the water
was so high that a mere 6° F  increase in water tempera-
ture was all that was required for scale formation. The
best solution for these applications is water softeners but
that’s not always accepted by the powers that be so you
should be prepared to clean a service water heater regu-
larly as part of its maintenance when the calcium and/
or magnesium content of the water is high.

WASTE HEAT SERVICE

As far as I’m concerned these are the best boilers;
the cost of fuel, the single largest cost for any other
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It is twenty-four feet in diameter, over ninety feet tall
and generates about 25,000 pph of low pressure steam.
The largest in capacity is a unit that looks more like an
economizer and only preheats boiler plant makeup wa-
ter, 120 million Btuh. They come in a variety of sizes
and configurations that are so variable that there’s no
describing them all and their operation varies signifi-
cantly depending on the conditions of the fluid flow
stream the heat is coming from.

A low water cutoff is a required element for any
boiler and they should always be provided on waste
heat boilers unless the temperature of the fluid stream
is less than about 750° F  where the metal will not over-

heat. I can recall one system where a contractor in-
stalled a waste heat boiler connected directly to the ex-
haust of a steel annealing furnace which exhausted a
heating stream at about 1800° F . The new boiler was
melted down two days after installation because the
water source failed. If the temperature is high enough
there should always be a way of diverting the waste
heat stream to prevent overheating the boiler. In some
cases there is no diversion of the waste heat stream but
it’s possible to add air to dilute it until the boiler metal
can withstand the temperature. With those exceptions
any waste heat boiler should be treated like a normal
boiler.
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OOOOOperating a system is not as simple as starting and
stopping equipment and opening and closing valves. An
operator not only operates, he ensures operability. That
is the function of maintenance.

MAINTENANCE

You’ll recall I said that maintenance of the boiler
plant is an operator’s responsibility. You can be called
upon to do everything from sweeping the floor to re-
building a turbine, the simplest job to one of the most
complex, and everything in between. In a small plant
with little equipment you might be expected to do it all
yourself. As the size of the plant increases those duties
will increasingly be performed by others but you still
have a responsibility to make sure they don’t interfere
with the continuous safe operation of the boiler plant.

The purpose of maintenance is reliability and cost
control. We ensure reliability of the equipment and sys-
tems in the boiler plant by limiting or preventing wear,
vibration, erosion, corrosion, oxidation, and breakdown.
Proper maintenance prevents failures of equipment that
can result in significant repair costs. Maintenance in-
cludes many activities but the most important are moni-
toring and testing performed by the boiler operator.

There are many forms of maintenance and, con-
trary to many opinions, each one has its place. You
choose which form of maintenance to use depending on
the degree of reliability you want or can afford. Mainte-
nance methods fall into three general categories, break-
down maintenance, preventive maintenance, and
predictive maintenance. Despite what you may have
heard, all three methods should be used to maintain
your boiler plant. There are many items that you simply
won’t pay any attention to until they fail, then you’ll
replace them. That’s breakdown maintenance and it ap-
plies to things like light bulbs, sump pumps, and other
items that cost so little to replace and are so easy to
obtain that any time spent maintaining them is a waste.
Some, like light bulbs, only allow breakdown mainte-
nance.

Maintenance requirements vary but should repre-
sent a cost relative to the potential loss. You wouldn’t

spend a considerable amount to check lubrication of a
little cooling fan motor (normally they have permanent
lubrication) when its replacement costs less than the la-
bor to check it once; that’s a situation where breakdown
maintenance applies. On the other hand lubrication of a
steam turbine can include testing the oil and operation
of equipment that continuously cleans the oil because a
failure would represent a significant cost.

A small 1/2 horsepower feed pump for a little
heating boiler isn’t eligible for much more than break-
down maintenance. A 2,000-horsepower feed pump for a
super-critical boiler plant will have vibration and tem-
perature sensors at every bearing, speed sensor, suction
and discharge pressure and temperature sensors and
probably its own flow meter.

Between those two extremes are all sorts of varia-
tions on monitoring and maintenance but most of them
rely on the skill and dedication of you, the boiler opera-
tor. Each round of the boiler plant you will look and lis-
ten to the feed pump, noting its condition, look for signs
of vibration or shaft leakage, possibly feel the motor and
pump bearing housings to get a sense of their tempera-
ture; all that is predictive maintenance. When you add
oil or grease to bearings you’re performing preventive
maintenance.

Breakdown maintenance has the advantage of low
cost because we basically do nothing to prevent a failure.
Preventive and predictive maintenance require an ex-
penditure of effort and materials which represent an
investment in reliability. There are varying degrees of
effort expended in those activities depending on the cost
of failure, the cost of maintenance, and the probability of
failure.

The only caution here is to remember that some
equipment becomes obsolete. It pays to think about the
condition of something that would normally only de-
serve breakdown maintenance but could be irreplace-
able and force a major expense if it isn’t taken care of. An
example would be a special bolt on a turbine speed con-
trol; the bolt might be easy to replace, if you could find
one, but its loss would produce hours of turbine down
time.

Preventive maintenance is performed on a regular
schedule to, as the name implies, prevent damage to

Chapter 5

Maintenance
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equipment or systems. Water treatment and lubrication
are the two principle preventive maintenance activities
in a boiler plant. Those activities prevent failures by
maintaining conditions that do not allow corrosion,
scale, or friction to occur. Proper operation of some sys-
tems can also be called preventive maintenance when
they prevent erosion by ensuring velocities do not get
too high.

Water treatment, properly performed, can prevent
very expensive and catastrophic failure and the prob-
ability of such a failure if water treatment is avoided or
ignored makes it the principle concern in all plants. It is
so important that it deserves its own section in this book
so we’ll cover it later.

Predictive maintenance consists of monitoring, ex-
aminations and tests to reveal problems that will, if al-
lowed to continue, result in failure. Annual inspections
of steam boilers and less frequent inspections of other
pieces of equipment are conducted to detect formation
of scale, corrosion, vibration, wear, cracks, overheating
and other problems that can be corrected to prevent
eventual failure.

Of course there’s that one instrument in the plant
that is the best investment in predictive maintenance, the
operator’s ear. An operator can detect many problems
indicating imminent failure and react to prevent the fail-
ure. An operator can detect changes in sound, vibration,
temperature (by simply resting a hand on the equip-
ment) that would require a considerable investment in
test and monitoring equipment. Constant attendance by
a boiler plant operator is one investment in predictive
maintenance that helps ensure no surprises consisting of
major equipment or system failures. It’s normally the
boiler operator that provides the principle maintenance
of water treatment as well.

Since you’re at the forefront of the maintenance
program, and in many plants you’re the one that will
catch hell if it breaks down, having a sound maintenance
program is an essential part of your job. Repeating what
I said in the section on documentation, if your program
isn’t documented then you have no proof that you did
everything that’s prudent and reasonable to prevent a
failure.

You may have changed the oil in that compressor
the week before it failed but without a document indi-
cating you did it… well, it will be very difficult to con-
vince anyone you did. It’s also very difficult to
remember everything so a documented maintenance
schedule serves as an excellent reminder of when some-
thing should be done. A schedule and a record of the
work being done is the best evidence that you are doing

your job and a failure will not reflect on your perfor-
mance. If you’ve done a good job planning and execut-
ing the maintenance plan you shouldn’t have any
failures.

Every piece of equipment that requires preventive
or predictive maintenance should have that maintenance
scheduled. You have to generate the maintenance sched-
ule for your plant because your plant is unique. The best
place to start working on that schedule is the operating
and maintenance manuals, doing what the manufacturer
recommends until you get some track record to find
what you have to add and what requirements you can
extend beyond the recommendations.

Be certain you got everything because failing to
maintain something can be hazardous. I was called in to
investigate the third boiler explosion in as many months
at one plant and found they had never bothered to re-
place the tubes in their ultraviolet flame scanners despite
the manufacturer’s recommending they be replaced an-
nually. Three boilers had extensive damage all because
nobody replaced some three dollar electronic tubes. By
the way, those were “self-checking” flame scanners.

CLEANING

If there’s any distinct impression you get when
walking into a boiler plant for the first time it is the
cleanliness of the plant, or lack thereof. I have customers
with plants that contain flowers in the control room and
you believe you could safely eat off the floor. There are
others that are so dirty it’s hard to see anything because
the entire plant is black with soot. Which one do you
think is better maintained?

Don’t get me wrong, cleanliness isn’t a sure sign of
a quality plant. Lack of it, however, is almost always
indicative of nothing but trouble. A boiler operator has
the ability to make the difference in the appearance of
the plant and it should be part of the preventive main-
tenance program. Many an operator claims he or she is
too busy to sweep and mop floors, dust, etc. to keep the
plant clean. They’re usually the ones I can see holding
down a chair for twenty minutes or more after I first
enter the plant. I always had time to do some cleaning
and you will too. Like any other activity it makes the
shift seem shorter. You don’t have to polish the brass like
I did but the extent of work you do is up to you. Every
time you leave the plant you should look around and
ask yourself a simple question, “would I be proud to
have anyone come into this plant and look at it?”

Certain cleaning functions are, by their very nature,
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considered to be part of the operating function. That’s
because those devices are in operation and only experi-
enced, knowledgeable individuals (like a boiler opera-
tor) should be allowed to touch them because improper
action could shut down the plant. These include clean-
ing burners, operating soot blowers, and cleaning oil
strainers to name a few.

Speaking of cleaning oil strainers… The typical du-
plex oil strainer (Figure 5-1) is one of those devices that
is in service when cleaned. If you open the wrong side
(you shouldn’t because the handle is supposed to be
over the side in service) the plant could be shut down.
Another situation involves switching the strainer in ser-
vice. It must be done carefully and slowly because it’s
always possible that the cover wasn’t replaced properly
and the strainer could leak.

One of those strainers involved my first lesson in
reading instruction manuals. I had just joined a ship as
Second Assistant Engineer and entered the boiler room
to find the new fireman using a helper to change the
strainer. You know what I mean by a “helper,” a long
piece of pipe stuck over the end of the handle. I chided
him for doing that, advising that he could break the
handle. After trying everything I had been taught about
them I finally relented and helped him operate the
helper to switch the strainer. On the next watch he re-
ported it was even tighter than the day before. Noticing
that the handle was bending precariously I told him to
wait until I had time to look at the manual.

A visit to the chief engineer’s office later that day
produced the manual and revealed that there was a little
jacking screw under the strainer that both lifted the plug
valve so the strainer could be changed and tightened it
back down. On the evening watch I looked under the

strainer and, sure enough, there was that little jacking
screw. The fireman and I were both amazed that once we
operated it the strainer handle could be turned with one
finger.

There’s one other thing I’ve learned about oil
strainers. The day you decide that it isn’t necessary to
clean it because it’s always clean when you open it…
that’s the day it will plug up.

INSTRUCTIONS AND SPECIFICATIONS

Read the manual first and every time before you
perform any maintenance unless you know the book by
heart. Then prepare a checklist that helps you make sure
you follow the instructions. It’s awfully easy to forget a
step or get them out of sequence with component failure
being a result. If you don’t have the manual then contact
the manufacturer to get one. They may charge an abso-
lutely atrocious amount (you have to consider their cost
in producing one copy compared to several hundred
during the period they manufactured and sold your
equipment) but even as much as $300 can save ten times
that amount in damage to the equipment.

A checklist will help insure that all the steps are
executed in the prescribed order and can save a lot of
time. Just jumping in and doing it may seem faster until
you have to tear it back down again because a part was
left out or an adjustment wasn’t made; it’s even longer
if you’re documenting every step because there was a
failure and the equipment is severely damaged.

You should check instructions despite your skill
and knowledge. I recall one contractor that was adamant
about the rotation of a fuel oil pump when I told him it
was running backwards. He insisted I didn’t know what
I was talking about. When I persisted long enough he
finally grabbed the instructions (which were still en-
closed in the envelope wired to the lifting eye on the
pump motor) yanked them open, flipped through the
pages and prepared to point at the graphic while thrust-
ing the paper in front of me. Almost as quickly he drew
back and checked the diagram; he was wrong. He had
created several days of delays, damaged the piping on
the pumps, and possibly the pumps, simply because he
refused to take a few minutes to look at the instructions.

Specifications define requirements and anything
more complicated than a faucet or a toilet ballcock should
be compared to the specifications to ensure you have the
right type and grade of material. That includes things
supposedly simple, like bolts and nuts. I have encoun-
tered several situations where the wrong bolts or nutsFigure 5-1. Duplex oil strainer
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were used and a few of them were on my projects where,
despite the drawings specifically listing the requirements,
the steamfitters used the wrong bolts or nuts.

I’m very grateful none of those incidents had a
result like using the wrong nuts on the Iwo Jima, a Navy
aircraft carrier, in October of 1990 when ten people were
killed because a valve bonnet blew off in a confined
engine room.5 A valve’s bonnet is that portion of the
valve that’s removable without dismantling the attached
piping to provide access to the valve’s internals.

Something that sounds good or looks right isn’t the
answer. If you don’t understand a specification or can’t
determine whether the material you have complies with
it you should consult someone to ensure you have the
right material.

Don’t take the salesman’s word for it because he
can deny telling you after the catastrophe occurs so you
end up holding the bag. Sometimes the mistake is imme-
diately evident. I can still remember the look on a
contractor’s face when they started filling a piping sys-
tem that took over a week for five men to install and
water was spurting from the longitudinal seam of every
piece of pipe. Nobody checked the material, it was all
“untested” pipe; manufactured for structural use.

Sometimes you find out later, that’s almost always
the case when the material isn’t capable of withstanding
corrosive action of the liquids it contains. I can still re-
member the condition of a mild steel thermometer well
we had knowingly installed in a stainless steel piping
system because the owner wanted the system running
and we didn’t have time to get a replacement well. We
got to replace the well with one of the right material a
week later and discovered there wasn’t much left of that
mild steel. Had the plant run for a few more days the
well would have corroded away, the thermometer
would have blown out and highly corrosive liquid
would have been spraying into the plant.

There’s one other thing about materials that needs
to be addressed. You may find that a modern material
does a better job, something like graphite gaskets for cast
iron boilers instead of rubber ones. Refer to the section
on replacements that follows.

LOCK-OUT, TAG-OUT

First of all I want to say that I’m not one of those
people that gripes about all the hassle associated with
lock-out and tag-out regulations and requirements. I op-
erated in the times before those regulations and have very
vivid and unsettling recollections of incidents where

people were injured (including me) and others were
killed because we didn’t have those regulations. Follow
them religiously, they are there to protect you and keep
you alive. Second, it is the operator’s responsibility to en-
sure all those regulations are followed and, more impor-
tantly, to be the person in charge of lock-out, tag-out.

Don’t be too quick to allow that responsibility to
reside in someone else, you’ll regret it the day the
contractor’s crew closes and locks out the wrong valve
(like on the plant’s only water line) then go out to lunch!
You’re also the only one in the plant I would count on to
know every valve that has to be closed to ensure a sys-
tem or vessel is really isolated. Another problem is that
the owner of a plant is responsible for the safety of the
contractors because any hazard in the plant involves the
property of the owner. If the boss says “let the contractor
do it” you might point out to him that the contractor can
do it wrong, sue the owner when someone’s injured, and
the contractor will win!

The regulations for lock-out, tag-out are in OSHA
29CFR part 1910. They are still changing and evolving so
I don’t intend to address them all here. You should ob-
tain a copy of that document and be aware of updates.
You’ll have it to review every time you have to prepare
a system for maintenance. Right now there are many
methods for satisfying the requirements but one simple
program shown to me by Ken Donithan of Total Boiler
Control seems to be a really clean and simple approach
that satisfies the requirements with a minimum of paper-
work and a great degree of understanding. It’s demon-
strated in Figure 5-2 which was prepared for work on a
steam boiler.

A diagram or schematic of the system is prepared
and laminated with plastic to serve as the key element of

Figure 5-2. Lock-out/tag-out diagram
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the program. It’s mounted on a stiff board and hung
near the equipment while it’s being maintained so it’s
easily seen and used. As each valve is closed or opened
and locked the number of the lock is marked on the
diagram with a non-permanent marker. A quick look at
the diagram will tell you if all the valves and disconnects
are set and locked. All the keys for those locks are placed
in one box which has a lid secured by means of a latch
that can accept multiple locks.

As each worker places their lock on that lock box
his or her initials are added to the diagram so you can
see who is in there (or left their lock on) during the
progress of the maintenance job. When they leave they
remove their lock and their initials. When all work is
done and all workers’ locks are removed you can re-
move the keys from the lock box and remove the locks
that ensure the equipment or system was isolated, eras-
ing the lock numbers as you go.

In some cases the job could have several operators
removing locks and erasing the board as they are re-
moved. This method ensures they’re all off. Now the
board can be put away for use on the next turnaround.
You’ll note it’s simple and effective while not producing
a lot of paper. The locks can have tags permanently at-
tached but I think the number on the lock serves as the
tag. The only time you may have to cut a lock is when
some worker leaves a lock on the lock box and goes
home. Of course, you have to make certain that’s what
he or she did.

It’s always important to include venting, draining
and purging of systems as part of your procedures of
lock-out and tag out. That’s very important when the
system contains a hazardous substance, something cor-
rosive or explosive. I’ve walked away from some loca-
tions when I’ve observed contractors starting work on
pipes without making certain they’re vented, drained
and purged. I walked away so I wouldn’t be injured if
they opened a hot line. When dealing with certain sub-
stances additional requirements should be followed.

Don’t say it’s never happened. One of my crews
cut open a hot line that was supposedly completely iso-
lated. Caustic soda, if I recall correctly. The line pen-
etrated several floors and the wrong one got shut off at
the lower level. I’ve also heard of several other incidents.

Any time a gas line is opened it should be vented
and purged. If the gas is considered hazardous to the
environment it should be purged through a flare or sor-
bent to prevent it escaping untreated. Flammable gases
should be purged with inert gas. Usually that means a
few bottles of nitrogen or carbon dioxide but large and
long lines could be purged with inert gas from a special

generator. Once you’re certain the flammable gas is out
you follow up by purging the inert gas with air. Just
using air is only acceptable for very small lines (less than
3 inches) because flammable mixtures could be pro-
duced in the piping and ignited. Keep in mind that inert
gas not only prevents combustion, it doesn’t contain any
oxygen and you can’t breathe in it.

We were installing gas burners in a plant that had
a future gas line installed several years earlier. The gas
line, a ten inch one, entered the plant through the west
wall and was closed with a weld cap. I gave my foreman
specific instructions to prepare a steel plug in case it was
necessary and be ready to insert it in a hole drilled in the
line. I also told him not to cut the line until I was there
with a gas tester. Luckily an apprentice overheard me
and suggested to the foreman that he should call me
before taking a cutting torch to the pipe. The foreman
relented and called so I went to the plant with the tester.
He explained that he had talked to the gas company
workmen, who had been there to check the meter loca-
tion, and the piping was “dead.” He finally allowed as
to how I was just being safe and had the apprentice drill
a one-eighth inch hole in the top of the pipe. The gas
detector went nuts and it took a lot of pressure by the
apprentice’s thumb to stop the leak.

No, the foreman hadn’t made up the plug either.
We wandered around the plant looking for something
until I finally found a piece of wood and used my pocket
knife (which I’m never without) to make a plug that we
used to seal the hole. The next day the gas company
managed to seal off the pipe and we vented it for ages
through that little hole.

What do you think would have happened if the
apprentice had just started cutting with that torch?
Safety is an attitude, acquire it. Lock-out tag-out, purg-
ing and environmental testing are things you should
take for granted and insist upon happening before open-
ing any equipment for maintenance.

That was only one situation involving that superin-
tendent and I was never allowed to fire him. When I
think back to the many times he created hazards or sim-
ply changed a job without approval, and got away with
it, I don’t wonder that I finally managed to get myself
fired. Looking back at what happened later, I feel satis-
fied by the old adage “better safe than sorry.”

LUBRICATION

Lubrication is probably the second most important
element of preventive maintenance. On larger pieces of
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equipment drawing samples of the oil for testing is a
predictive maintenance measure. It falls on the operator
to ensure that every piece of moving equipment is prop-
erly lubricated. With the increased use of synthetic lubri-
cants that portion of the job is becoming more complex.
Synthetic oils can save thousands of dollars in power
cost for operating large pieces of equipment. On the
other hand, adding the wrong oil to a crankcase can
result in an instantaneous breakdown of the equipment
because the two oils are incompatible and one oil causes
the other to break down. Keeping an up-to-date lubrica-
tion chart that covers everything in the plant is impor-
tant. Paying some attention to proper lubrication
schedules can save you time in the long run.

I’ve discovered that lubrication is one of the main-
tenance activities that is always a mixed bag. Most
plants seem to have a program that consists of over-lu-
brication of some equipment and insufficient attention to
the lubrication of other equipment. Many grease lubri-
cated bearings need lubrication infrequently but are lu-
bricated regularly simply because the program doesn’t
provide for a proper schedule; that results in unneces-
sary lubrication and over-lubrication of that equipment.
If your program doesn’t allow for lubrication schedules
over periods as long as five years that will happen.
Grease is not cheap nor is the labor that’s required to
move around the plant and lubricate equipment unnec-
essarily so developing a suitable program is normally
paid for.

Lubrication is a function of operating hours more
than anything else so a program for scheduling it sug-
gests installation of recording operating hours of the
equipment to determine when lubrication is necessary.
I’m in favor of installing operating hour meters on ev-
erything. Tracking when equipment is in service in a log
book is another way to determine operating hours.

Frequency of operation is also a factor and equip-
ment that is started and stopped frequently should be
lubricated more often than those that run continuously
because the constant heating and cooling of the bearing
results in swell and shrinkage of the lubricant and can
result in air and moisture mixing with it to degrade the
lubricant and rust the bearing. Systems that are oil lubri-
cated also have a requirement for replacing the oil at
frequencies that are based on the greater of operating
hours or time. Grease is replaced with each lubrication
so there’s no additional scheduling to replace it.

It’s that replacing of grease that many operators fail
to consider. I don’t know how many times I’ve seen
someone slap a grease gun onto a fitting and pump
away with no thought or concern for where the grease

that was in the bearing is going. That frequently results
in the bearing shaft seals failing because the grease
forced them to upset (Figure 5-3) and additional grease
is forced out around the shaft or into the equipment
housing.

Combine that with the common over-lubrication
associated with grease bearings and it promotes equip-
ment failure because the grease eventually blocks cool-
ing air flow passes within the equipment. Invariably
there is a plug or cap that can be removed to provide a
passage for the old grease and that opening should be
provided before pressing new grease into the bearing.
Don’t forget to put the plug or cap back after the bearing
is lubricated and, when the manufacturer recommends
it, the equipment is operated to stabilize the volume of
grease in the bearing.

Use of the proper grease is also important. I’ve
observed some facilities simply use the highest grade of
grease required to simplify their activities thinking that
if they use the best in everything they won’t have a
problem. There are two problems with that thinking,
first it’s expensive because the high quality grease is
very expensive and secondly that high priced grease
may not work well in the bearings that can function with
the less expensive material.

Grease requirements are a function of load on the
bearing and speed so a grease designed for a high speed
low load bearing will not adequately support the larger
loads of a low speed bearing. A lubrication program
that’s designed to be simple or make life easy for person-
nel can result in shorter bearing and equipment life.
So… give up on the concept that you can use one grade
of grease and lubricate the bearings in accordance with
the manufacturer’s instructions or the recommendations
of your lubrication specialist. Painting a circle around
each fitting with special colors to denote the grease to be
used and applying similar paint to the barrel of the

Figure 5-3. Grease seal upset by overpressure
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grease guns and tip will help to ensure the proper lubri-
cant is utilized.

Another problem I see regularly is a failure to clean
the grease fitting before attaching the grease gun. Use of
a lint free rag to wipe off the fitting is recommended but
it will not always remove the paint and other materials
that manage to find their way onto grease fittings over
time. If I had my way every grease fitting in the plant
would be protected by a plastic cap that prevents any-
thing getting on that fitting between lubrications. I
would also still require the fitting be cleaned before at-
taching the grease gun. What if someone steps on the
plastic cap or hits it with something and you find it off?
If I had my way the grease fitting would be replaced
before installing a new cap.

Eliminating contamination of the bearing with con-
taminated grease in the tip of the grease gun is also
important. Always carry an additional lint free rag or
small bucket to collect a small amount of grease from the
gun before attaching it to the fitting. A quick shot into
the rag or bucket will eliminate any dust or other debris
that was picked up by the grease in the tip of the grease
gun.

Sound like a lot more work? Perhaps you feel you
aren’t ready to go to all that trouble. The truth is that
grease lubrication requirements are so infrequent that
people I’ve convinced to establish a good grease lubrica-
tion program find they’re doing half the work because
they were lubricating their equipment too frequently. If
you have a policy of greasing everything once a month,
or more frequently, that’s probably the case.

Oil, like grease, varies in its application and you
must be certain you are using the proper oil for the
equipment. A simple mistake involving oil can destroy a
piece of equipment because one oil mixed with another
can produce an incompatible mixture that loses all its
lubricating properties. When that happens the mixture
tends to split into a light fraction that is too thin to sup-
port the load and a sludge that settles to the bottom of
the sump or plugs up the pump and filters. Every piece
of oil lubricated equipment should be marked to clearly
indicate which oil is to be used in it.

Preventing contamination of the oil in your equip-
ment by adding contaminated oil is very easy. Oil inter-
acts with its environment more readily than grease so
you should always take every possible measure to pro-
tect oil in storage and en route from storage to the equip-
ment. Many modern oils can absorb moisture and must
be kept sealed until they are put to use. If your equip-
ment contains an oil heater then the oil will probably
absorb moisture right out of the air, contaminating itself

if it isn’t kept in sealed containers.
Oil, unlike grease, can be cleaned and rehabilitated

while still in the machine. In addition to oil strainers and
filters a lubricating system can contain water separators,
magnetic separators, heaters and coolers to maintain the
oil at its optimum operating temperature, and settling
tanks to allow removal of solids and contaminants. The
expensive oil is maintained by these systems to reduce
the cost of regular replacements but it requires attention
to maintenance of the oil systems.

If there isn’t an oil maintenance system you may
also have the option of an oil maintenance service, a
company that will pick up and refine your used oil and
give you credit toward the purchase of new oil. Regular
testing of the oil in those systems is essential to ensuring
proper system operation and maintenance of the lubri-
cating quality. Normally the testing of oil (tribology) is
performed by outside laboratories that have all the re-
quired equipment. The oil is tested for water, acidity,
lubricating properties and microscopically. The examina-
tion by a skilled technician with a microscope can iden-
tify all the particles in the oil to reveal impending
bearing failure or problems with gears or other parts of
a machine.

Maintenance of oil lubricated equipment requires
more attention than grease lubricated ones because the
oil is exposed to the air in the plant. Grease systems are
basically sealed so air doesn’t contaminate them, that’s
why some grease lubricated bearings can go 40,000
hours, which is close to five years, without re-greasing.
When equipment starts and stops it breathes because the
oil and air heat up then cool off to change volume so air
has to bleed out then is drawn in. The grease changes
volume but it’s normally such a small change that those
seals expand and contract with it to prevent leakage of
contaminants in or grease out.

Systems with oil temperature control will also
breath with changes in load because the temperature of
some of the oil increases and decreases depending on the
load. Therefore equipment that is subjected to frequent
stops and starts or varying loads requires more frequent
checks of the oil than those that operate continuously.
That’s why you will frequently see an accumulation of
oil around an oil sump vent, it’s condensed vapors that
were pushed out of the vent filter as the system breathes.

If you, or your boss, object to the accumulation of
oil around the vent you can try putting an extension
pipe on it, raising the vent at least three or four feet. If
you would like a more engineered design you can calcu-
late the change in volume of the air and oil in the system
then put on enough pipe to provide that volume. Over-
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head clearances may prevent extending the pipe at its
connection size but that doesn’t prohibit you from add-
ing a couple of reducers and larger pipe to the extension
to get the volume. The concept of this solution is to cre-
ate a vertical settling space where the oil that would
normally settle on something outside the vent settles in
the piping to leave a volume of air substantially free of
oil to flow out of the vent.

A simpler solution is to carry a rag with you and
keep the area around the vent clean; observation of the
oil around that vent can give you an indication of a
change in the condition of the oil in the equipment so it
may be a better way.

Oil has to be changed in any system that doesn’t
have its own conditioning equipment just like your car.
Also, just like your car, there are rules of thumb that are
wasteful. Most cars don’t need an oil change every 3,000
miles but that rule of thumb is treated as inviolate. I
change oil in my car every 7,500 miles unless I happen
to do some driving on dirt roads or in similar dusty
conditions when I think it prudent to change the oil right
after that situation. No, it’s not my idea, that’s what the
instruction manual says to do.

The instruction manual for the equipment will pro-
vide some guidance but you can judge the need for an
oil change yourself by noting the condition of the oil.
You don’t have to be a tribologist to tell that the oil
needs changing more frequently when you see distinct
changes in color or particles in the oil before it’s due to
be changed. A problem with water supply to the cooling
system that resulted in a significant rise in oil tempera-
ture should be followed immediately by an oil change or
testing to see if it needs changing.

Other indications include presence of a whitish
waxy substance that indicates water has contaminated
the oil. The opposite isn’t necessarily true however; just
because the oil looks good you can’t be assured that it’s
okay. If the cost of the oil and labor to replace it is not
significant (less than $100 per year) then you might as
well change it according to manufacturer’s recommen-
dations. If the cost is significant you should employ the
services of a tribology lab to test the oil and make recom-
mendations for changing it. I know of systems that have
operated 100,000 hours without an oil change. A
manufacturer’s recommendations are normally based on
the most severe use and the wise operator makes every
effort to ensure the equipment isn’t overloaded, or
abused, so the oil can last longer.

Replacing organic oils with synthetic ones can re-
duce wear and power requirements for equipment. In
addition, the synthetics last much longer than the or-

ganic oils. There are balancing factors in the additional
cost of the synthetic oil and reduced power and mainte-
nance costs. If you’re changing large volumes of oil in
equipment on a regular basis (less than annually) a hard
look at synthetic replacements is recommended.

Oil lubrication systems require maintenance of
more than the oil. Filters have to be changed along with
the oil and more frequently in some systems. Coolers
need to be cleaned on the water side to prevent fouling
and maintain heat transfer. Temperature controls must
be checked to ensure they’re operating properly and
maintaining the right temperatures. Centrifugal separa-
tors and the like have to be maintained according to
manufacturer’s instructions.

Anything that affects the temperature of a lubricat-
ing system is critical to continued safe and reliable op-
eration. If a lubricant gets too hot it will break down and
lose its lubricating properties to allow metal surfaces in
the equipment to rub, gall, and scrape with failure occur-
ring rapidly. That’s why you’re told to log an oil tem-
perature that is always the same. The purpose is to
notice when it suddenly does change so something can
be done about it.

Cleanliness is the next important factor because
clearances in bearings and gears are so small that a par-
ticle of dust that’s almost invisible in the air can span the
clearance to produce damage in the equipment. Any
opening into a lubricating system should be fitted with
a filter and systems should not be opened unless provi-
sions have been taken to prevent dust and dirt getting
into them. A little contamination of a lubricating system
can result in total system failure costing thousand times
more than the oil.

INSULATION

Insulation is one of those items that, for whatever
reason, never gets the attention it deserves. It’s not un-
common for me to be called to a plant for complaints of
high fuel bills only to find that half the insulation has
fallen off. You’ll recall the story about rain load in the
section on knowing your load; that was because of lack
of adequate insulation. Burning fuel unnecessarily be-
cause the insulation isn’t maintained is not what a wise
operator does.

Any discussion about insulation raises the concern
for asbestos bearing insulation contaminating the air in
the plant. While many facilities have spent the fortune it
costs to remove asbestos bearing insulation others have
chosen to encapsulate it. If your plant is one of the latter



Maintenance 133

then maintenance of that encapsulation has a priority.
Damage to the cover can occur as a result of normal
operating and maintenance activities or from vibration
that occurs during normal operation or a plant upset. A
tour to check the integrity of encapsulation should be
performed on a monthly basis.

When it becomes necessary to gain access to some-
thing covered by Asbestos insulation you should notify
your employer so he can have the insulation removed
unless you have been trained to do it. The laws regard-
ing asbestos bearing insulation do permit removal of
small quantities without all the environmental controls
required of a major material removal; and you could be
trained to do it. If you are, follow the rules you were
taught in the class. If not, and you think the contractor
doing the removal is contaminating your air (lots of dust
blowing around isn’t to be accepted) scream and holler
because once you’ve breathed it in it’s yours for a life-
time. Once the work is complete make sure the asbestos
that remains is encapsulated and don’t forget to mention
its removal, and who did it, in the boiler plant log.

Whenever insulation is removed for maintenance
or repair make certain it’s put back or replaced. I, if
nobody else, will have a very low opinion of your main-
tenance practices if I come into the plant and find little
bits of insulation missing here and there. Small areas
tend to become bigger and, after a while, the whole sys-
tem is bald. Not only is it a waste of energy, it’s hazard-
ous because you could be severely burned.

I was in one plant where I suggested the customer
do something about his insulation for another safety
reason. It had received no attention and was literally
falling off the pipes. The hazard was associated with
being hit on the head by falling insulation! Such in-
stances aren’t uncommon and they lead me to recom-
mend you never accept an insulation job that consists of
nothing but stapling up ASJ (All Service Jacket, that
white paper like material with the flap that comes on
most insulation) because it won’t last. The staples even-
tually corrode and fail with the rest of what happens
being most obvious.

At the very least piping insulation should be se-
cured with minimum 20-gauge galvanized wire
wrapped around it, twisted, and bent back against the
insulation (to prevent the sharp ends catching or cutting
anything or anyone) twice on each section. For longevity
a light canvas wrap impregnated with a waterproof
mastic will look better and could last even longer.

Outdoors and in areas where the insulation may be
struck by people carrying objects such as ladders the
corrugated aluminum jacket with aluminum straps and

fasteners is necessary to provide long life. Long runs of
hot piping pose a special problem, the pipe expands but
the insulation doesn’t expand anywhere near as much
and the jacket, particularly outside in cold weather, can
shrink from its original length. When restoring insula-
tion on long runs try to compress the existing insulation
as much as possible without crushing it then compress
the new material as much as possible when installing it;
jackets should have a minimum overlap of three inches
outdoors and the longitudinal seam should always be on
the side of the piping lapped down to prevent rain en-
tering the seam. On vertical runs of pipe make certain
any jacketing is lapped to shed water. Do it indoors too
because a leak can always spray water, or worse, all over
the place.

Large flat surfaces require the installation of insu-
lation studs, wire secured to the surface by stud welding
or a special machine that shoots the wire into the sur-
face. The studs hold insulation with special washers
over the stud pressing the insulation against the equip-
ment surface. An impregnated canvas covering or corru-
gated aluminum jacketing is necessary to protect the
surface of that insulation. Any repair job should return
the insulation to a like new condition using one of the
methods I described.

What do you do if some insulation gets wet? If it
got so wet that it collapsed it has to be replaced, other-
wise let it dry. If it got wet while the pipe was out of
service and the line contains steam or hot water you
should warm the piping up very slowly or you may
generate steam under the insulation that will blow it off.

Damaged or compressed insulation should be re-
placed as part of the annual clean up operation. Where
the damage is repeated some consideration should be
given to installation of better protection of the insulation,
consider replacing or covering the jacket with heavy
galvanized sheet metal thick enough to ward off the
damage.

No, I don’t want to hear the argument that it
doesn’t make any difference if the piping is only used
during the heating season and it heats the building any-
way. The heat lost through lack of insulation is almost
never able to heat the space as intended. It’s almost as
weak an argument as the one that I’m always hearing
which is “it’s only a little bit.” Little bits become lots
when that attitude is taken. We’re out of that thickness is
another unacceptable argument; put something thicker
on it! The energy lost in the month or more it takes
someone to get around to ordering the right thickness
will pay for the additional thickness.

Speaking of various thicknesses, it doesn’t pay to
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maintain an inventory of multiple thicknesses, get pipe
insulation in one inch increments, one, two, and three (if
you need three inch) etc., and layer it for greater thick-
nesses. Limit your stock of one-inch thickness to pipes
two inches and smaller. For flat and large diameter sur-
face insulation all I would keep is a two-inch thickness.
Your inventory should also be limited to the insulated
pipe diameters you actually have in the plant.

Be cautious with insulation on or near piping con-
taining flammable liquids such as fuel oil. The insulation
can absorb it like a wick to become a fire problem later.
Insulation in the area of fuel oil pumps, strainers, burn-
ers and such other places that could be splashed by a
leak should have full aluminum jacketing over a mastic
impregnated covering to prevent a leak or splash soak-
ing in.

Re-evaluate your insulation once in a while. The
old rule that says it should be insulated if you can’t hold
your hand on it still applies. The only thing you should
not add insulation to is any part of a boiler casing.

The wise operator maintains the insulation in his
plant. The argument that the owner won’t buy any insu-
lation is easily covered. Explain to the owner that you’re
paid to be there anyway so the cost of material for re-
pairing or even adding insulation is recovered in fuel
cost in a couple of months. The owner might even con-
sider boosting your salary a little with what is saved
after that.

REFRACTORY

Refractory is unique material in one regard because
no manufacturer will absolutely guarantee their material
will remain intact. Materials exposed to the high tem-
peratures of a furnace are also subject to components of
the fuel that become very caustic or acidic at the high
operating temperatures. Some components of fuels pro-
duce considerable damage with vanadium being par-
ticularly offensive.

Vanadium is common in many of the heavy fuel
oils and has a particular means to damage refractory.
Vanadium pentoxide is molten at flame temperatures
and as low as 1200° F . It remains molten at the refractory
walls and soaks into the refractory during boiler opera-
tion. When the burner shuts down the materials cool
and the pentoxide solidifies. Being a metal oxide it
shrinks at a different rate than the refractory. The differ-
ence in thermal expansion, where the pentoxide soaked
layer shrinks more than the regular refractory, creates a
shear plane between the two materials where they pull

apart. The result is breaking off of a layer of the refrac-
tory from one quarter to two inches thick, a process we
call spalling. The damage is very evident on inspection
of the furnace because the pentoxide soaked layer has a
glossy black appearance and is spotted with light tan
areas where the pieces of refractory spalled off.

Yes, refractory does expand and contract with
changes in temperature. It’s nowhere near as much as it
is for metal but it does grow and shrink and that must
be accounted for. I’ve known operators to try repairing
every crack that appears in the refractory in their boiler’s
furnace on each annual outage and, as a result, acceler-
ate the damage.

I have a rule that says any crack that is smaller than
a number 2 pencil, where you can’t put a sharpened
pencil in up to the yellow paint, should be left alone.
Those are expansion cracks and will close up as the
boiler heats up. Plugging larger cracks, as much as three-
quarters of an inch, with hard refractory materials isn’t
recommended. Today we have access to ceramic fibers
rated at temperatures as high as 3200° F  that should be
used to fill those cracks. The ceramic fibers shouldn’t be
packed into the crack to the extent that they’re solid,
leave it soft so there’s room for the major pieces of ma-
terial to expand into the crack.

In my days of operating we used asbestos for such
repairs and you could encounter asbestos in joints and
cracks of refractory in an older boiler. If you have good
maintenance records you’ll know what you’re getting
into but, lacking data, treat any fibrous material as as-
bestos until such time that it’s proven it isn’t.

One important location for providing thermal ex-
pansion is around the burner throat on oil and gas fired
boilers, also pulverized coal burners. The throat material
is usually rated for very high temperatures because the
throat is closest to the fire and will be the hottest refrac-
tory in the furnace. Those of you firing gas know that
the throat is glowing cherry red when the boiler is in
operation. Actually it’s always red hot, regardless of the
fuel, you just can’t see the glow with pulverized coal or
oil fires because the bright fire lights up the furnace.

Throats are either made up of pieces of a pre-fired
refractory material we call “tiles” or a plastic material.
When we use the word “plastic” in discussions of refrac-
tory we mean a material that can be molded and shaped
as desired until it is dried. Plastic refractory has the con-
sistency of stiff clay and looks and feels like mud with
lots of sand and fine gravel in it.

Either of the throat materials will expand consider-
ably during boiler operation so there should always be
some form of expansion joint around the throat. I’ve
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seen many installations of plastic refractory where the
throat and burner wall were monolithic (all one big
piece) and they do manage to stay intact for quite a
while despite the differences in temperature; I just prefer
separating them because a prepared joint provides a
perimeter for expansion and eventually, a repair.

A problem we used to have, and one that I’m cer-
tain is still possible, is sagging of a plastic refractory wall
which bears down on the burner throats to distort them.
I still insist on a “bull ring,” a circle of special pre-fired
arch brick or tile around the burner throat that supports
the wall and prevents it’s weight bearing down on the
throat tile. The bull ring should be designed to provide
a half inch gap between the inside diameter of the bull
ring and the throat tile which, today, would be packed
lightly with ceramic fiber.

If you find yourself repairing your burner throat
again you might give serious consideration to rebuilding
the entire thing to get that flexibility. Burner throat repair
and replacement is best left to the experts, men and
women skilled in installing the materials because it isn’t
easy to properly position throat tile so you get a perfect
circle or shape a refractory throat in perfect form along
the sweep.

Sweep? That’s a special tool used to shape a burner
throat out of plastic refractory. Normally it’s a piece of
flat steel plate welded to a pipe that fits into the oil
burner guide pipe and cut to produce the form of the
burner throat. (Figure 5-4) I had one on one ship that
consisted of several pieces which, when assembled,
formed the burner cone completely with four scraper
bars and it was designed to spin into the packed plastic
to produce a finished throat. I can also remember that a
refractory crew in a foreign shipyard thought they didn’t
need that sweep to form the throats and I ended up

going back into the boiler to replace their work shortly
thereafter because they produced a completely different
shape. If you have plastic throats make certain the in-
stallers use that throat sweep and use it properly.

If anyone tries to sell you a refractory “mainte-
nance coating” kick them out of your plant. I may incur
the wrath and ire of some manufacturers and salesmen
that believe they’re providing a valuable service but I
don’t care. So called maintenance coatings don’t do
squat as far as I’m concerned and I’ve never seen them
do anything good, they’re usually quite harmful. Those
materials are, in some instances, nothing more than mud
somebody dug up. Higher quality materials are seldom
matched to the refractory in your boiler so their thermal
expansion rates are matched. The result is that much of
the spalling I’ve seen is just the maintenance coating
breaking away. It also fills the small cracks that provided
for expansion to create stress on the face of the refrac-
tory.

Another regular problem with those materials is
they are applied carelessly. In many of the situations
where I’ve been asked to help with problems with firing
gas I’ve found the openings in the gas ring partially
blocked with that so-called maintenance coating. Instead
of spending money on that junk put it in the bank to pay
for a complete replacement of the refractory some years
in the future. If your refractory is suitable for the appli-
cation there will not be any serious degradation unless
you create it.

You shouldn’t encounter all the problems I had
with refractory because the materials and installation
methods have improved considerably in the past forty
years. If you do have a forty year or older boiler you
may be seeing them but modern boilers with mostly
water cooled walls will have very few refractory prob-
lems.

The one difficulty with modern boilers, especially
the ‘A’ and ‘O’ type package boilers is retention of the
refractory seal where tangent or finned tubes are offset
or lacking fins next to the boiler drums. Those sections
consist of very small pieces of refractory with very little
to hold them in place and, for those particular boilers,
the grip has to overcome gravity so their weight is a
factor. The best way to repair those is to completely re-
move a section and replace it. You’ll find that new ma-
terial doesn’t bond to old refractory at all. As the new
material cures and dries it shrinks and simply pulls
away from the old material.

Any refractory repair that isn’t just for a short term
should consist of complete replacement of a section with
adequate provisions for expansion. That repair will last.Figure 5-4. Throat sweep
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Patches are exactly that and they don’t last. Don’t be
afraid to improve on an installation either. If a repair is
made because a furnace wall buckled into the furnace
you should improve the anchoring as well as provide for
thermal expansion. Either lack of anchoring or buckling
due to thermal expansion was the cause of the failure so
take measures to counter both problems.

Any temporary patch has to be anchored or it will
be more temporary than you intended; falling out as
soon as the boiler heats up. Since the repair material will
shrink a little as it dries. It doesn’t matter how hard you
hammer on the wet plastic refractory material (or how
thick any slurry of castable refractory is) it has to be an-
chored somehow. Castable, by the way, is a powder
that’s mixed with water to form a very dense soupy
mixture that can be poured into spaces surrounded by
forms. Small areas, less than sixteen inches in diameter
should be “keyed in” to the existing material. That’s
accomplished by undercutting the face of the existing
material (Figure 5-5) so the patch is wedged between the
edges of the existing material and the casing insulation.

Larger patches should be anchored by installing a
refractory anchor (Figure 5-6) secured to the casing or
brick setting so the patch is secured and will not tend to
crack and buckle out as it’s heated. Refractory anchors
should be installed within 18 to 24 inches of each other
if you don’t have a successful wall to compare to.

Almost any refractory repair requires a “dry-out”
as described in the chapter on new start-ups. If the re-
pair consists of brick or tile laid up dry, a common ar-

rangement for sealing the furnace access opening on
many boilers, then there’s no need for a dry out because
there is no moisture imbedded in the refractory. Any-
thing else will have to be dried out.

When the patch is made with plastic refractory the
dry out will be accelerated if you provide vents in the
material. You provide vents by poking the material with
a small welding rod to produce small round holes about
two-thirds of the thickness of the wet material on three
to four inch centers. Steam forming in the material will
then have an escape route. If the repair is due to vana-
dium pentoxide damage the venting isn’t recommended
because it will provide places for the oxide to soak into
the refractory.

Some refractory materials are labeled as air drying,
some are heat drying but most are combination air and
heat drying. A heat drying material reacts to a small
degree with the water that’s in it to create another
chemical that helps bond it together. When using heat
drying material it’s important to avoid letting it air dry.
You should fire up the boiler to apply the heat in accor-
dance with manufacturer’s instructions as soon as pos-
sible. The best option is to use a combination material
and it’s always important to treat all of them gently so
the repair isn’t destroyed in its first few hours of opera-
tion. Bring the boiler up to operating temperature as
slowly as possible.

PACKING

A lot of modern designs and new materials are
eliminating packing as I know it but it will be a longFigure 5-5. Undercut for refractory patch

Figure 5-6. Refractory anchor
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time before you won’t encounter a pump, a valve, or
other device with packing. Packing is material pressed
into a space between a metal housing and a metal shaft
to provide a seal to prevent or control leakage of water,
steam, or another fluid.

I trust you noted that I used the words (or control
leakage) because in many pumps that’s very important.
I’ve run into many a new operator or maintenance tech-
nician that was thoroughly convinced that the packing
on a pump shouldn’t leak and destroyed the pump by
tightening the packing to stop the leak. Unless a small
amount of fluid leaks along a constantly moving shaft to
lubricate the shaft, and protect it from rubbing, the pack-
ing will cut into the shaft. If you ever see a pump shaft
or sleeve reduced in diameter with gouges from the
packing that’s what happens.

Whether it’s a pump, a valve, a control float, it really
doesn’t matter, there’s a standard arrangement for install-
ing packing. Many leaky valves I’ve seen consist of a re-
pair where the installer simply wrapped packing around
the shaft in a spiral, cut it off, jammed it in, and expected
it to seal. That doesn’t work. Packing should be arranged
in cut segments that barely fit around the shaft stacked as
shown in Figure 5-7. The stacking doesn’t have to be pre-
cisely as shown, just alternate placing the open seams

first 180 degrees out of phase then 90 degrees to produce
a complex path for any leakage to follow.

It’s actually better to have the packing rings cut a
little short than a little long. If you have to jam the ends
together to get the packing into the opening it will create
a hard bump that can bear all the pressure placed on the
packing gland so the rest of the packing ring isn’t com-
pressed and doesn’t seal. If you jam ends when packing
the gland on a gauge glass you’ve increased the odds
that the glass will break when you tighten the packing.

Packing of pumps usually includes a lantern ring
(Figure 5-8) that has to be properly positioned in the
packing gland. Always count the number of pieces of
packing you take out from under one. The lantern ring
provides a space for distribution of leakage into or out of
the packing gland. When the packing is sealing the high
pressure side of a pump the leakage into the space con-
taining the lantern ring bleeds off to the pump suction,
which is at a lower pressure. That recovers some of the
fluid. The remaining packing, between the lantern ring
and atmosphere is only exposed to suction pressure. For
cooling and lubricating some flows between the packing
and the shaft to the outside of the packing gland.

When the packing is on the suction side of a pump
operating at pressures equal to or below atmospheric the
lantern ring space is piped to the pump discharge. The
purpose here is to provide lubrication of the packing and
shaft plus sealing the pump to prevent air leaking into
the fluid. That’s important for condensate pumps to
keep oxygen out of the condensate. Flow in that case is
into the lantern ring space. It then splits with some flow-
ing into the pump suction and the rest leaking out of the

Figure 5-7. Packing segment stack Figure 5-8. Lantern ring
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packing gland in the other direction.
Whenever you’re re-packing a pump you should

be aware that the gland could contain a lantern ring. I
remember seeing one feed pump where the operators
were not aware of the packing gland and had repeatedly
pressed the packing down until the lantern ring was
pressed past the location of the bleed connection. They
couldn’t stop excessive leaking because the entire pack-
ing set was exposed to the high pressure water and the
erosion along the shaft was getting worse.

The split in the lantern ring should always be set 90
degrees from the split in any pump casing to provide a
clear indication that it’s a lantern ring and not the bot-
tom of the packing gland. If there’s a piping connection
at the packing gland I like to open it up so I can look into
the gland while I’m re-packing it to make certain the
lantern ring matches up to the opening. Sometimes you
can get the count wrong when removing the packing
because it comes out in pieces so it doesn’t hurt to spend
the extra time to make certain the lantern ring is posi-
tioned properly. Yes, I have had to take it back out to add
or remove a piece of packing so the lantern ring is posi-
tioned properly.`

Packing of air actuators, compressors, etc., where
there’s no fluid for lubrication will have grease fittings
or piped oil connections to apply grease or oil to lubri-
cate them. These usually incorporate a lantern ring to
distribute the lubrication. Those packing glands use the
lubricant as part of the seal. It’s important to follow the
manufacturer’s instructions with that packing because
some have to be soaked in the oil or grease before instal-
lation in the packing gland while others have to be in-
stalled dry then “charged” with the lubricant before
putting the equipment in service.

Valves and a few other pieces of equipment have
very limited movement of the shaft through the packing
so there is little need for extensive lubrication. In most
cases the lubricant is part of the packing, typically
graphite. There is no need for leakage of the fluid to
lubricate the shaft. So, pumps and other devices with
moving shafts should leak to a degree but valves and
devices like a Keckley float controller shouldn’t leak.
The most important maintenance practice for those
packing glands is to tighten the packing as soon as you
see it leaking.

Every time you operate a valve check the packing
gland afterward and tighten it immediately if you see a
leak. Quick response to a leak can prevent the need to
completely re-pack the valve. If that leak is allowed to
continue it will cut through the packing, destroying it
and making it impossible to seal by simply tightening

the gland.
Since operators are the ones that open and close

valves. And, since that’s the only time the seal between
packing and shaft is broken; there’s no question that
tightening valve packing is an operator’s responsibility.

CONTROLS AND INSTRUMENTATION

Controls are the robots that do the boiler operator’s
bidding. Without them we would be very tired at the
end of a shift because we would have to make every
little adjustment that the controls make for us. Instru-
ments are an extension of our eyes and ears to allow us
to know what’s going on in the process and it’s impor-
tant the information they give us is correct. It makes
sense to maintain them so they keep doing their job.
There’s a separate section on the function and operation
of controls and instruments in this book; this part is
devoted only to their maintenance.

I’ll go on several times in this book about how
great the modern microprocessor based controls are;
that’s because they are. They make our jobs as operators
so much easier than it was when I was operating boiler
plants. They’re almost maintenance free! You do have to
make certain cooling is maintained by keeping dust and
dirt out of the slots and vents of devices and panels and
make sure they don’t get wet but that’s about it.

Speaking of getting wet, I’ve seen more control
hardware lost to water leaking into panels than for any
other cause. It never ceases to amaze me how we engi-
neers manage to do such dumb things as lay out an
entire control panel right under a shower room. It’s also
stupid to remove something from a panel and leave the
opening for water to enter. I would sure like a nickel for
every time I found a transmitter or control valve with
the cover off because someone forgot or was too damn
lazy to put it back. Even small conduit covers can admit
water that can find its way into a control panel or device.
The wise operator looks for such things on every round
and does something to restore enclosure integrity when
he spots a problem. He also carries a clean rag to dust off
cooling vents.

Those of us that are still stuck with maintaining
pneumatic controls know the most important thing to
keep up is the air compressor, storage tank, filters and
dryer. Makes sense doesn’t it? If the compressor fails
then the controls won’t work. If the tank floods because
we forget to drain condensate the controls get to try to
work on water instead of air. If the filters get overloaded
then the compressor won’t work or the controls get to
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try to work on oil. The oil coalescing filter and dryer are
there to ensure we have the clean dry air the controls
manufacturer specified.

Without clean dry air all we can expect is control
problem after control problem. Refer to the previous
section on lubrication and make sure you always check
the oil level in the compressor. Keep the fins on any air
cooler, and the ones on the compressor head, clean so
they reject heat the way they’re supposed to. It’s better
to replace a coalescing filter a little early than to put it off
until it’s too late, once oil gets past that filter and into the
system it will take what seems like forever to get rid of
the oil problems.

If your pneumatic controls do get gummed up with
oil you or a contractor will eventually have to clean
them or replace them because the oil gets gummier as it
dries and collects little particles of dust to really goo up
the controls. If you simply ignore that problem you’ll
soon discover that efficient operation is impossible be-
cause the controls will always be hanging up. Hopefully
I’ve put the fear into you and you will never fail to keep
an eye on the oil removal system to ensure it’s working.

What happens, however, when you inherit the
problem? Say you just hired on in an old installation and
discovered all the controls are spitting out oil, what do
you do? The first thing I would do is try to convince the
owner to replace the controls with microprocessor based
hardware to eliminate all the problems with the old
pneumatics. Failing that I would watch the systems for
a while without changing anything. Some of the older
pneumatic systems can work on oil or water; the old
ratio totalizer seemed to be able to. I would hesitate to
do anything about the oil getting into the system until I
had a better understanding of how it affects everything.
The expense of all the oil added to the compressor may
help convince the owner to upgrade but that’s not the
reason to let it go on; fresh oil flowing through the in-
struments will flush them and limit gumming up.

Situations where the controls work anyway should
probably be left alone, the only thing you can do is keep
good records of the costs associated with the problem to
give the owner a justification for replacing those con-
trols. Switching a system by adding coalescing filters or
other oil removal devices could result in system failure
because the oil remaining in the instruments will gum
them up.

Keeping the control devices clean, free of dust and
dirt, oil and grease is the most important thing you can
do. Electrical and electronic, including microprocessor
based controls are subject to dirty power supplies as well.
No, not real dirt, power with harmonics, spikes and all

those other things that do dirt to electrical equipment.
Whenever a contractor tries to hook up a welding

machine in the plant make sure a connection designated
for welding machines is used. Be certain any welding
lead is not run over or around control cabinets or con-
duit containing control wiring. If you test an emergency
generator regularly you may find you need a UPS
(uninterruptible power supply) on your controls to keep
them from dropping out and doing stupid things (some
set up by the logic designer) like restarting everything in
manual. Actually I prefer a UPS on all electronic and
microprocessor based control supplies because the UPS
isolates the controls from the line and will protect the
controls from surges and power line noise. It’s like put-
ting an oil-free compressor with a dryer on a pneumatic
control air supply.

Today there’s a lot of UPS systems designed for
computers that can handle the normal control system
load for a boiler. Putting one of those on your boiler
control power supply will be well worth the little bit
they cost.

Logging readings not only allows an evaluation of
the continuing performance of the plant (see boiler logs)
but also provides indications of instruments and controls
losing calibration or operating inconsistently. Maintain-
ing local instruments like pressure gauges and thermom-
eters provides a reference for your control and
instrument indications that can be used to identify prob-
lems and schedule control and instrument tune-ups.

You may be allowed to do the instrument calibra-
tion yourself. With the proper training, tools, and by care-
fully following the manufacturer’s instruction manuals
it’s possible for an operator to maintain a calibration
schedule during his normal shift. That is not only a big
saving for the employer in contractor’s costs it will help
keep fuel and power costs down as well. I know, it sounds
like I’m trying to keep an operator moving every minute
of his shift with no time to rest… I am.

I did everything including polishing brass to make
my shift seem to go faster. Just sitting there listening to
the plant gets boring and makes the time pass slowly.
Count your plant instruments, transmitters, controllers,
etc. and multiply by four hours then compare the result
to the 2,000 hours you normally spend in the plant (not
counting overtime) and you’ll see that it’s not that big a
deal. Many plants are manned around the clock so
there’s over 8,000 hours to share operating and mainte-
nance time. You’ll have at least three other people to take
their share of the work load.

Tuning firing rate controls isn’t always something
an operator can do. There’s a certain amount of skill and
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experience required to do it without blowing the boiler
up. You can do it if you you’ve had hands on training
under the watchful eye of an instructor and that instruc-
tor tells you that you have an aptitude for it and can do
it. I’m not confident that I can put enough guidance in a
few paragraphs of a book to guide someone through the
process and refuse to let anyone tune a boiler until I’ve
watched them do it. That’s because I’ve discovered
many an operator that just doesn’t get it and can’t tune
a boiler without turning a screw the wrong way or too
much to create a dangerous condition. If I’m not confi-
dent about someone I just taught in a class I’m sure not
going to count on somebody that’s only read this book.

If you choose to tune the controls of a boiler with-
out hands on training I can’t stop you but I will say that
you’re taking your life in your hands. One of my service
technicians who just retired after thirty two years in the
business was given the nickname “Boomer” for obvious
reasons. He was present for two boiler explosions that I
can remember and several heavy puffs plus had a plant
burn down shortly after he left. All that despite his skill.
In every incident that I investigated, and several I heard
of, he wasn’t the one that created the unsafe condition.
A lot of them occurred due to operator action before or
after his visit. Unless you have the training to add to
your confidence, and the confidence of a qualified in-
structor, I would strongly recommend you let the expe-
rienced tune your boiler.

Pressure and draft gauges require maintenance to
insure their readings are accurate and reliable. All pres-
sure and draft gauges in the plant should be checked for
calibration every five years. If the gauge is observed con-
stantly swinging (the needle is moving constantly) or it is
subjected to frequent bumps (like the discharge gauge on
an on-off boiler feed pump) they should be checked more
frequently. The sensing lines of the gauges require more
attention than the gauge itself. Lines to gauges (provided
the gauge is protected by a siphon) should be blown
down at least once a year and that blow should be long
and large enough to fully flush out the piping.

Draft gauges should be checked for zero every time
the boiler is shut down. There is little pressure available
to blow them; don’t use compressed air because it has
little effect and it’s too easy to damage the gauges. Draft
gauge lines are normally fitted with tees and crosses that
permit cleaning them with a wire brush attached to spe-
cial fiberglass extension rods; if they’re dirty that’s the
way to clean them.

Another important annual operation is to ensure
there’s an air cushion in pressure sensing lines that are
supposed to have them and no air in sensing lines that

shouldn’t have it. Air in a sensing line can act like an
accumulator, compressing when pressure is applied to
the system to take on liquid then expand when the sys-
tem is shut down to push the liquid back out. That’s not
a good thing for something like an oil burner gauge
because the oil that is pushed back out will allow contin-
ued firing of the burner when it isn’t supposed to be.

With heavy fuel oil make sure the sensing lines are
full of the separating fluid by pumping some through
the sensing line during start-up after the annual inspec-
tion. Light fuel oil and other liquids that burn are best
for this.

LIGHTING AND ELECTRICAL EQUIPMENT

Yes, in many plants you’re also the one that has to
change the light bulbs, so do it wisely. With modern
lighting technology there’s more choices in lighting and
you should take advantage of them. Many of the mod-
ern lighting fixtures are energy efficient but will not pay
for themselves in electrical savings because they cost so
much more. So what! A fluorescent bulb has an average
life of about 10,000 hours, five times that of an incandes-
cent. All you have to think about is the value of your
labor to replace one of those bulbs five times and the
owner should be willing to pay the higher price.

Compact fluorescents, those curly bulbs, are be-
coming so common that their prices are dropping; so
they will pay for themselves in energy savings in less
than a year, on top of your labor savings. Typically you
can replace a 60 watt bulb with a 17 watt fluorescent.
Use that ratio to get an idea of the right size. LEDs are
another story, very expensive but they have a life of
about 100,000 hours (over ten years of continuous opera-
tion) so they’re really invaluable for those applications
where the reliability of the light is important. They take
about one quarter of the power of an incandescent bulb
for comparable illumination and even less in applica-
tions that are not involved with illumination so, with the
extended life, are fantastic for applications like control
panel indicating lights.

When I was designing and installing burner man-
agement panels I always made sure I had spare light
bulbs because one would always blow. I insisted on test-
ing every new system on a simulator in the shop before
it went to the field. That way I caught all the little sur-
prises before fuel went in the furnace. Almost always,
after a couple of days of testing, one or more indicating
lights would fail. Some of that problem was solved by
going to transformer type lights but the best solution is
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those LED indicating lights.
When it comes to a question of what’s happening

because a light burnt out the reliability of LED lights
overshadows all the arguments about the little bit extra
they cost. I would rather buy new LED light assemblies
than spare incandescent light bulbs.

Some operators are expected to perform normal
checks and maintenance of electrical equipment in addi-
tion to maintaining the boiler plant. I don’t expect you to
pull wire or perform other functions that are appropri-
ately performed by an electrician but… in many cases it
won’t get done if you don’t do it. Changing light bulbs
and performing the following maintenance functions
can make you more valuable to your employer. It’s also
possible it will save you being called out in the middle
of the night to start up the boilers after an electrical
malfunction.

Contrary to popular beliefs, electrical systems re-
quire maintenance. You may think the systems in your
house are so reliable you don’t have to worry about
them. I thought that way until I spent a cold Christmas
Eve working on an outside receptacle (where you put
the plug for Christmas lights and your electric hedge
trimmer) to restore power and lighting in all the bath-
rooms in the house. One wire had come loose from the
receptacle and all the power to the bathrooms was
routed through it. The circuit breaker kept tripping be-
cause it was a ground fault interrupter and that compli-
cated finding the problem. I don’t expect you to fix a
problem or even find one but some regular maintenance
activities would have saved me freezing that night while
relatives were using candles to go to the bathroom.

Those ground fault interruption devices, called
GFCI for ground fault circuit interrupter, all have a test
push-button on them. No, they’re not there for the elec-
trician to use, they’re there for you to test the darn things
on a regular basis. Instructions for the smaller units say
to test them monthly. So, to protect yourself from shocks,
and both you and your employer from a very expensive
lawsuit, do it! Record the test in the log though. Don’t
use those little stickers that come with the breakers.

Insert a test light or some other device that is obvi-
ously using power to determine if the device passed the
test for certain. When you’re confident that everything
powered by the circuit can be shut down, push the test
button. The test light should go out and then come back
on when you push the reset button or reset the circuit
breaker.

GFCI circuit breakers trip without shifting the op-
erating toggle all the way to the off position, just like a
normal circuit breaker when it trips, so you have to turn

it off and back on. The GFCI has current detection de-
vices in them to compare the current going out the hot
conductor and the current coming back on the other
conductor; if the two currents don’t match precisely it
trips. Smaller GFCIs are also called personnel ground
fault protectors because their real purpose is to prevent
anyone that accidentally touches a hot electric wire or
any conductor (metal, wire, copper pipe, whatever that
will carry electricity) while in contact with a ground.

I guess the concept of grounding needs some clari-
fication. Grounds in electrical terms are conductors that
are not supposed to carry electrical current but they can
convey it to the ground, the dirt below you. A concern in
any installation is the lack of grounding, where a con-
ductor that’s not supposed to carry electricity is not con-
nected to the ground, it’s ungrounded. The concern with
ungrounded conductors is they can become hot by com-
ing in contact with a hot conductor.

A hot conductor is anything in an electric circuit
that is designed to carry electric current and there is a
difference in voltage between it and ground. If you
touch the ungrounded object and your feet are on the
ground you can close an electrical circuit between the
hot conductor and ground. Electricity will flow through
you and, if the current range is right, it will kill you
instantly. If it’s low voltage (less than 600 volts above
ground) it shouldn’t kill you but it can cause everything
from a mild shock to severe burns.

Personnel GFCIs will sense the fact that the current
is going to ground (because of the difference between
the currents in the two conductors) and trip before the
current reaches a value that could give you a tickle.
Regular testing of those devices helps to shift dust and
debris that can settle in the mechanism and prevent its
operation. Personnel GFCIs are very important in a
boiler plant because you have a lot of grounds around
you. All receptacles in a plant should be fitted with per-
sonnel GFCIs because everything around you is
grounded (or should be) and if an electric tool or trouble
light you’re holding has its hot conductor short to some-
thing you’re holding you want that device to prevent
you getting shocked.

Larger GFCIs (in current carrying capability) are
required because a current flowing through devices not
intended to carry current can overheat them to the de-
gree that they burn or explode. Look at the thickness of
the metal in any large electrical panel compared to the
size of the wiring supplying it. If the current were to
suddenly start flowing from the wiring through that thin
panel to ground it would damage the thin metal in that
panel. Those devices should be tested regularly by an
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electrician and you should record it in the log.
Operating circuit breakers has the same effect as

GFCIs, you help ensure they will function when neces-
sary by keeping them loose. It’s always a good idea to
open the circuit breakers in addition to disconnects
when servicing equipment so add them to your lock-out
tag-out procedures.

Maintaining grounds is a constant problem in
many plants and I always rely on the eyes and skill of
operators to spot problems before they become serious.
A common way to ensure a good electrical connection
between steel building structures and the ground is in-
stallation of a grounding grid and bonding. A grounding
grid is a pattern of copper rods laid out in the ground
around and under a building to provide good contact
with the earth, they are welded or mechanically attached
to each other and to bonding jumpers that extend to the
building structure.

Bonding is the process of installing jumpers con-
necting one piece of metal to another to ensure electrical
current can flow from one to the other. If buildings were
not grounded lightning could create thousands of volts
of potential between the building and ground, let alone
the static electricity differences in a building from a
cloud passing over it. If you touched the building with
your feet in contact with the ground, well… you would
become the grounding conductor.

Look around at the bases of steel columns and
you’ll see an occasional wire run up through the con-
crete to an attachment on the steel, that’s a bonding
jumper. The connections can be mechanical or the metals
can be fused using a thermite welding process. Thermite
welding creates a puddle of hot molten metal that at-
taches itself to the steel and wiring. The bonding wires
serve as the bonding jumpers because there’s no guaran-
tee that the anchor bolts, nuts, and column bases will
maintain electrical continuity.

The problem with those connections is they are
exposed and can be broken loose by any number of
methods. Your effort should simply consist of noting any
damage to one and repairing it or having it repaired
immediately. Caution is advisable because there could
be a voltage difference between the two so always make
certain you have no voltage difference before attempting
to restore a connection and be aware that any number of
incidences in and around the facility could create a dif-
ference, including a cloud passing over.

I’m particularly concerned with grounds in and
around boiler systems because we’re dealing with so
much steel and water, all good conductors of electricity
(well water normally is) and lack of a ground invites

problems with control operation. The deadly explosion
of a boiler at the New York Telephone Company in 1963
was associated with ground paths bypassing some limit
switches so the boiler continued to fire and build pres-
sure until it exploded.

To ensure that can’t happen again all control cir-
cuits must have one leg grounded and all final devices
(control relays and fuel safety shut-off valves) have one
side connected to the grounded conductor. (A grounded
conductor is a wire for carrying current that is connected
to ground at one point to ensure its electrical potential is
the same as ground) Any ground that forms in the con-
trol circuit should produce a fault that will trip the fuse
or circuit breaker. If that doesn’t happen the ground
should produce a short circuit between the fault and
ground so there is no voltage across the associated relays
or safety shut-off valves to keep them open.

Of course, if the conduit or other parts located
where the wiring insulation fails is not grounded it not
only becomes a point of high potential that can cause
personnel injury. It’s also a conductor that can bypass
some of the limit switches on the boiler. To ensure there
are no inadequately grounded metals around a boiler an
annual check should be made of their resistance to
ground. Using a simple multi-meter set at the lowest
resistance setting and one very long test lead check the
resistance between the grounded conductor in the
burner management panel and every metal object (ex-
cept wiring) on and around the boiler. The resistance
should be less than 5 ohms everywhere. Usually you
will find the resistance is less than one ohm with 0.3 to
0.5 being common. I chose 5 ohms because a little more
resistance can produce enough potential to keep a small
control relay energized.

Just like you check motors for overheating bear-
ings, you should check out your electrical panels and
switchgear for loose connections that generate heat. The
wiring can loosen especially when the equipment is
started and stopped frequently because the wire does
heat up a little bit every time it runs and that results in
expansion and contraction of the metal that can loosen
the connections.

Loose connections are very common with alumi-
num wiring because aluminum has a larger coefficient of
expansion than copper. During a normal round you just
lay your hand on the front of each panel and compare
what you feel to previous rounds. With large panels it’s
a good idea to sweep your hand over the front to note
hot spots which are indicators of loose connections. If
you detect one plan to shut down that equipment to
correct the problem… before the equipment picks its
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own time to go down!
Prior to annual inspections you should perform a

detailed examination for hot spots at connections, open-
ing panels whenever possible and scanning all connec-
tions with an infra-red thermometer to find any hot
spots. On a five-year interval you should open all
peckerheads at motors to check the motor connections
and open rear covers on motor control centers to check
the bus bars, make that two years if they’re aluminum.
You don’t even have to check connections in your home,
shut down the circuit and tighten them, there aren’t that
many. You may find that regular annual tightening of
aluminum conductors is required, my kitchen stove and
heat pump have aluminum wiring and I check them
annually.

High temperatures are the worst enemy of electri-
cal systems. There is a rule of thumb that claims the life
of electrical equipment is halved for every ten degree
increase in temperature. It’s important that you do what
you can to limit the temperature of the electrical equip-
ment you operate even if you don’t maintain it. It’s a
simple matter of keeping cooling passages clean and
unobstructed.

Don’t let painters lay their drop clothes over oper-
ating pumps or electrical enclosures so they block the
flow of cooling air. I’ve noticed a fresh coat of paint on
and around electric devices that failed is very common.
In one case the coat of paint actually froze a motor bear-
ing on its shaft. Regular cleaning of vent screens, lou-
vers, and the like will prevent blockages that could kill
your equipment. Always use a vacuum to clean them,
blowing air and brushing simply loosen the dirt and
allow it to flow into the equipment, not keep it out. Use
a damp rag for removing dust from the top of motors
and electrical enclosures so you pick it up instead of
brushing it off and into the vents.

Okay, somebody jumped on it. A wet rag! I don’t
want to get electrocuted! First of all, let me dispel one
myth that’s always perpetuated by Hollywood. If you’re
in a bathtub full of water and someone drops an electric
appliance in the water you are not automatically electro-
cuted. You can only suffer harm if the current passes
through you and the only way the current can do that is
if you are in the circuit between the electrical appliance
and the water which serves as a grounding conductor.
You have to touch the electrical device and the current
has to flow from you to the water to do you any harm.

The concern in bathrooms and kitchens is that the
water is there, contacting drain piping, etc. and is a
ground which you can contact at the same time as a hot
conductor. Re-read the above on GFCIs; that’s why all

new bathrooms have to have them. Electrical enclosures
and motor housings should be grounded, not hot, so a
little scrubbing with a damp rag can’t cause a problem.
If you’re using a soaking wet rag that’s squeezing water
out and into the electrical appliance to become a conduc-
tor between hot and ground you could get stung but a
damp rag can’t do that.

Transformers are frequently allowed to die for lack
of maintenance and it’s a shame that so many of them
are neglected because they not only represent a signifi-
cant repair or replacement cost; there’s the matter of the
downtime associated with their failure and the very
large and very real additional cost of power that’s
wasted when the transformer is operating inefficiently.
Whenever a transformer can be taken out of service you
should use the opportunity to maintain it. Opening the
enclosure and removing accumulated dust and dirt then
inspecting it for apparent hot spots and tightening all the
connections is the minimum you should do.

Samples of oil from oil filled transformers should
be drawn and sent to a qualified testing lab at least every
five years; the lab should provide you with sampling
kits. Refer to the manufacturer’s instructions because
there are a variety and forms of transformers with differ-
ent requirements. You also have to be careful with some
real old transformers that may still contain PCBs, a
known carcinogen.

During the operation of the transformers a regular
cleaning of any external fins should be scheduled based
on an observed difference between metal temperature
and ambient air. Also make sure you maintain the ven-
tilation equipment for any electrical enclosure, it’s a lot
easier to replace a hundred dollar exhaust fan than sev-
eral thousand dollars worth of transformers. If you do
no more than walk through the room containing a trans-
former while noting temperatures you will still improve
their reliability.

Newer transformers can produce dramatic savings
in energy cost because they’re so much more efficient.
Add to that the problem with many transformers oper-
ating at very low loads (where the losses are more sig-
nificant) to be aware that replacements should be
considered on a regular basis.

MISCELLANEOUS

As mentioned in the section above on electrical
equipment, painting is a maintenance activity that can
create problems. In many plants painting seems to be the
only form of maintenance. If it’s necessary to paint then
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make sure nameplates, gauge faces, and other items that
shouldn’t be painted are adequately masked before the
painting process begins.

Keep in mind that multiple layers of paint are insu-
lation and can shorten the life of electrical equipment.
Paint can block tiny openings that are required for proper
operation of self contained control valves and other
equipment. Regular painting of screens and narrow lou-
vers can reduce the free opening to reduce air flow with
possible hazardous or damaging consequences.

I dislike inspecting a plant where I have to scrape
several layers of paint off nameplates in order to get the
information and I consider painting a poor excuse for
maintenance. Instead of painting the plant, try cleaning
it. Proper use of cleaners, soap and water can restore the
condition of a plant at a lower cost and with less harm
than painting. It will look good when it’s done and some
people will think you painted. As far as I’m concerned
the only things that should need regular painting are
floors and handrails because they are exposed to wear.

ASME CSD-1 and the NFPA 85 Codes are adopted
by law in many states and contain requirements for
maintenance. Factory Mutual and other insurance un-
derwriters also have their own requirements for testing
of fire and explosion prevention devices to ensure their
reliability. Be certain to incorporate all the applicable
requirements in your program. A recommended pro-
gram of testing safety devices is included in this book
but it may not contain every requirement you are legally
or contractually required to perform. Keep in mind those
requirements are only safety related and concentrate on
devices that were found to contribute to significant fail-
ures and warranted investigation due to their cost or
loss of life. A system that is as safe as some insurer’s and
code writers would like is not necessarily reliable be-
cause it can shut down more frequently.

Maintenance of stored fuel oil is one item many
operators forget about because they’re primarily firing
gas. Checking the inventory to be certain the tanks aren’t
leaking and checking for water in the bottom of the
tanks is critical to ensuring a reliable source of oil is
available if it’s needed. There are additives that can ex-
tend the life of fuel oil in storage and tests for the con-
dition of the oil as well, check with your oil supplier.

I have to say it somewhere and this is the only
place I could conveniently choose. Whenever you pull
maintenance on a piece of equipment please, for the sake
of yourself and others, please replace the belt or cou-
pling guard. Don’t just set it there either. You haven’t
seen what happens when a loose coupling guard vi-
brates around until it’s caught by the coupling bolts and

flung across the boiler room at someone. Always replace
all the parts, especially protective guards.

REPLACEMENTS

I’m regularly called in to provide recommenda-
tions when the customer’s management is upset with
repeated failures in an aging boiler plant. A review nor-
mally results in a recommendation for a major replace-
ment program because everything has been ignored and
is so worn that it all needs replacement. Frequently it’s
due to the plant being operated in a manner that ensures
everything wears out at the same time (see rotating boil-
ers in the section on operating modes) a common prac-
tice that should be avoided.

Rotating equipment (fans and pumps) and similar
devices where movement promotes wear, top the list of
equipment that must be replaced on a regular basis.
Motorized valves, pressure and temperature switches,
pressure gauges and bi-metal thermometers all have
moving parts that can wear, gall and fail so they need to
be replaced at regular intervals. Those devices can last
for years when their use is infrequent and they are sub-
jected to a limited number of operating cycles or changes
in condition.

Scheduling replacements is not a simple process.
You have to have some reasonable degree of expectation
when the device is going to fail so you are not wasting
money by replacing them too frequently. That’s one of
the problems with a program that only considers pre-
ventive maintenance.

If you have scheduled operation of equipment that
consists of an operating unit and a spare the first failure
provides a basis for determining the life of the other. Of
course if you operated them for equal periods of time
the probability is the spare unit will fail… right now! By
ensuring operating hours are proportional to the number
of pieces of equipment you ensure some time to operate
the remaining piece or pieces before they will fail. Sched-
uled replacement of spares that have failed shouldn’t be
questioned and you have a reasonable basis for estab-
lishing a deadline for the replacement. The concept here
is breakdown maintenance and works well when you
have one or two spares to deal with.

When you don’t have spares the scheduling of re-
placement of devices is dependent on how critical it’s
continued operation is. If the decision is yours weigh the
cost of the replacement of all the devices that have a
greater than 50% probability of failing between now and
the next maintenance period. Include the cost of labor to
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replace the devices and such contingent costs as disposal
expense to establish a reasonable cost for replacement.
The cost of a failure is dependent on the type of facility
served by the boiler plant and can vary dramatically.

A hot water heater in a Boy Scout camp will have
a minimal failure cost, they can use the time spent re-
placing the failed heater to train the scouts in providing
their own hot water. On the other hand, failure of a hot
water heater in a hospital borders on unacceptable be-
cause the lack of hot water prevents proper hygiene. The
cost of canceled operations, bringing in food, and possi-
bly relocating patients can all be reflected in the cost of
failure of a steam boiler. Any production facility will
normally have a high cost of failure because the costs
could include damaged product and loss of sales that

will destroy customer confidence; let alone the high cost
of paying employees when they aren’t making product
and securing the facility then restoring it once the repairs
are completed.

If you don’t have a spare you should have a contin-
gency plan in the event of a failure. Possibly you are
operating a heating plant for an apartment complex that
has only one heating boiler. In the event that boiler fails
you have several options but lack of a plan will see you
looking unprepared and could generate significant un-
necessary costs. The wise operator will always have con-
tingency plans for failure of each piece of equipment and
service.

Service? Yes, you need to have a plan for the failure
of every utility. Loss of electric power is a common oc-

currence and I’m always amazed at how
some customers respond to it. They are
always in a quandary when the genera-
tor fails to start or shuts down shortly
after the electricity is lost. You need
plans that include procedures in the
event standby equipment fails, loss of
the utility becomes long term, or condi-
tions prevent delivery.

When replacing small parts and
items make a concerted effort to ensure
you’re replacing something of equal
quality. A big problem with valves is they
cost less when furnished with reduced
trim (a smaller opening). Motors with a
service factor may be using it and a
larger motor may be required. Modern
technology has also provided better and
lower cost alternatives, especially motors
and controls, that should be considered
when replacing parts and equipment.

Boiler Tube Cleaning—Replacement
One thing that is designed to be replaced is a boiler

tube. They’re designed to transfer heat rapidly so they
are more likely to be coated with scale. They’re thin, also
for heat transfer, so they will corrode through first. There
are means for cleaning scaled tubes so they don’t have to
be replaced but water side cleaning occasionally pen-
etrates the tube so replacement is necessary.

Fire side cleaning can be performed by wire brush-
ing the tubes of fire tube boilers. A modern piece of
equipment (Figure 5-9A) that connects to a vacuum to
collect the removed soot and a motor driven brush
makes the job relatively easy and a lot cleaner than using
a brush on a pole like I used to (Figure 5-9B). Without

Figure 5-9A. Firetube cleaner

Figure 5-9B.
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the machinery your spouse won’t let you into the house
until you’ve stripped and put all your sooty clothes in a
bag.

Fire side cleaning of water tube boilers is normally
accomplished with the boiler in operation using soot
blowers. Note that soot blowers should be used only
when the boiler is firing. During boiler operation the flue
gas inside is essentially an inert gas. If soot blowers are
operated with only the forced draft fan running you are
creating an explosive mixture of dust and air with
enough energy added by the steam to create a static
spark. I’ve noticed a lot of new designs with soot blow-
ers connected to a header instead of the respective boiler,
that’s wrong!

Of course soot blowers have to be intact and in-
stalled right to do a good cleaning job. You should be
able to tell by the sound if they’re working right. If the
end of the soot blower has corroded or burnt off or the
element is misaligned so the steam jets are hitting the
tubes (a good way to cut through the tubes) you should
be able to tell by the sound. When soot blowing doesn’t
do the job and fuel additives don’t do the job then the
boiler has to be cleaned with a high pressure water
wash.

We did it occasionally on ships using boiler water.
A heavy steel reinforced hose was connected to the
blowdown of an operating boiler. A valve and home-
made lance was attached to the other end and we pro-
ceeded to try to wash the soot accumulations from the
boiler. The hot boiler water would help dissolve the
deposits and the caustic solution would help neutralize
the acidic soot. That’s also a very dirty, and hot, job that
shouldn’t be necessary with proper firing, properly ad-
justed soot blowers, and fuel treatment.

Another boiler expert I know insists soot blowers
are installed on boilers only to give operators time to
learn how to operate the boiler. That’s not true, but he
usually gets a snicker when he says it.

There are three methods for cleaning water side
scale from boiler tubes but none should be required
under normal circumstances. If you have adequate pre-
treatment facilities and adequate boiler water chemical
treatment you should never need tube cleaning.
Turbining is the method I was introduced to when I
started and is occasionally used as a general mainte-
nance method in plants with very poor water pretreat-
ment.

Turbining tubes is accomplished with a special
water powered tool that rotates a set of small sharp
gears around inside the tube. The water not only powers
the tool but flushes the debris away. A tube cleaning

turbine will remove most of the scale but leave small
pieces unless you repeatedly run it up and down the
tube until you’ve removed a lot of metal as well. They’re
not difficult to operate. It’s just difficult to control the
enthusiasm of young people that might remove half the
tube metal. Of course they only work for removing
waterside scale from inside water tubes. I should say
from inside round water tubes. If you have a very old
boiler you may find the tubes are closer to square where
they’re bent. Turbines will jam in them and you tend to
poke holes in the flats of those squarish tubes.

High pressure washers are used to remove scale
from the water side of fire tube boilers. Operating with
nozzle pressures as high as 40,000 psig they blow the
scale away and sometimes take some metal as well.
These are best handled by contractors experienced with
their operation. The application usually requires a
vacuum system and truck to remove the scale from the
boiler as it’s washed off and separate it from the wash
water to allow recycling of the wash water.

The third method for scale removal is acid wash-
ing. An inhibited hydrochloric acid is used to eat the
scale off the tubes. The application requires care and
regular testing to ensure the acid is removing scale and
not boiler metal. The acid solution is heated and circu-
lated and the entire boiler has to be flooded so all the
boiler metal is exposed to the acid. Any mistakes don’t
result in just tube replacement. This method is also best
left to contractors with the equipment and skill neces-
sary to do the task. They also haul off the spent acid and
dissolved scale when they’re done.

When cleaning fails, and so much energy is wasted
by scale that something has to be done, plugging or re-
placement of the tubes is required. If you have a modern
flexitube boiler then all you need is a wrench, special
tool, and big hammer. They’re designed to be replaced
by individuals with a reasonable mechanical sense. Oth-
erwise your boiler tubes are installed by rolling or a
combination of rolling and welding, processes that re-
quire more skill.

When you have only one or two defective tubes it’s
usually easier and more frugal to plug them than to re-
place them. Some tubes can’t be plugged because they
serve purposes other than heat transfer. Tubes that form
boiler walls or flue gas baffles can’t be plugged because
they will melt down or burn off without water cooling
and allow heat and flue gases through.

For watertube boilers it’s a little more than simply
a matter of obtaining some machined steel plugs that fit
into the ends of the tubes and inserting them. The first,
and a very important, thing to do is to make sure you
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have located the leaking tube at both ends. Testing using
rubber plugs and a water hose is recommended. To be
certain the plugs don’t blow out because steam is gener-
ated in the tube from water leakage you should drill or
chisel a hole in the tube so any leakage is bled into the
flue gas. You should also remove any scale from the end
of the tube, making certain it is clean, round, and
smooth so there’s a good metal to metal fit between the
plug and tube. Gently tap the plug into the tube, the
water pressure will hold it and hammering excessively
can distort the drum or header.

Plugging of fire tubes requires not only a plug but
a means of holding them in because the water will leak
to the fireside of the tube and apply pressure to the
plugs. A piece of cold rolled steel rod longer than the
tube and threaded at the ends is required along with
nuts and plugs that are bored to accept the steel rod. At
least with the rod you are certain you’ve got the right
tube ends. The rod has to be large enough to overcome
the force of the water pressure against the plug and pro-
duce enough force to seal the plug and the end of the
tube. The tube end must be cleaned as described for
watertube boilers. The plugs also have to have a means
of sealing the space between the rod and the plug. An
advantage of plugging a firetube boiler is you can
tighten the plug while the boiler is under hydrostatic test
to try to seal a leak. You can also plug a boiler while it’s
under water pressure but, for most operations, the plug-
ging of a firetube boiler is so involved that it’s much
easier to just replace the tube.

A common repair for many water tube boilers in-
volves replacing a section of the boiler tube. Frequently
it’s only a portion of the half of the tube that faces the
furnace. When bulges or blisters form due to scale
buildup, and sometimes rupture, the rest of the tube is
still intact and the original thickness. The repair requires
a skilled boilermaker welder. The tube is cut out around
the failure, normally in an elliptical form, and a piece cut
from another tube is inserted in its place with the edges
of the original tube and patch butt welded. Since the
tube walls are so thin (less than 1/8 inch) the weld is
normally made by TIG (GTAW) welding.

Entire sections of boiler tubes can be removed and
replaced in a similar manner. The elliptical patch is used
at either end so the welder can reach through the open-
ing provided for it to reach the butt joint at the back of
the tube. The welder has to work on the inside of the
tube at the back because there’s no room to get to it from
the back. Once the back is welded the patch is set and
welded to complete the repair. That method is referred
to as using a “window weld.”

Replacing a boiler tube is best done by a boiler-
maker who has the skill and experience necessary to do
the job right but you can do it if you have the tools. If the
tube is welded you should check with your insurance
company or state boiler inspector to be certain you can
re-weld them under the local law. Most states require all
welded repairs be performed by an authorized contrac-
tor that is approved by the State or holds a National
Board Certificate of Authorization to repair boilers, what
we call an “R” stamp. It really is a stamp, the authorized
company actually has a steel stamp that is used to mark
the boiler when the welded repair is done.

The first step in replacing a tube is removing the
old one. Whenever it’s possible the tube should be cut
off and removed, leaving the ends in the drum, header
or tube sheet. Replacement of some water tubes in bent
tube watertube boilers requires removal of other tubes to
gain access to the tube that’s to be removed. It’s possible
that you will have to remove several good tubes to re-
move a defective one.

Removing a tube from a firetube boiler is pretty
much restricted to pulling it out of the hole it’s installed
in. If the tube is heavily scaled it may be necessary to
remove it from the inside and that could require removal
of several other tubes. A single tube replacement in a
firetube boiler is seldom located where the tube can be
removed via a handhole or manhole. The holes in the
tubesheet of a firetube boiler are made a bit larger than
the tube so slight accumulations of scale will slip
through the hole. In some cases the scale is stripped
from the tube as it is removed. In extreme situations it’s
necessary to split and collapse the entire tube to get it
out.

Removing the tube requires crushing or cutting
away the tube end where it is expanded into the drum,
header or tube sheet. I’ve seen several boilers seriously
damaged by inexperienced or careless contractors cut-
ting the tubes with a torch and one case where a repeat
repair was necessary in very few months because the
contractor cut the tube sheet with a torch and put new
tubes in without repairing the cuts. If your personnel or
a contractor uses a torch to cut the tubes inspect every
opening to ensure the tube holes are smooth and clean
so a new tube will seat properly in the hole when it’s
expanded.

The best way to remove a tube end is to chisel it
out, making certain you never touch the tube sheet,
drum or header with the chisel. It eliminates the risk of
cutting the inside of the tube hole but it takes longer
and, quite frankly, takes more skill. By cutting a shallow
(about half the tube thickness) groove through the tube
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where it’s expanded you produce the same effect as
flame cutting. After the tube is cut by driving it to the
center you can collapse the tube into the middle, away
from the tube hole, so the end or whole tube, can be
removed.

Once you’ve removed the tube you should “dress
up” the hole, removing any tube metal stuck to it and
any corrosion that would accompany a leak or defective
rolled joint. Careful use of a file and sandpaper should
produce a smooth surface. The edges of the holes should
also be smoothed over to eliminate any sharp edges that
will cut the new tube. The tube ends should also be
dressed up to remove any corrosion for a tight metal to
metal fit.

The new tube is expanded with a roller (Figures 5-
10 and 5-11) to compress the outside of the tube against
the inside of the tube hole to seal the joint. The roller in
Figure 5-10 expands the end of the tube inside the boiler,
flaring it. The roller in Figure 5-11 has a beading attach-
ment which forces the metal end of the tube out and
back against the tube sheet to form the ends shown in
Figure 5-12B. As shown in the figures (5-12) of com-
pleted joints a water tube (Figure 5-12A) is flared but a
fire tube end is beaded (Figure 5-12B) or restricted in
protrusion to limit heating of the end of the tube. Typi-
cally the inlet of the first pass of a four pass firetube
boiler is welded (5-12C) to increase it’s ability to transfer
heat to the water because the flue gases are much hotter
in that first turn of a four pass boiler.

Once your tube replacement is complete the boiler
should be subjected to a full one and one-half times

maximum allowable working pressure hydrostatic test.
Many contractors and most inspectors will accept an
operating pressure test but why accept anything other
than a test that proves the repair has returned the boiler
to a like-new condition?

Refer to the section on hydrostatic testing a new
boiler. Testing a repaired boiler is done the same way.

MAINTAINING EFFICIENCY

An important part of maintaining the plant is
maintaining efficiency. Since the cost of fuel is the largest
single expense in a boiler plant activity it’s essential to
prevent that cost getting out of control. Efficiency main-
tenance relies on two activities; monitoring to detect anyFigure 5-10. Tube roller - with flare

Figure 5-11. Tube roller with beading attachment

Figure 5-12A. Rolled tubes - flared
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changes and tune-ups when a problem arises. Monitor-
ing is the boiler operator’s responsibility; tune-ups are
usually performed by outside contractors that have the
necessary equipment and skills to perform that work. I
would prefer to do my own tuning but there’s nothing
wrong in having an outside contractor do the work in
small plants where the energy saved cannot justify the
purchase and maintenance of the equipment required to
tune up a boiler. An operator should know enough
about tuning to ensure the contractor is doing a proper
job and the sections on combustion and controls in this
book are sufficient to impart that knowledge.

RECORDS

How do you remember when it’s time to change
the oil in your automobile? That sticker on the wind-
shield or side of the door is a record that gives you that
information. I don’t know about you but I can never
remember the mileage when I changed my oil last and
that record is important because without it I may fail to
change the oil until the engine lets me know I should
have.

Schedules for maintenance are essential to ensure
the longevity and reliability of most equipment.

Figure 5-12B. Rolled tubes - beaded

Figure 5-12C. Rolled tubes- welded

Whether you let it run until it breaks or perform signifi-
cant PM (preventive maintenance/predictive mainte-
nance) documentation is essential. For breakdown
maintenance items it allows you to know about when
you need to order a spare device because the operating
one is scheduled to fail. More importantly, the docu-
ments tell you what to buy, what oil to use, what grease
to use, etc., so you perform the maintenance in a manner
that keeps the equipment and systems running.

Maintenance isn’t complete until all the documents
are properly filed away (see the chapter on documenta-
tion). To anyone investigating your plant after an inci-
dent a lack of maintenance records is an indication of a
failure on your part to see to it that the work was done.
You can say you did it, describe the day and what you
did, but without that documentation you can’t prove it.
When a check is listed as part of an SOP then your entry
into the log that you performed the procedure is docu-
mented proof you did it. Be careful, however, that it’s
done consistently or the entire log is questionable. Do
what you say you will and say what you did consistently
for the protection of your employer, your job, and the
health and welfare of you and your fellow employees.
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FFFFFew people realize the value of consumables. The
typical boiler plant consumes a million dollars worth in
each year. Boiler operators can have a significant impact
on their consumption.

I’m not talking about the illegal activities that can
involve things as simple as rags or pallets. I will only say
that operators that entered into those have, in my expe-
rience, always been caught and the punishment is se-
vere.

There is significant trust placed in operating per-
sonnel to protect the income of their employer and, as a
result, their fellow employees. The use, or abuse, of
consumables is where the true value of operation is
measured.

FUELS

The principle purpose of most boilers is to convert
the chemical energy in a fuel to heat absorbed in water,
steam, or another medium for use in the facility served
by the boiler plant. (We can’t forget that there are electric
boilers). A wise operator should know as much as pos-
sible about the fuel he’s burning both to get it done
safely and to get the most out of that fuel. We’ll cover the
most common fuels first then touch on some of the oth-
ers you might encounter. In the process you should get
an understanding of what’s required to burn any fuel so
you’re comfortable working with something that is un-
usual.

Oil, gas and coal are called “fossil” fuels because
they are found in the ground where they were trapped
as vegetable and animal matter hundreds of thousands
of years ago. As they decayed they became the fuels we
know of today. Wood, bagasse, corn and similar fuels, all
produced from living plants are called “biomass” fuels.

The ultimate analysis of a fuel is a determination of
the percentage of each element in a fuel. An element is
a material that consists entirely of one kind of atom. The
determination is made in a laboratory using standard
procedures which are included in the appendix. An ulti-
mate analysis will normally list the amount of Hydro-
gen, Carbon, Sulfur, Oxygen, and Nitrogen in the fuel
along with any other element of significant quantity and,

for fuel oils and coal, water and ash. An analysis of fuel
oil will also list “BS&W” which stands for bottom sedi-
ment and water (I’ll admit I normally call it brown stuff
and water except I abbreviate the second word a little).

The laboratory will usually include the higher heat-
ing value of the fuel as well. Results are typically listed
as pounds of an element per pound of fuel, a value that
is readily converted to percent by multiplying by 100.
The values for the fuel are dependent on the fuel source
and any treatment it endures before it is delivered to you
to burn. When fuel gas is analyzed and you don’t ask for
an ultimate analysis you will be given a list of the gases
in the fuel and their respective percentages by volume.
Normally methane is listed as the primary constituent of
natural gas with much smaller fractions of other gases.

It’s a simple matter to convert a volumetric analy-
sis (one that shows the percent by volume) to a gravi-
metric analysis (one that shows percent by weight) and
to use those analysis. It’s only essential for a boiler op-
erator to know what the words mean and to be aware
that the ratio of hydrogen to carbon in fuel will vary to
affect boiler operation. The reason is clear when you do
an efficiency calculation, see the chapter on efficiency.

Sulfur in fuel contributes a small amount to the
energy released in combustion. The problem with sulfur
is its products of combustion, sulfur dioxide (SO2) and
sulfur trioxide (SO3) combine with the water in the flue
gas and atmosphere to produce sulfurous (H2SO3) and
sulfuric (H2SO4) acids. When surface temperatures in the
boiler and ductwork are so low that the acid gas can
condense the acids attack the metal and extreme damage
due to corrosion is the result. The last half of the twen-
tieth century saw a concerted effort to reduce the sulfur
content of fuels to reduce the problems with acid rain
caused by the burning of the sulfur in fuels.

Liquid water in fuel can create all sorts of prob-
lems. It absorbs a lot of heat from combustion to convert
it to a vapor (the hydrogen in fuel burns to a vapor, not
a liquid) and it creates corrosive conditions that can
damage the fuel handling and storage system. Water in
coal is a major problem in the winter because it will
freeze to convert a pile of coal to one solid chunk that
can’t be fed to the boilers. Similarly it can freeze in gas
or oil systems to block valves and regulators resulting in

Chapter 6

Consumables



152 Boiler Operator’s Handbook

dangerous operating pressures.
When water separates from the oil in storage tanks

it settles to the bottom. It will eventually accumulate
until, all of a sudden, you find yourself trying to burn
water. Water in fuel oil also provides a medium for cor-
rosion of the fuel tank and piping. It’s one of the reasons
for leakage of underground storage tanks (USTs) with
some serious consequences. Water can be emulsified (a
process that mixes the fuel and water distributing water
throughout the oil) but it can still produce corrosion and
will always require the addition of latent heat to vapor-
ize it in the furnace.

Small and controlled quantities of water emulsified
in oil can help reduce soot formation which can improve
heat transfer to the degree it compensates for the latent
heat loss. When I was sailing for Moore McCormack
Lines in the 1960’s we were conducting an experiment
with injecting small quantities of superheated steam into
the fire to reduce sooting. I never did find out what the
results of that were.

Water in fuel gas systems can be a considerable
problem when the gas pressures are low because it can
collect and produce blockages in the piping as well as
promote corrosion. When you have wet fuel gas you’ll
have additional requirements for handling the liquids
that settle in your piping because there can be liquid
fuels as well as water. Water draining from a coal pile is
highly corrosive and must be discharged to a sanitary
sewer after it is neutralized.

The discussion in the chapter on combustion helps
explain why firing conditions change when the fuel
changes. Most of the time the air-fuel ratio is close
enough to ignore the variations. When a service techni-
cian uses a portable analyzer to calculate combustion
efficiency that analyzer contains a “typical” fuel analysis
for the fuel and determines efficiency based on that typi-
cal analysis. I’ve always wondered if those analyzers are
calibrated for the area because the carbon content of
natural gas can vary from 20.3% to 23.5% between the
east and west of the country. That amounts to a 15%
variation in higher heating value of the fuel and it’s one
reason I refuse to believe the efficiency on one of those
machine’s printouts. It’s only important that you know
that the analysis can change and have an equal distrust
of those electronic analyzers’ efficiency indications.

In the Baltimore area we can experience changes in
natural gas depending on the source of the gas in Penn-
sylvania, Texas or Louisiana and the blending of gases
from those sources. We also have a chance to burn some
of the LNG (liquefied natural gas) imported from North
Africa which has an air-fuel ratio ten percent higher than

domestic natural gas. LNG is compressed and cooled
until it becomes a liquid; is loaded into tanks aboard
ships built exclusively for the purpose; then transported
across the Atlantic Ocean to special port facilities near
Boston and Baltimore among others.

Ash in the fuel, whether it’s coal, oil, or biomass
can create problems with firing. The ash fusion point is
the temperature at which the ash melts. If furnace con-
ditions produce higher temperatures the ash will melt
then solidify again when it cools, usually forming large
accumulations of solidified ash that can block air or gas
flow passages or grow in the upper portions of the fur-
nace. They grow until they get too heavy to maintain
their adhesion to the tubes or refractory and fall crashing
to the bottom of the furnace doing damage to tubes,
grates, etc. When firing fuels with a low (less than
1800°F) ash fusion temperature the operator has to
monitor the furnace conditions inspecting it and record-
ing draft readings to detect hardened ash accumulations
early.

One of my projects included burning dust from a
laminate sanding operation where portions of the ash
had very low fusion temperatures. We operated that
boiler at very high excess air just to keep the furnace
temperatures down to prevent the ash melting and stick-
ing to the tubes. Someone advised that customer they
could save a lot by decreasing excess air (true in other
situations) so they did; and ended up with huge globs of
solid ash stuck to the furnace walls and tubes.

You should always know what the vanadium con-
tent of your fuel is because that material produces a lot
of low melting point ash. Just last week I spent a Satur-
day evening crawling into a boiler to see the result of
blockage due to low melting point ash. The customer’s
fuel oil only had about 30 ppm of vanadium in it but
was enough to completely block up the first pass of the
boiler with ash that took about two days to clean with a
high pressure washer.

FUEL GASES

Natural gas is mostly methane (CH4) with portions
of other flammable gases, oxygen, carbon dioxide, and
nitrogen. A typical volumetric analysis is 96.53% meth-
ane, 2.38% ethane, 0.18% propane, 0.02% iso-butane,
0.77% carbon dioxide, and 0.12% nitrogen. That’s east
coast gas. Gas constituents will vary depending on the
well the gas came from. When a boiler is fired with oxy-
gen trim controls to achieve very small quantities of
excess air those controls accommodate the varying air-
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fuel requirements of the gas supply. Domestic natural
gas has a higher heating value of approximately 23,165
Btu per pound, approximately 1,042 Btu per standard
cubic foot. For combustion it requires 11.48 standard
cubic feet of air per standard cubic foot of gas, 185 stan-
dard cubic feet per minute of air per million Btu per
hour.

Liquefied petroleum gases (LPG) are primarily
butane or propane with propane being the more com-
mon. They are transported as a liquid under pressure.
They combine the clean burning properties of gas with
the transportation properties of oil but at a premium in
cost. In boiler plants where LPG is used it’s normally as
an alternate fuel for interruptible natural gas. Propane
can be mixed with air in proper proportions to produce
a blend that will fire in natural gas burners without
adjustment of the burners.

Propane has a slightly higher heating value of ap-
proximately 21,523 Btu per pound, approximately 2,573
Btu per standard cubic foot and it requires 28.78 stan-
dard cubic feet of air per standard cubic foot of gas,
186.45 cubic feet of air per million Btu. You’ll note that
the air required per million Btuh is about the same for all
gases. All but very large LPG installations will absorb
enough heat at the tank to convert the liquid to a vapor.
Large installations require a vaporizer, a heater fired by
vapor off the tank that provides the energy to evaporate
a liquid stream for use in the boilers. Propane will con-
dense at normal atmospheric temperature (70°F) at 109
psig.

Butane will condense at 17 psig. On a very cold
day butane will not vaporize and most installations re-
quire a vaporizer. Butane has a higher heating value of
approximately 21,441 Btu per pound, approximately
3,392 Btu per standard cubic foot and it requires 37.57
standard cubic feet of air per standard cubic foot of gas,
184.64 cubic feet of air per million Btu.

You’ve undoubtedly heard a lot about hydrogen as
a fuel lately because it’s the principal fuel for fuel cells,
those devices used on the space shuttle to generate elec-
tricity and water. By now you can probably envision one
taking on hydrogen and oxygen to produce water and
the energy generated comes out as mostly electricity.
Fuel cells do produce some heat but that’s considered a
by-product in their application. I’ve only had one expe-
rience with burning hydrogen in a boiler. It was a waste
gas from a chemical process and we burned it to recover
the energy. You can imagine that at 61,000 Btu per pound
it was a very hot fuel and burner construction and main-
tenance was very demanding. If I knew then what I
know now I would have blended it with something be-

fore trying to burn it, either natural gas or lots of air to
avoid the terribly high flame temperatures. This fuel is
one where you better read the instruction manual and be
aware that leaks are very hazardous.

Digester gas is actually natural gas, just very young
natural gas. Like a young bourbon it has a kick, lots of
things in it that make it less desirable than natural gas,
which had thousands of years to cure in the ground.
Digester gas is a by-product of waste water treatment
where the water is enclosed in the digester and anaero-
bic bacteria (bugs that don’t like air) literally eat the
waste and generate methane and carbon dioxide in the
process.

The principal difference between digester gas and
natural gas from wells is the digester gas contains a lot
more carbon dioxide and usually has some other mate-
rials in it that carry over with the gas as its generated.
Some of the less desirable materials include water, hy-
drochloric acid, and solids. Some digester systems are
fitted with filters to reduce the solids and separators to
remove most of the water and acid before it gets to the
boiler plant. The largest variable in digester gas is the
amount of carbon dioxide. It’s basically inert (the carbon
and oxygen already combined) so it dilutes the methane
content of the gas to reduce its heating value to numbers
in the 250 to 800 Btu per standard cubic foot range, 25%
to 80% of the energy normally found in natural gas.

Special considerations for firing digester gas in-
clude concern for blockage of valves (especially safety
shut-offs), regulators, etc. All the piping should be fitted
with drains, usually drain pots where the collected mois-
ture, etc. can be captured for return to the digester. The
piping also has to be arranged so it can be cleaned in the
event of an upset in the digester which could send over
considerable quantities of water and solids (another
name for that “s” word) to plug things up. Piping mate-
rials may be constructed of stainless and other alloys to
prevent corrosion by the acids in the system but pre-
cleaning usually reduces the acids enough that normal
steel can be used. When you do have steel piping it’s
advisable to check its thickness regularly and after any
severe plant upset.

The large fractions of carbon dioxide can dilute a
digester gas so much that it will not burn with a stable
fire. Special burners are required to pass the larger gas
volumes required to get the fuel value needed for the
boiler capacity and many of them are fitted with stand-
ing pilots. Most of the applications I’ve worked on in-
clude real natural gas as a support fuel to maintain
ignition of the digester gas and to make up any addi-
tional energy requirements. Both fuels are fired simulta-
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neously and the controls have to be able to cope with
that.

If you’re firing digester gas you usually will have
a responsibility to monitor the digester itself. A little
training on how those anaerobic bugs work and you’re
a wastewater plant operator as well. You’ll quickly learn
that if you don’t burn the gas in the boilers and allow it
to escape to the atmosphere everyone in the neighbor-
hood will be complaining about the odor. When a boiler
plant can’t burn all the digester gas or the boiler plant is
temporarily shut down for maintenance the gas is usu-
ally burned off using a flare (Figure 6-1). You’ll find
yourself responsible for the flare too, but it’s only a
burner without a furnace and boiler around it so it isn’t
that difficult to handle.

Landfill gas is very much like digester gas. The
anaerobic bacteria work on the garbage in the dump (a
landfill is, after all, nothing more than a well maintained
garbage dump) to generate the gas. There are some po-
tential problems with landfill gas that are not encoun-
tered with digester gas. The carbon dioxide content can
vary more (over extended periods of time) and air can
leak in through breaks in the cover of the landfill. The
gas will also vary in mix of fuel gases because the gar-
bage in the landfill is not consistent.

Refineries produce a variety of gases with various
blends which have different heating values and air fuel
ratios. I remember the familiar sight of flares burning off
those gases but problems with hydrocarbon emissions
from those flares and the waste of energy combined with
modern technology that allows us to burn them effi-
ciently has reduced their numbers and use. Control sys-
tems that continuously measure the heating value and
combustion air requirements of the gases can provide
real time information to a control system on a boiler to
burn those gases. Here again, you’ll need to read the
instruction manuals and will more than likely receive
special training for operating a boiler burning those
gases.

All too often gas is taken for granted. You just as-
sume it will continue flowing out of the pipeline. The
gas flow can stop if a line ruptures, a compressor station
breaks down or has a fire or other emergency, or some-
one burning gas near you has a failure. We also have to
stop burning gas when we’re on an interruptible gas
service. If we don’t the owner will pay a serious fine for
burning gas.

Some older plants had “gas holders” expandable
tanks that used the tank weight to pressurize the gas in
storage. You probably can recall seeing one on some city
skyline in the past. Those gas holders provided a source
of gas in case of an emergency. Utilities use mines where
they compress the gas for storage and there’s liquefied
natural gas storage facilities in a few spots in the coun-
try. Regardless of all these provisions most of us have to
be prepared for an interruption in the gas supply.

Being able to burn one of the LPG choices is one
way to have a standby provision in the event the gas
supply fails. LPG is expensive and a storage facility ca-
pable of providing any extensive operation of a boiler
plant is very expensive so few plants use that option.
Most of the time we use fuel oil as a backup to loss of
our natural gas supply. Either LPG or fuel oil will be
stored on site for interruptions to a natural gas supply
regardless of the reason for the interruption.

FUEL OIL

Fuel oils are identified by ASTM specification D-
396-62T which replaced the Pacific Specifications (now
obsolete) that originally identify the oils by a grade
number. Number 1 is basically kerosene and is seldom
used in boilers. The common fuel oils are grades 2, 4,
and 6. The term “grade” was dropped so now they’re
normally identified by the number alone.Figure 6-1. Flare
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Number 2 is called “light fuel oil” which is not as
dense as the others. Light fuel oil is basically the same as
diesel engine fuel. It has a typical heating value of
141,000 Btu per gallon, weighs about 7.2 pounds per
gallon and has an air-fuel ratio requirement of 16.394
pounds of air per pound of fuel that is approximately
equal to 218 cubic feet of air per gallon, 189 cubic feet of
air per minute per million Btuh. It is relatively clean
burning and has almost no ash. There is one common
myth about Number 2 fuel oil, it is not a low sulfur oil.
It contains about the same amount of sulfur as low sul-
fur heavy oil.

Grade 3 was dropped from consideration in 1948.6

That’s why nobody knows about it unless they’re over
60.

Numbers 4 through 6 are referred to as “heavy fuel
oil,” they are dark in color, require some heating before
they will burn and exhibit varying degrees of soot for-
mation and other problems with burning. Numbers 5
and 6 require heating to reduce the viscosity of the fuel
so it can be pumped. Number 6 fuel oil has to be heated
so it will flow. I have a sample of it that I carry for semi-
nars. It looks like a puddle of oil when it’s resting on a
table but I can pick it up and tap out a tune with it, it’s
that hard at room temperature. I then explain that it will
flow like water if it is heated to about 200°F.

The viscosity (resistance to flowing) of these fuels
varies considerably with temperature. The viscosity, not
the temperature, has to be maintained at the value pre-
scribed by the burner manufacturer and the operator has
to set the oil temperature to achieve the required viscos-
ity for proper atomization. The analysis of the fuel, pro-
vided by the fuel supplier, will indicate a viscosity at a
standard temperature and charts or graphs furnished by
the fuel supplier or the burner manufacturer must be
used to determine the required temperature for burning.
If you’re burning a heavy fuel your fuel supplier should
furnish you with temperature—viscosity charts and
guidance in maintaining the proper viscosity.

That will give you a starting point. An oil burner is
designed to atomize the oil at a specific viscosity, most of
them at 200 SSU (Seconds Saybolt Universal). That sim-
ply means it takes 200 seconds for a 60 milliliter oil
sample at 100°F to flow through an orifice in the Saybolt
Viscometer. I like to vary the viscosity, by varying the
temperature, a little each side of the specified value and
see what it does for the boiler performance. It the perfor-
mance improves or I seem to be getting cleaner combus-
tion at that viscosity I’ll change it a little more.
Eventually I’ll find the best viscosity for my burner and
that’s what I’ll heat the oil to get. The result of that ac-

tivity should be recorded in the maintenance log for that
particular burner.

When we hear the term “heavy” applied to oil it
can conjure up thoughts of extreme weights but the truth
is that all oil is lighter than water. Heavy oils are just
heavier than lighter oils. One other confusing factor is
the use of “gravity” to define an oil. The API gravity of
a fuel oil increases as the fuel gets lighter. API gravity is
the ratio of a weight of oil of a specified volume com-
pared to the weight of the same volume of water at the
same temperature. To determine the specific gravity of
an oil add 131.5 to the API gravity and divide the result
into 141.5. Multiply that result by 62.4 to determine the
pounds per cubic foot. An oil with an API gravity of 10
will have the same weight as water. Higher numbers are
lighter than water.

Number 4 oil has a typical heating value of 146,000
Btu per gallon, weighs about 7.7 pounds per gallon and
has an air-fuel ratio requirement of 14.01 pounds of air
per pound of fuel. That is approximately equal to 108.2
cubic feet of air per gallon, 0.74 cubic feet per million
Btu.

Number 6 oil has a typical heating value of 150,000
Btu per gallon, weighs about 8.21 pounds per gallon and
has an air-fuel ratio requirement of 13.95 pounds of air
per pound of fuel that is approximately equal to 114.6
cubic feet of air per gallon, 0.76 cubic feet per million
Btu.

Pour point is one of the important values the op-
erator should monitor when firing heavy fuel oils, espe-
cially Number 6. Before acid rain was recognized as a
problem the pour point of fuel oils was fairly stable.
When it became necessary to remove the 3 to 5% sulfur
in the oil to reduce emissions the process changed the
characteristics of the oils introducing a problem with
elevated pour points. The Pour Point is the temperature
at which the oil will start to flow. Oil in a storage tank
that is allowed to cool below its pour point will not flow
to the heater to be heated and pumped out of the tank.
Heating the oil to a higher temperature ensures the oil
will flow.

Desulferized fuels have a tendency to develop el-
evated pour points. Once the oil cools below its pour
point and sets up it must be heated to a much higher
temperature before it will flow again. Repeat the cooling
and heating process enough times and the oil becomes a
solid mass that will not flow and can’t be pumped. The
only solution to a gelled oil tank is to add chemicals and
oil to dissolve the mass. Regrettably it can’t be chopped
up and burned as coal because once it gets in the furnace
it will melt, becoming a liquid again at the high furnace
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temperatures.
Flash point is another property of fuel oils that

should be watched. Those Pacific Specifications required
Number 2 fuel oil have a flash point higher than 100°F.
Heavier oils were listed for higher flash points, above
150°F. There are two methods for determining flash
point, the common one being the open cup method
where the oil is heated and a technician passes a stan-
dard match over the top of the cup containing the oil.
When the oil is so hot that it generates enough flam-
mable vapor to be ignited by the match the temperature
of the oil is the flash point.

It’s called flash point because the flame starts and
extinguishes rapidly, flashing rather than continuing to
burn. When you’re burning oil with a low flash point
any leak should be a concern. Temperatures in a boiler
plant are frequently higher than 100°F, especially in the
summer, and steam and hot water piping is so hot that
they can generate flammable vapors if the oil leaks onto
them. What about gas you say? Natural gas has a com-
parable flash point and it’s around 500°F. When we
started converting boiler plants to natural gas in the
1960’s there were a number of concerned people express-
ing a common phrase “go gas—go boom!” But the truth
is gas requires more energy to ignite than oil and it isn’t
as hazardous. Of the boiler explosions I’ve investigated
the worse were always light oil fired.

In addition to the normal grades of fuel oil there
are several sources of waste oils that can be burned in a
boiler as fuel. A common one used in small installations
is waste lubricating oil. If you are firing waste lubricat-
ing oils you’re firing a very dangerous product because
it can be tainted by gasoline. In one army base I visited
the waste lube oil was from helicopters and it could
contain a considerable fraction of jet fuel.

Usually waste oils are burned as a second fuel to
limit the effect of their variable heating content and air
requirements. Some systems use density meters to mea-
sure the waste oil flow to get a concept of air require-
ments and energy content according to its density. To
date there isn’t an economical means of obtaining instan-
taneous measurements of higher heating value and air
requirements for waste oils.

Typical problems with waste oil firing include dirt
and grit in the oil. There’s also a concern for lead from
bearings oxidizing in the furnace to produce high
ground level concentrations of lead oxide around the
plant.

Any grade of fuel oil is a hazardous waste if it
escapes the normal containers and piping to leak into the
ground or sewers. Of particular concern is any floor

drain in the plant. The wise operator should know
where the floor drains in the plant discharge. I remem-
ber years ago when we were converting a major univer-
sity from coal to oil and a line leaking at the fuel oil
pump and heater set ran away to a floor drain that dis-
charged into a small creek right outside the boiler plant.
No more than four or five gallons of oil escaped before
the leak was discovered but the cost of cleaning up the
mess eliminated any profit we expected to make on the
entire job. Today an oil leak can cost tens of thousands of
dollars to clean up so you should always seek to keep
any leak contained.

Oil can be supplied directly to the plant via a pipe-
line. In such cases you’re relying on the supplier just like
you would for natural gas. Most plants could not justify
a pipeline directly from a supplier so they have fuel oil
delivered by truck and have to store the fuel on the plant
site. Storage doesn’t have to be in tanks but potential
hazards of leaks has eliminated use of open pits, old
mines, and similar measures.

Tanks are generally one of three types, under-
ground, above-ground horizontal, and above-ground
vertical. Underground storage tanks are now labeled
“UST’s” for underground storage tanks and are a lot
different than fifty years ago. Above-ground horizontal
tanks are common for small plants and include the ones
enclosed in concrete vaults for physical protection as
well as fire safety. They’re called horizontal because the
tank is formed around a horizontal (parallel to the
ground) centerline. Larger ones may exist but the typical
horizontal tank is limited to around 90,000 gallons ca-
pacity. Vertical tanks are formed around a vertical
centerline and can range in size from a few hundred to
hundreds of thousands of gallons.

UST’s became a hassle when it was discovered how
many of them were leaking. From tanks at gasoline fill-
ing stations to those at every boiler plant more tanks
were leaking than were intact. Much of it was due to a
lack of understanding of how the tank and soil interacts
as the fuel was added and removed. For years there was
a standard procedure for installing an underground tank
that consisted of pouring a concrete base then resting the
tank in the concrete. Only after several years did we
discover that the tanks changed shape, becoming more
elliptical as they were filled and compressed the soil.
The point between where the tank metal was trapped in
concrete and bearing only on the soil provided a sharp
corner that the tank was always bending around and
that’s where they cracked and leaked. There were other
problems, mainly corrosion due to electrolytic action in
the soil, that provoked leaks in those steel tanks.
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The initial solution to the UST leakage problem
was their replacement with fiberglass tanks properly
installed so they could flex with the soil. It hasn’t proven
itself a wise decision. If you have a UST and it’s to be
replaced with another one, it should be fiberglass resin
encased steel to get the best of both worlds. All installa-
tions since the early 1990’s are required to have means
for testing the tank and connected buried piping for
leaks. Most of the piping is also installed inside conduit
so a leak can be detected.

An operator’s responsibility, when it comes to
UST’s is monitoring the existing tanks for leaks. That
means that you keep track of the oil. You know how
much you had, how much was delivered, how much
was burned and, therefore, how much should be in stor-
age. Storage equals previous quantity plus fuel delivered
less fuel burned. Then you sound or stick the tanks to
determine how much fuel is in them and compare that to
your calculations. Some modern microprocessor based
equipment is available that does all this for you, issuing
an alarm when a leak is indicated. Regardless of that
provision you should know if you have a leak of any
significance.

Above-ground tanks aren’t exempt from consider-
ation. There have been many discoveries of leakage of
Above-ground vertical tanks so monitoring them and
testing them on a regular basis is necessary. Above-
ground horizontal tanks are usually completely above
the ground so a leak is apparent. That doesn’t mean you
shouldn’t keep track of the fuel inventory. More than
one Above-ground tank user has discovered mysterious
disappearances of oil with no explanation. That’s be-
cause some people know they can get away with burn-
ing No. 2 in their diesel vehicles if they’re not too
concerned for injector wear. Most of the heating oil that’s
not subjected to motor vehicle fuel taxes is now colored
red and anyone caught with red fuel in their car or truck
faces serious fines so that’s not such a problem today.

One special purpose label we have is “day tank.”
That’s a small fuel oil tank which is filled daily from the
larger tanks in storage and used to supply the boilers.
The initial purpose of a day tank was providing a supply
of oil heated properly for pumping to the burners. It also
eliminated double piping of oil suction and return to all
the field tanks (the larger storage tanks). Oil in larger
field tanks was allowed to be much cooler. A day tank
requires means of filling it from field tanks and accepts
the returned fuel oil from burners that aren’t operating
and oil relieved from the fuel pump discharge. The day
tank could be heated to supply oil at burning tempera-
ture or just heated enough to flow properly through the

high pressure burner fuel oil supply pumps.
The oil is transferred from trucks to Above-ground

tanks by fuel oil unloading pumps, “unloading pumps”
for short. Those pumps are designed for high volume
and low pressure to move the fuel from a typical deliv-
ery truck containing 8,000 gallons to the storage tanks.
Oil transfer pumps are used to move the oil from one
tank to another and from field tanks to day tanks. An
installation with UST’s may have neither of these be-
cause the truck can drop the oil into the underground
tanks and fuel is drawn from the tanks by the burner
pumps. In some cases fuel is drawn from storage tanks
and transferred tank to tank using the burner pumps.

The pumps used to deliver the stored fuel to the
boiler burners are the only ones called fuel oil pumps
even though the others also pump oil. They are tradi-
tionally furnished in a package construction mounted on
a steel base that supports the pumps and serves as a big
drip pan underneath them to catch spills. When used for
light fuel oil the pumps and a suction strainer are
mounted on the base and we call that a “pump set” or
“fuel oil pump set.” Heavy oil fired installations include
some heaters with the pumps to raise the temperature of
the oil to a proper value for burning and another strainer
with smaller openings in the screen to further clean the
heated oil. The complete assembly with suction strainer,
pumps, heaters, and discharge strainer is called a “pump
and heater set.”

What do we call oil pumps that are mounted on
burners and fitted with a connecting shaft to the fan
motor? I call them “wrong!” Try not to get stuck with
them. At Power and Combustion we used to stock up on
fan wheels before December because of those arrange-
ments. We sold a lot of new fan wheels every time plants
with those pumps had to switch over to oil.

Those burners are arranged so a short shaft with
two coupling halves is inserted in the burner housing
inside the fan wheel where a matching half coupling
receives one end. The other end of the shaft engaged a
coupling half on the oil pump which is mounted on the
outside of the fan housing with its shaft through a hole
in the housing. You have to practice yoga or something
to be able to get your hands in there and install that shaft
properly and tighten the set screws that secure the cou-
pling halves. Do it wrong and the shaft flies off when
you start the burner with subsequent damage to the fan
wheel. We, along with other burner representatives,
made a lot of money on that design but I refused to sell
the darn things. You want a pump set, not one of those
monsters.

Heavy oil is not heated to a certain temperature so
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the oil is hot enough to burn. It’s heated so it flows prop-
erly; viscosity giving us an indication of its ability to
flow. Storage tanks should be heated only enough to get
the oil to flow to the day tank or fuel oil heaters, any-
thing hotter is just a waste of heat. That’s because most
storage tanks are not insulated. Heating the oil to the
right viscosity for burning should happen just before it
goes to the burners.

It’s necessary to run some of that oil heavy through
the piping of an idle boiler to keep it flowing. We call
that recirculation and it’s essential for oils that could
become solid in the piping and prevent our starting the
idle boiler. There’s normally one globe valve in the pip-
ing that returns the oil to the pump suction or the tank
(return oil piping) and that valve is throttled for several
reasons. If we open it too far it can return more oil than
the pump is delivering with a resulting drop in oil sup-
ply pressure. Carelessly open a recirculating valve too
far and you can force a shutdown of the entire plant.

If you don’t recirculate the oil enough the heat
losses in the piping will lower the temperature until the
oil is too cold when it gets to the burner. You need to
open the valve enough to get the hot oil to the burner.
On the other hand, the oil can return to the day tank to
raise its temperature so high that the pumps can’t create
enough pressure and you’re shutting the plant down
again. That happens because more oil slips back through
the pump as the viscosity increases and, therefore, less is
forced out the piping to the heaters and burners.

In many plants the operators aren’t trusted to do it
right so the recirculating control valves (those globe
valves in the return piping) are set and locked or the
handwheels are removed so you can’t mess with them.
The best of both worlds is to throttle the recirculating
control valve enough to keep oil flowing to the burners
and back the return line with only one boiler (the one
that you would start up if necessary, sometimes called
the standby boiler) having enough recirculating flow to
get the right temperature at the burner. That way flow is
assured but you’re not returning so much that the oil
entering the pumps gets too hot.

Almost all fuel oil pumps are positive displace-
ment pumps. Gear types and screw types for the most
part, they’re capable of raising the pressure of the oil
considerably so it can be delivered to the burners at a
pressure high enough for proper atomization. Since it’s
a positive displacement pump it’ll deliver a relatively
constant quantity of oil. The oil you don’t burn is re-
turned, sometimes to the pump suction, others to the
fuel oil day tank or storage tank. To maintain pump
discharge pressure and control the flow of oil to the

tanks requires a relief valve, either pump mounted or
piped onto the pump set. A relief valve, not a safety
valve. Even when more precise pressure control is pro-
vided you normally have relief valves at the pump set.

The self contained relief valve has to experience a
change in pressure to change the flow of oil. In order to
be stable in operation a reasonable pressure droop of ten
pounds minimum is required between conditions of no
fire and full load on all boilers. A relief valve might re-
turn all the oil to the tank at a pressure of 180 psig and
close off that port so all oil flows to the burners at 170
psig. If you try to install one with a smaller droop the
flow and pressure will be unstable. It has to be that way
so don’t expect the pressure relief valves at the pump set
to maintain a constant oil supply pressure.

It’s the variation in supply pressure that makes for
tiny variations in flow through the fuel oil flow control
valves in certain burner systems so additional provisions
for pressure control are usually provided in an oil sys-
tem. Since the pump set is usually remote from the burn-
ers a second pressure adjustment is made closer to the
burners by a back pressure regulator. It’s a self contained
control valve that maintains a more constant pressure on
its inlet by dumping some of the supplied oil into the
fuel oil return line. It’s really a relief valve but normally
has a much larger diaphragm so the swings in pressure
are not as great as they are for the pump set relief valve.
The two in combination produce a much lower droop.

For really precise oil supply pressure control two
measures are used. One is a pressure regulator at each
boiler. The regulator has a large degree of droop but
since it’s repeatable the pressure at any particular firing
rate is the same regardless of oil supply pressure. The
other is installation of a more elaborate back pressure
control system, from pilot operated valves to a complete
control loop with transmitter, PID controller, and control
valve.

Heating of the heavy fuel oil on small systems may
consist of a simple temperature actuated control valve
but most of the systems use a temperature piloted pres-
sure control valve. A valve that acts on temperature
alone will allow large swings in oil temperature with
swings in flow to the burner because the control valve
doesn’t know the oil flow has increased until the colder
oil gets to it. By then the lower steam pressure has al-
lowed the metal of the heat exchanger to cool as well so
the temperature controller will have to over-react. A tem-
perature piloted control valve simply uses the tempera-
ture of the oil to set a steam pressure to be maintained
in the oil heater. When the oil flow increases it will use
more steam to heat it and the pressure in the heater will
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start to drop. The pressure controller opens the valve to
compensate for the pressure drop, maintaining the pres-
sure and a more precise output temperature.

Newer strategies include viscosity control. An in-
strument is installed in the piping to sense the viscosity
of the oil and there are several methods for analysis
ranging from vibrating a heavy wire in the oil to trap-
ping a sample and dropping a plunger through it. What-
ever method of sensing is used, there’s still the problem
of response time so a viscosity controller should only be
used to produce a set point for the steam pressure.

On many of the facilities that we converted to light
oil in the 1980’s we suggested the customer retain the
fuel oil heaters. Testing at that time indicated a light oil
burner would operate cleanly and more efficiently with
a little better turndown if the oil was heated to 120°F.
That was, of course, a temperature still below the flash
point of oils supplied at that time. Now, with lower sul-
fur requirements some light oils have flash points just
barely above 100°F.

The most difficult activity regarding fuel oil han-
dling for operators today is keeping the system in oper-
ating condition when it’s never used. Your SOPs should
include regular operation of the system to ensure it’s
operational and a drill for switching to oil for each op-
erator in the fall before the first winter interruption can
be expected. I still remember one plant I was asked to
investigate where none of the operators could switch
over to oil.

COAL

Coals are commonly identified by their source, ei-
ther by the area or state in which they were found or a
particular mine. There are three distinct classifications of
coal, Anthracite, Bituminous, and Peat which are princi-
pally related to the crushing strength of the coal with
anthracite being the hardest. Other criteria includes size
of the coal particles and characteristics that affect han-
dling and burning. Coals that are fired on grates must be
large enough that they don’t fall through the holes in the
grate and have a limited portion of fines that would fall
through.

Coals that are pulverized to something close to tal-
cum powder so they will burn in suspension (floating in
the air very similar to an oil fire) are graded by how
difficult it is to grind them. An operator in charge of a
coal fired boiler plant should be aware of the specifica-
tions of the grate or burner manufacturer and boiler
manufacturer and how variations in those specifications

affect its firing.
Coal and oil require less air to burn than natural

gas and LPG for the same heat output. That’s because
the gases have a higher hydrogen-carbon ratio, more hy-
drogen in the fuel produces more water which increases
stack losses. Some hydrogen in the fuel is always desir-
able because it helps form coal gas which is a gas that
burns far more readily than solid carbon. Also, higher
moisture content in flue gas seems to improve boiler
performance because water makes it possible for gas fir-
ing to clean up soot that collects on boiler surfaces when
firing oil during a gas interruption. The accumulations
of soot associated with firing oil and coal are due to
fixed carbon that can’t be readily converted to gas so it
can burn.

Another form of coal that’s being considered as a
fuel is culm. That’s the waste material removed from
coal mines which contains some coal but is mixed with
dirt. There are several huge piles of culm around the
mines of this country. Some are big enough to supply a
plant for several years. Modern fluidized bed boilers are
capable of burning that material.

As a solid, coal requires different handling meth-
ods than oil or gas (both fluids which can be transported
in pipelines). Every once in a while I’ll run into another
attempt to burn a coal and oil slurry, a mixture that
handles like a fluid but contains particles of solid coal.
Some utilities manage to burn it successfully but I
haven’t seen a successful operation in a small boiler
plant.

Coal is usually delivered by truck or railroad car. In
either case they can present a serious problem in the
winter if rained or snowed on with subsequent freezing.
Usually a plant with railroad supply will have a melting
shed where the cars are heated to melt the ice so the coal
will flow. The trucks or rail cars are dumped into a hop-
per where a conveyor picks up small quantities of it and
lifts it to the bunkers or a storage pile.

Storage piles are simply piles of coal stored for
burning. Unlike a fuel oil storage tank there’s no enclo-
sure so the coal is subject to degradation from weather.
They also have a bad tendency to ignite spontaneously if
left sitting too long. When it comes time to burn, or
move, the coal another conveyor can do it or it might
just be handled by you operating a little front loader. In
either case the coal is eventually transferred to the burn-
ers.

Conveyors come in a wide variety of sizes and
styles. Many use a belt, a wide fabric reinforced rubber
or synthetic rubber riding on rollers that shape it into a
trough that holds the coal. At some point in a belt con-
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veyor system the belt is pulled taught by a roller that’s
adjustable and the belt makes a full 180 degree turn over
the roller. Belt conveyors are used mainly in large plants
where a constant movement of coal is required. I’ve
never had the pleasure of working a coal fired plant with
belt conveyors so about all I can tell you is to treat the
belt with care. Sudden stopping and starting of large belt
conveyors tend to break the belt.

The typical small coal fired plant will use a front
loader to move coal from storage to a bucket elevator
that lifts the coal from grade level to the bunkers. A
bucket elevator can be a belt with small containers
(buckets) attached to it or any number of unique ar-
rangements of chains, connectors, and buckets that form
a continuous and endless string of buckets to scoop up
the coal and lift it to a higher level in the plant where it’s
dumped into the bunker. In some medium sized plants
the bucket elevator will dump the coal onto a special belt
conveyor that distributes the coal into the bunkers. The
belt conveyor will have a special assembly consisting of
a couple of rollers that flip the belt twice, all mounted on
a set of rails so it can be moved along the length of the
belt. When the coal gets to the assembly it’s dumped as
the belt turns at the first roller and is deflected past the
second turn of the belt to fall into the bunker.

Another special conveyor for coal is a Redler con-
veyor. It consists of a continuous chain with metal
paddles that ride inside a rectangular metal tube. The
top of the tube is eliminated at the in-feed hopper
(where the coal is dumped or falls from a storage pile) so
the paddles can intercept the coal and start dragging it
along. The tube is closed for lifting and transporting the
coal horizontally past a series of gates. Each gate consists
of a section of the tube where the bottom can be opened
to allow the coal to fall out. The conveyor can then de-
liver coal to a large number of bunkers.

Okay, now it’s time to explain what a bunker is.
It’s sort of like a day tank for coal. I can go in many
boiler plants today and look up to see the bunkers are
still there. That’s even when the plant hasn’t burned
coal for several years. A bunker can be a concrete
room (for all practical purposes) or the more common
catenary form of hopper. The shape was developed to
hold coal without a lot of reinforcing and structural
members. Steel plates were made long and literally
slung, somewhat like a hammock, from the building
framing in the space above the burner fronts, what we
call the firing aisle. The result was something like a
half ellipse in shape hanging down above you with
trap door openings that were used to release the coal
for feeding to the burners.

To keep track of the coal and transport it from the
bunker to individual burners many plants have weigh
lorries. These are mounted on tracks with wheels similar
to those on a railroad car so the lorry can be moved from
under the bunker horizontally along the tracks to a po-
sition above the coal hopper of the boiler being fired.
The lorry incorporates a hopper to hold the coal
dropped from the bunker and its own drop gate to
empty the lorry hopper into the boiler hopper. The hop-
per on the lorry is suspended from the wheels and ar-
ranged like a scale so the operator can weigh each load
of coal. That way you can get an idea of your coal firing
rate in pounds per hour and track how much coal you
burned on a shift.

Weigh feeders which consist of a short (up to five
feet long) belt conveyor with the belt assembly sus-
pended so it’s weight can be consistently monitored are
used for coal fed to pulverizers and, in a form similar to
the ones used to feed bunkers, hoppers for stokers. They
provide an indication of the rate at which fuel is being
fed to the boiler.

One rare (I’ve never seen one) but possible system
to encounter is pulverized coal storage. It would consist
of a bunker but be covered and incorporate additional
safety measures because the fine powdered coal readily
forms a combustible mixture when exposed to air and
any agitation. I imagine I’ve never seen one because of
the hazards associated with them; they’re just plain rare.

When firing coal, whether on a stoker or pulverizer
(see the section on burners) a continuous supply of coal
to the hoppers or pulverizers is always a function of the
operator. Usually in a coal fired plant we’ll say “opera-
tors” because it takes more than one person to keep the
coal moving and burning properly. You may also be
operating processing equipment that changes the size of
the coal particles or screens to actually separate out
some of the coal to provide the size and form of fuel
that’s required for the burner.

Coal also requires handling after it’s fired. A certain
amount of ash and unburned fuel (frequently called LOI
for loss on ignition) collects in the bottom of the furnace,
on top of the grate, and in the dust collector at the boiler
outlet. It has to be handled back out of the plant to be
dumped in a landfill or used in cement operations.

OTHER SOLID FUELS

Biomass fuels can vary from firewood, the most
common, to bedding which contains some unpleasant
animal waste but still burns. There are many varieties of
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wood and a considerable variation in other vegetation
that can be burned. There are more ways to burn those
fuels than there are fuels and new methods of burning
them are still being developed.

As with coal you have to prepare the fuel to con-
form to the specifications of the burner manufacturer so
it will burn well. They have a higher hydrogen content
so they tend to burn cleaner. The major problem with
these fuels is their high moisture content, liquid water in
the fuel cools the fire in the furnace and the vapor pro-
duces high latent energy loss up the stack. The fuel’s
lower cost normally compensates for that.

Wood can be fired in several forms, logs like on a
campfire, chips as large as a playing card and about one-
half inch thick down to sizes rivaling sawdust and vari-
ous sizes of dust from sawing (where the dust is more
like a chip, sometimes as big as one-quarter inch square)
to sanding. Some of the finer and lighter materials can
be burned almost entirely in suspension (floating in the
air) in a flame that is similar to an oil fire. Most of the
chip is burned on a grate although it’s common to intro-
duce the chips by tossing them in above the grate where
the finer dust in the fuel is burned in suspension.

Some wood burners are dealing with raw wood
which has a high moisture content and much of the
energy in the fuel is used to vaporize that water. Others
fire kiln dried wood which has less than 10% moisture
and is an excellent fuel. The construction of the boiler
and the grates are designed for the fuel to be burned and
it’s usually difficult to handle a different material. A
boiler designed for dry fuel will probably fail to reach
capacity when burning wet fuel and may not maintain
ignition. A boiler designed for wet fuel will probably
have problems of burning up grates due to the higher
flame temperatures of the dry fuel.

A principal problem with wood firing is sand.
When the fuel is cut, hauled, and prepared for firing a
certain amount of dirt comes with it and sand can erode
boiler tubes quickly as it’s carried by the flue gas out of
the furnace into the tube banks. Sander dust will always
contain a certain amount of flint and other sharp sands
that are very damaging to the boiler. When a boiler is
designed to fire wood that is sand contaminated the
velocities through the tube banks are intentionally re-
duced to limit the erosive effects of the sand. Operators
should also avoid any action that produces high gas
velocities (too much excess air, over-firing) to reduce
erosion damage.

Leaves are another potential source of boiler fuel
that isn’t used as much as it could be. A principal prob-
lem with leaves is they’re only available at certain times

of the year. Firing problems with leaves include an ash
content greater than wood but the big one is that the fuel
is tough to handle, can be messy if it gets wet, and can
be contaminated with sand and dirt. There are some
systems that convert dry loose leaves to compact fuel
packages by extruding them.

Bagasse is sugar cane after all the sugar juice has
been squeezed out. Since I’ve never spent any appre-
ciable amount of time in the south where the cane is
grown I have no experience with burning bagasse. I do
know that the long stringy material is tough to handle
and burn.

Other natural sources of biomass include hay, ani-
mal bedding (yes, it all burns), and corn cobs. Dried corn
itself has been used for a fuel.

Waste paper, cardboard and similar materials that
are contaminated, so they can’t be recycled into more
paper, are burned in trash burners but some major gov-
ernment and industrial facilities that process a lot of
paper may have boilers fired by those fuels just so they
destroy the material for security purposes. Corrugated
cardboard is one of those fuels that’s very dangerous to
burn. That’s because it comes with its own air supply
within the corrugations. When a corrugated cardboard is
fed into a hot furnace the heat will start boiling away the
glues and wood to form gaseous hydrocarbons that mix
with the air within the corrugations. When the mixture
reaches its explosive range it explodes!

Hospital waste is normally burned in an incinera-
tor with energy recovered by a waste heat boiler. The
purpose of the separate incinerator is to ensure that all
the material is exposed to the heat of the fire so all the
diseases and pathogens in the waste is destroyed. My
experience with these systems is that’s not always the
case. Unless the waste is mixed up so it’s all exposed to
the heat there will be unburned, and sometimes un-
treated, fuel in the waste. The waste heat boilers must be
designed for high ash loads and capable of withstanding
occasional acid attacks because of the acids produced
while firing the waste.

Trash burners, large boilers burning tons of gar-
bage are considered an air pollution hazard and many
localities chose to landfill their garbage rather than burn
it. Today the cost of landfill space and the offset of better
flue gas cleaning systems has restored interest in trash
burning plants. It’s a unique boiler plant because you
actually get paid for burning the fuel, a far cry from
paying for fuel. The cost of operating the plant, person-
nel, and the continuous repairs required (like when you
try to burn an entire engine block) are covered by the
value of the steam produced and the payments for pro-
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cessing the trash. I say processing it because there’s a
considerable amount of ash left over, around 10%, that’s
usually returned to the county or city for placement in a
landfill so what you’re doing is reducing the volume of
trash they have to deal with.

I’ve worked on boilers burning many other forms
of solid fuels including such unique materials as lami-
nate trimmings and plastic bags. Almost any organic
material can be fired, the question is whether the source
of the fuel is consistent in generation of quantity and
quality and how much it costs to prepare, handle, and
burn the fuel. If you have the opportunity to work in a
waste fuel plant you should realize that the cheap fuel
has a lot of heating value and should be treated as if it
was as expensive as any purchased fuel. If you don’t
burn the waste fuel efficiently then any deficit has to be
made up with purchased fuels.

Know your fuel, know what the fire looks like
when it’s burning normally and get real concerned when
it isn’t normal. Keep in mind that how the fuel is stored
and handled on its way to the burner can have an effect
on plant safety.

WATER

I consider a major problem with most Americans is
their attitude about water. As a consumable water is not
an unlimited resource. Despite a recent three year
drought in the Northeast I find my friends and neigh-
bors still acting as if there was an unlimited supply of
potable water. Continued growth of the human popula-
tion will constantly expand the demand for fresh water
and, like it or not, we’re dangerously close to conditions
of real water shortage; at least a shortage of drinking
quality water.

A boiler plant has the potential to draw on, and
waste, millions of gallons of water each year and some
plants consume and waste those millions in months or
even weeks. I consider it regrettable that we place such
a low value on water. I hope that’s beginning to change.
The typical municipality charges something in the range
of three to four dollars per thousand gallons of water
consumed in a combined water and sewer charge. It
should be interesting to note that the majority of that
cost is for sewage treatment. I know a few localities
where the rate is more appropriate, ten dollars per thou-
sand and higher. Wise operators will address those costs
and recognize their contribution to the preservation of
this invaluable natural resource.

Major utility plants are doing something about it

because water represents a significant cost to them.
Where possible they’re using treated waste water (from
sewage treatment plants) for make-up instead of fresh
potable water. Despite the yuck factor there’s no reason
to question the quality of that water after proper pre-
treatment (see the section on water treatment) and the
boilers don’t care what it may have been. PSEG’s power
plant in New Jersey saves 10 million gallons of precious
drinkable water each month by using waste water as
makeup, saving more than thirty thousand dollars a
month in the process.7 Sooner or later you will be work-
ing in a plant that does it too.

It’s very important to understand what a gpm is
worth. I’ve discovered that many operators have a
change in understanding once they do the math them-
selves. What is a gallon per minute worth? First, it’s a
good idea to know that a minute doesn’t give us a fair
measure of the cost. There are 525,600 minutes in a year,
more than half a million. A two gallon per minute leak
that we allow to continue represents more than one
million gallons wasted every year. At the low range of
water costs a one gallon per minute leak costs $1,500,
what some people consider minimal. I don’t consider
such waste minimal. When you consider the fact that
half a million gallons of clear fresh water was converted
to sewage that leak is very expensive.

I’m always objecting to something I see regularly, a
boiler water sample cooler operating constantly. I know
that it takes a few minutes to clear lines and tune up a
sample cooler each time you draw a water sample and a
little more time to close the valves when you’re done. It’s
also easy to argue that the boiler water would be removed
by blowdown anyway. However, the typical sample
cooler uses about 12 gpm to cool a boiler water sample
and leaving it running constantly wastes over six million
gallons of water every year and costs at least $18,000 per
year to convert good water to sewage. Don’t do it.

Recycling the water in a boiler plant is becoming
increasingly important. Some utilities are actually com-
mitted to zero discharge, where they don’t put one gal-
lon of waste water into the local municipal sewer or
dump it otherwise. Part of that effort is to avoid the
heavy cost of treating the plant’s discharge of waste
water which is highly concentrated with solids and
chemicals compared to water that’s simply wasted to a
drain. It’s an action I am glad to see. We should all un-
derstand that especially blowdown contains consider-
ably more solids and chemicals than normal waste water
so minimizing blowdown is important.

Another consideration is the draining of a boiler
and refilling it with fresh water during every annual
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outage. As the cost of treating sewage continues to rise
and concern for the treatment of very caustic waters
grows there may come a time when dumping a boiler is
restricted. If your plant doesn’t have a connection to a
sanitary sewer, and many don’t, I strongly recommend
you rent a tank trailer to store your boiler water while
performing your annual inspections. That way you
aren’t discharging caustic water into the environment
unnecessarily and you save on the cost of the chemicals
it contained (although loss of sulfite is expected) and the
cost of treating fresh makeup water.

I’ve also seen a fair number of operators use boiler
bottom blowoff as a means of water level control. In the
chapters on control I mention one probable reason that
an operator feels compelled to do this but even if the
controls malfunction there’s no reason to consistently
waste water and boiler chemicals in order to maintain
boiler water level. If the level tends to rise it can be pre-
vented by restricting feedwater flow.

It’s also not sensible to use bottom blowoff as a
means to reduce the solids content of the boiler water
instead of using continuous blowdown, what we some-
times call surface blowdown. Removal of the boiler
water to limit the solids content is best done with the
continuous blowdown because it removes the most con-
centrated water in the boiler, the water that’s left right
after the steam is separated. Bottom blowoff tends to be
a blend of the boiler water and feedwater that just
dropped to the bottom drum so it contains a much lower
concentration of solids. None of the water or heat is re-
covered from blowoff; water and heat is recovered by a
good blowdown heat recovery system.

On steam systems blowdown heat recovery sys-
tems capture much of the heat and a little bit of the
water that’s dumped by continuous blowdown. The
blowdown is dumped into a flash tank which operates at
a pressure slightly above the deaerator pressure. Since
the water is much hotter than the saturation temperature
at that pressure some of the water flashes into steam.
The steam is separated by some internals then flows to
the deaerator where it replaces some of the boiler output
that would need to be used to heat the feedwater. The
remaining water then flows to the heat exchanger. Low
pressure plants and small high pressure plants may not
be able to justify the flash tanks so all the blowdown
water flows to the heat exchanger. The heat exchanger
transfers heat from the blowdown to the makeup water.

In low pressure plants the heat exchanger can be as
simple as a barrel set above the boiler feed tank and
arranged so the makeup water is fed into the barrel then
overflows into the boiler feed tank. The blowdown is

passed through a coil of tubing in the bottom of the tank
then to the blowdown control valve which can be manu-
ally set or an automatic one. In a plant with multiple low
pressure boilers each one could have its own coil. If the
flow isn’t throttled after the heat exchanger the boiler
water will flash in the coil, making a lot of noise and
eventually damaging the coil.

A heat exchanger in high pressure plants should be
of high pressure construction and heat the makeup wa-
ter before it goes to the deaerator. The control valve on
the heat exchanger outlet is usually controlled by the
level in the bottom of the flash tank. That way the heat
exchanger is always flooded and the blowdown is not
flashing into steam which can leave deposits that plug
up the heat exchanger.

Blowdown heat recovery does save some energy
and, with a flash tank, a little bit of water. The real sav-
ings, however, is in the water that would be used to cool
the blowdown if you didn’t have the heat recovery sys-
tem. Blowdown dumped through the blowoff flash tank
will dump some heat in the form of steam up the vent
but the 212°F water has to be cooled to less than 140°F
before it’s dumped in the sewer and the typical practice
is to use good city water for it. It will take a volume of
cold water about equal to the blowdown to cool it before
it’s dumped in the sewer. You’re wasting all that cold
water if you aren’t using the blowdown heat recovery
system.

The best way to reduce water waste in a steam
plant is to recover condensate and use it as boiler feed-
water. There are many reasons for this in addition to
saving water. Recovery of condensate recovers heat,
eliminating the need to heat cold makeup water before
it’s fed to the boiler. Condensate is basically distilled
water, converted to steam in the boiler and then con-
densed so it doesn’t require all the pretreatment and
chemical treatment needed for fresh makeup water. Re-
covery of condensate saves money that would be spent
on additional fuel, boiler water treatment chemicals, and
the additional water required for blowdown to remove
the solids brought in by fresh city water.

All too frequently the only consideration for recov-
ering condensate is the value of the heat. After evaluat-
ing several condensate recovery projects I can assure you
the cost of heating the water is minimal. The cost of the
water itself is more valuable than the heat and the cost
of chemicals adds even more to it. Treat condensate as a
valuable resource.

Recovery of condensate is the best way to minimize
water waste from a boiler plant but there are times when
recovery for use as boiler feedwater is undesirable. Wast-
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ing of condensate is not unusual in a chemical or petro-
leum facility because the potential for contamination of
that condensate is so high. In some cases we recovered
some of the energy from it using a heat exchanger but that
doesn’t preserve the water. Capability to monitor the wa-
ter and filter it with carbon filters and other measures, in-
cluding reverse osmosis, make it possible to recover and
use condensate in those plants today.

In instances where the capital cost expenditure to
recover condensate is so high that recovery can’t be jus-
tified it’s possible that the condensate can be used for
other purposes, anything from makeup for cooling tow-
ers (I know it’s hot, but it’s also distilled water) to use as
sanitary water (where it has to be cooled). In chemical
and petroleum facilities there’s considerable water used
in scrubbers and condensate makes a great replacement
for scrubber makeup. In other words, if it has to be
wasted try wasting it in another system instead of fresh
water.

Appropriate recovery of condensate is another
matter. I’ve found that several plants allow considerable
waste of high temperature condensate by collecting it in
open systems where as much as 15% of the water and
over 50% of the energy in that condensate is lost in flash
steam. High pressure condensate should be recovered in
a way that prevents flashing. The best way to recover
high pressure condensate is to return it to the deaerator.
Some of the condensate may flash off in the deaerator
but it simply displaces some of the steam required for
deaeration. There’s no reason to be concerned for oxygen
in high pressure condensate, but it’s typically returned
in a manner that allows some scrubbing of it to remove
any oxygen that may be in it from start-up and other
operations.

Having explained that condensate that would flash
off should be recovered in a manner that uses that steam
it only makes sense that any signs of steam escaping
from a condensate tank vent line is a problem that re-
quires an operator’s attention. The normal reason we
have steam leaking is leaking traps. Trap maintenance is
very important in reducing water waste.

TREATMENT CHEMICALS

I’m always listening to plant chiefs complain about
the price of water treatment chemicals. They aren’t
cheap and they sure aren’t anything that you want to
treat casually. In the normal plant they’re about two
percent of the total cost. The amount of chemicals we use
are a function of the amount of makeup water entering

the plant so preserving water is the first important step
in minimizing the cost of water treatment chemicals. The
following section deals with water treatment because it’s
definitely one of the most important things that boiler
operators have to do. Considerations of the chemicals as
consumables are addressed here.

The concentrated treatment chemicals are defi-
nitely hazardous waste if they escape their containers or
treatment equipment. They are hazardous to handle and
can cause severe burns. I know the attitude about how
we can be perfectly competent in handling the material
and shouldn’t need the protective gear because we never
make mistakes, right? Now that I know a few people
that have been seriously injured handling treatment
chemicals I can honestly say that the wise operator uses
all the protective gear.

I regularly thank God that I’m not one of those
hard heads that got hurt handling chemicals, there’s
nothing other than will and dumb luck that prevented it.
You may feel you look stupid in the clunky rubber boots,
silly rubber apron, klutzy rubber gloves and the face
shield that steams up so it’s hard to see what you’re
doing—but you’re safe. Not wearing that outfit is taking
a chance on living with a serious injury for the rest of
your life; wear it.

Frequently people don’t think of salt as a water
treatment chemical. It is, and it’s one of the cheapest and
safest to handle so you want to make sure you make the
best use of it first. Ensure the water softeners are regen-
erated with adequate brine concentrations and regener-
ate them before they’re depleted to minimize
consumption of phosphate or other scale treatments
which are a lot more expensive than salt.

Take regular samples of the incoming makeup
water to check for changes in hardness that will alter the
capacity of the softeners and adjust the softener through-
put accordingly. You don’t want to be like one plant I
visited for problems with their new boiler. Blisters at the
bottom of the boiler’s waterwall tubes were a sound
indication of high degrees of hardness in the water.
When I asked about the regeneration of their softeners I
was told they did it just like they always did, every
Wednesday. It didn’t seem to matter to them that the
steam demand on the plant, and makeup, had tripled in
the last three years. The softeners ran out of sodium ions
on Monday.

Applying the chemicals in a uniform matter, con-
sistent with the rate of boiler water makeup will mini-
mize their use by making them most effective. Some
systems, such as low pressure hot water heating sys-
tems, require very little treatment because the system is



Consumables 165

closed and losses of water are very limited so shot feed-
ing of chemicals using a shot feeder (Figure 6-2) is ca-
pable of providing adequate treatment.

Those shot feeders do, however, often look much
like a mess where it’s evident that the chemicals were
spilled and wasted as opposed to injected into the sys-
tem. Proper use of a shot feeder requires closing the iso-
lating valves and proving them closed by slowly
cracking the vent valve while holding a bucket under
the vent pipe to capture any discharge. It’s possible for
the shot feeder to accumulate some air or gas from the
system so the contents could expand out dramatically
when it is opened to atmosphere. It may require waiting
several seconds or even minutes to allow pressure to
bleed off slowly before it’s relieved. If only liquid flows
out that’s an indication that one or both of the isolating
valves are not shut. Be sure you wear the silly outfit
because expanding gas can carry out slugs of water that
could still contain concentrated chemicals and splash
them on you.

Once the pressure is relieved the shot feeder
should be drained by opening the drain valve with a
bucket under it to capture the contents. If the contents
are system water it’s the best thing to use for mixing the
new charge for chemicals. If the contents appear to be a
concentrated mixture of chemicals it means the feeder
didn’t discharge its contents; in that case, close the drain,

open the fill valve, pour it back in and return the feeder
to service to get the chemicals where you want them, in
the system. Be certain the drain is closed, checking it by
adding a cup or two of fresh water, then open the fill
valve and slowly pour in the new mixture of chemicals.

To charge the chemicals close the fill valve, close
the vent valve down then crack it a little and crack the
feeder outlet valve to fill the feeder pot. Hold a small
container under the vent line to capture the first shot of
water and close the vent valve as soon as the water
appears. Finally open the feeder outlet valve and the
feeder inlet valve to discharge the contents to the sys-
tem. When the feeder is flushed by a high differential
pressure (a typical arrangement is from the system
pump discharge to the same pump’s suction) it’s advis-
able to limit opening the feeder inlet valve to limit ther-
mal shock from any cold contents of the feeder. It also
prevents sending a slug of solid, dry chemicals into the
system instead of a solution of them.

Failure to vent a pot feeder is a common problem.
Always flood it before putting it in service. If you don’t
then you stand the risk of having a compressed gas burp
blow concentrated chemicals on you when you attempt
to open it. It’s also possible to send some air into the
system to collect in some obscure spot and restrict sys-
tem water flow.

To prevent loss of valuable sodium sulfite you
should keep the containers tightly closed. A sulfite mix
tank for a chemical feed pump should have a floating
top or be otherwise sealed to limit atmospheric oxygen
getting at the contents to consume the sulfite before it
even gets into the system water.

Be careful mixing and handling caustic mixtures. I
can still remember being so stupid as to try to use a
piece of galvanized lagging as a funnel to add boil-out
chemicals to a boiler drum. The gas and splashing from
the reaction of that caustic solution and the galvanizing
could have blinded me or caused serious burns. Alumi-
num and galvanized steel (actually the zinc in the galva-
nizing) react violently. I remember another incident
where someone used a galvanized bucket to mix some
caustic solution and it literally boiled out of the bucket
to create a hazardous spill and almost burned the indi-
vidual seriously.

MISCELLANEOUS

One consumable that a plant always seems to have
troubles with is small tools. I can remember one chief
that had a policy of buying seven of any new tool, oneFigure 6-2. Shot feeder
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for the plant and one for each of the operators to take
home. He explained that by doing so he eliminated his
personnel stealing the tool and, since they all had one at
home, ensured the extra one he bought would be at the
plant when it was needed. Even though his policy
seemed to work it didn’t speak well for those operators
and I thought it was actually berating them. They didn’t
seem to mind because they got new tools regularly but
I would have considered it an insult.

I can remember more stories about stealing of
small tools and how many people treated it as an accept-
able practice, even implying a respect for the skill of
some of the thieves. I have no respect for them and I
have a problem with anyone that steals the owner’s
property. If you can’t be trusted with a little tool that
probably costs less than one hour’s salary how can you
be trusted with a plant that costs thousands of dollars a
day to operate?

I tried to institute a policy of loaning tools. That way
if an employee had a project going at home that required
a particular tool he or she could borrow it, like taking a
book from the library, and return it when finished with it.
It included items that aren’t easy to steal like scaffolding
and tall ladders. I was very disappointed to discover that
some people felt it was more manly to steal a tool than
borrow it so the program didn’t work very well. Good,
wise, operators don’t steal the owner’s tools.

It would be nice if more of us treated other
people’s property with respect. Please join me in doing
that and ask your boss if you can borrow a tool that you
would like to use at home. I still have something I stole
that I keep just to remind myself that I was very

ashamed afterwards, it wasn’t worth much at all and,
had I been caught, it could have cost me my career.
Stealing may seem heroic and being one of the guys
(male or female) but it’s still stealing and somewhere
down the road you will be ashamed of it. Try taking
pride in the contention that your plant has tools that
have been there for years.

Another problem with small tools is breaking or
damaging them. Wood chisels don’t cut nails very well
and electric drills make lousy hammers. I do hope you
will treat the plant’s tools with as much care and atten-
tion as you do your own.

Batteries are another commodity that is frequently
converted to private use. Somehow people get the idea
that their alarm clock is required to get them to work so
the batteries should be provided by their employer. Rags
are another commodity that can be abused. I once dis-
cussed this matter with a plant chief that had a $500 per
month rag bill! Nobody was stealing them necessarily
they just wasted the darn things. Wise operators should
always treat every little thing supplied by their em-
ployer as the employer’s property, not something that
somehow reverts to their possession.

Paper pads, pencils, erasers, scotch tape, and mak-
ing copies, it doesn’t amount to much and many em-
ployers say to use those resources without concern
because it costs them more to account for it than to let
you take it. Since I had an expense account I always
allowed enough to cover the value of things I used. If
there’s no policy for using the owner’s property don’t
take it. Between Wal-Marts and Kinkos on almost every
corner there’s no reason to.
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WWWWWater is, unquestionably, the most unique substance
we will ever encounter. It’s unique character is impor-
tant to every form of life on earth. Controlling water’s
unique characteristics is one of the major occupations of
the wise boiler operator.

WATER TREATMENT

There’s more to it than H two O. Perhaps its be-
cause there are so many water treatment companies and
salesmen that insist their product is the do all and end
all that boiler operators tend to believe they can’t do
much about water treatment. The fact of the matter is
that nobody can do a better job than a boiler operator
that’s been trained. Water treatment isn’t a black art and
it doesn’t require a college degree to understand it. The
only problem with it is you can’t see what’s going on in
there and you have to accept certain statements about it
as fact and base the rest of your decision making on
them. Let’s see if your understanding of water treatment
isn’t improved in these next few pages.

Water is called the “universal solvent” because it
dissolves just about anything. It’s such a great solvent
that it even dissolves itself! I like to think it’s because the
water molecule is lopsided; it contains two hydrogen
atoms with an atomic weight of one, so they’re very
light, and one atom of oxygen with an atomic weight of
eight; the two hydrogen atoms hang around one side of
the much larger oxygen atom. That lopsided condition
results in a concentration of protons at the one side,
where the hydrogen is hanging out, and nothing but
electrons at the other side so the molecule of water has
a magnetic polarity.

It’s a reasonable explanation for why a microwave
oven works. The microwaves are building up and then
dumping a magnetic field in the food in the oven several
times a second and the polarized water molecules keep
twisting back and forth to align with the magnetic field.
Other things, like plastics, don’t have any polarity and
aren’t affected. All those water molecules twisting back
and forth inside the food rubs the other molecules and
heats everything up by friction.

That polarity of the water is what makes it such a
good solvent. It has a negative charge on one side and a
positive one on the other so it can pull other molecules
apart. It pulls molecules of H2O apart, converting them
to hydrogen ions (H+) and hydroxyl ions (OH-). That’s
how water dissolves itself.

Every solid material dissolved in water is present
as an ion. You’ll note the little plus sign and little minus
sign which indicate that the atoms have something like
an electric charge on them, not unlike the static electric-
ity charge you build up on a wool suit so everything
sticks to it. It’s what makes it possible for water to dis-
solve just about anything. In its pure form, where the
only ions in water are the hydrogen and hydroxyl ones,
water is hungry. It looks for things to dissolve and will
dissolve them until it has dissolved enough to satisfy its
appetite for ions.

Once it has dissolved a fair amount it isn’t as ag-
gressive, that’s why it doesn’t viciously attack the pipes,
hot water heater, and other parts it contacts in our
homes. Everything we do with water treatment is asso-
ciated with what is dissolved in it, either ions of different
types or gases.

One of the critical values in water treatment is the
relative proportion of hydrogen ions in the water. Care-
ful experiments have been developed to determine that
there is one hydrogen ion in each million deciliters of
pure water. That’s 0.0000001 ions per deciliter. The nor-
mal range of hydrogen ion concentrations in water solu-
tions runs from 0.01 ions per deciliter to
0.00000000000001 ions per deciliter. Since these numbers
are a little cumbersome to work with someone decided
to measure the hydrogen ion concentration according to
the number of decimal places so the range of measure-
ment is easily described as 2 to 14 (the number of zeros
after the decimal place plus one) and the number labeled
“pH.”

It really does represent the number of hydrogen
ions in solution; since it’s the count of decimal places it
gets smaller when there are more hydrogen ions. There
are far more hydrogen ions in the solution when the pH
is 2 than when the pH is 14. Whenever you deal with pH
you have to keep in mind that a change in value is a

Chapter 7

Water Treatment
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change in decimal places, not a proportional change. If
you add chemicals to water and increase its pH from 7
to 8 it will take ten times as much to increase it from 8
to 9 and one hundred times as much to raise the pH
from 9 to 10.

The value of pH provides a measure of the acidity
or alkalinity of water. When the pH is less than 7 it is
called acidic and when the pH is greater than 7 it is
called alkaline. Acidic water is very corrosive. Highly
alkaline water is also very reactive, highly alkaline water
will react violently with aluminum and generate some
very toxic gases. Normal values of pH in a boiler plant
are 7 to 8 for make-up and feed water, 10 to 11 for boiler
water, and 5 to 8 for condensate. Water supply plants in
the United States are required by law to maintain pH in
the range of 7.6 to 8.5.

We measure all the other things that dissolve in
water using a scale that is a lot simpler than pH. The
standard units of measure are parts per million (ppm)
which is a ratio, the number of pounds of material that
would be dissolved in a million pounds of water. Some
operators find it easier to think in terms of pounds per
million pounds of water. Of course we don’t have to
have a million pounds of water to determine the ratio.

Some water treatment departments will measure
the concentrations of ions in solution in terms of micro-
grams per deciliter. That value is very close to ppm so
use it as such unless you’re trying to do some critical
evaluation of your water treatment facilities.

Occasionally you will see an analysis described as
“ppm as CaCO3” to describe a condition of water that
includes a combination of materials dissolved. Since the
materials have different weights, they are corrected so
the analysis can be expressed as an equivalent to calcium
carbonate (CaCO3). If you should ever need to know the
precise concentration of a substance dissolved in water
there are tables of equivalents that give you a multiplier.
You shouldn’t have to be doing this though, it’s best left
to the water treatment specialists.

Most of the time we don’t need to know how much
of a chemical is in the water, only its proportion com-
pared to the amount of water. Therefore parts per mil-
lion is an easy way to measure the chemicals dissolved
in the water. In those rare instances when we need to
know how much is in the water it’s a simple calculation.
Find out how much water is in the boiler; (or whatever
it is you’re working with) if the value is gallons then
multiply by 8.33 to convert to pounds; dividing the
number of pounds of water by one million then multi-
plying by ppm tells you how many pounds of chemical
is in the water. Normally this only comes up when

you’re charging a system, filling the boiler and in some
cases the piping with water that you want properly
treated. An initial fill of a hot water boiler system can be
calculated by estimating the total length of pipe, multi-
plying the pounds of water per foot from the table on
page then adding that result to the number of pounds to
fill the boiler. To establish the initial charge of sodium
nitrite in the water (to achieve a content of 60 ppm) di-
vide the weight of water by one million then multiply by
60. The result is the number of pounds of nitrite to put
in the chemical feed pot, sodium nitrite is 63% nitrite so
multiply by 1.58 to determine how much of the actual
chemical to add then divide that result by the purity of
what your chemical supplier provides.

We treat water for two principal reasons, to prevent
corrosion and to prevent scale formation. The most com-
mon form of corrosion is destruction of metal by hydro-
gen ions but other chemicals dissolved in water can also
attack the metal in our systems. Another form of corro-
sion is oxidation, where the oxygen in the air or water
combines with the metal to form rust. A severe form of
oxygen corrosion is oxygen pitting.

Scale formation coats the heat exchange surfaces of
the boiler to act like a heat insulator. The scale being on
the inner surface of the boiler separates the water and
metal so the water can’t cool the metal. When enough
scale builds up the metal overheats and fails. The vari-
ous water treatment processes serve to prevent corrosion
and scale formation by pretreatment which changes the
corrosive and scale forming properties of the water be-
fore it gets to the boiler and chemical treatment which
changes the properties of the feedwater and boiler water.

WATER TESTING

Testing of water is required to learn what’s in the
water, what other people and other systems have done,
and to check on the actions you have taken to maintain
quality water for the boiler. Most operators do water
testing and I’ve seen variations in that activity ranging
from something equal to hospital grade testing to some-
thing I can describe only as early cave man. Before you
decide to skip this part ask yourself if you’re absolutely
certain you can’t learn anything new about testing water.

The first requirement of water testing is to draw
what us engineering types call a “representative
sample.” That means the sample of water you take to the
test bench should be the same as the water in the system
you took the sample from. If the sample is drawn from
blowdown piping it must come from a section that’s
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almost the same pressure as in the boiler. If it’s drawn
after the water pressure drops and some of it flashes to
steam you have no assurance that your sample is repre-
sentative. It could be the water left after the steam
flashes off and contain higher concentrations of solutes
(the stuff dissolved in it, including your treatment
chemicals) or it could be condensed flash steam and
contain almost none of the solutes. If you’re trying to
draw a sample off the blowoff piping or any other vol-
ume where the water is stagnant you’re not getting a
representative sample. The best point to draw a sample
from is the continuous blowdown piping before the
water passes through any orifice or throttling valve.

When I see someone put on chemical preparation
gear and try grabbing a sample off the blowdown valve
at the base of the water column I know it’s not a repre-
sentative sample. Samples of raw water, softened water,
etc., can be collected by simply draining water from the
systems and making certain the sampling piping is
flushed so the sample is fresh and representative of the
water flowing through the system. Samples of boiler
feedwater, hydronic system water, boiler water, and
most condensate require cooling to ensure you get a rep-
resentative sample.

Sample coolers can be as simple as a large coil of
copper tubing, to allow air cooling of a low pressure
boiler water sample, to units designed for operating
pressures up to 5,000 psi. You should read the instruc-
tions for your sample cooler and follow them, but when
they’re lacking, the following guidelines are suggested.

A sample cooler should be shut down except when
it is used to draw a sample. To ensure there’s no vacuum
created in it to draw air in and corrode it and no way to
over-pressure it through thermal expansion leaving it
under pressure is recommended. That means its cooling
water and sample outlet valves should be closed, right?
Well, that’s fine as long as it isn’t leaking and you’ll
never know when it springs a leak under those condi-
tions until the cooling water system is contaminated
with boiler water. I like to connect a sample cooler so
there’s only a cooling water supply valve and the cool-
ing water outlet is piped to form a loop up above the
cooler, vented, then dropped to a drain. The loop keeps
the cooler under static pressure so air can’t get in and
will allow for expansion of the water and even gener-
ated steam to escape if someone opens the sample line
first. If the cooler leaks the boiler water will go to drain,
not back into the cooling water system. There’s no way
some dummy can close an outlet valve that isn’t there to
force leaking boiler water into the cooling water system
or heat up the cooling water side of the cooler to blow

it. It’s also almost impossible to dilute a water sample
with cooling water.

Close the water supply and sample outlet valves to
shut down the cooler. When ready to draw a sample you
first check the cooling water drain to be certain the
cooler isn’t leaking then open the cooling water supply.
Once cooling water is flowing open the sample outlet
valve to flush the sample piping and get a fresh sample
up to the cooler. Boiler water and deaerated feedwater
should start flashing at the outlet so you know you have
a fresh sample. Throttle the sampling outlet valve until
you get a reasonable flow of cooled water.

To ensure there’s no vapor vented off your sample
or condensate from the air getting in the sample should
be cooled to the same temperature as the air in that area.
A thermometer sensing the water temperature leaving
the cooler (Figure 7-1) works well but it has to be able to
take the maximum possible temperature of the sample,
the temperature in the boiler. The thermometer is also
suggested to be certain you don’t burn your fingers
when drawing the sample.

Once a sample is flowing you should rinse all the
apparatus that will be contacting the sample so previous
samples don’t contaminate what you’re analyzing. If
you must draw a sample from a location away from the
test bench always draw enough to rinse the testing ap-
paratus when you get back to the test bench. Note that

Figure 7-1. Water sample cooler
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the sample line in Figure 36 is shown long enough to
submerge it in a sample bottle. That’s necessary to pro-
vide a representative sample for testing sulfite content.
Once the sample is exposed to air some of the sulfite will
start reacting with the water in the air.

To minimize contamination of your water sample
with air insert the sample line to the bottom of the
sample bottle, leaving it submerged as the bottle fills,
and allow the bottle to overflow for a couple of seconds
to eliminate mixing of air with the sample and displace
all the air from the sample bottle, flushing off the surface
so you have a sample that wasn’t in contact with air.

If you’re drawing from a remote sampling point
take another bottle for rinsing your apparatus. Unless
you’re testing the sample for sulfite immediately you
should cap the flooded sample bottle. That’s the right
way to draw a sample even if you’re not testing for
sulfite. Always draw at least twice as much as you’ll
need, that small amount of sample is negligible com-
pared to the cooling water you’re wasting, see the sec-
tion on water consumption.

I seldom find a water test bench closed up. Most of
the time everything is setting out and the stand is well
illuminated. Didn’t anybody ever read the instructions
for the test reagents that state they degrade when ex-
posed to light? A good bench will be closed up and dark.
Also, the extra reagents and other test chemicals will be
stored in their shipping containers in a dark area that
has a reasonably constant temperature. Stacking them on
shelves leaning against the sheet metal outside wall
that’s cold in the winter nights and heated by the sum-
mer sun is not the right place to put them.

It’s also a little dumb to order a ten-year supply of
reagents (yes, I’ve found bottles with ten year old expi-
ration dates on them setting in a plant’s storage locker).
It’s a pain to order stuff at regular intervals but some of
it has a short shelf life. You want to be confident of the
results you get when testing your water so make sure
you have fresh reagents. If the expiration date is before
next week, throw it away and get new.

Most test stands I see are kept clean but I do re-
member one in a poultry processing plant that had…
you got it, chicken droppings all over everything. Part of
the cleanliness is associated with operating the test
bench because some reagents can damage or discolor
paint if they’re spilled. The automatic filling burettes
will spray reagent out a little hole in the back if you force
too much reagent up. Those spatters on the back of the
test cabinet are an indication of carelessness. If you do
accidentally pump some out the discoloration won’t
happen if you clean it up right away.

To make it easier to clean and limit breakage of
glassware many plants have rubber mats under the test
equipment. I regularly tell someone “you can get white
rubber.” The entire test stand should be white. It’s a lot
easier to see color changes and other things with a white
background. I would like to have a picture of a test stand
after regular use to hold up as a good example but I
haven’t seen one yet. I can’t say too much because I
know I never kept the ones I used that clean; now I
know better.

If I’m watching an operator running water tests I
can tell quickly if he’s up to the task, even when they’re
nervous with me standing there watching them. They
know what the results should be and add most of the
reagent quickly to get to the point where it should be
added drop by drop. That saves time in the process and
has no effect on the outcome. Holding the sample con-
tainer up so its lip is above the reagent spout prevents
spilling but you can get awful tired if it takes too long to
add the reagent until the color change is evident. Occa-
sionally you’ll overshoot. No big deal, just measure up
another sample and do it over. That’s one reason you
drew a large sample to begin with.

Speaking of measuring; you do know you’re sup-
posed to measure to the meniscus right? That’s the level
inside the glass (Figure 7-2) not the line at the edge of
the glass where the water tries to climb the sides. There’s
less than 99 milliliters in the cylinder of the figure, not
100. There’s very little liquid in that edge so you don’t
want to read the level there.

Write it down as soon as you read it. Make it a
habit. No matter how good you think you are at remem-
bering numbers the time will come when you can’t re-
member them long enough and you’ll have to repeat the
test to get the results right. Also, never assume you’ll get

Figure 7-2. Meniscus
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the exact same results. I remember one customer calling
me up in a panic and requesting a boilermaker crew as
soon as possible. It seems an operator decided that the
two boilers always tested the same so he saved himself
some time by copying the values for one to the log for
the other. They rotated shifts each week and the next
operator to come on that watch tested both boilers to
find the one had very excessive levels of chealant. When
the boilermakers pulled the baffles out of the drum they
looked like Muenster cheese, full of holes. In another
few days the boiler would have failed dramatically. Test-
ing is one of the most important things you do and you
shouldn’t take it lightly.

Some operators are color blind. It’s not a significant
problem except for colorimetric testing and it’s not
something you need to be ashamed of. If you’re color
blind make sure the boss knows it and sees to it that the
chemical consultant provides a test method that you can
use accurately. Some operators also have vision prob-
lems and trouble reading the little numbers on the bu-
rettes. That’s okay, there are magnifying glasses for that.
It’s better to admit you have trouble reading those little
numbers (I do) than to guess at what you’re reading and
destroying a boiler.

If you’re still using one of those testers that pro-
vides a conductivity reading for the water suggest pur-
chasing a new one. Conductivity is measured in
micro-mho where a mho is “ohm,” the label for resis-
tance to electricity, spelled backwards. What you end up
doing with one of those meters is looking up the match-
ing TDS level on a chart. It’s a lot easier to have a meter
that is simply labeled with values for TDS.

Oh, you’re one of those guys or gals that’s inter-
ested in operating boilers but doesn’t know what TDS is.
Okay… it stands for total dissolved solids, a measure of
the amount of solid material that’s dissolved in the wa-
ter. Those solids include what the water managed to
dissolve as it hung around as droplets in a cloud, includ-
ing gases from the atmosphere and fine particles of dust,
what it picked up as a raindrop falling from that cloud,
from the dirt and rocks it ran over going down the
stream or river or as it trickled down through the earth
to the well, and everything it managed to get from the
piping until it entered the boiler plant plus the chemicals
we added to it.

TDS is measured in ppm. Steam boiler water
should have the highest value of TDS and condensate
the lowest with makeup and boiler feedwater falling in
between so it’s a value that’s useful in determining per-
centage makeup and condensate as well as providing
values for blowdown control (described later). Anyway,

there’s less of a chance of error if the tester reads directly
in ppm instead of micro-mho.

You’re luckier than I was. When I was testing for
hardness we only had one method, soap. I’m sure you
know that hard water causes problems in the laundry.
It’s because the ions that cause hardness, calcium, mag-
nesium and iron have to be captured by the soap before
it can foam. We call water “hard” when it’s hard to get
a foam with soap and soft when the soap lathers easily.
You don’t have to worry about lather factor and main-
taining the soap solution.

Modern titration or colorimetric methods for hard-
ness testing are much easier to use and provide a better
determination of the amount of hardness ions in water
than our obscure method with so many drops of stan-
dard soap solution.

Testing for acidity is a lot easier too. Now all you
have to do is stick the instrument in the water sample
and read the pH on the little screen on the instrument.
We had complicated probes that were always a problem.

Testing for alkalinity hasn’t really changed much
from my day and still depends on titration testing with
phenopthalein for partial alkalinity. Acid is added to
neutralize all the OH- ions from the caustic soda added
to the water, half the alkalinity produced by carbonate
dissolved in the water and one third of the alkalinity
produced by phosphates dissolved in the water. The re-
sult is rather simple and straightforward, the water is
either pink or it isn’t. The color changes at a pH of ap-
proximately 8.3.

Testing for total alkalinity uses the same sample.
Using methyl orange or methyl purple indicator you
add more acid until the color changes. The acid removes
the remaining half of the alkalinity due to dissolved
carbonates and the other two thirds produced by dis-
solved phosphate. The color changes at a pH of approxi-
mately 4.3. Good results is another matter because the
color change is very subjective. You add acid until the
yellow turns pink or the green turns purple. I seemed to
always get on ships that used methyl purple and had a
lot of trouble deciding when green turned to purple.

Those tests can be problematic because you never
know how much of what you’re looking at is carbonate
alkalinity and how much is phosphate alkalinity. We
don’t use sodium carbonate for water treatment any-
more so you can count on most of it being due to the
phosphate you added to the water. Some carbonate is
dissolved in the makeup water with the amount varying
depending on the location of your plant and your source
of water. It’s really not important how much of each is in
there, only that you realize that changes in results of
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alkalinity testing can be due to the phosphate you added
to the boiler water.

The main reason for looking for the difference be-
tween partial alkalinity and total alkalinity was the de-
termination of how much scale treatment (carbonate or
phosphate) was in the water. Keeping up the spread
between partial and total alkalinity was, at one time, the
only way to tell.

I always disliked the chloride test because it used
silver nitrate solution which made your skin brown and
I just never managed to keep from getting it on me. My
hands were always blotchy from that stuff. Chloride
tests are very handy however. The chloride ion doesn’t
really react with anything once it’s in the water so chlo-
ride measurements provide an excellent means of deter-
mining the mixture of different waters. For example, you
can figure out your percent makeup by testing the
makeup water and the boiler feed water. The condensate
should have zero chlorides in it (it is, after all, distilled
water) so all you need do is divide the feedwater ppm
by the makeup ppm and multiply by 100 to get percent
makeup.

Of course that doesn’t work when there’s some
leakage into the condensate at hot water heaters and the
like—which is best caught by testing for chlorides. We
used to use chlorides as a measure of dissolved solids on
ships but that was a given since our major source of
contamination was salty sea water.

In addition to checking for ratios of mixtures of
water, chloride tests can indicate the performance of a
dealkalizer, where chloride ions are exchanged for other
anions (ions with a negative charge). It also allows a
determination of the concentration of the boiler water,
provided there’s no carryover because they’re concen-
trated as the steam leaves. Of course they’re used to
check for carryover because otherwise there’s no reason
for them to be in steam line condensate.

Despite getting brown finger spots you should
make judicious use of the chloride test to answer your
own questions about what’s happening with your water.

As far as I know you still test for phosphates like I
used to. Mixing some boiler water with an indicator and
filling another sample tube with plain boiler water then
comparing the color. Those color comparitor tests were
always subjective, and I’m not color blind. Similar tests
are available for chelants and I don’t know of any for
polymers.

Whatever ion you’re looking for, or the test method
used, you should read the instruction manual and care-
fully follow the instructions if you want to get reliable,
repeatable results. When I say repeatable I mean that the

guy on the second shift should get the same reading as
the gal on the first shift and the third shift should concur.
If everyone gets different results one or more of you are
doing something wrong or the test is no good.

Any trainee should be allowed to test water with
the operator repeating the test to see if the results are
identical. If the results don’t make sense there’s always
a possibility that you missed a step or upset the sample
and the best thing to do is draw another sample and
repeat the test to see if you get the same results. I discov-
ered long ago that I had to ignore everyone when I was
doing a water test or I had to put it down and walk
away. If I stood there talking to someone I had a ten-
dency to let the sample bottle tilt to dump a little and
blow my results out of the water.

Sampling and testing water is the first step in a
good treatment program. If you know how to measure
the quality of the water and how to determine what is in
it, both desirable and undesirable, you’re that one step
closer to ensuring the boiler plant remains intact. Keep
in mind that carelessness and inattention to detail can
result in major, sometimes catastrophic failure of a boiler,
and you’re the closest one to it.

PRETREATMENT

Pretreatment is the conditioning of water to pre-
pare it for use in the boilers. It is less expensive and
easier to alter the conditions of the water before it gets
into the boiler because we can do it at lower pressures
and temperatures. Only the more common pretreatment
methods are described in this book. There are other re-
sources, with the best being your water treatment sup-
plier, for descriptions of other methods.

Filtering is the most common form of pretreatment
but it’s seldom done at the boiler plant. If you use well
water you should filter it. City water is normally filtered
by the city and is adequate for boiler makeup water.
Filters vary from a simple cartridge filter to large sand
filters that are tanks filled with sand that does the filter-
ing. Sand filters are back-washed at regular intervals or
when the pressure drop through them increases to a
predetermined value. A back-wash removes the accumu-
lated material by pumping filtered water through the
filter in the opposite direction of normal flow. The water
used to back wash is sent to a sewer as waste and can,
at least in the first few minutes of back-washing, contain
a large amount of solid material. Back-washing also
serves to fluff up the sand so the water will flow through
it at a lower pressure drop. Some other pretreatment
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equipment also does a certain amount of filtering.
The most common piece of pretreating equipment

found in a boiler plant is a water softener. Softeners are
just one of several types of ion exchange equipment.
They’re called softeners because they reduce the hard-
ness of the water. A water is considered hard when it is
difficult (hard) to make soap foam in the water. The
original tests of a softener involved mixing a sample of
the output water with a standard soap solution to see if
it would foam. Water is soft when soap produces a foam
readily.

The softener tanks contain resin that fills the tank
one third to half full. The resin just lays in the tank so we
call it a resin bed. The resin in a softener has an affinity
for specific ions, (ions with a positive charge) principally
(Na+) sodium, (Mg+) magnesium, and (Ca+) calcium.
The beads of resin are selfish little things, always want-
ing what they don’t have. They tend to collect ions until
they are in balance with the solution surrounding them.
The purpose of the softener is swapping the magnesium
and calcium ions in the makeup water with sodium ions,
exchanging one for the other. The reason for the ex-
change is that calcium and magnesium form scale in the
boiler and sodium doesn’t. The resin traps some of the
dirt and large particles in the water so it also acts as a
filter.

Where do we get the sodium ions for the softener?
From salt. Salt is sodium chloride (NaCl) a common and
very cheap material. It’s dissolved in water by forming
sodium (Na+) cations and Chlorine (Cl-) anions. By using
brine (concentrated salt solution) in the softener to re-
move hardness we reduce the amount of expensive
chemicals that we have to use in the boiler. In very small
plants with very little makeup water or where city water
is fully softened or naturally soft a softener isn’t justified
but there aren’t many situations like that. The smallest
plant can benefit from a softener if it doesn’t use a more
exotic form of ion exchanger or reverse osmosis.

Operating modes of a softener include backwash,
brine draw, fast rinse, slow rinse, and service. Back-
washing removes dirt and “fluffs up” the resin. Water
flow during a backwash is up through the bed. The
space in the tank above the resin provides room for the
resin to separate from the backwash water before the
water leaves the tank. If the water flow rate is too high
then resin will be flushed out of the softener so it’s a
good idea to look at the water draining during a back-
wash to spot resin loss. That’s best done with a flashlight
pointed into the water, the resin will cause the light to
sparkle. You might notice an occasional piece of resin
leave because small pieces of resin break off occasionally.

The backwash also flushes out most of the dirt in
the water that was filtered out by the resin bed. Under
unusual and upset conditions there can be a lot of dirt
and mud collected by a softener so you should try to
take a look at the backwash water near the end of the
cycle to ensure it’s clear. Sometimes storms, and at other
times the water company crews flushing hydrants, can
stir up mud and dirt to put a concentrated amount in the
water for short periods.

After the backwash is complete brine is drawn into
the softener. The brine solution is a high concentration of
dissolved salt. Since salt is sodium chloride, brine is a
solution of sodium and chlorine ions. The resin beads
exchange ions to balance with the high concentration of
brine in the softener, giving up the magnesium and cal-
cium ions collected during the service mode and increas-
ing the number of sodium ions they hold.

When the brine draw is complete the softener is
rinsed to remove the spent brine and the calcium and
magnesium salts removed from the resin. A fast rinse
flows down through the bed to quickly displace most of
it. A slow rinse then follows to completely remove all the
brine. A salt elutrition test is run occasionally to ensure
the softener is operating properly, absorbing most of the
brine.

Those previous modes of operation were all part of
the regeneration cycle which restores the softeners abil-
ity to remove calcium and magnesium ions from the
water. They take from a few minutes up to two hours
depending on the size and capacity of the softener. Most
of the time the softener is in the service mode where
makeup water enters at the top and, as it flows to the
bottom, calcium and magnesium ions are exchanged for
the sodium ions on the resin beads. Since they’re over-
saturated with sodium from the brine draw operation
the resin beads readily give up those sodium ions when
they can grab one of the calcium or magnesium ions
from the water.

That explains those greedy little resin beads, they
always grab what they don’t have. The drop the calcium
and magnesium when they’re loaded up with sodium
then readily toss the calcium and magnesium when the
water around them is full of sodium for them to grab.

An important element of managing a water soft-
ener is knowing the hardness of the inlet water. A
softener’s capacity is normally listed in kilograins, thou-
sands of grains. It depends on how much resin there is
in the softener and how many sodium ions each particle
of resin can exchange. Grains, by the way, are a measure
of weight equal to one 7,000th of a pound. The amount
of water your softener can soften depends on it’s capac-
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ity and the hardness in the makeup water. Since resin
eventually degrades (chlorine is rough on it), some of it
breaks up and is washed out, and the hardness of
makeup can vary, you have to check operation by testing
the water.

A condensate polisher is almost identical to a water
softener. The differences are mainly due to the high
temperature of the condensate. The resin beads and
mechanical parts of a polisher are designed to take the
higher temperatures. The resin also has an affinity for
iron (FE++) in addition to calcium and magnesium to
remove iron from the condensate. Operation of a pol-
isher is very similar to a softener, using brine to regen-
erate.

Dealkalizers are also similar to softeners and are
regenerated with salt. The principal difference is
dealkalizers contain anion exchange resin, accumulating
a concentration of chlorine ions on the resin beads in-
stead of sodium. Their principal purpose is exchanging
the chlorine ions to replace the bicarbonate ions in
makeup water. Now you would think that salt water
isn’t the best thing to put in a boiler but we just ex-
plained that a combination of softener and dealkalizer
do exactly that. The reason is that salt, unlike many
other chemicals, will stay dissolved in water as the water
is heated up. The calcium, magnesium, and iron will not;
they’ll drop out of solution as the water is heated to
form scale. Some dealkalizers are also regenerated with
a little caustic soda added to add hydroxyl ions for ex-
change instead of sodium. That helps to remove other
anions while raising the pH of the water.

Demineralizers are combination ion exchange units
that incorporate both cation and anion exchange resins.
They can consist of trains of two tanks (one cation one
anion) in series or a “mixed bed” that contains both res-
ins in one tank. Demineralizers differ from other ion
exchangers because they actually remove dissolved ma-
terials from the water. The cation resins are regenerated
with an acid to build up a concentration of hydrogen
ions on the beads. The anion resins are regenerated with
caustic soda to build up a concentration of hydroxyl ions
on their beads. As the makeup water flows through the
demineralizer all the dissolved material is replace with
hydrogen and hydroxyl ions which combine to form
water. The result is an output that is pure water, better
than distilled.

One of the most important things an operator can
do to maintain ion exchange equipment is to prevent
condensation on them. The constant formation of mois-
ture with access to air accelerates corrosion of the equip-
ment and piping. Usually good ventilation in the room

containing the equipment is adequate but sometimes
special coatings are required to act as insulators. Check
the backwash water after any system maintenance to
ensure the resin isn’t washing out and when water tem-
peratures drop. Colder water is more dense and can
carry out resin that warmer water couldn’t.

Another important thing to remember is the ion
exchange process isn’t perfect. A few ions manage to
sneak through depending on the equipment design,
loads, and how they are operated. Demineralizers are
almost perfect ion exchange devices. Softeners reduce
hardness to 2 to 5 ppm and dealkalizers are about 80%
to 90% effective. All ion exchange devices have limited
turndown and tend to “channel” at low flow rates where
the low flow of water takes the easiest route through the
resin to consume the ions there and allow leakage of
untreated water. Know the limitations of your equip-
ment.

An important part of an ion exchange operation is
cleaning and replacement of the resin bed. The normal
backwash doesn’t remove all the sediment and particles
that get imbedded in the resin beads during operation.
Chemical cleaning with a resin cleaner that’s pumped
into the idle exchanger then rinsed out is a normal func-
tion in many plants. A complete replacement of the resin
every five years is common where the chlorine in the
makeup is high.

Reverse osmosis (RO) is becoming more common
as the cost of the membranes decreases. Rather than
absorbing all the theory of osmosis, treat them as filters
that will let water through but won’t let the ions dis-
solved in the water get through. The pressure drop is
high because the filter has very tiny holes in it and some
of the water has to be used to constantly carry the dis-
solved stuff away (sort of like blowdown). The filter
membranes, depending on their make, can be suscep-
tible to heat or certain chemicals in the water, chlorine
being one, so you may have to pretreat the water before
it gets to the RO unit. Reverse osmosis performance
varies as well, expect anything from 70% to 99% effi-
ciency. Note that while they eliminate ions indiscrimi-
nately they don’t get them all so boiler internal water
treatment is still needed despite what the salesman says.

High quality RO requires wasting a considerable
amount of the water to carry off the contaminants, nomi-
nally about 20% of the water fed to the unit. The purified
water is called “permeate” because it penetrated the
membranes, and is, therefore, about 80% of the makeup
water supply. Lower waste rates usually accompany
lower efficiency but some can be low efficiency with
high waste rates.
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This is one piece of equipment that requires read-
ing the instruction manual immediately. The membranes
can’t be allowed to dry out. If they sit too long without
water flow there’s danger of microbiological (very little
bugs) growth. You can’t shut it down for the summer
and walk away. Feeding with a biocide (bug killer) dur-
ing idle periods is required. They require some chemical
treatment at their inlet to prevent chlorine damage.
Cleaning at intervals as frequent as every month is nec-
essary to keep the capacity up.

Finally, the membrane cartridges have to be re-
placed about every five years. Current replacement cost
is about $100 for every gallon per minute capacity.

Some water sources, especially those in the middle
of the country, have a high concentration of bicarbonate
ions. The bicarbonate produces two problems for boiler
operation. In the boiler, where the water is heated, the
bicarbonate breaks down to form carbon dioxide gas and
hydroxyl ions. That raises the pH and alkalinity of the
boiler water, frequently so much so that blowdown is
based on alkalinity, not dissolved solids.

The carbon dioxide that evaporates in the boiler
flows with the steam to the steam users where it is ab-
sorbed in the condensate that forms. Each molecule of
carbon dioxide dissolved into the water produces a bi-
carbonate ion by combining with a hydroxyl ion. When
it obtains the hydroxyl ion another molecule of water is
dissolved to replace the hydroxyl ion and increase the
number of hydrogen ions in the water. The result is con-
densate with a very low pH and corrosion of the piping
and other parts of the condensate system.

The best approach for high bicarbonates today is to
use a dealkalizer but other equipment was used, and is
still used today, to remove the carbon dioxide before it
ever gets to the boiler. These are caused decarbonators or
degassifiers and consist of a tank, usually wooden or
fiberglass, with wood slats or pieces of plastic stacked
inside to form what we call “fill.” Treated water is
dumped into the top and trickles down over the fill
while air is forced by a blower into the degassifier and
up through the fill. The water has to be treated so the
carbon dioxide gas will separate from the bicarbonate
ion. In some plants the treatment simply consisted of
adding acid, usually sulfuric, to the water to lower the
pH so the bicarbonate ions would break down. The
other pretreatment consists of running some or all of the
water through a cation unit. The hydrogen ions ex-
changed for others lowers the pH of the water. In many
demineralizers the cation and anion units are separated
by a degassifier because the bicarbonate is broken down
and removing it as carbon dioxide gas takes load off the

anion units. The carbon dioxide, now a dissolved gas, is
“stripped” from the water by the air flowing up through
the degassifier so it can’t recombine with a hydroxyl ion
to form a bicarbonate ion again.

BOILER FEED TANKS AND DEAERATORS

Boiler feed tanks with heaters and deaerators are
another common piece of pretreating equipment. They
have three principal functions, removing oxygen from
the boiler feedwater, heating and storing boiler feedwa-
ter. In the case of some deaerators the three functions are
served by separate tanks, a deaerator and separate stor-
age tank. Both systems remove air from the water but
there are variations in equipment construction and dif-
ferences in how much air is removed. Neither removes
oxygen completely. A boiler feed tank can only remove
oxygen to small values. Deaerators, operated properly,
will remove oxygen to minimal amounts.

Removal of the oxygen is achieved by raising the
temperature of the water. As the water temperature ap-
proaches the boiling point the amount of oxygen the
water can hold decreases. Heating the water to 180°F
reduces the maximum oxygen absorption to less than 2
ppm. Raising the temperature to boiling reduces that to
0.007 ppm. When the water is ready to boil every mol-
ecule of water is prepared to change to steam so the
water has very little ability to hold dissolved oxygen.
The dissolved oxygen forms bubbles of gas in the water.
Complete deaeration is not achieved until those bubbles
are removed. It’s getting the bubbles out that makes the
difference in deaerators.

Boiler feed tanks come with two kinds of heaters.
The water in the tank can be heated by a submerged
heating coil or a sparge line. A sparge line simply injects
steam directly into the tank. The steam heats the water,
condensing and becoming part of the feedwater, while
agitating the water. Agitation is important in that it helps
remove the bubbles of oxygen from the water. Sparge
lines are noisy and that should be considered when
adopting a method of heating the water although I pre-
fer the noise and lower oxygen content to a quiet steam
trap that needs maintenance.

For all practical purposes boiler feed tanks simply
provide a place for storage of boiler feedwater and to
return condensate with some capability of oxygen re-
moval provided occasionally. They’re normally fitted
with a float controlled makeup valve to admit makeup
water to maintain a constant level in the tank. The cold
makeup water, being more dense than the condensate,
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tends to simply drop to the bottom of the tank, mixing
with the condensate as it enters the feed pump suction
piping. Heaters and sparge lines seldom manage to ef-
fectively deaerate that water. Deaerators, on the other
hand, are designed to remove air and the key is their
operating pressure. Boiler plant deaerators are always
operated so pressure will force any removed air out of
them.

Deaerators are provided in five types, vacuum,
flash, spray, scrubber, and tray. A vacuum deaerator is
typically a vessel filled with packing and operated under
a vacuum. The packing is not like pump or valve pack-
ing, it’s like fill, loose pieces of ceramic or plastic mate-
rials stacked randomly that act sort of like splash blocks
so a lot of the water surface is exposed as it tumbles
down through the packing. Producing a sufficient
vacuum in a vacuum deaerator will bring the water to a
saturated condition. For example, pulling a vacuum of
29"Hg (inches of mercury) produces a condition where
79°F water will boil. As long as the water is warmer than
the saturation temperature that matches the pressure
inside the deaerator it will be at boiling and a little is
actually vaporized. The air and noncondensable gases
are removed from the deaerator by the vacuum pump or
steam jet ejector, whichever is used. A steam jet ejector
will normally discharge to a condenser that uses the
remaining energy in the steam to preheat the water be-
fore it enters the deaerator. When a vacuum pump is
used provisions are made to heat the water and can in-
clude any type of heat.

Vacuum deaerators are not normally used in boiler
plants because the water is heated to higher tempera-
tures anyway. I thought I would explain vacuum
deaerators because someone in the plant may be having
trouble with one and might say “gee, the boiler operator
should know about this thing.”

By heating the water to a saturation temperature
higher than 212°F the pressure in the deaerator will be
above atmospheric and that higher pressure will push
the air and noncondensables out to atmosphere. That’s
typical of all boiler plant deaerators. The variations in
the four types depends on how difficult it is to get the
bubbles of air and noncondensables out.
Noncondensables are gases other than air that can be
released by bringing the water to boiling. They include
chlorine gas, ammonia, and others that aren’t normally
found in air but can be found, in very small quantities,
in water.

Flash type deaerators use this concept to produce a
pressure just slightly higher than atmosphere to remove
the gases. The makeup water is heated in an external

heat exchanger to a temperature higher than 212°F then
passed through a spray valve into an open tank where
some of the water flashes into steam. Since all the water
is above the saturation temperature it cannot hold any
oxygen so it should be removed with the flash steam
which may, or may not, be recovered. There are a num-
ber of these devices in the field but (and I know I’m
going to get some heat from manufacturers for this one)
I don’t think they’re capable of doing a decent job and I
don’t recommend them.

The best choices for deaerators for boiler plants are
spray, scrubber or tray types and which one depends
upon the normal temperature difference between the
makeup water and the boiler feedwater. They are all
called DC heaters (for direct contact) because the water
is heated by mixing steam with the water; the steam is
condensed and becomes part of the feedwater in the
process. Heating the water to saturation only removes
the oxygen and gases from solution, it doesn’t get the
little bubbles of air and gases out of the water. To do that
you need some agitation and how you get the agitation
is determined by the temperature difference. All these
deaerators have spray nozzles that serve to break up the
water as it enters the deaerator. The purpose of the water
spray nozzles is to break the water up into small drop-
lets so they can be heated rapidly by the rising steam.

These deaerators also always have a vent con-
denser. A vent condenser can be an external heat ex-
changer or, as shown in the following figures, simply a
length of tubing inside the water box above the water
spray nozzles. The purpose of the vent condenser is to
condense most of the steam that is carried out with the
air and gases. The idea is to have only air and gases
leaving the deaerator. Of course we always adjust the
vent valve on a deaerator to produce a “wisp” of steam,
just enough so we know all the air and gases are pushed
out because a little steam is coming out with them.
Throttling the vent valve too much will recover all the
steam as condensate but can also trap air and gases in
the top of the deaerator to prevent steam contacting the
makeup as it enters through the sprays and prevent
proper deaeration. Opening the vent valve too much is
just wasting steam.

Operation of that vent valve is the key function of
a boiler operator. The trouble is most operators solve any
control problem by simply leaving the valve so far open
that steam is blowing out dramatically. That’s a consid-
erable waste of energy and water. The wise operator
keeps that vent adjusted so there’s only that wisp of
steam coming out.

I always dealt with spray type deaerators (Figure
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7-3) aboard ship because the water from the condenser
was relatively cold and only heated slightly in the air
ejector condenser and turbine bleed heat exchangers so
there’s a considerable difference between make-up and
feedwater temperature. If you’re operating in a plant
that generates a lot of power by condensing turbines (a
utility) then a spray type deaerator may be all that’s
needed. The large difference in temperature requires a
lot of auxiliary steam to heat the water and the steam
can be directed into the spray section where it creates a
violent mixing with the droplets of heated makeup wa-
ter before it flows up to mix with and heat the water
entering at the spray nozzles. It’s the effect of all that
steam rattling those water droplets around and breaking
them up further before they reach the outside and drop
into the storage section that removes the bubbles of air
and gases.

Figure 7-3. Spray type deaerator

Many people get confused with the term “spray”
because all these deaerators have water spray nozzles.
Even I will use the terms “spray-scrubber” and “spray-
tray” to describe scrubber and tray type deaerators to
avoid that confusion. A spray scrubber uses a steam
spray to provide the agitation to remove the bubbles of
air and gas so there’s no real reason to prefix the titles of
the other two with the word spray.

Except for power generation plants where the
makeup is primarily colder water from a condenser few
plants can use a spray type scrubber. The combined con-
densate return and makeup water temperature is so high
that steam requirements aren’t enough to perform the
agitation. When the temperature difference of the con-
densate and feedwater can be consistently more than
about 50°F then there’s enough difference for a scrubber
type of deaerator (Figure 7-4) to work well. The flow of
steam along with the water up through the baffles of the

scrubber provides enough energy to separate the
bubbles. Some of the energy is achieved using the differ-
ence in density of the water and steam.

When the temperature difference between blended
makeup and feedwater is less than 50°F, always insist on
a tray type deaerator. The trays (Figure 7-5) don’t look
like what you put your lunch on at the cafeteria, they’re
made up to produce hundreds or even thousands of
little waterfalls. Distributing the water over the trays
and producing thin little falls produces hundreds of
square feet of exposed water surface for the bubbles to
escape from. Some scrubbing of the falling water is
achieved by the steam flowing up through the trays to
the water sprays but most of the energy that’s used to
force the bubbles out of the water is provided by gravity.

Figure 7-4. Scrubber type deaerator

Figure 7-5. Tray type deaerator
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A tray type deaerator costs a lot more but when com-
pared to the added cost of sulfite and blowdown over
the operating life of the boiler plant the additional cost
is justified.

I should mention that there’s a scrubber type
deaerator on the market that looks something like a
combination of a vacuum and tray type, using packing
instead of trays. I also have a concern for those pieces of
equipment and will not recommend them because they
tend to channel at reduced loads, where all the water
goes down one path while the steam goes up another so
it doesn’t do its job. Vacuum type deaerators are de-
signed to operate continuously at one load so they don’t
normally experience that problem.

Occasionally I’ll see a deaerator that isn’t operating
properly because the pressure control for the steam is at
the control valve or senses the pressure in the steam line
going to the deaerator. A proper installation, regardless
of type, senses and controls the pressure in the top of the
deaerator to eliminate the pressure drop through the
scrubber, or trays, and connecting piping. If you have a
deaerator problem, check where you’re sensing pressure.

Why does a boiler operator have to know all this
stuff about deaerators? So he won’t screw them up!
Modern tray type deaerators are normally furnished
with tie-bolts to hold down the trays because some
people managed to dislodge all the trays. They work
properly only when the trays are all stacked properly
and leveled so the water flows uniformly over the entire
bank of trays to interact with the steam.

Imagine what happens someone shuts off the
steam to a tray type deaerator. Colder makeup and con-
densate still enter through the sprays but now there’s no
steam to heat it; what little steam is left condenses al-
most immediately and a vacuum forms, right? Nope.
Below the deaeration section is a storage tank full of
water at the original steam temperature; it’s going to
start flashing off steam as the pressure falls so there is
some steam provided for deaeration. Assuming the sud-
den flashing of all the feedwater doesn’t produce so
much cavitation in the feed pumps that they trip (tur-
bine driven ones normally do) the feedwater in storage
will boil as the colder makeup continues to enter the
deaerator. Before they started bolting down the trays the
only sign an operator had that something was wrong
was some clanging as the flashing steam and water
swelled up out of the storage section and lifted all the
trays. Frequently the insulation on the deaerator pre-
vented the noise reaching the operator’s ear so the next
thing he got to notice was all the sulfite in the boilers just
disappeared. Of course, by the time an operator gets

around to discovering the sulfite was wiped out because
the deaerator’s trays were all laying in the bottom of the
storage tank, and not deaerating, a lot of oxygen had
reached the boiler to corrode it.

You have to lower the operating pressure gradually
until you get down to atmospheric conditions or you’ll
rattle a deaerator. A deaerator should also have a
vacuum breaker, normally a check valve installed back-
wards connected to the steam space to admit air should
you lose steam pressure.

I should also say that you can shut down the steam
supplying a deaerator at full boiler load the odds are
that check valve used for a vacuum breaker will not al-
low enough air in once a vacuum starts forming and the
storage tank could be crushed by atmospheric pressure.

I’ve looked into the dearation section of many a
tray type deaerator to see the trays all jumbled up. Other
times they were stacked at different heights, indicating
they shifted. One plant told me they had been that way
for several years! Another problem that affects any unit
is a water spray valve coming apart. When that happens
you have the equivalent of a fire hose hitting the trays
and no breakdown of the water initially so it isn’t
heated. When you have a feedwater temperature lower
than the saturation temperature matching the steam
pressure that’s a good sign that you have a defective
water spray valve, regardless of the deaerator design.

Except for vacuum deaerators the feedwater tem-
perature has to be above 212°F (unless you’re in Denver
where it has to be above 203°F) or the deaerator isn’t
working. The saturation pressure has to be above atmo-
spheric or there’s no pressure to push the air and gases
out. I’ve found at least three plants that were operating
in the 180° to 190°F range and thought there system was
working just fine. So did their sulfite salesman!

Deaeration, getting the oxygen out of the water
before it gets to the boiler is principally done to reduce
the cost of chemically treating the water to remove the
oxygen. If the oxygen isn’t removed it will create pits in
the boiler metal, something that looks almost as if it was
done with an electric drill. Oxygen pitting can destroy a
boiler in short order so the sulfite is always added to
remove the little bit of oxygen that slips past a deaerator
even when it’s working fine. In order for the sulfite to be
effective and remove the oxygen that gets past the
deaerator and before it gets to the boiler the sulfite
should be added to the deaerator storage section.

Sulfite generates sulfate ions when it reacts with
the oxygen in the water and, since sulfate salts form the
hardest scale, you don’t want to put in any more than
absolutely necessary so maintaining proper operation of
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the deaerator is important.
If your plant happens to be one of those where the

sulfite is added before the deaerator you should change
that so it gives the deaerator something to do. The sulfite
salesman won’t be happy but your boss will be. I prefer
to see the sulfite fed right below where the water drops
from the deaerator (but below the low water line) so it
can start doing its job immediately.

Hot water boiler plants don’t normally have the
experience of constant makeup. Many of them are
treated with sodium nitrite. The nitrite ion converts to
nitrate, absorbing oxygen in the process. It’s only usable
at the low pressure hot water heating temperatures.

BLOWDOWN

I do hope you know the difference between blow-
down and blowoff. It’s rather important from the stand-
point of energy waste and water treatment. Read the
portion on water in the section on consumables for fur-
ther information on this subject. That section was con-
cerned with wasting water, now we’re going to talk
about wasting some of it to maintain boiler water qual-
ity. Blowdown, and I do mean continuous blowdown or
so-called surface blowdown on steam systems and low
point blowdown on hydronic systems, is used to reduce
the concentration of solids dissolved in the water.

Even if we have demineralizers or are using dis-
tilled water for makeup we will still get a growing con-
centration of solids in the water in the system. Some will
come from corrosion of piping and other parts of the
system by our condensate. Even in tight hydronic sys-
tems we’ll get increasing solids from gradual dissolving
of materials left in the system during construction and
minor vapor leaks that aren’t always apparent. In steam
boilers all the solids remain in the boiler water, concen-
trating there as the water leaves the boiler as steam. If
some of the solids carry over with water droplets in the
steam they’re returned in the high pressure condensate
so the boiler is where all the solids end up.

The amount of solids and some liquids dissolved in
water has an effect on the surface tension of the water.
There are two sticky properties of fluids, cohesion and
adhesion. Cohesion is a measure of how the material
sticks to itself. Adhesion is a measure of how much the
material sticks to something else. Water is high in both.
You’ll notice that water actually climbs the sides of a
glass because it adheres to the glass. High cohesion is
evident at the surface of water where it sticks to itself.
When separated from a large body of water a small

droplet becomes perfectly round because of the high
cohesion at its surface, what we call surface tension.

The combination of adhesion and cohesion contrib-
utes to the capillary action of water. It will literally pull
itself up into narrow spaces after adhering to the sur-
rounding walls then reach out again. It’s what makes
water flow up those three hundred feet high redwood
trees in California.

As the quantity of dissolved solids increases the
physical characteristics of the water change, increasing
the surface tension of the water until eventually the
water starts to foam and carry over into the steam pip-
ing. While this is one way to get the solids out of the
boiler it doesn’t do the steam piping a lot of good. In-
creasing solids can also result in saturation of the water
with solids in the risers so some of the dissolved mate-
rials drop out as scale.

We need a way to limit the concentration of solids
in the boiler water to a value just below that point of
carryover or scale formation and blowdown is it. By
removing some of the boiler water from where it con-
tains the highest concentration of solids we provide
space for some makeup water that contains very little
solids to enter the boiler and reduce the overall concen-
tration of solids.

In a steam boiler that means removing the water
right after it has separated from the steam in the steam
drum. That’s why the continuous blowdown piping is in
the steam drum and the piping has the holes located
where they are. That was a hint for those of you who
didn’t put the piping back the last time you removed
internals for inspection because you figured it was just a
waste of your time.

In hydronic systems the blowdown is usually
drawn from the boiler at the same place as for steam
boilers but you may want to check the system for places
where the solids are more concentrated. Usually the re-
turn water will be more concentrated because the water
shrunk as it cooled but contains the same weight of sol-
ids so blowing down return water will waste less of it.

I’ve also had some unusual encounters with mul-
tiple drum boilers, older sterling designs, where the sol-
ids managed to concentrate in one section of the boiler,
not the one where the continuous blowdown connection
was, with scale forming despite maintenance of low TDS
at the point of blowdown. Regardless of the system, its
operating pressure and temperature, and the quality of
the makeup water you should be aware that someone
could have made a careless decision regarding the loca-
tion of a blowdown connection. Any time you experi-
ence scale formation or problems with carryover that
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isn’t related to pressure fluctuations you should re-
evaluate the location of your testing and continuous
blowdown connections.

We determine how much to blow down by the TDS
reading (described above in testing). The ABMA has set
standards for proper levels of solids concentration for
boilers according to operating pressure and your boiler’s
instruction manual may contain that table or specific
recommendations for what levels of solids concentration
to run at. Note, that’s a recommendation, not an absolute
value. You may find that your boilers can operate with
a considerably higher level of solids without forming
scale or carryover. It depends on many factors including
boiler load. I always recommend a customer raise their
settings for TDS levels gradually until some problem is
detected or they get as high as 4,000 ppm either stopping
at that value or backing down below the value where
problems occurred.

They’re also told to establish values for each boiler
load because they can operate with higher solids content
at lower loads. Usually carryover is the limiting factor
but scale formation can be so I also recommend raising
the level at 50 ppm intervals doing so each year one
month before the annual internal inspection while keep-
ing a close watch on relative stack temperatures. Back off
on any increase in stack temperature because it could
indicate scale formation. Since blowing down wastes
energy and water minimizing it is a wise operation; it’s
worthwhile to minimize blowdown.

We used to adjust the blowdown manually but
modern technology has produced instruments and
equipment that provide a reasonable degree of auto-
matic blowdown control. There are systems that provide
continuous blowdown as intended, with continuous
measurement of TDS and modulating of a control valve
to vary the rate of blowdown to maintain a maximum
level but the more common systems are intermittent in
operation.

The typical system incorporates a timer that opens
the continuous blowdown control valve at fixed inter-
vals. The valve then remains open until the TDS, mea-
sured at a probe in the blowdown piping, drops below
the preset value. One potential problem with that type of
blowdown control is introduction of a surge of high
solids water fed to the boiler by opening up a previously
shutdown system. The solids will be high in the boiler
until the valve opens again. I would prefer a method
where the automatic control has a high and low setting
and blowdown is continuous through a manually set
valve with the automatic valve opening to dump addi-
tional blowdown when the high point is reached and

close when the low point is reached. It doesn’t cost any
more than the system with valve timing, constantly
monitors solids, provides a continuous flow of water to
any blowdown heat recovery system, and will react
immediately when additional solids are introduced to
the boiler. The only thing that’s better is a modulating
control valve but they’re also rather expensive for small
boilers.

Blowoff is designed to remove solids that settled
out of the boiler water. The sources include solids from
makeup water, rust and other solid particles returned
with condensate, and the intentional production of
sludge by chemical water treatment. It contributes to the
reduction of dissolved solids but at a considerable ex-
pense in water and energy because bottom blowoff is not
recovered in any way. Use continuous blowdown to re-
move dissolved solids concentration and limit bottom
blowoff to its purpose of removing sediment which will
vary depending on the quality of the makeup water,
degree and type of chemical treatment. See the discus-
sion on water as a consumable.

CHEMICAL TREATMENT

If there’s any time for you to make a bad decision
regarding reading this book it’s right here. I know that
many times chemical treatment of water is treated like a
black art but hopefully you have had no trouble under-
standing any other part of this book and this section
should be no exception.

I will admit that chemical treatment suppliers have,
and will continue to, make it difficult to understand what
their product is doing by using obscure names and num-
bers to label what are really common chemicals. The first
rule in understanding your chemical treatment program
is knowing what’s in the container. There aren’t that
many compounds for water treatment and they do the
same thing regardless of the name or number on the bar-
rel so you can understand the purpose and function of
the chemical if you know what’s in it.

If your supplier will not tell you my suggestion is
to go find one that will. Given the true title of the active
chemical and the following paragraphs you should
know enough to properly maintain chemical treatment
of your plant’s water.

I’ve said it before and I will repeat it; the only
person that can effectively operate a water treatment
program is the educated boiler operator. Those chemical
treatment consultants that arrive at the plant every
month or two have no idea what has transpired between
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visits. They can’t possibly know that the boiler was shut
down, drained and refilled, left sitting idle or operated
continuously. They might if they bothered to look at the
operator’s log but I don’t recall ever seeing one do that.
They may not know that there was an upset in the level
controls and the operator used the bottom blowoff to
restore water level several times dramatically reducing
the chemical levels. All too often I’ve noticed that a wa-
ter treatment consultant has changed a program due to
an upset condition with resulting over-treatment.

You and your fellow operators are able to commu-
nicate so you’re aware of all the variables that affect the
chemical concentrations in your boiler water and can
make sound decisions about changes in the treatment
program much better than a consultant. Knowing this, I
trust you’ll be able to explain the activities that changed
the water content to your consultant so you get better
service. Note that I didn’t say get rid of that consultant.
It’s like having a boiler inspector, always better to have
some other, somewhat disinterested, party looking at the
chemistry. It’s really best if the consultant doesn’t get to
sell you the chemicals.

A water treatment program only has two goals,
prevent corrosion and prevent scale formation, it’s that
simple. The causes of corrosion and scale formation have
to be understood to prevent them and knowing how the
chemicals prevent (or enhance) those conditions must be
understood to maintain proper chemical water treat-
ment. The process of obtaining representative water
samples and properly testing them for chemical content
has been covered and how to use that information to
achieve the goals of the program is described in the
paragraphs that follow.

Recording everything that happens, every test run
and follow-up actions is important to understanding
what’s happening and the result of your actions. Don’t
limit the record to the space provided on the log sup-
plied by the chemical treatment supplier. I’ve already
mentioned a few incidents that can occur and alter water
chemistry but there are many others and I’m counting
on you knowing enough about it to determine when
something has altered the chemistry and logging it in
addition to correcting for it.

Your boiler or water system has boundaries and
contains a certain volume of water. That volume or
weight of water contents can be determined from
manufacturer’s instruction manuals and estimates using
actual measurements and the data in the pipe tables in
the appendix to calculate the volume and determine the
weights. Once you have an initial volume or weight
determined you know what the weight of the water in

the system or boiler will be when it’s cold, at 70°F where
water weighs 62.4 pounds per cubic foot.

Once the system is up to operating temperature the
weight will be lower and you may want to adjust your
data for the effect of thermal expansion. Determine the
ratio of cold to operating by dividing the specific volume
of water at 70°F (0.016025) by the specific volume of
water at the operating temperature using the data from
the steam tables and multiplying it by the weight of the
water when it’s cold. That’s the weight of the water in
the system when it’s operating. Move the decimal place
of that result six places to the left or, if you’re using a
calculator then divide by one million, to know how
many million pounds of water are in your system. Un-
less it’s a very big system the number will be small but
you will know how many million pounds of water you
have so the results of chemical tests in parts per million
will have some meaning and you can use it to estimate
the effect of chemical additions. Don’t forget about the
complication with pH being steps of ten.

There are basically four sources for the chemicals
that are in your boiler system’s water, makeup, corro-
sion, leaks, and treatment. In order to effectively control
your water treatment you need to be able to determine
where the chemicals came from. The principal source is
the makeup and it’s a function of the quality of the water
you get from the well, river, city water main or wherever
it comes from. You have to test that water to know how
much it’s capable of adding to the chemical burden of
your boiler water and how to treat it.

Testing that water for hardness provides an indica-
tion of the required frequency of regeneration of the
water softeners. Tests for bicarbonates or TDS provide
indications for other ion exchange equipment and bleed
requirements for reverse osmosis systems. When you’re
using well or river water you may also need to test the
water for suspended solids to determine the loading of
water filters.

In the Baltimore metropolitan area we have a con-
cern for the source of the city water. Most of the time our
water is drawn from reservoirs filled by surface runoff in
the northern part of the state but during periods of
drought or when work is performed at the reservoirs the
city switches from that source to the Susquehanna River.
Some of the water in the Susquehanna has traveled from
as far away as New York State and most of it’s from
Pennsylvania so it’s spent a lot of time flowing over
rocks and dissolving them. The TDS levels of the
Susquehanna River are substantially higher than those
of the reservoir water and adjustments in softener
throughput are essential to make sure all the hardness is
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removed. Also, blowdown has to be increased to com-
pensate for the heavier solids loading. Regular daily test-
ing of that raw city water is essential because they don’t
always tell us when they make the switch.

Your softener’s capacity is based on hardness re-
moved so testing the hardness and recording the meter
give you a clue. If the hardness of the makeup is 50 ppm
and the softener is set to regenerate after 20,000 gallons
you’ll have to reset the meter for 10,000 gallons when the
hardness increases to 100 ppm. Stick with the ratios to
avoid all those kilograin calculations. As the resin dete-
riorates, which you detect by noting some hardness in-
crease at the end of the softener run, you should adjust
the meter setting accordingly.

Testing condensate can identify leaks into the sys-
tem. A common source is steam heated service water
heaters and that’s always a concern because the water is
not routed through the pretreatment equipment such as
softeners. Condensate will also contain iron, copper, and
other metals from corrosion of the steam and condensate
piping. It’s also possible to receive water contaminated
by some operation in the facility. I’ve seen or heard of
boilers filled with fuel oil, sand, salt, sugar, and milk to
name a few. A boiler plant operator has to know a little
bit about the facility served to be aware of the potential
for such contamination and to watch out for it.

One odd one was a boiler contaminated with soft-
ener resin. It formed a hard, baked on coating over all
the boiler tubes where the resin hit the tubes and melted
on. The operators found one of the strainers in the soft-
ener had broken off allowing the resin to leave with the
treated water.

Water that’s passed through a piece of pretreat-
ment equipment has to be tested to ensure the equip-
ment is operating properly. Some of the tests are only
significant at specific stages of the system operation. For
example, testing of the output of a water softener near
the end of the run is critical to make certain the resin has
not deteriorated to the degree that hardness is bleeding
through. Some tests have to be combined with analysis
of chemical use; if you find yourself using more sulfite
than normal it’s an indication of problems with the
deaerator.

Of course only you are aware of operations that
affect that chemical use; I remember dismantling a
deaerator to find nothing wrong based on a consultant’s
analysis. The consultant didn’t know about a complete
plant shutdown and draining and refilling of the boilers
using a tank truck. Since the water was exposed to air
the sulfite was consumed but all the other chemicals
were recovered.

Reverse osmosis and blowdown reduces the con-
centration of ions in the boiler water but it doesn’t elimi-
nate them completely. Softeners and other ion exchange
equipment, except hydrogen softeners and demineraliz-
ers, swap ions replacing those that produce difficulties
with ones that are not as damaging.

They don’t get every bad ion out. By maintaining a
certain amount of special chemicals dissolved in the
boiler water we provide for the final demise of the nasty
ions and any oxygen that may have managed to sneak
past all our pretreatment equipment. We say we have a
“residual” of water treatment chemicals in the water.
They reside there, waiting to pounce on any scale form-
ing ions or oxygen that gets through before they can
damage our boiler. Another reason we maintain a re-
sidual is that we can measure it. If it’s there so we can
find it with a chemical water test we know it’s there to
do the job. For protection from corrosion due to oxygen
in the water we normally maintain a residual of 30 ppm
of sulfite. To stop hardness, a residual of 60 ppm of
phosphate is common.

There’s one problem with sulfite use. When it’s
done the job the sulfite ion is a sulfate ion and sulfate
ions can combine with calcium and magnesium to form
the hardest, toughest scale there is. Low pressure hot
water boiler systems and chilled water systems occasion-
ally use sodium nitrite for oxygen removal. The mode of
oxygen removal is the same as sulfite. Neither the nitrite
nor the sulfite produce desirable elements in waste wa-
ter so science is still looking for a better solution.

Chemicals can’t reduce the solids content of the
boiler water; they actually increase it as we add them.
Most of our water treatment chemicals are sodium
based, consisting of sodium and other molecules that
dissolve in the water. The sodium ions tend to remain
dissolved so they are not a problem. The other ions from
the material are what we use to treat the problems of
corrosion and scale formation. You don’t test for sodium,
you test for the ions that do something and TDS which
is a measure of all the ions in the water.

PREVENTING CORROSION

There are two basic ways corrosion occurs in a
boiler and an additional one for condensate systems and
piping. As the number of hydrogen ions in water in-
creases the pH gets lower and the free hydrogen ions
attack the metal in the boiler, changing places with the
iron molecules in the steel. Preventing this kind of cor-
rosion is solved by adding hydroxyl ions to the water to
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combine with the hydrogen ions, making water mol-
ecules, so there are very few hydrogen ions and they
can’t attack the iron. The chemical normally added to
boiler water to raise the pH (which means fewer hydro-
gen ions) is sodium hydroxide (NaOH).

It’s easy to envision that chemical dissolving into
sodium (Na+) and hydroxyl (OH-) ions in the water.
Enough is added to keep the pH of the water in the
range of 10 to 12. Adding too much caustic soda will
raise the pH so high that other problems, caustic
embrittlement and caustic cracking, will occur.

In some localities the water is already caustic so
additions of caustic soda are not required. Some of those
actually require additional blowdown to prevent the pH
going too high, usually allowing it to go as high as 12.
When you have a problem with caustic water or high pH
you have to be very careful of leaks in the boiler because
evaporating water leaves a concentrated solution where
the pH is way too high and severe damage to the boiler
near the leak can result. The damage is said to be the
result of caustic embrittlement.

The other cause of corrosion of water in a boiler is
dissolved oxygen. We all know that oxygen in the air
will combine with iron to form rust but the conditions in
a boiler are different. Oxygen in a boiler will produce
what we call “pitting.” It looks as if some strange worm
tried to eat a hole straight out through the metal or
someone used a poor drill on it. Oxygen pitting is usu-
ally easy to identify because it happens where water is
heated to free the oxygen from solution and the oxygen
comes in contact with the metal.

Heating of boiler feed tanks and deaerators remove
most of the oxygen but we need some chemical treat-
ment to get the little bit that leaks through. If we don’t
have a heated feed tank or deaerator we’ll need a lot of
chemical to make certain the oxygen doesn’t eat away
our boilers. The standard chemical for steam plants and
lots of hot water plants is sodium sulfite (NaSO3) which
dissolves to free sulfite ions to remove oxygen. It takes
two sulfite ions to remove a molecule of oxygen gas
(2SO3

- + O2 => SO4
-) so it takes a while for two of them

to get around to ganging up on that oxygen to remove it
from the water. That’s one reason we feed the sulfite
back at the boiler feed tank or deaerator, so the sulfite
has time to work.

Other reasons for feeding the sulfite there include
protecting the feed system, storage tank, pumps, and
piping along with any economizer we have on the boiler.
I know I’m probably going to take some heat for this
next one, but… Many chemical salesmen try to sell cata-
lyzed sodium sulfite. It’s supposed to have some special

ingredient in it that makes it operate faster. I’m sorry, but
I don’t know of any chemical that will make ions move
around in water any faster. The ions move around and
the sulfite ions will contact the oxygen in proportion to
the temperature of the water (molecules and ions move
around faster as they’re heated) and mixing of the water,
not some additional chemical. Like the guy on TV says,
“don’t waste your money;” catalyzed sulfite will not
necessarily do any better than regular sulfite and if you
have the recommended installation of the feeder the
regular stuff has lots of time to find and interact with
those oxygen molecules.

What about that business with the condensate? I’m
sure you’ve seen many a condensate line eaten up, usu-
ally by a groove at the bottom of the pipe, by carbonic
acid. The question has to be how can the condensate
have acid in it if it’s distilled water? The problem is as-
sociated with carbon dioxide gas coming from bicarbon-
ate ions in the water. We mentioned in testing for
alkalinity that the methyl orange or methyl purple test
showed either phosphate or carbonate alkalinity and it’s
the result of those ions. Bicarbonate ions (HCO3

-) in the
water break down when the water is heated in the boiler
to form hydroxyl ions and carbon dioxide gas (HCO3

- =>
OH- + CO2

8) the gas leaves the boiler and travels with
the steam.

Decarbonators and degassifiers mentioned earlier
help remove the bicarbonate but, like other pretreatment
processes, they don’t always get it all.

When the condensate forms the carbon dioxide is
dissolved in the condensate to return to bicarbonate,
leaving a hydrogen ion in the process (CO2 + H2O => H+

+ HCO3
-) It’s those hydrogen ions that do the corroding

of condensate lines after the carbon dioxide is dissolved
again. The only effective treatment is to put something
in the water to raise the pH (just like we did in the
boiler) but it’s not a simple matter of adding caustic
soda. If we were to add caustic soda we would have to
put it in at every little condensate trap in the system and
then try to come up with a way of controlling it. We can’t
put it in the steam because it would be a dry chemical
and plug up the steam lines.

Special chemicals called “amines” and cyclohexy-
lamine in particular will flow with the steam as a vapor
then dissolve in the condensate along with the carbon
dioxide and act to raise the pH of the condensate to
prevent the acidic corrosion. I can remember using
“filming amines” which were supposed to coat the pip-
ing to protect it from corrosion at a lower cost than the
“neutralizing amines” which raised the pH but most of
those chemicals were discontinued because they cause
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cancer. Even cyclohexylamine is questionable for cancer
so you should limit its use to what’s necessary.

When I was sailing we were using another water
treatment product called Hydrazine (N2H4) which com-
bined with oxygen to produce water and gaseous nitro-
gen. It also formed ammonia which flowed with the
steam to dissolve in the condensate and raise the pH of
the condensate. While it still may be used in some plants
the concern over it’s caustic properties, potential as a
carcinogen and generation of poisonous ammonia re-
quire special handling and operations so its use is not
general.

So, preventing corrosion is simply a matter of
maintaining the pH and removing oxygen. I should add
that it’s also keeping oxygen out but that’s addressed in
many other places in this book.

PREVENTING SCALE FORMATION

Now that we’ve taken care of the corrosion prob-
lems all that’s left is preventing scale formation. Scale is
the result of all the rocks that water dissolved as it trav-
eled from the rain cloud to the makeup water piping in
your plant. Once the water leaves the boiler as steam it
leaves all those dissolved rocks behind. Frequently the
water has so much dissolved in it that it isn’t a matter of
converting it to steam, all you have to do is heat it up to
get scale formation. I recall one application where well
water at 57°F formed scale in a heat exchanger that only
raised the temperature 6°F. Water with that kind of scale
forming property is going to plug up service water heat-
ers with scale, let alone a boiler.

Softeners and other forms of pretreatment can re-
duce the amount of scale forming ions in the water by,
with the exception of demineralizers, swapping them
with ions that normally don’t form scale (sodium) but
that doesn’t eliminate the potential for scale and some of
the scale forming ions always manage to sneak past all
that pretreatment. Chemicals are added to the water to
either convert the scale forming salts to sludge or “se-
quester” (the word means to surround and isolate) them
to prevent them forming a scale.

Both methods work fine as long as some water
remains to hold the sludge or sequestered ions in solu-
tion. If all the water is boiled away to steam then the
dissolved solids that remain will appear as scale no
matter what we do. After all, when salt water is evapo-
rated there will be crystalline salt left and it will be
called scale if it’s on the boiler tubes.

There are several chemicals that will combine with

the magnesium and calcium ions that tend to form scale
and convert them to a sludge. The idea is the sludge isn’t
going to stick to the heating surfaces of the boiler but
will settle out in the mud drum (where it can be re-
moved by bottom blowoff) to eliminate the scale form-
ing salts from the water. Sources of treatment that
accomplished this ranged from potato peels (a source of
tannin which is the actual chemical) to the many blends
of phosphates that are in use today.

An advantage of the sludge forming treatments is
they combine with the salts to form a solid thereby re-
ducing the TDS of the boiler water, they don’t contribute
to the dissolved solids content. Disadvantages of sludge
forming treatments include problems handling the
sludge and problems in certain boilers where there isn’t
enough room in the mud drum to reduce water velocity
to the point where the sludge can settle out. If the sludge
doesn’t settle out it can be swept around by the water
and eventually reach a concentration where, despite
treatment, the sludge sticks to a heating surface and
becomes scale.

If your boiler contains scale and tests of it indicate
a high percentage of phosphate that’s an indication you
have that problem. Sludge handling problems include
plugging of blowoff piping and valves, usually resolved
by more frequent bottom blows. Problems with sludge
remaining in suspension in the water is attacked with
other chemicals called “sludge conditioners” that are
designed to reduce the tendency of the sludge to stick
and increase the density of the sludge so it will settle
out.

The conventional system for treating boiler water is
called “soda-phosphate” and now you know the deriva-
tion of the words. Caustic soda is added to raise pH and
alkalinity and phosphate is added to remove scale form-
ing salts by combining with them to produce removable
sludge. The performance of the phosphates is dependent
on the maintenance of alkalinity and to work best the
pH should be maintained between 10.5 and 11.5.

To be certain that there’s phosphate laying in wait
for any calcium or magnesium ions that manage to find
their way into a boiler we maintain a residual of 60 ppm
of phosphate. Sometimes that is a little tricky to do. I
recall one ship where the method of treatment was so-
dium hexa-meta-phosphate. I actually liked the treat-
ment because the water was clear (many of the
treatments produce a muddy looking water) but it had a
bad habit of changing concentrations depending on
boiler load.

I don’t to this day know if it was the chemical or
the boiler but the residual values would shoot up into
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the hundreds when we were in port (boiler loads were
low) then drop to almost nothing when we got under-
way (full boiler load). The water treatment consultant
the shipping company used told me it was “hidden
phosphate” but never came up with a good explanation
for why it did that. I learned to live with the high values
in port and always checked it the minute we were under
way.

In instances of other scale treatments phosphate is
also used as an “indicator.” By maintaining a residual
level of phosphate in the boiler any failure of the other
program is indicated by a reduction in the phosphate
residual.

A better, and more complicated, method of control-
ling scale emerged in the late 1960’s. The treatment is
generally called “chelate” and it comes in many pat-
ented forms. Phosphates are used to remove scale form-
ing salts from the water but chelates simply build a
barrier around them that prevents their combining with
other ions to form scale. Keeping the scale forming ions
in suspension allows their removal in the continuous
blowdown where the energy and some water are recov-
ered thereby reducing the losses associated with bottom
blowoff. Chelates also attack scale that’s already formed,
returning it to solution so it can be removed with the
blowdown. Used properly a chelate treatment program
can remove scale formed on a boiler as the result of an
upset condition.

There are two hazards associated with the use of
chelate treatment. First, if used to remove existing scale
it has to be performed in a manner that doesn’t result in
fast removal of the scale. The chelate tends to break the
bond of the scale to the iron first so any rapid attack on
the scale will result in large pieces of scale releasing into
the boiler water and transporting to points of restriction
where it can plug tubes resulting in overheating and
failure. Even when that extreme isn’t reached it can pro-
duce so much loose scale accumulating in the bottom of
the boiler that you’ll have problems with blowoff valves
and piping plugging up. The second hazard has to do
with the fact that iron is related to magnesium and cal-
cium and chelate insists on having something to seques-
ter; if it runs out of calcium and magnesium then it will
grab iron, the stuff the boiler is made of. That requires
careful and closely controlled use of chelate.

To ensure the scale forming ions are sequestered
before they get near the boiler heating surface chelant is
normally introduced into the boiler feedwater. The typi-

cal means is to introduce it using a “quill” which is best
described as a thermometer well with a hole drilled in
the side at the tip. By injecting the chelate into the water
through the quill into the center of the feed piping it will
encounter the scale forming ions in the water before it
reaches the iron in the pipe. The quill should always be
installed upstream of a long straight run where it can
uniformly mix. Any elbows, valves, or pipe fittings
downstream of the injection point should be inspected
one year after beginning treatment and at five year inter-
vals thereafter to ensue they aren’t corroded away by the
chelate.

To ensure the chelate doesn’t attack the iron it must
be fed at the same rate that the scale forming salts enter
the system. A chemical feed pump capable of varying
the feed rate automatically is required to feed propor-
tional to feedwater flow and testing of the hardness of
feedwater before the chelate feed to make adjustments of
the proportions of chemical feed to water flow must be
made regularly. Testing of the water for any residual
should be frequent when boiler loads or feedwater
blends vary to ensure a residual doesn’t build up that
would result in attacking the boiler metal.

The typical commercial or industrial boiler plant
today uses a combination of phosphate and chelate
which is introduced into a boiler the same way as phos-
phate. The phosphate residual reacts with any ions en-
tering the boiler and the chelate works on the scale that
has formed in the boiler because the phosphate residual
beat them to the ions.

Polymers are the new innovation in boiler water
treatment today and, to be perfectly honest, I don’t have
enough experience with polymer treatment to address it.
I do know that a boiler treated with polymer will have
a thin gray coating on the steel parts when a boiler is
opened for inspection and some of that coating breaks
off like scale. Hopefully I’ll learn enough to give you
some guidelines for operating wisely using polymers in
a later version of this book.

That’s it! Hopefully not as complicated as you
thought. Simply believe in ions, good ones and bad ones,
and oxygen control to protect your boilers. If the treat-
ment program you’re using doesn’t make sense to you
keep asking the water treatment consultant to explain it
until you get something you understand and can man-
age. If the consultant isn’t interested in training you to
do a good job tell the boss he had better get a different
one.
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AAAAAn understanding of the strength of the materials
used in construction of the boiler plant is essential. No
element of a plant is designed to operate anywhere close
to its breaking point for reasons of safety and mainte-
nance of that margin of safety protects the life of the
operator and others.

STRENGTH OF MATERIALS

Lots of boiler operators are not like me. They’ve
never broken anything. Are you one of them? I’ve bro-
ken everything from the standard lumber 2 by 4 to some
rather expensive fiberglass piping and witnessed some
serious destruction of everything from a bag of rags to
pressure vessels and boilers. It’s not uncommon to break
things and there’s nothing I can tell you that will ensure
you never do.

I tend to argue that those operators that don’t
break anything manage to do so by not doing anything.
If you are doing something it’s important to understand
a little bit about the strength of materials in order to
make sound operating and maintenance decisions. That
way you may break less than I did. I’ll try to do that
without all the technical engineering but still give you
an adequate understanding of what’s involved and what
some of the buzzwords mean.

STRESS

Stress in materials is very much like pressure. We
measure it in pounds per square inch and it’s basically
force (in pounds) applied over a surface area measured
in square inches. We can determine the stress we apply
to a material and, by testing, know how much it takes.
Since most of the materials involved in a boiler plant are
metal I’m going to use it to explain the application of
stress and the strength of the material.

We’ll start with tensile stress because it’s the most
common. A material is subjected to tension when you try
to pull it apart. You expose a material to tensile stress on
a regular basis, the material isn’t steel, it’s rubber and
you call it a rubber band. It’s a little hard to imagine

yourself stretching a metal but you can do it; just clamp
one end of a piece of lightweight wire in a vise, lead it
out about twenty feet and grip it with a pair of pliers. Set
a stepladder or something else next to the wire to get a
reference point then pull on the wire and ease off. You’ll
discover that the wire is just like a rubber band, you can
stretch it and it will shorten when you ease off your
pulling on it. That’s the elastic action where you apply a
stress and the material resists it. You’ll also notice if you
pull a little too much that the wire suddenly gives and
will not shorten to its original length when you ease off
the pull; you just over-stressed it.

That operation is a simple form of the tensile tests
that are performed on materials to determine their
strength. In the case of the wire you pulled with a vari-
able force that could be measured in pounds and you
applied that load to the cross-sectional area of the wire
which is the area of a circle with a diameter equal to the
diameter of the wire. Since any wire we could stretch
would be very thin the area is very small. The more
cross sectional area of the material the more force you
need to stretch it. You can easily stretch a rubber band
but a rubber hose is another story.

Tensile tests on material use a sample a little larger
than a piece of wire to get an average value. The typical
tensile test specimen consists of a piece of metal about
six inches long with the center three inches machined
uniformly to a thickness of about one quarter of an inch
and a width of three quarters of an inch to produce a
cross sectional area of three sixteenths of an inch (1/4
times 3/4 equals 3/16) so the cross sectional area is
0.1875 square inches. The two ends of the specimen are
clamped in a machine that pulls them apart. For stan-
dard metal testing the sample is also marked with a
center punch about one inch from the center on each
side so the machine can sense the location of the punch
marks and measure very precisely the distance between
them.

The stress-strain diagram (Figure 8-1) shows a
common graph produced by the machine as the material
is tested. The stress, which is the applied force per
square inch of material, is indicated on the left of the
diagram and the strain, which is the amount the material
is stretched is indicated on the bottom. As the machine

Chapter 8
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pulls on the material the force or pull on the material is
recorded. That value is converted to stress by dividing
by the cross sectional area of the specimen.

Modern machines allow the operator to enter the
area on a keyboard so the machine also calculates the
stress (pounds pull divided by the area in square inches)
to imprint it on the diagram. The machine measures the
change in distance between the two center punch marks
to determine the strain.

The stress strain diagram shows what is normally
called the proportional range where, from zero stress,
the stress and strain are proportional. If the machine
were stopped while the metal was in the proportional
range and the force removed the metal would return to
its original length. Metal in that range acts the same as
the rubber band, always returning to its original shape.
At the end of that straight line is the proportional limit
where the metal’s properties change and it will not re-
turn to its original size when the force is removed. It’s
the same situation when we were pulling on the wire.

Application of a little more force creates a stress
where the metal simply stretches out without adding
resistance (the slope of the line is horizontal). The point
where that starts is called the yield point. When metal
reaches its yield point it deforms. That action is similar
to “cold working” the metal which hardens most steels
making them stronger. I’m sure you’ve heard that cold
worked metal is stronger than hot worked metal. The
sudden cold working of the metal increases its strength
and, despite the cross sectional area being reduced a tiny
bit, it can handle more stress.

The metal continues to resist force but it stretches

dramatically until the ultimate strength is reached,
where the stress doesn’t go any higher. That’s where the
coupon is deforming so much that its cross sectional area
is reducing so, even though the stress in the coupon
increases, the force it can withstand decreases because
the area is decreasing. Shortly after the ultimate strength
is reached the material ruptures. If the coupon is not too
deformed we can measure the cross sectional area at the
rupture to determine the actual stress when it ruptured.
That’s how metal is tested and although you may never
see it done this explanation should give you a better
understanding of material strength and what us engi-
neers are talking about.

Cast iron and similar materials, including concrete,
that are not extremely strong in tension but very strong
in compression are tested differently. The test method
helps describe what compressive stress is all about. A
metal sample is machined to prescribed dimensions over
its entire length to form a test coupon. All those short
round chunks of concrete you’ve seen laying around any
construction site are test coupons that were poured. The
coupon is placed in a machine with a firm bottom plate
and pressure is applied to the top of the coupon. (Figure
8-2) The force applied by the machine is divided by the
cross-sectional area of the coupon to determine the
stress. Some materials, like cast iron and concrete, with-
stand considerable stress until they fail and they fail
quickly when their yield strength is reached. They pro-

Figure 8-1. Stress - strain diagram

Figure 8-2. Compression stress coupon in machine
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duce a failure that is closer to shear than compression
because it goes across the coupon at an angle. Since most
metals would swell (increasing the cross-sectional area
and strength of the coupon) when their yield point is
reached, the test is not run past the yield point. The
slope of the curve is usually the same for metals under
tensile stress so the compressive stress-strain diagram
matches the tensile stress-strain diagram in the propor-
tional range.

Shear stress, as it’s name implies, is resistance to
being cut and is considered primarily for fabrication
activities where the material is cut by shears. Unlike ten-
sile and compressive stress, where the force is applied
through the cross-sectional area in tensile stress it is
applied parallel to the cross-sectional area. It’s seldom a
consideration in boiler design. Mainly because you’re
not allowed to make a riveted boiler anymore. If you run
into a situation that requires knowledge of shear stress
you should be able to understand its function from the
previous discussion.

Bending stress is not a special kind of stress, it’s a
function of compressive, tensile and shear strength. To
describe how it relates I use an example that you can
reproduce yourself. Take several pieces of 1 by 4 (that’s
lumber which is really about 3/4 of an inch thick by 3-
1/2 inches wide) and stack them up on the floor be-
tween two bricks and stand on them. The result is
something like that shown in Figure 8-3 because the lay-
ers of lumber can’t support your weight. Note, however,
that the lumber ends are not flush like they were when
you laid them out. Gluing all the layers of lumber to-
gether (or even securing them to each other with several
nails or screws) prevents the equivalent of shearing
stress from occurring in the material and they will sup-
port your weight when you stand on them. The force of
your weight is countered by tension on the bottom lay-
ers of the material and compression on the top layers
with shear stress applied to the individual layers.

Once you’ve glued (or fastened) the layers together

you might not notice that they still bend a little when
you stand on them but they hold you up. Just like the
rubber band the material length changes when force is
applied to it. The bottom layers get longer and the top
layers get shorter to compensate for the applied force of
your weight. Since the layer at the middle neither short-
ens or lengthens it doesn’t do anything to counter the
applied force. The stress in the material increases from
zero at the center to maximum at the extreme outer fi-
bers (engineer’s word for edge) and that’s why all the
steel beams we see are made in the form of the letter I,
by putting most of the material at the outer layer (where
the maximum stress is) we get the strongest beam.

Now that you know about the actual measured
strength of the material we can talk about “allowable” or
“design” stress. For everything boiler and pressure ves-
sel related those values are listed in the ASME Code in
Section II which is called “Material Specifications.” Sec-
tion II is broken down into three parts. Part A is for fer-
rous (engineer’s and scientist’s word for iron) metals,
Part B is for non-ferrous metals (like brass and copper),
and Part C is for welding materials (welding rod). Those
sections define the quality of a material and how it must
be made and tested.

For the most part the Section II contents is identical
to the material specifications prepared by ASTM (The
American Society of Testing and Materials) and differs
primarily in the certification requirements. A boiler or
pressure vessel manufacturer has to buy material that is
certified by the manufacturer to conform to the specifi-
cations in Section II.

Part D is called “Properties” and it lists the allow-
able stress for each of the metals described in the three
other parts. If you were to look at Part D you would
discover that the ASME has different values for allow-
able stress depending on the use of the material and the
maximum or minimum operating temperature. Allow-
able stresses vary for use as boilers (BPVC Sections I and
IV) and pressure vessels.

To relate to that yield strength determined by test-
ing a coupon you could look at the minimum yield values
for a material in the applicable Part (A, B, or C) and the al-
lowable stress in Part D. Since you really don’t want to
pay ASME’s price for those books it’s not recommended. I
can tell you that what you would find for ferrous metals,
the allowable stress is one fifth to one fourth the yield.
That means the boiler is constructed of metal that should
not fail (by deforming) until the pressure is four or five
times higher than the maximum allowable pressure. It’s a
safety factor of 4 or 5 and it’s one thing that helps protect
you from injury due to a material failure.Figure 8-3. Layered board sample of bending stresses
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CYLINDERS UNDER INTERNAL PRESSURE

The basic calculations for determining the required
thickness of a cylinder under internal pressure (like a
boiler tube or drum or shell or piping) is best explained
by looking at a cross section of the cylinder like that in
Figure 8-4. The Figure shows half the cylinder with ar-
rows beside where we imagine that we cut through the
cylinder. When we’re evaluating that view we make the
section over a unit length of the cylinder, normally one
inch. So imagine the dark line is a piece of metal that’s
one inch deep into the page. Any inch along the length
of a cylinder would be the same so we can work with
one inch and it applies to the whole length. The gray
arrows show the direction of the forces that are applied.

The pressure is inside the cylinder trying to get out
and pushing against the area that is equal to the inside
diameter (I.D.) of the cylinder. The area equals the diam-
eter because the width is unity (one inch). The pressure
times the diameter equals the force produced by the in-
ternal pressure. We’re applying a pressure, pounds per
square inch, against an area measured in square inches
so the overall force can be measured in pounds. That
force has to be balanced and the balance is the force
produced by the metal cylinder. If the force were not
balanced the cylinder would rupture. The area of the
metal in the cylinder is equal to twice the metal thick-
ness so we can determine the stress in a known thickness
of metal. Alternatively, we can calculate the minimum
thickness of the metal for a given stress because the
forces have to be equal.

The force from pressure equals the pressure (P)

times the diameter (D) and it must be equaled by the
force on the two thicknesses of metal (2T) and the stress
in the metal (S) so the mathematical formula for a cylin-
der under pressure is P × D = 2T × S. Substitute known
values for any three of the letters and you can calculate
the fourth using simple algebra. If you don’t know alge-
bra then here’s what you do for the four options:

• To determine the stress on the metal you multiply
pressure times the diameter and divide that result
by twice the metal thickness. S = (P × D)/(2 × T)

• To determine the minimum thickness of the metal
you multiply pressure times the diameter, divide
that result by the allowable stress and divide that
result by two.
T = ((P × D)/S)/2

• To determine the maximum diameter for a cylinder
of a given thickness at a selected operating pres-
sure you multiply the thickness and the allowable
stress, that result is multiplied by two and you fin-
ish by dividing by the pressure. D = (T × S × 2)/P

• To determine the maximum pressure for a cylinder
of a given thickness, diameter, and material, you
multiply the thickness and the allowable stress,
that result is multiplied by two and you finish by
dividing by the diameter. P = (T × S × 2)/P

The ASME Code isn’t quite as simple and it’s be-
cause the overall length of the material around the cyl-
inder gets larger as the thickness increases. The code
formula is:

T = (P × D)/(2 × S × E+2 × Y × P) + C8

to determine the thickness and

P = (2 × S × E) × (T - C)/(D - 2 × Y) × (T - C)

to determine the maximum allowable pressure for a
given thickness. There are values in addition to those in
the more simple explanation above represented by C for
corrosion allowance, E for a factor that depends on the
method of welding (sometimes called weld efficiency)
and Y which is a coefficient that depends on maximum
operating temperature and the type of steel. These for-
mulas are for power boilers. The ones for heating boilers
and pressure vessels are a little different.

For your purposes the simple formulas should be
fine. As long as you know there’s a little difference be-Figure 8-4. Cylinder analyzed for pressure stress
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tween them and the actual code formulas it’s okay. You
aren’t expected to design the boiler but I think you
should have an understanding of how the design is de-
termined and that’s why I’ve subjected you to this math
business.

Calculating the stresses and required thickness of a
pipe or boiler shell is rather simple. Complications enter
the equations when you have openings in the pipe or
shell; for example, all the holes in a water-tube boiler
drum. In those cases allowance for the holes is based on
the required thickness of a cylinder without holes and
how much metal has to be added where the cylinder is
complete to make up for the holes in other locations. A
steam drum where the tube holes are two inches in di-
ameter and installed on two inch centers has to be about
twice as thick as one without the holes.

Normally the code doesn’t require any special con-
sideration for an occasional opening for a connection
smaller than two inch nominal pipe size. Larger open-
ings may have enough extra material in the cylinder
(because the standard steel plate thickness, greater than
what was required by the code formulas, provided it). It
may be included in the structure of the opening (like
manhole rings) or a doubler (additional steel plate sur-
rounding the opening) that’s added to provide the re-
quired material. If you would like to know any more
about boiler design and construction requirements I
would suggest you take one of the courses provided by
the National Board.

Cylinders under internal pressure are easy to un-
derstand and the calculations are rather simple once you
get the gist of them. We have other situations that are
complex, cylinders under external pressure is one. All
the tubes of a firetube boiler and its furnace are cylinders
with the pressure on the outside of the tube. I’m sure
you know there’s a difference in the amount of pressure
a cylinder can withstand depending on whether it’s on
the inside or the outside.

CYLINDERS UNDER EXTERNAL PRESSURE

Even as a child we knew our soda straw would
collapse if it got plugged with some ice cream in our
shake and we continued to suck on it. To clear the plug
we would blow on it. Sorry, for those of you that don’t
or can’t remember, shakes used to be made with real
milk and ice cream mixed by something like a blender.

You can get the same evaluation by blowing into or
sucking on the top of a plastic soda or water bottle. The
bottle could change shape while you are blowing on it if

it isn’t a cylinder (it becomes more cylindrical) but it has
no trouble returning to its original shape and you can’t
rupture it unless you’re a real blow hard or used com-
pressed air. If you suck on it the results are much differ-
ent. By removing the air you expose it to external
pressure from the atmosphere and it collapses and, it’s
usually permanently deformed.

The stresses that are applied to anything exposed
to external pressure produce both compressive and
bending stresses and usually the bending stresses pro-
duce the failure. Cylinders and other parts exposed to
external pressure and flat parts of vessels exposed to
internal pressure are thicker than they would have to be
for the same pressure applied internally or they are
made with stiffening rings, bars, etc., to help them resist
the bending forces. The corrugated steel furnace of a
firetube boiler (called a Morrison tube after the man that
determined it would be stronger) handles external pres-
sure better than a simple cylindrical furnace of the same
thickness and diameter because the corrugations stiffen
the cylinder.

Calculating stresses becomes a lot more complex
when you’re making a valve, flange or other pressure
retaining structure. Many standard arrangements have
been developed and, in most cases, tested to failure to
determine their strength. That was a much easier propo-
sition in the days before computers and all their capabili-
ties. We have standards based on a maximum operating
pressure. The ones you’ll normally encounter are 125,
150, 250, 300, 400, 600, 900, 1,500, 2,000 and 3,000.

An important thing to know about those standards
is they have secondary ratings. Perhaps you’ve seen a
valve with “500 WOG” cast onto it and wondered what
it’s about because the other side has “250” and you un-
derstand it to be a 250 psig valve, what’s that other stuff
about? The 500 WOG means the valve is also rated for
operation at a maximum allowable pressure of 500 psig
if it’s used for water, oil, or gas at normal atmospheric
temperatures. 250 psig steam is at 400°F and the valve’s
strength is less at that temperature.

An operator argued violently with me once about
this, he was absolutely certain that I was endangering
his life by allowing a boiler feed pump to operate at a
270 psig discharge pressure when it was fitted with 250
psig valves. A copy of the valve manufacturer’s table of
secondary ratings (that’s what they’re called) for the
valve didn’t convince him. You shouldn’t question sec-
ondary ratings (he had taken a position and didn’t want
to back down from it) because any manufacturer’s chart
is based on standard tests and they’re all alike, the sec-
ondary ratings are an American National Standard.
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The secondary ratings allow for differences in the
maximum temperature of the system and permit using
less expensive, but perfectly fine, materials for some
processes. You will always find 600 psi rated steel valves
and flanges on feedwater piping for boilers with a maxi-
mum operating pressure of 600 psig even when the feed-
water pressure is as high as 800 psig because the
secondary ratings of 600 psi standard valves and flanges
is 900 psig with 250°F feedwater. An abbreviated copy of
secondary ratings is in the appendix.

PIPING FLEXIBILITY

Tension, compression, and bending stresses are all
involved in determining the flexibility of boiler plant
piping. I should explain that what we’re talking about
when we mention the words “piping flexibility” is the
stresses in the piping and the stress and forces applied to
boilers, pumps, turbines, building structures and other
things the piping is connected to where those forces and
stresses are produced by the thermal expansion or con-
traction of the piping.

I can still recall being asked to look at a problem in
the warehouse section of a plant where a wall had been
damaged. The wall was at the south end of a large ware-
house, it was made out of concrete block and it had a
very large hole in it right around a piece of insulated
pipe. In the shipping area opposite the wall was a pile of
broken concrete block. You could see the remnants of a
thin steel plate that was welded around the pipe to seal
the opening in the wall (required for a fire wall construc-
tion) still hanging on the pipe. According to the draw-
ings a similar plate was in the north wall of the
warehouse. In between those two plates was 84 feet of
four inch steam piping; a straight 84 feet of pipe. Oper-
ating pressure was 150 psig and the pipe was installed
when the outdoor temperature was about 70°F. Using
the tables and procedures in the Appendix you can de-
termine that the pipe would lengthen by about 2 inches.
Since the pipe had no place to go but straight south it
broke the wall. Later a ‘U’ bend was installed in the pipe
inside the warehouse and the wall repaired. Unlike the
stiff straight piece of pipe the pipe with the U bend was
sufficiently flexible that the pipe bent slightly and the
seal plates and walls were able to withstand the forces
applied to them.

If the concept of piping flexibility doesn’t gel in
your mind I suggest you do what I have done in the past
to picture it, make a model of the piping out of a piece
of coat hanger wire then grasp it at two points where it

will be anchored (attached to something that doesn’t
give) then try to move your two hands toward each
other to simulate the effect of the pipe expanding. You
could also clamp it in two vises properly positioned and
heat it up but that’s a little more complicated.

Keep in mind that pipes get stiffer as they get
larger, note the sag in different sizes of pipe when you
pick them up in the middle; bigger is stiffer, smaller is
more flexible. You can also relate to the fact that valves
and other devices in the piping make it stiffer. When stiff
piping is heated it tends to grow in length and diameter.
Getting a little larger in diameter isn’t much of a prob-
lem to handle but the added length is.

Sometimes the pipe can do the same thing that
railroad tracks do, just spring sideways a little to convert
the straight line of pipe to a shallow S. That doesn’t
cover much of a change in length and we’re just lucky
that railroad tracks don’t get that hot. Other examples
include roads. I can remember one hot summer when a
lane of the Baltimore Beltway got so hot that the pave-
ment buckled up at a joint producing the equivalent of
a two foot high speed bump. Luckily I was driving in the
other direction but I saw two cars hit it and they didn’t
fare well. The compression stress gets so high that any
little change in cross section (the roadway joint) permit
translation of some of that compression stress to bending
stress and, in that event, the roadway bends.

I can also remember looking at two 16-inch HTHW
lines in an underground tunnel where they made a 45-
degree bend. The adjacent support for the piping had
moved, shearing off its anchor bolts. The piping move-
ment drove it back so far that some conduit behind it
was overstressed in tension and split like an old paper
soda straw to produce a gap over an inch wide exposing
the wires inside. You have to respect the forces associ-
ated with thermal expansion.

Back to piping flexibility. Usually you don’t notice
any problems with it in a boiler plant because the de-
signers are aware of it. That doesn’t mean the designer
did it right. There are times when the installing contrac-
tor changes the piping arrangement and it produces
excessive stresses. If you fail to maintain joints in the
piping or the piping supports you may have some prob-
lems with overstress.

I’ve seen welded steel elbows buckled because an
adjacent packed type expansion joint (Figure 8-5) froze
up. This form of expansion joint allows the pipe to ex-
pand into the space between the flanged connection and
a bare end. They have to have anchors somewhere else
to take the axial pressure forces of the pipe or the darn
thing will come apart. If you have some of these joints be
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very certain that the anchors aren’t corroded.
I’ve also encountered many a valve that leaked

because the piping stresses applied to it were too high.
It happens frequently where large stiff piping is reduced
at a control valve making the valve and its flanged joint
the weakest point in the piping and the one that bends
or breaks.

During the first trip on the last ship I sailed I had
a piece of gasket blow out of a flanged joint and bean me
on the head. It was a good thing I was more than three
feet away because 90 psig steam followed the piece of
gasket. After I replaced the gasket I cut off one of the
pipe supports that was obviously (at least to my
engineer’s mind) causing the stress at the gasket.

The largest problem with stiff piping is its effect on
pumps, blowers, and turbines. Where piping is attached
to boilers and pressure vessels the vessel wall is nor-
mally more flexible while remaining strong and can take
the stress; the shell simply changes its shape a little.
Pumps, blowers and turbines, on the other hand, go out

Figure 8-5. Packed type expansion joint

of alignment when they are overstressed. A piping sys-
tem that has very little stress in the piping can still over-
stress a pump or turbine to the degree that the impellers
hit the casing and shaft seals are rapidly worn and fail.

Anytime a customer has a problem with a pump
the first thing I look at is the connecting piping. I was
called to resolve the problem on one job where the stress
got so high that it broke the concrete pad under the
pump away from the floor and moved it almost two
inches. The maximum allowable forces on pump connec-
tions are described in API-610. When you look at those
forces you’ll notice that some are so low that enough
pipe to get from where it’s attached to the pump to
overhead will, along with the weight of fluid it holds,
weigh enough to exceed the standard’s limits.

Over the years I’ve encountered many situations
where the operators of a plant modified or had a con-
tractor modify piping without careful analysis of the
flexibility; and they suffered the consequences. I’m not
talking about application of snubbers that are like shock
absorbers and restrict the dynamic flexing of the piping
(when it acts sort of like a tuning fork) they don’t restrict
the thermal growth. The wise operator realizes that the
piping has to remain flexible and will not attach stuff to
it or impair its movement to reduce its flexibility.

I hope this little discourse in strength of boiler
plant materials gives you some guidance in operation.
You should feel a little more comfortable with what
you’re dealing with and, at the same time, gain some
respect for the pressures you’re operating at. Look at
some of the vessels you’re operating and calculate the
force by multiplying the area by the operating pressure
then dividing that result by the area of the metal holding
that force back.
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IIIIIt would take volumes of books to adequately de-
scribe all the variations of design and construction in
boilers since Hero first produced steam under (a little)
pressure.  And that’s only boilers, nothing to do with all
the other plant equipment and systems.  You may en-
counter a design that isn’t described in this section.  I
encountered two true Sterling design boilers, an 1890
design constructed in 1952, only two months ago.  I’ve
limited the descriptions in this section to what you
would normally encounter.  If you do encounter an older
design it should be described in one of the references
listed in the bibliography.

TYPES OF BOILER PLANTS

When you want to get a definition right you go to
the source and, in the case of boilers, the source is
ASME, the American Society of Mechanical Engineers
which produced and maintains its Boiler and Pressure
Vessel Code (BPVC). The code is the accepted rule for
construction of boilers and pressure vessels in the
United States, Canada, and much of the world. Accord-
ing to the code a boiler is a vessel in which a liquid is
heated or a vapor is generated under pressure by appli-
cation of heat from the products or combustion or an-
other source. Vessel is the code word for an enclosed
container under pressure.

Now let’s get the meaning of pressure straight.
You’ll encounter a large number of people in your career
that have their own idea of what is low pressure and
high pressure then we all get to disagree on what we
mean when we say medium pressure. The BPVC in its
various documents defines high pressure and low pres-
sure but never addresses the term medium pressure.

High pressure boilers are defined by ASME in the
first document prepared to address the construction of
boilers and pressure vessels which is now known as
Section I of the BPVC and it’s simply titled “Rules for
Construction of Power Boilers.” That is a roman numeral
one, not a capital letter i. All sections of the code are
numbered using roman numerals. Within section I a
high pressure boiler is defined as a steam boiler that

operates at a pressure higher than 15 psig or a hot water
boiler that operates at a water temperature greater than
250°F or a pressure greater than 160 psig.

Low pressure boilers are defined by ASME in Sec-
tion IV of the BPVC “Rules for Construction of Heating
Boilers.” It defines a low pressure boiler as a steam
boiler that operates at a pressure no greater than 15 psig
or a hot water boiler that operates at temperatures not
greater than 250°F and pressures not exceeding 160 psig.

Now you can understand why there’s so much
confusion regarding medium pressure, there simply isn’t
any room for it! If the boiler makes steam it’s low pres-
sure until 15 psig and high pressure at any pressure
higher than 15 psig. Hot water boilers aren’t quite as
clearly defined but the temperature is normally the clue,
almost any hot water boiler operating at temperatures
less than 250°F is a low pressure boiler.

I zipped through that discussion of high and low
pressure without making note of some other defining
labels. The titles of the code sections is one key. A high
pressure boiler is also called a “power” boiler, low pres-
sure boilers are called “heating” boilers and the defini-
tions apply to those titles as well. A boiler plant that is
only used for heating but operates at steam pressures
above 15 psig or heats water to a temperature greater
than 250°F is a high pressure plant with power boilers.
A low pressure boiler could be used to power a steam
engine to generate electricity but it is still called a low
pressure boiler or heating boiler, the use has no bearing
on the definition of the boiler.

A superheated steam boiler is any boiler that raises
the temperature of the steam above saturation pressure.
It’s possible that low pressure steam could be super-
heated but virtually all superheated steam boilers are
power boilers. On rare occasions you will encounter a
separately fired superheater which is also a power boiler
by definition in Section I of the code.

One other definition that isn’t clearly defined in the
code but is commonly used is “High Temperature Hot
Water” abbreviated HTHW. When we talk about these
plants we typically say the initials rather than the words.
An HTHW boiler is simply a power or high pressure
boiler that heats water rather than generating steam.

Chapter 9

Plants and Equipment
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Since we’ve adopted the label of HTHW any low
pressure hot water heating boiler plant is simply called
a “hot water” plant with the understanding that it com-
plies with the code definition of a low pressure hot
water heating boiler. With water heating plants labeled
as such we understand a low pressure or high pressure
label to mean a steam generating plant. Don’t ever be
afraid to ask what somebody means. Requirements for
licensing of operators frequently depends on whether a
boiler is a power boiler or heating boiler so you want to
get it right.

BOILERS

Boilers do not have to have a burner. All of these
types can generate hot water or steam by absorbing heat
from another fluid. That other fluid can be steam and
create steam or hot water, it can be HTHW and generate
steam, or it can be a hot liquid or gas from some chemi-
cal process that is hot enough to do the job. I imagine I
worked on one of the largest low pressure steam boilers
that was ever built in the late 1960’s and it generated
steam by oxidizing a liquid. The heat source was a large
volume of oil which air was forced through to oxidize
the liquid similar to combustion but at a low tempera-
ture and nowhere near complete combustion. Twenty-
four feet in diameter and ninety feet tall with thousands
of square feet of heating surface it made about 25,000
pounds per hour.

Other projects included a hot water boiler using
500°F air from a steelmaking operation rated at 100 mil-
lion Btuh. Operating that type of equipment to get the
most steam out of it is wise because you save on fuel
that would have to be used to generate that steam. These
boilers can be constructed as unfired pressure vessels in
accordance with Section VIII of the ASME Code, “Rules
for Construction of Pressure Vessels.”

Boilers that are fired must be built to Section I or
Section IV but their construction is limited to materials
that can handle the high rates of heat transfer required
for direct fired equipment. Boilers using waste heat can
require materials of construction that can’t handle direct
firing but are essential to prevent corrosion in the waste
heat application. In simpler words, a fired boiler can’t be
built in stainless steel, an unfired boiler can be.

Since there’s a fixed relationship between pressure
and temperature for steam and water, pressure has to
increase. When we need to heat product or other mate-
rials to high temperatures the pressures can get very
high. To obtain temperatures greater than about 500°F,

which would require steam or water pressure over 666
psig another fluid is used. There are several liquids,
mostly hydrocarbons, that can be heated to temperatures
as high as 1,000°F without operating at such high pres-
sures. The liquids are identified by the trade name given
by their manufacturer and include Dowtherm™ and
Paracymene™ as the more common names. They are
supplied in different materials according to the tempera-
tures required. The common label for boilers that heat
these liquids is “hot oil” so we call them hot oil boilers.
The Appendix contains tables, similar to steam tables,
for the more common of those hot oils.

Some of those liquids can be vaporized just like
converting water to steam. A common name for them
could be oil vaporizers but it’s far more common for the
label to use the trade name of the fluid and add the word
vaporizer so you’ll normally hear them called
Dowtherm vaporizers, but there’s no strict rule. Since all
these plants operate at temperatures higher than 250°F
they require power boilers built in accordance with Sec-
tion I. You could be operating one of these boilers in
addition to the steam plant because steam is usually
required to quench the fire in the event the hot oil leaks
into the furnace to feed the fire.

Equipment that heats water in an open container or
very small one is not a boiler. Your teapot doesn’t have
to be constructed in accordance with the code because
it’s so small. The hot water heater in your home isn’t
considered a boiler unless it holds more than 120 gal-
lons. Another limit on the size of a boiler is an internal
diameter of 6 inches or less. The exceptions found in the
code are occasionally stretched to create boilers that, by
definition, are not.

Fired air heaters are not boilers unless the air is
under pressure. Any application that heats air, or any
other gas for that matter, that doesn’t contain the heated
fluid in an enclosed vessel is normally called a furnace.
If the fluid is air or another gas and it’s under pressure
then it does meet the definition of a boiler.

There are many boilers unique to their respective in-
dustry. You may encounter asphalt heaters, flux heaters (a
raw material that becomes asphalt), many forms of waste
heat boilers and equipment like recovery boilers (used in
the paper industry) which convert product by burning it.
I’ve chosen to limit this book to the more common types
of boilers so you can acquire a basic understanding of
them. The principles discussed here will allow you to un-
derstand those unique boilers which, by virtue of their
uniqueness, are best understood by reading the operating
and maintenance instruction manuals for them. This sec-
tion contains general descriptions of the basic elements of
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a boiler plant to provide a basic understanding of the sys-
tems and equipment. Hopefully an operator can append
this information with the contents of the instruction
manuals to develop a full working knowledge of his or
her boiler plant.

HEAT TRANSFER IN BOILERS

An understanding of heat transfer is a fundamental
requirement for a boiler operator because a lack of un-
derstanding of heat transfer can result in the operator’s
death; it’s that simple. The energy transferred in a little
100-horsepower boiler is about eight times the amount it
takes to power an automobile at sixty miles per hour.
Screw up to get that energy going in the wrong direction
and you’re inviting an accident that can only be com-
pared to eight or more cars running you over, all at the
same instant!

There are three ways that heat is transferred, con-
duction, radiation, and convection and all three means
occur in a boiler. Conductive heat transfer is the flow of
heat through a substance molecule by molecule. A mol-
ecule is the smallest piece of a substance that we can get
without destroying it’s identity. The heat is absorbed by
one molecule which passes it onto the next and so on.
The best example I know of conductive heat transfer that
you can readily understand is toasting marshmallows.
Of course toasting marshmallows is done best over a
campfire and I love campfires; if you haven’t had these
experiences go out and do it so you can learn to love
them too.

You should remember the time when you and
some friends were toasting marshmallows and you got
stuck with the fork without the wooden handle. As your
marshmallow was toasting you could feel the metal get
hot in your hand. The metal over the fire was heated and
that heat was conducted up the metal of the fork to your
hand. You should also remember those cold nights at the
campfire when the front of you was hot and your back
was cold so you stood up and turned so the heat from
the fire would warm your back. You were using the ra-
diant means of heat transfer.

The sun is another good example, when you’re lay-
ing there on the beach you are soaking up heat from the
sun. It’s almost 93 million miles away with mostly space
(nothing) between it and us but the heat is getting here.
Radiant heat transfer is the flow of heat energy by light
waves that can penetrate empty space and the air above
us but is absorbed by solid and liquid in its path.

The last means, convective heat transfer, uses a

transport to get the heat from one spot to another. In
your home the furnace or boiler heats air or water which
is then moved (blown or pumped) to the room you’re in
and heats the air in the room which then heats you.
There are two types of convection heating, natural and
forced. Forced convection is the result of a fan, pump or
blower forcing the movement of the fluid over a heated
surface where it picks up heat then on to another surface
where it gives up that heat.

If you’re sitting in a house with a radiator next to
the wall that radiator is heating the air around it and the
air gets lighter (less dense) as it expands from the heat-
ing so it rises up in the room like a lighter than air bal-
loon. When it reaches the ceiling it starts to cool because
it’s giving up heat to the ceiling and it’s pushed aside by
hot air following it. When the air reaches a cooler out-
side wall it gives up more heat, shrinks to become
denser, and drops to the floor then travels back to the
radiator. That’s natural convection heat transfer. All
these methods of heat transfer occur in a boiler.

The modern boiler with its water cooled walls ab-
sorbs about 60% of the heat from the burning of the fuel
using radiant energy. That heat travels in the form of
light waves from the glowing hot fire directly to the
boiler tubes, in water tube boilers, or furnace tube in fire
tube boilers. The reason so much heat is transferred is
due to the low resistance to the radiant heat flow from
the fire to the tubes. Though not quite as hot as the sun
a fire is an awful lot closer so there’s a lot of heat flowing
there. You can feel the radiant heat of a fire if you can
open up an observation port to look in. Once it hits the
fire side of the tube the heat is transferred by conduction
to the water side of the tube and by convection to form
hot water and steam.

Conductive heat transfer to the boiler water and
steam is limited to the flow through the boiler metal it-
self. The steel parts of a boiler are selected for their abil-
ity to transfer heat with as little temperature difference
as possible. The outside of a water cooled tube is no
more than 60 or 70 degrees hotter than the inside both
because the heat is passed through the tube easily and
because the heat is drawn off the tube by the water and
steam rapidly.

Other parts of a boiler count on poor conductive
heat transfer to protect them from the heat of the fire.
Refractory material not only can withstand high tem-
peratures it’s a poor conductor of heat. When it’s backed
up with some insulation the outer surface of the boiler’s
metal casing is less than 140°F which is the maximum
temperature that should be allowed. (anything hotter
will give someone a serious burn in a matter of seconds,
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140°F is that temperature where you can just barely hold
your hand on it for a few seconds)

Now is a good time to point out that heat flows
from points of higher temperature to points of lower
temperature. If there is no difference, there will be no
heat flow. The converse is almost true, if there isn’t any
heat flow there can’t be any temperature difference. If
we were to put a layer of insulation with a super high
resistance to heat flow on the outside of the boiler the
refractory, insulation, and casing would get almost as
hot as the inside of the furnace. That’s why you never
add insulation to a boiler casing that’s not water cooled
because it will overheat.

If the boiler tubes are coated with fireside deposits
they will get hotter and reflect heat back to the fire to
reduce heat transfer to the water and steam. If the boiler
tubes are coated with scale on the water side then the
tube wall will get very hot because the scale acts like
insulation to block the flow of heat from the tube metal
to the water.

Other mechanisms are involved when the scale on
the water side accumulates and it provides an early in-
dication of potential failure. If the metal gets too hot it
will lose its strength and begin to bulge under the force
of the boiler pressure. Usually found on the top of fire
tubes and in the bottom of water tubes where exposed to
the furnace, bulges are evidence of excessive water side
scale formation.

When the tube metal bulges the hard scale is re-
leased, breaking away from the metal that’s stretched to
form the bulge. Once the scale is broken away the metal
is exposed to water again, cooling it to stop the growth of
the bulge. Repeated incidents of bulge formation can oc-
cur with some of the metal stretched until it is very thin
and its chemical composition changes so the surface be-
comes rough oxidized metal, something we call a blister.

Sometimes the bulges or blisters can be left in place
if the processes that promoted scale formation are elimi-
nated but blisters should eventually be replaced because
the metal is thinner than permitted by code. Slight
bulges, where the tube metal is not distended or de-
formed beyond its own thickness, can be left in place.
See repairs for replacing bulges and blisters.

Changes in heat conductivity of materials in the
path of conductive heat transfer can create conditions
that are inconsistent with the original boiler design to
result in failure. Hopefully you will operate and main-
tain your boiler in a manner that doesn’t interfere with
the design heat flow.

As for the radiant energy that hits the refractory
wall, it’s reflected right back to the flame or is reflected

off toward some of the heat transfer surface. Actually
you could argue that very little heat is transferred be-
cause the face of the wall and the fire are at almost the
same temperature, but the truth is it’s radiated back al-
most as fast as it’s received.

Everything radiates energy, we radiate energy. If
you can recall a time when you sat with your back to a
window in the winter time you’ll realize you radiate
heat energy. The heat radiating from you goes right out
the window into the cold making your back feel colder
than when it faces a wall and most of the heat from you
is radiated back from the wall. It’s also the reason you
feel cooler when you go into a parking garage. Even in
the heat of summer those floors and walls are colder
than you are (because they lost their heat overnight) and
they absorb more radiant energy than they emit so you
feel cooler. Okay, there are rare times when, after several
warm days, you enter a parking lot on a cool evening
and feel the heat radiating out of the concrete.

You’ll discover that your boiler loads are a little
higher on clear nights because of the black sky effect.
Heat radiates from the earth and everything else right
out into space on a clear night so it takes more heat to
keep the buildings warm. On a cloudy night the clouds
act like a mirror reflecting the radiant heat back toward
us so we’re warmer. An important factor in radiant heat
transfer is the emissivity of a substance. I has more to do
with the color and finish of a surface than the actual
material of construction. White and mirrored objects
have a higher emissivity than black and rough surfaces
so they tend to emit more radiant energy than the black
and rough surface even though they’re at the same tem-
perature. Keeping those white rubber roofs clean in the
summer and letting them get dirty in the winter will
actually help maintain desirable building temperatures.

As the flue gases leave the furnace they carry the
remaining heat into what we call the convection section
of the boiler. That’s where convective heat transfer takes
place so it’s reasonable to call it the convection section.
When we’re dealing with water tube boilers it’s also
called the convection bank. (a bank being a group of
boiler tubes that serve a common purpose) Heat transfer
in the convection section is driven by much lower tem-
perature differences, (typically the flue gas leaves the fur-
nace at less than 1800°F. 1400°F to 1600°F is a normal
range, which is almost half of the 3200°F plus flame tem-
perature. The temperature difference drops to a typical
leaving differential of 75°F to 150°F so we need a lot more
heat transfer surface in the convection section of a boiler
to get rid of the 40% that wasn’t transferred by radiant
energy in the furnace. Okay, there was some convective
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heat transfer in the furnace but it was minimal compared
to the radiant heat transfer and, no, there shouldn’t be
any measurable flame to boiler conductive heat transfer
in the furnace because the steel can’t handle those flame
temperatures if the flame touches the tubes.

I had better mention flame impingement right now
because that’s when we have conductive heat transfer
from the flame to the boiler tubes. It’s also called flame
gouging because the tube metal is melted and swept
away when flame impingement really happens. You
must have seen what happens when someone heats
metal to cut it with a cutting torch, that’s flame impinge-
ment. If you have flame impingement you can see the
damage during an internal inspection.

The truth is that we seldom have flame impinge-
ment problems in a boiler despite many people arguing
that they have it. I have only seen a couple of incidents
of true flame impingement in my forty-five years in the
business so I refuse to believe anyone’s claim of it until
I’ve examined the boiler. It doesn’t happen because the
flame is cooled so much by radiant heat transfer that it’s
normally quenched (below ignition temperature) before
it gets to the tube.

When I can look into the furnace and see the flame
bouncing off the tubes or furnace wall just like you
would see water bouncing when a wall is sprayed with
a water hose that appears to be flame impingement.
Even then you can examine the boiler and find no dam-
age at all on the tubes.

Bulges and blisters (mentioned earlier) are not due
to flame impingement, they’re due to scale formation. If
the flame seems to be rolling along the tubes or passing
along them so close that they must be touching we call
it “brushing” the tubes and it doesn’t do any damage.

The same thing that helps prevent true damage
from flame impingement also makes it difficult to trans-
fer heat by convection. The molecules of air and flue gas
that are in contact with the tubes stick to the tube and
each other to form what we call a “film.” It’s a very thin
layer of gas that acts like insulation separating the hot
flue gases from the tubes. In the course of heat flow from
the flue gases to the water and steam it contributes the
most resistance to heat flow. That film is mainly what
protects the tubes in a furnace from the hot flue gases in
the fire. Otherwise the metal temperature would be so
high that it would melt. The typical boiler steel will melt
around 2800°F and it begins to weaken at temperatures
above 650°F. (It actually gets a little stronger as it is
heated up to 650°F.)

A film forms on most gas to metal or liquid to
metal surfaces to resist heat transfer. Water really sticks

to other surfaces. Its adhesion is greater than its cohesion
as evidenced by the meniscus (see water analysis) and
I’m sure you’ve noticed that water clings to surfaces so
the concept of a film is not difficult to envision. To im-
prove convective heat transfer the fluid flowing past the
heat transfer surface is made turbulent (all mixed up and
swirling around) to sweep against that film and transfer
the heat from the fluid through the film to the metal. As
velocities in a boiler drop, a point is reached where the
flue gases can’t disturb the film, it gets thicker, and the
heat transfer drops off dramatically.

When flow is so low that the flue gases simply
meander along, like congested traffic where the vehicles
in the middle can’t get to the sides of the road, a lot of
the gas leaves without contacting the tubes. It can’t give
up its heat so it’s hotter, carrying that valuable energy
out of the boiler and up the stack.

Something unique happens to that film on the
water side when we’re making steam so heat transfer
from metal to boiling water is a lot greater than heat
transfer to water or steam. If you think about it, it’s easy
to understand. I mentioned it earlier in the chapter on
water, steam, and energy. When heat is transferred from
the tube to the water to make steam a bubble of steam
forms and it grows to several times the volume of the
water it came from (in the typical heating boiler operat-
ing at 10 psig the steam expands to 981 times the volume
of the water) so there’s a dramatic movement of the
steam and water interface. The steam bubble then breaks
away from the metal (steam is nowhere near as cohesive
as water) and water rushes in to fill the void. All that
activity makes steam generation much easier than sim-
ply heating water or superheating steam and it requires
less heat transfer surface to get the heat through. Simi-
larly when getting heat from steam the steam forms
condensate at almost one thousandth of the volume and
more steam rushes in to fill that void while the conden-
sate drizzles down the heat transfer surface effectively
scrubbing it clean.

The range of heat transmittance (U) for steam con-
densers is 50 to 200 Btuh-ft2-°F (British thermal units per
hour per square foot per degree Fahrenheit) compared to
water to water heaters at 25 to 60 Btuh-ft2-°F, and super-
heaters have values of 2.6 to 6 Btuh-ft2-°F9. Also see the
comparison of E.D.R. in the Chapter 1. No wonder steam
is an excellent heat transfer medium.

CIRCULATION

In addition to heat transfer a boiler operator has to
have a sound understanding of the circulation of steam
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and water in a boiler to operate it without damaging it.
If circulation is interrupted for more than a few seconds
all the water will boil away in areas of high heat transfer
and, only able to heat the steam, metal temperatures will
shoot up and the boiler will fail.

To be certain you understand what boiler water
circulation is and how it works I’ll use some simple ex-
amples and develop them to the more complex provi-
sions. If you’ve never watched a pot of water at what we
call a rolling boil on the stove take a break and go do it;
you’ll waste a little energy but the lesson is worth it.
Those of you who already have can read on.

Notice how rapidly the steam bubbles and water
moved in that pot? At a nominal one atmosphere, where
water boils at 212°F the volume of steam is 1,603 times
greater than the volume of the same weight of water so
the weight of the steam is about six ten thousandths of
the weight of an equal volume of water. Try to push a
balloon full of air down into a bucket of water to get an
idea of the force created by the difference in density.

If you manage you’ll get your feet wet because the
water in the bucket will be displaced by the balloon and
come splashing out. The steam forming in that pot of
boiling water would blow all the water out of the pot if
it were not for the fact that it rises to the surface of the
water and breaks out so rapidly. The steam bubbles have
to move fast to get out of the water without displacing
it completely. If you get the pot boiling too fast the level
will rise and the water will spill over the top anyway.
That’s despite the fact that some of it is converting to
steam so there’s always less water in the pot than when
you started.

Watching the pot you can see that the water is cir-
culating, water and steam bubbles rise up, the steam
separates and goes into the air, and the water that came
up with the steam returns to the bottom of the pot, usu-
ally in the middle but not always and not consistently.
Being much heavier than the steam the water manages
to find its way down with a force comparable to the one
that you had to use to get the balloon down in the water.
It will tend to go where the velocity of rising steam
bubbles and water is lowest.

The water in a boiler has to move around, or circu-
late, just like it does in the pot on the stove in order to
let the steam out of the boiler. Enough water has to flow
with the steam to carry the solids dissolved in the re-
maining water and keep them dissolved or they will
drop out on the heat exchange surfaces to form scale.
Luckily water is highly cohesive (it sticks to itself) and
tries to hold itself together around those steam bubbles
so there are many pounds of water circulating up to the

water surface along with each pound of steam that’s
formed.

Recall that in the boiling pot of water you saw lots
of round bubbles? In among all of them was a lot of
water. A sphere (bubble) occupies 52.36% of a cube that
would have sides equal to the diameter of the sphere so
even if every steam bubble was touching another one
only slightly more than half of the volume of the rising
steam and water mixture would be steam. In our pot on
the stove the steam occupies 26.8 cubic feet per pound
and water occupies 0.01672 cubic feet per pound (see
steam tables, in the appendix.) If the volume of the pot
was one cubic foot we could calculate the weights of
steam and water if all the bubbles were touching each
other. The steam would weigh 0.01954 pounds (0.5236 ft3

÷ 26.8 ft3/lb) and the water would weigh 28.498 pounds
({1-.5235}ft3 ÷ 0.01672 ft3/lb). The weight ratio of water
to steam would be 1,458 pounds of water per pound of
steam (28.498 ÷ 0.01954).

I won’t apologize for the math, it’s just adding
subtracting and dividing and I believe it’s necessary
because without supporting math most operators refuse
to believe that the rate the water circulates inside the
boiler is hundreds of times greater than the rate of steam
flowing out the nozzle. The ratio gets smaller as pres-
sures increase, if you would like to know what the ratio
would be for your operating pressure all you have to do
is substitute the volumetric values for your operating
pressure from the steam tables into those formulas. Of
course you have to admit that the bubbles aren’t touch-
ing each other so there’s a lot more water flowing
around than this calculation would indicate.

Now that you have a good mental picture of the
water and steam rising in a pot on the stove let’s trans-
late that to the inside of a boiler. A firetube boiler might
have a pattern like that of Figure 9-1. It’s more compli-
cated than that because the amount of heat transfer
changes from the front of the boiler to the rear. In the
typical scotch marine boiler the water rises around the
furnace over the entire length and drops at the sides to
varying degrees and considerably against the front tube
sheet.

Water tube boilers have circulation patterns that
vary considerably with the boiler design and the firing
rate. The typical example shown for circulation in a
water tube boiler is that shown in Figure 9-2. The water
and steam rises in the tubes that receive the greatest
amount of heat because more steam bubbles are in that
water. Water along with a little steam that is generated
drops in the tubes that receive less heat.

The tubes where water and steam flow up toward
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the steam drum are called “risers” and the ones where
the water drops are called “downcomers.” It stands to
reason that all the tubes that face the furnace of a boiler
must be risers. Remember that 60% of heat transferred
by radiation? When the boiler is operating at low loads
only a few of the tubes, those along the sides of the
boiler that are heated on one side only (and don’t face
the furnace) will be downcomers. As the boiler load in-
creases even the downcomers will have some steam
bubbles forming in them because they’re absorbing heat
and more tubes will have to become downcomers in
order to move all the water that has to circulate in the
boiler. Some tubes will always be risers, some will al-
ways be downcomers, but many of them switch back
and forth.

Some water tube boiler designs encountered prob-

lems with the translation from risers to downcomers.
The water flow tended to be so low in those tubes that
scale formed in them, you might still run into one of
those boilers and be told that there are certain steaming
rates you want to avoid to prevent scaling problems in
portions of the boiler. A number of designs were modi-
fied to include “unheated downcomers,” tubes or pipes
installed between the top and bottom drums (or head-
ers) on the boiler to provide an unheated path for the
water to circulate through.

We actually added some unheated downcomers to
a boiler in an effort to correct a problem with overheat-
ing of the boiler’s roof tubes despite the fact that I didn’t
agree with the solution. Sometimes unheated
downcomers aren’t obvious, they’re buried in a tube
bank where flue gas can’t get at them.

Okay, some wise guy is asking “what does this
have to do with hot water boilers?” The truth is that
there is some steam generation to force circulation in
most hot water boilers; there has to be. Maybe there isn’t
at low loads but the differences in density of heated
water are not enough to produce the rapid flow of water
needed to carry the heat away from the heat transfer
surfaces. The steam that’s generated condenses again
when the bubbles separate from the heat transfer surface
and find their way to colder (by a few degrees) water in
the boiler.

There are some hot water boilers, HTHW genera-
tors for example, that are designed to force the water
along and absorb the heat fast enough to prevent steam
formation but I’m willing to bet that you would find
steam bubbles forming and collapsing in any conven-
tional hot water boiler. If you watched that pot on the
stove while the water was heating up you probably
noticed signs of movement which was due to differences
in density of water heated at the bottom and the colder
water on top (cooled some by the air) and along the
sides. You also should have noticed that bubbles formed
on the bottom of the pan and lifted off then disappeared
before reaching the surface. I’m certain that must hap-
pen in most hot water boilers.

Keep in mind that circulation is absolutely neces-
sary to prevent scale formation and blocking of tubes to
the degree they overheat and fail. If bottom blows aren’t
adequately removing the accumulating sludge in a
boiler the normal circulation can sweep some of that
sludge into some risers with almost instantaneous fail-
ure a certainty.

Growth of scale on tubes will restrict flow in the
boiler and accelerate the scale formation as a result. If
you have scale in your boiler its demise is only a ques-

Figure 9-1. Steam flow pattern in firetube boiler

Figure 9-2. Steam flow pattern in water tube boiler
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tion of timing. Loose drum internals that will break
loose when exposed to the rapid movement of water and
steam can block flow resulting in loss of circulation and
boiler failure so don’t let those broken bolts and sup-
ports go, get them fixed.

One of the ships I sailed had a special baffle in the
top of the side waterwall header. The tubes sloped up
from the front of the boiler to the back between two
headers. The purpose of the baffle was to scoop some of
the descending water into the top rows of tubes. It was
discovered that the velocity of the water coming down
the downcomer to the header was so great the water
shot past the inlet of the top rows and they were starved
for water.

I doubt if you’ll encounter a boiler with water cir-
culation baffles but if you do find some strange looking
piece of metal bolted in a boiler don’t remove it. If you’re
like the engineers on that ship some time before I sailed
her and find the piece loose in the bottom of the boiler,
go looking for where it should be and put it back. They
didn’t and the top waterwall tube failed on the next
ocean crossing after they found the baffle and left it lay-
ing on a workbench.

BOILER CONSTRUCTION

The construction of a boiler can be attributed to
many things but the principle ones are code compliance
and cost. The manufacturer has to build a boiler that
complies with the applicable section of the ASME BPCV
but the key to building a boiler is to make the cheapest
one that will do the job. Low price can be as simple as
first cost but should be based on life cycle cost where the
selected boiler should provide the required steam or hot
water with the lowest combined price, installation, fuel
and maintenance cost over its expected life.

There is always an ongoing effort to design a better
boiler and it has resulted in many changes during my
lifetime so you can expect to see more changes in boiler
construction in the future. There are many books that
show the extent of construction variations so I’ll only
touch on this subject to give you an idea of the develop-
ment of the designs and why they’re made that way.

Not only is a teapot a simple boiler, it’s representa-
tive of many of the earliest designs of boilers. They were
nothing more than an enclosed pressure vessel full of wa-
ter suspended above a fire with some piping leading off
to the user of the steam. Some, like the early Roman
baths, were even simpler, separating the fire from the wa-
ter by a simple row of mud bricks, the earliest refractory.

Any fired boiler has some refractory in it so it’s
appropriate to explain what it is. It’s material that can
withstand the heat right next to a fire. Looking like ce-
ment or regular brick it contains chemicals to bind it that
will not melt under normal furnace conditions. There are
very few that can stand to be right next to a fire and
none can tolerate the highest possible flame tempera-
tures. Refractory materials come in different grades
based principally on the temperature they can reach
without melting or failing. They range from 1200°F stuff
on the low end to 3200°F material. Normally the higher
grade materials are used closest to the fire and lower
grades are used where the temperature will be lower.
Upsets in flame shape, openings in baffle walls and
other problems in a furnace can direct hot burning gases
against refractory that can’t tolerate the higher tempera-
ture resulting in early, and sometimes quick, failure of
the boiler.

There are basically three types of refractory, brick
or tile, plastic, and castable. Brick or tile are preformed
and fired at the factory. A burner throat is normally
made up of tile. Plastic is moldable, usually applied by
positioning chunks of it then beating it into position
with a hammer. Castable is mixed and poured into forms
like cement.

In any large wall of refractory special “anchors” are
furnished with steel or alloy material that penetrates any
back-up insulation and attaches to the setting, casing or
buckstays for support. Some anchors are made up of a
combination of metal and a piece of tile (Figure 5-6) to
provide better attachment to the refractory. Setting is the
name used for a boiler and furnace enclosure that con-
sists of brick stacked up like walls to enclose the boiler
and furnace.

Casing is the name we use to describe the outside
of the boiler enclosure when it’s typically made up of
steel plate. It’s not the same as Lagging. Lagging can
range from steel plate to painted canvas but is normally
thin sheet metal covers used to protect insulation ap-
plied to a boiler. Buckstays are structural steel compo-
nents that stiffen the casing of a boiler or provide
attachments for panels of water tubes.

There was a time when all boilers were enclosed in
a setting or casing, insulation and refractory. The typical
form was a box. and could consist of a mixture of mate-
rials. Boilers were constructed with bottom support, top
and intermediate support. Top supported boilers require
inverted thinking because they grow down as the boiler
heats up. Intermediate supported units grow both ways.
Top supported boilers required an external structural
steel frame to hang from; sometimes they are made part
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of the building and other times they’re independent of
the building.

Yes, boilers grow. There’s a list of materials and the
amount their length changes in the appendix. Since a
boiler is made mostly of steel it will grow around 0.6%
for each one degree change in temperature. The steel in
a boiler will always be very close to the temperature of
the steam or water (saturation condition for a steam
boiler, average temperature for hot water). So, if the
boiler is supported at the top, basically hanging from the
structural steel, it will grow down. If it’s supported at
the bottom it will grow up. We don’t attach the boiler to
the building structure, the tendency of boilers to grow as
they are heated prevents it. There are times when you’ll
find some platforms supported off the boiler steel; be
aware that they will move!

Today there are three basic types of boiler construc-
tion, cast iron, firetube and watertube. Cast iron forms
produce spaces for water, the fire, and products of com-
bustion. A firetube boiler contains the fire and products
of combustion inside the tubes and the water and steam
is outside the tube. A watertube boiler has the fluids on
the other side, tubes surround the water and the fire and
flue gas is on the outside of the tubes. There are also
tubeless boilers (which I would classify as firetube) that,
like the whistling teapot on your stove, are small and
inefficient but are so cheap to build they are more than
adequate for some small operations.

Cast Iron and Tubeless Boilers
Cast iron boilers are made up of cast pressure parts

bolted together or connected by piping. There are ar-
rangements of castings that form a furnace as part of the
boiler (Figure 9-3) and others that require additional
setting (Figure 9-4) and lagging. Cast iron boilers are
restricted to heating boiler service, the maximum pres-
sure rating being 60 psig.

The corrosion resistance of cast iron makes the cast
iron boiler very durable. I’ve seen many of them in hot
water service for more than fifty years. Their largest
problem is that durability, they get ignored and they fail.

The tubeless boiler (Figure 9-5) uses the outside of
its shell as part of the heat exchange surface. The flue
gases exit the furnace through a nozzle that connects the
furnace and shell then makes a couple of passes along
the shell between fins formed by welding steel flat bar to
the shell before exiting the stack. One manufacturer adds
another pass around a boiler feed tank attached to the
boiler shell and forming part of the assembly.

I think of them as crab shack boilers because so
many of them, mostly made by Columbia Boiler Com-

pany (here in Baltimore, Maryland), are sold to restau-
rants and other facilities for the sole purpose of steaming
crabs. Since the crabs are exposed to the steam there’s no
condensate return and these boilers don’t last very long
using 100% makeup. Their low price and vertical con-
struction allows relatively inexpensive replacement.

FIRETUBE BOILERS

The firetube boiler requires a “shell” to enclose the
water and steam to complete the pressure vessel portion

Figure 9-3. Cast iron boiler, integral furnace

Figure 9-4. Cast iron boiler, pork chop sections
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of the boiler and that shell is the principal limit on the
size of a firetube boiler. To understand why the shell is
the limiting factor we have to understand some basics
about strength of materials and how we determine the
required thickness of the shell, tubes, and other parts of
a boiler. If you skipped the chapter on strength of ma-
terials you may have trouble understanding this.

You should have noticed that the required thick-
ness of the shell of a boiler or a boiler tube is a function
of the radius. As the tubes get larger the thickness has to
increase to hold the same pressure. Since the outer shell
of a firetube boiler is very large it has to be quite thick.
Thicker materials require more elaborate construction
practices in addition to more weight so the price of a
boiler increases proportional to its diameter with sudden
large steps in price associated with different construction
rules depending on the thickness and temperature.

A big break point for high pressure boilers come at
1/2 inch thick and 650°F. The increasing thickness has
imposed a normal limit on firetube boilers of 250 psig
MAWP (maximum allowable working pressure). It’s
possible to get a firetube boiler for a higher pressure but
it’s not a common one. The other practical limit on the
size of a firetube boiler is its diameter. Anything larger
than 8 feet 6 inches in diameter will require special per-
mits for transporting it on our nation’s highways. Ship-
ping a firetube boiler without trim and panels on the

sides (but with insulation and lagging) and without spe-
cial roadway permits and escort vehicles limits the di-
ameter to eight feet.

To allow shipment with control panels mounted
the normal firetube boiler is limited to shell diameters of
seven feet. There’s also a limit on length which is around
twenty feet (to fit inside a low boy trailer) but longer
units are made. Since you need twice the length of the
boiler to permit replacing the tubes a twelve foot boiler
would require twenty-four feet of space and that’s the
nominal distance between building columns in average
construction.

All those factors place a reasonable limit on
firetube boilers at about 500 horsepower for a normal
unit rated five square feet of heating surface per boiler
horsepower, 600 horsepower if all the trim is removed or
the boiler is rated at four square feet of heating surface
per boiler horsepower, and about 800 boiler horsepower
if roadway problems are not too expensive and the cus-
tomer can handle a permit load or delivery by rail. That
doesn’t mean a firetube boiler can’t be larger, I saw a
1400 horsepower firetube boiler a couple of years ago. It
was a monster some ten feet in diameter and almost
forty feet long; I would love to know how they kept the
tubes in it from sagging. The lower cost of manufactur-
ing firetube boilers has also increased the
manufacturer ’s offering to 1,000 boiler horsepower.
Sometimes they do it by simply increasing the size of a
burner on a 800 horsepower boiler.

Firetube boilers come in several configurations and

Figure 9-5. Tubeless boiler

Figure 9-6. HRT boiler
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arrangements. Basically they are cylindrical in shape
(Figure 9-6) and are further defined by position and
modifications to the general form. The arrangement in
Figure 9-6 is typical of an HRT boiler (the letters stand
for Horizontal Return Tubular) which is an early design
of boiler that has survived to modern times. Return in
the label indicates the flue gasses flow down some of the
boiler tubes from one end to the other then return
through the remaining tubes.

A cross section is shown in the middle of the figure
that shows the tubes, how they’re arranged to permit the
baffle at the rear and location of an access door for scrap-
ing off the bottom. Typically the shell of the boiler is
extended at the end where the gas makes the turn to
form a “turning box” which is closed by large cast iron
doors (Figure 9-7). The doors could be at the front or rear
of the boiler depending on how it’s constructed relative
to the furnace.

Most of these boilers were assembled without
welding. The joints in the shell, the tubesheet to shell
joint, and piping connections were all made using rivets.
See a later paragraph about riveted boilers. The furnace
is typically a brick walled enclosure constructed below
the boiler. Many were built with the brick serving as a
base to support the boiler. Few of those remain because
a furnace explosion which dislodges the bricks would
result in the boiler collapsing into the furnace. More
modern HRT boilers are constructed with steel bases
that support the boiler or a steel frame straddling the
boiler and supporting it with suspension rods.

A constant problem with HRT boilers is mainte-
nance of protection for the bottom blowoff piping. In
many cases that pipe drops vertically through one end of
the furnace and has to be protected by refractory be-
cause it would absorb so much heat that steam couldn’t
escape it fast enough to allow water in. They go dry,
overheat, and rupture.

The other concern with HRT boilers is the bottom
where radiant heat from the furnace is absorbed by the
shell. Any accumulation of mud in the bottom of the
boiler tends to prevent cooling of the shell with resultant
failure. The only service one of these boilers is purchased
for today is in firing solid fuel, normally small biomass
applications because those applications require a large
furnace and have low radiant energy emissions com-
pared to oil and gas fired boilers.

Take the standard form of firetube boiler and turn
it on its end to get a vertical firetube boiler. These are
seldom used for steam service because the top tube sheet
is exposed to steam instead of water and the tubesheet to
tube joints are exposed to considerable heat. They are
commonly used for service water heating (Figure 4-9)
and may find occasional use for hydronic heating and in
waste heat service.

A locomotive boiler (Figure 9-8) is a good example
of a firetube boiler modified to provide some water cool-
ing of the furnace. The increased cost of the boiler to
create a water jacket around the furnace was justified for
locomotive service because the steel and water were

Figure 9-7. Cast doors on HRT boiler Figure 9-8. Locomotive boiler
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considerably lighter than the refractory that would be
required while providing more heating surface to make
the locomotive more powerful. Staybolts are used to
hold the flat surfaces against the internal pressure and
their failure was one reason many of these boilers are no
longer around.

The techniques developed in the railroad industry
were translated to stationary boilers to create the firebox
boiler (Figure 9-9). The firebox boiler was the first poten-
tial “package” boiler because it only required construc-
tion of an insulated base in the field with all other parts
assembled in the factory. A partial form of the boiler was
also built to provide comparable performance at lower
construction and shipping costs by requiring construc-
tion of part of the furnace as a brickwork base then set-
ting the boiler on top of that base. It included some of
the cast iron boilers shown previously. You may hear the
terms “low set” and “high set” referring to these boilers.
A high set firebox boiler incorporated all the furnace so
the burner was set high in the firebox. A low set firebox
boiler normally requires the burner be installed in the
brickwork base.

Finally there is the construction that is typical of all
our modern fire tube boilers. We call them scotch-marine
although you probably won’t find one on a ship and
there’s no proof that they were a Scottish design. This
construction incorporates the insertion of a large furnace
tube in the boiler (Figure 9-10) eliminating the require-
ments for an external furnace and providing a furnace
that is almost completely water cooled.

Many of the original boilers of this design, the ones
that were used on ships, were coal fired and required
multiple furnaces to provide enough furnace volume
and grate surface. The furnace tube diameters range

from two feet to four feet and are welded to the tube
sheets. The tube sheet to shell joint is also welded. The
scotch marine design comes in two general arrange-
ments, the most common is a dry back design where the
turning chambers at either end of the boiler are formed
by an extension of the shell and/or a door that forms the
turning chambers. In either case both ends of the boiler
are fitted with doors to gain access to the tube ends.

The doors can be full size, covering the entire end
of the boiler or they can be multiple with separate doors
providing access to various portions of the tube ends
and furnace. In almost every case the door covering the
end of the boiler and furnace tube is refractory lined
because the temperatures of flue gas leaving the furnace
can be over 1200°F. Some doors contain integral baffles
(Figure 9-11) to divert the flow of flue gas back into other
tubes in the boilers. The baffle arrangement varies with
the boiler design principally to separate the passes. The
wet back arrangement (Figure 9-12) is a more efficient
boiler with less refractory to maintain but the higher cost
and limited tube removal (front only) has resulted in a
decline of its use.

The locomotive boiler (Figure 9-8) is a basic single
pass design. The flue gases enter the boiler proper and
flow through all the tubes to the outlet of the boiler. The
HRT design provided improved heat transfer by provid-
ing two passes, the flue gases are turned and return
down a portion of the tubes on their way to the stack.

Note that a pass consists of a path for flue gas to
travel from one extreme end of the flue gas containing
parts of the boiler to another. Neither of these designs
required a baffle to direct the flow of flue gas. ScotchFigure 9-9. Firebox boiler

Figure 9-10. Scotch Marine boiler
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marine designs can have two, three, or four passes. A
two pass scotch marine boiler requires no baffles other
than means to separate the burner from the returning
flue gas. Three pass scotch marine construction requires
one baffle in the rear of the boiler to separate the first
and second pass turning box from the third pass outlet
while four pass boilers require a baffle there plus one at
the front to separate the second and third pass turning
box from the fourth pass outlet (Figure 9-13).

Four pass firetube boilers have a construction
unique to them, the tubes at the inlet of the second past
are normally welded to the tube sheet. That’s because the
flue gases in the first to second pass turning box are much
hotter in those boilers and the welding provides a better

course for heat to pass from the metal to the water to pre-
vent overheating those tube ends (however, see why they
fail for a discussion of problems with four pass boilers).

Since I mentioned that the tubes are connected dif-
ferently in four pass boilers I should also explain how
they are normally connected. Whether firetube or
watertube, the normal means of connecting the tubes in
the boiler is by rolling. It’s a mechanical method of at-
tachment that is strong, watertight, and reliable but also
relatively easy to break so the tubes can be removed.
Refer to the section on maintenance for a description of
installing a tube by rolling.

The furnace tube is normally connected by welding
to the tube sheets. That’s because it is large and thick so
it is difficult, if not impossible, to install it by rolling.
Also, I wouldn’t want to be the guy that has to pick up
that tube roller.

Sometimes furnace tubes are called Morrison tubes,
and it’s done without distinction. Some furnace tubes
are not Morrison tubes; they’re the ones that are basi-
cally a simple cylinder. Morrison is the guy that realized
the furnace tube could be made thinner and still with-
stand the external pressure without collapsing if it was
corrugated (Figure 9-14). If you look closely at Figure 9-
11 you can see that boiler has a Morrison tube. Now you
know the difference, if it’s corrugated it’s a Morrison
tube and if it’s not it’s just a furnace tube.

The section through a firetube boiler in Figure 9-14
also reveals another important element of their construc-
tion, staybolts. The tube sheet isn’t supported by the
boiler tubes in the top of the boiler (what we call the
steam space) so staybolts are required to keep that por-
tion of the tube sheet from buckling out. Part of a boiler
internal inspection is checking the fillet welds attaching

Figure 9-11. Baffled rear door of four pass firetube
boiler

Figure 9-12. Wet back scotch marine boiler

Figure 9-13. Front baffle of four pass boiler
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the staybolts to the top of the boiler shell, and the
staybolts themselves, for corrosion. The staybolts nor-
mally penetrate the tube sheet and their welds should be
checked on the outside as well as the inside.

There’s another classification of firetube boiler that
you may encounter. They’re called “oil field boilers” and
they’re designed for that application. Boilers used in oil
fields get little care, normally run on raw water with
little condensate return and don’t get the quality treat-
ment provided by a wise boiler operator so they’re de-
signed for the abuse. They have thicker shells, thicker
tubes, and lower heat transfer rates.

There are many advantages to a scotch marine
firetube boiler which includes simplicity in design.
They’re relatively easy to clean completely on the fire
side, once you get those heavy doors off. They can be
packaged in most of the sizes, they contain minimal re-
fractory. Tube replacement is less expensive because all
the tubes are straight. They also hold a larger volume of
water compared to a watertube boiler so they absorb
load swings a little better.

WATERTUBE BOILERS

Whether tubes are straight or bent is probably the
first distinguishing characteristic for a multitude of de-

signs of watertube boilers. I started operating straight
tube boilers and learned later that there was such a thing
as a bent tube boiler. Actually the last boiler I operated
while in the merchant marine was a straight tube boiler
and in the process of rebuilding and retrofitting boilers
with Power and Combustion in the 1980’s we designed
a new burner installation and furnace modifications for
a straight tube boiler that had a riveted drum.

You may never see a riveted boiler outside of a
museum because they are no longer built and many
have failed, never to fire again. Most state laws require
replacement of any riveted boiler that has a failure after
a certain age and those laws have effectively eliminated
riveted boilers. When I mention a riveted boiler the nor-
mal response is a question, “how did they keep them
from leaking?” The answer is caulking, not the goo in a
tube type you’re thinking of. To caulk a joint in a riveted
boiler you used a special chisel and a good heavy ham-
mer to deform the metal at the joint working the two
together.

Blacksmiths still weld metal by heating the mate-
rial until it’s soft then beating two pieces together to
form one piece. Most of the time we managed to seal the
joints in a boiler by caulking them cold. The real prob-
lem with riveted boilers wasn’t leaks, it was cracks form-
ing between the rivets. The crack formation was
eventually identified as a byproduct of tiny leaks that
left water concentrated in the metal to metal joint and
caustic corrosion cracking (see water treatment). A lack
of skilled riveters and caulkers and the development of
gas and electric arc welding, which formed a stronger
and cheaper joint, produced the change from riveted
boiler construction to welded construction.

Just like firetube boilers need a shell to contain the
water and steam most watertube boilers require drums
or headers to close off the ends of the tubes, provide a
path for the water and steam to flow into and out of the
tubes, and provide a place for steam and water to sepa-
rate.

I’ve never come across a distinctive definition that
differentiates drums and headers but I know drums are
big and headers are small and I differentiate them by
whether or not I can get inside one with the exception of
the steam drum which, to me, is always the pressure
vessel part where the steam and water are separated.
That rule doesn’t always work when it comes to what
we call a mud drum which is the lowest drum in a boiler
and has connecting piping for blowoff so the mud can be
removed from the boiler. I can’t say it’s the lowest point
because there are boilers where the mud drum is several
feet higher than the lowest header. Those low headers

Figure 9-14. Morrison tube
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have to be blown down because mud will collect in them
but they require special attention to prevent problems
with circulation during the process. Anyway, drums
close off the ends of tubes and it’s the tube and drum
arrangement that further defines a watertube boiler.
There were a few firetube / watertube combinations cre-
ated over the years but I’m not aware of any that are left;
I did help tear a couple of them out.

Occasionally you may see a boiler with two name-
plates, one will be for the boiler proper, and one will be
for the water walls. As boilers got larger the area of fur-
nace walls increased to the point that they represented a
considerable waste of heat. Fuel was so inexpensive then
that it wasn’t the primary consideration, keeping the
boiler room cool and limiting the cost of refractory was.

Another problem was refractory walls were getting
so high they couldn’t be self supporting and expensive
structural steel was required to hold them up. To solve
many of those problems boiler manufacturers started
making water walls which are rows of tubes that help
protect the refractory or actually replaced it. The
waterwalls on large utility boilers actually occupy more
space than the boiler itself. Most of them are tangent
tube walls (described later) and constructed in “panels”
that are subsequently welded together to form
waterwalls, some over two hundred feet tall.

Waterwalls consist of tubes that may be bent to

connect to a steam or mud drum or connect to a header
that is connected to one of the drums with more tubes.
Despite the two nameplate labeling (which was aban-
doned shortly after it was started) the waterwalls and
boiler are all parts of the same pressure vessel.

The first boiler I worked on was a cross drum sec-
tional header boiler (Figure 9-15) where all the tubes
were straight; which made it a straight tube boiler. I
doubt if you’ll ever see one, let alone operate with one
but it’s a good one for explaining some of the unique
characteristics and requirements of watertube boilers.
Note first that this is a three pass boiler. The flue gases
traverse the furnace from the burners to the rear but
that’s not counted as a pass. The gases turn up at the
back of the boiler and pass up through the superheater
and boiler tubes until they reach the top (first pass) then
drop down through the middle of the tubes (second
pass) and finally up through the tubes at the front of the
boiler and out the stack. The baffles are made out of
refractory and include tile laid on top of the screen tubes
to form the bottom of the second and third passes.

The bottom two rows of tubes are called screen
tubes because they form a screen that blocks the radiant
energy from the superheater (more on superheaters
later). They also protect the baffle. The sectional header
part of this boiler involved the forged square headers
shown in the detail which were connected to the steam

Figure 9-15. Cross drum sectional header boiler
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drum and bottom header by tube nipples (short lengths
of tube) and contained handholes on the side to gain
access to the tube ends so they could be rolled. The
headers were forged in a semi-square shape to provide a
uniform surface for rolling the tubes. Drums are nor-
mally of sufficient diameter that there is no problem
rolling a tube in them.

To gain access to the tube ends to roll them and for
other parts the drums have manholes, usually a 12-inch
by 16-inch oval opening. Handholes are simple openings
in the drum or header that are closed by a cast cover
(Figure 9-16) which is inserted inside the boiler and
bears on the inner surface of the shell, drum, or header
usually against a gasket so the internal pressure of the
boiler helps hold the cover in place. To keep them in
place when the boiler is not under pressure the bolt, nut
and dog are applied. Key caps (Figure 9-16A) are similar
but tapered cast plugs that wedged into the header or
drum openings to form a metal to metal fit. A special
“puller” was required to seat the key caps so they
wouldn’t leak as the boiler was filled.

That old sectional header boiler provides a simple
look at the complex conditions surrounding circulation
in watertube boilers. Water separated from the steam
and boiler feedwater mixes in the steam drum (a com-
mon arrangement) then drops down the front headers
(which are exposed to the coolest flue gas) and rises up
the sloped tubes going from the front of the boiler to the
rear. In those tubes the water is heated to the point of
saturation and starts boiling, changing from water to

steam. The steam forms small bubbles in the water, dis-
placing the heavier water and reducing the density of
the steam and water mixture as it travels along the tube.

By the time the mixture reaches the rear headers it
is significantly lighter than the water so the weight of
the water in the front header is just like a piston pushing
down to force the water and steam mixture up the rear
headers and back the return tubes to the steam drum.
There’s only a little difference in pressure between the
water in the front header and the mixture at the rear
header, perhaps half the height of the boiler (inches
water column) but that’s enough to force the water and
steam to flow around with the flow rate of the steam and
water mixture through the top tubes at least five times
the rate of the steam going out the nozzle, perhaps more.
In the case of this boiler all tubes are risers, the front
headers are downcomers.

Another form of straight tube boiler was the box
header boiler which used fabricated boxes containing
stud bolts (see discussion for firebox boilers) and
handholes opposite the tube ends in an arrangement
very similar to the sectional header boiler. The straight
tube boiler with its headers limited boiler size (it was
difficult to support the tubes as they got longer) and
included multiple sources for leaks (all those handholes)
so, in 1890 a man named Sterling came up with a better
concept for constructing boilers to eliminate a lot of
those problems, he decided to use bent tubes. There are
particular designs of boilers (Figure 9-17) that are iden-
tified as Sterling boilers but for all practical purposes all
bent tube boilers are identified as Sterling. Bent tubes
added flexibility to the design of boilers to permit hun-
dreds of designs and arrangements.

Figure 9-16. Handhole and cover Figure 9-16A. Key caps
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The evolution of bent tube water tube boilers con-
sisted of many arrangements of the sterling design, so
many that it would take an entire book to cover all the
variations so I have no intentions of trying to describe
them all. Keys to sounding intelligent about them in-
clude how they’re supported (top, bottom or intermedi-
ate), drum position relative to movement of the fire
(cross drum if the fire moves perpendicular to the
centerline of the drum; we don’t say anything if it isn’t)
and the pressure on the flue gas side (forced draft, bal-
anced draft, or induced draft).

Firetube and package watertube type boilers are
mostly forced draft design, the hot water heater in your
basement is most likely induced draft, and most forms of
Sterling boilers built today are balanced draft design.

A forced draft boiler has a fan blowing air into it
and the pressure produced by that fan is used to force
the air and products of combustion all the way through
the setting and out the stack. An induced draft boiler can
use stack effect to produce the differential pressure nec-
essary to get the air and flue gases through the setting or
the boiler can be fitted with an induced draft fan that
creates a negative pressure at the boiler outlet and forces
the flue gases up the stack. Induced draft methods basi-
cally create a lower pressure at the outlet of the boiler so
atmospheric air pressure can force the air and gases
along.

The first boilers were primarily induced draft de-
signs because motors and fans were more expensive to
buy and run than building a tall stack. The stack effect
is also a lot more reliable but you seldom see a tall stack
erected today because it’s considered an eyesore, not the
indication of prosperity that was welcomed in the 1930’s
and 1940’s. If you do see a tall stack going up its purpose
is to disperse pollutants, not to create a draft for induced
draft boiler operation.

As industry flourished the cost of fans and electric-

ity dropped and the pressure drop across the boiler heat-
ing surfaces increased to the point that a stack alone was
not sufficient and induced draft fans were developed to
save on the cost of a tall stack and low pressure drop
boiler. Almost all of those boilers were coal fired and had
brick settings so use of forced draft fans was not desir-
able because pressure would force the flue gases out
little cracks in the setting into the boiler room.

As boilers got larger the low furnace pressures re-
quired to draw the combustion air into the boiler and
mix it with the fuel also increased admission of tramp air
to lower the boiler efficiency. Tramp air leaks in after the
burners. On large units it required additional structure
to overcome the force of atmospheric pressure on the
furnace wall. To reduce the low furnace pressures bal-
anced draft boilers were developed where the induced
draft fan, or stack, produces a slightly negative pressure
in the furnace and provides the force to move the flue
gases out of the boiler while a forced draft fan delivers
the combustion air to the furnace.

Modern fossil fuel fired electric power generating
boilers are all balanced draft and have significant pres-
sure drops on the flue gas side to overcome draft losses
in the environmental controls as well as the heat transfer
elements. Some operate with induced draft fans capable
of generating over fifty inches of water column differen-
tial, so much that they could, if conditions were not con-
trolled, implode the boiler. They create so much
differential that atmospheric pressure would push in the
casing around the furnace of the boiler because it isn’t
designed to operate with that large a differential. Should
controls on those boilers fail we will get an “implosion”
the furnace walls collapse in.

I think that’s enough on Sterling design water tube
boilers, most of you will be operating other types.

Package Watertube Boilers
An interest in other watertube boiler designs can

be satisfied by looking up a copy of Steam10 but most of
the watertube boilers you encounter today, except for a
few rare Sterling designs, will be what we loosely term
“package types” that come in one of four basic arrange-
ments, A, D, O or Flexitube. These designs provide the
current optimum in cost and performance, some better
than others, and represent the heart of the packaged
watertube boiler industry. A good understanding of their
construction and operation will serve you well in devel-
oping an understanding of any other watertube boiler
you come upon.

The A type (Figure 9-18) was originally developed
by the Saginaw Boiler Works in Michigan and subse-

Figure 9-17. Sterling boiler



212 Boiler Operator’s Handbook

quently purchased by Combustion Engineering. Other
manufacturers produced comparable designs. The A
shape is attributed to the single steam drum at the center
top and the two mud drums, commonly called headers,
at the bottom. They require a second blow down line
and more soot blowers but provided features like a
water cooled furnace from one end to the other and
balanced construction which makes them easy to trans-
port as package boilers.

The tubes inside that form the furnace have alter-
nating shapes. One will drop from the steam drum
around the furnace and down into the bottom header
while the next tube turns above the bottom header and
crosses the bottom of the furnace to enter the side of the
opposite bottom header. Shifting the tube arrangement
by one sets up the crossing pattern with a tangent tube
wall construction (Figure 9-19) in most of the roof and
sides of the furnace. The furnace floor (the tubes at the
bottom) have a maximum spacing of one tube width.

Normally the bottom tubes are covered with refrac-
tory tile to limit heat absorption on the top of the tube.
The tangent tube walls and installation of sealing refrac-
tory in the “crotch” under the steam drum close the
furnace so all the flame and flue gases are restricted to
the center of the boiler. Four to eight rows of tubes from
the back of the boiler are installed without the drop to
the bottom header forming tube gaps that allow the flue
gases to turn and proceed down the convection bank
tubes back toward the front of the boiler.

Most of these boilers have the flue gas outlet at the
top front but some were made with the convection bank
terminated part way down the boiler to create a larger
furnace. In that case the side wall tubes are also the fur-
nace wall tubes. One serious problem with the A type
boiler is the crotch refractory falls out on occasion forc-
ing an outage of the boiler because a lot of capacity is
lost and there is concern for damage to the steam drum.
They’re also a pain to maintain because all the trim is
above the burner and fans and ductwork connected to
the burner at that point makes access to the front drum
manhole almost impossible.

The front wall of all these boiler designs is normally
a simple 13-1/2 inch thickness consisting of 9 inches of
plastic refractory over 4-1/2 inches of insulating brick
with a 1/4- or 3/8-inch thick steel front wall plate. There
are variations in thickness and materials of construction
including use of ceramic wool, insulation instead of brick
and precast fired tile instead of the plastic refractory but
all perform the basic function of closing the front wall. A
few, very few, use additional tubes bent to spread over
the front wall to help protect the refractory.

The rear wall, on the other hand, is usually fitted
with bent tubes spread out to cover it. The wall is typi-
cally much lighter in construction than the front wall, an
allowance partially provided by the tubes and distance
from the heat of the flame. Frequently the rear wall is
called the target wall because the flame is shooting
straight at it and the tubes against the rear wall are
called target tubes. The tubes form a framework of steel
that helps to hold the rear wall in place, especially dur-

Figure 9-18. “A” type boiler

Figure 9-19. Tangent tube construction
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ing shipment of the boiler and that’s a major consider-
ation in the wall thickness.

The O type boiler (Figure 9-20) is similar to the A
while eliminating one header by providing a drum in
the bottom center just like the top. The headers required
many handholes for rolling the tubes in an A type boiler
so the single drum eliminated that expense but pro-
duced a boiler with a smaller furnace cross section.

The single bottom drum saved one longitudinal
weld as well. All the longitudinal welds in modern boil-
ers are X-rayed making them more expensive to form.
The O type boiler is only manufactured by Erie City Iron
Works of Erie, Pennsylvania, and is the only boiler I
know of where the feedwater line enters the bottom
drum. Some of the same difficulties experienced with the
A boiler are associated with the O design. This boiler is
not a good candidate for firing solid fuels or heavy fuel
oil because it’s almost impossible to remove the soot and
ash from the bottom of the boiler. It does work well on
gas.

The predominant design is the D type (Figure 9-21)
which has only one drawback and that’s the problem
with transporting and supporting something with most
of the weight on one side. The D tubes extend out of the
drum to form the roof of the furnace, drop to form the
furnace side wall, and return under the furnace to the
mud drum. It has one convection bank of tubes centered
between the drums to limit sootblower requirements.
This construction makes it possible for the flue gas to

leave the boiler via the front or side. A more detailed
diagram (Figure 9-22) will help you identify some of the
standard features of this construction.

There are many modifications to this design with
different manufacturers featuring different details. D
type boilers are also manufactured in semi-shop fabri-
cated form where the furnace portion is shipped as an
independent assembly from the convection bank with
the two drums. Another arrangement is the D tubes and
casing are shipped loose for installation in the field.
These may still be referred to as “packaged” boilers de-
spite final field assembly. Shipping the furnace or its
components separately allow for larger capacity boilers
without the restraints of shipping clearances and still
retaining most of the advantages of a package boiler.

Unlike the scotch marine firetube and other smaller
boilers “package” doesn’t clearly describe the assembly
for water tube boilers. A package boiler can be shipped
without any burner or connecting piping. Almost any
package water tube boiler with a capacity over 25,000
pph is not ready for connecting pipe and wire and start-
ing up, there are always different degrees of assembly.
When specifying a package water tube boiler an engi-
neer has to explain very carefully what he calls a pack-
age.

There are also a lot of package boilers setting
around that were not built in a factory, they were field
erected. Problems of shipping clearances where a bridge
or tunnel near a plant prevented delivery of a factory

Figure 9-20. “O” type boiler Figure 9-21. “D” type boiler
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packaged boiler or clearances into a building where the
owner wanted the boiler installed resulted in field erec-
tion of those boilers. In the middle 1960’s boilermakers
working for Power and Combustion felt they were in a
contest to see if they could field erect more Combustion
Engineering package boilers than Combustion built in
the factory. I don’t know if that was a close competition

but I do know a lot were field erected. During my time
with Power and Combustion I think we field erected half
of the package boilers we installed.

The boiler in Figure 9-22 has tangent tube walls at
the side of the furnace, side of the convection bank, and
the baffle wall between the furnace and convection bank
(except for the short section of screen tubes). Other

Figure 9-22. “D” type boiler details
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manufacturers provide finned tube walls (Figure 9-23)
where bars are welded between the tubes to form a heat
absorbing fin and eliminate the special bending of alter-
nate tubes near the drum which is required to get a tan-
gent tube wall.

Babcock and Wilcox provide an integral finned
tube (Figure 9-24) which provides the equivalent of a
tangent tube construction without the need to weld the
tubes. The finned tube provides a gas tight envelope
around the furnace (with the exception of a gap where
the tubes enter the drum) tangent and integral fin tubes
are easier to replace.

Combustion Engineering produced several boilers
with swaged tubes to simplify construction of the boiler,
each D tube, outer wall tube and baffle tube was swaged
(mechanically formed to reduce the diameter, Figure 9-
25) from four inch to two inch so the tangent tubes could
be installed in one row of holes. CE also builds several
boilers where the D tubes are made progressively
shorter, top and bottom, so the rear wall of the boiler
could be formed of tangent tubes.

In looking at the construction of the A, O and D
type boilers you get the impression that they are only
two pass boilers. Many of them are, with flue gas trav-
eling down the furnace to the back then back to the front
and out. A lot of D type boilers are not simple two pass
design because they’re fitted with baffles consisting of
steel plates set between the tubes near the outlet of the
boiler. Those baffles redirect the horizontal flow of the
flue gas to an up and down flow path to introduce ad-
ditional passes, usually making them a four pass design
when the switching of directions is accounted for. The
boilers without baffling have higher velocities through
the screen tubes and the initial portion of the convection
bank with attendant higher pressure drop on the gas
side and higher furnace pressures to provide a balance

of heat transfer comparable to a multi-pass boiler.
Notice that I said most water tube boilers require

drums or headers, a boiler that consists of continuous
tube doesn’t. Many hot oil heaters and some steam and

Figure 9-23. Finned wall construction

Figure 9-24. Integral fin wall construction

Figure 9-25. Swagged tube
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hot water boilers consist of one coil of tube or two coils
to produce a furnace and convection pass. A boiler con-
sisting of one continuous tube or several tubes con-
nected in parallel are called once-through boilers. If they
generate steam the water used is ultra pure or some
water leaves the boiler with the steam and is separated
from it to remove the solids and impurities. Such boilers
have no controllable steam and water line so other
means are necessary to ensure they aren’t dry fired.
Some are fitted with temperature sensors that can iden-
tify conditions by superheat. One uses the coil of tube
itself, when the tube gets hotter than saturation tempera-
ture its thermal expansion trips a limit switch. Should
you encounter one of those boilers in your plant the best
thing to do, once again I say it, is to read the instruction
manual.

New in my time is the “flexitube” boiler (Figure 9-
26 being one example) which has taken advantage of the
bent tube construction to produce a boiler that is lighter,
easy to repair, easy to field erect, and highly efficient.
The only disadvantage of these boilers is their very low
water content. Tubes in these boilers are bent to very
small radii to achieve the form that allows them
to use the tubes as baffles and produce a five
pass boiler. In order to comply with code restric-
tions on bending of tubes (which makes the wall
at the outside of the bend thinner) they are con-
structed using 3/4- or 1-inch tubes compared to
the typical water tube boiler that is principally 2-
inch tubes.

An additional feature of the flexitube de-
sign includes a new way of connecting the tubes
to the drums or headers; that construction is
shown in Figure 9-27. The ferrule is a forged
tapered plug bored to accept the tube and the
tube is rolled into the ferrule instead of into the
drum. They can also be welded together. To in-
stall the tube the ferrule is driven into a corre-
spondingly tapered hole punched or drilled and
reamed into the drum or header. Precise machin-
ing of the ferrule and drum provides a tight fit
and the dog is used to clamp it in position for
added security.

I haven’t seen this method used on high
pressure boilers but it makes field erection of
low pressure boilers much simpler. There are
some questions about the long term operation of
these boilers because thermal cycling could
loosen the ferrules and movement could wipe
out the ceramic fiber insulation used to seal the
ends of the passes but when weighted against

the ease of removing and replacing tubes those ques-
tions are a little moot. There is a question in my mind as
to whether higher efficiency, ease of repair, and other
price advantages can compensate for lower reliability
that may be associated with these units because they
have a wider range of thermal cycling under normal
operation due to the small volumes of water.

I have discovered that there are problems with the
field erection of flexitube boilers because I served as an
expert witness in an arbitration case where a contractor
had installed the tubes improperly. While it’s practically
impossible to mis-align the tubes on the sides where the
length of tube fixes their position it is possible to mis-
align the tubes where they form the baffles that separate
the passes. That’s what the contractor did and the leak-
age of flue gases from the furnace into the second pass
before combustion was completed resulted in very noisy
operation and regular explosions.

Superheaters
Most commercial and industrial boilers produce

saturated steam only. Superheaters associated with elec-

Figure 9-26. Flexitube boiler
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tric power generation and driving large equipment will
become more prevalent after the writing of this book
because the deregulation of electricity has finally forced
utilities to become more efficient so more distributed
generating systems will be built. Your boiler plant will
eventually become a power generator as well as a steam
generator unless it’s a very small boiler plant or has a
very inconsistent load.

Since steam can only be superheated when there is
no water left around to evaporate, any superheated
steam boiler takes steam at the boiler outlet to superheat.
The steam flows through a connecting pipe to a header
where it’s distributed through a number of parallel tubes
exposed to the furnace (radiant superheater) or flue
gases after they pass through the screen tubes (convec-
tion superheater). There the steam temperature is in-
creased as it absorbs heat from the flue gas.

Since the heat transfer rate is not as efficient as
boiling water the steam velocity is rather high in the
superheater to ensure turbulent flow for the best pos-
sible cooling of the metal tubes. The full load pressure
drop in a superheater is typically 10 psi because it takes
a lot of pressure drop to create the turbulence for good
heat transfer. The thin gas film that makes a conven-
tional boiler tube much cooler than midway between the
furnace gas and boiling water temperature when boiling
water is repeated on the inside of a superheater so the
tube metal in a superheater is considerably hotter. The
superheater materials of construction are designed for
those higher temperatures. Many of them use tube metal
that is not as malleable (easy to mold or bend) as normal

boiler tubes; in fact they’re so brittle that they can’t be
rolled. A short piece of malleable tube that’s rolled into
the header is frequently provided as a stub end welded
to the more brittle superheater tubes. Those stub ends
are protected from the heat by baffles or refractory coat-
ings.

To prevent problems with water depositing in them
many superheaters are designed to drain completely by
installing the headers at the bottom with the tubes ex-
tending up from the headers. We call them “drainable”
superheaters. Boilers in most utility plants are of a con-
struction that doesn’t drain, the tubes hang down from
the headers into the furnace or flue gas passages and
they’re called “pendant” type superheaters.

Some superheaters are separately fired. Boilers on
ships of the Navy usually have two furnaces, one before
the superheater and one after it so the superheat tem-
perature can be controlled. In shoreside applications
there’s frequently a requirement for small quantities of
superheated steam so a separately fired superheater is
installed to boost the temperature of that steam.

Large power generating boilers can also have
reheaters. They’re the same as a superheater in construc-
tion but steam passing through a reheater will be steam
that has passed through part of the steam turbine after
leaving the boiler outlet. To ensure the steam remains
superheated in the lower pressure stages of the turbine
it is reheated in the reheater. Construction is about the
same as a superheater.

Boilers with superheaters will always have a safety
valve at the outlet of the superheater and a valved vent
line to atmosphere for ensuring flow through the super-
heater during startup and upset conditions. Another
pressure gauge and a thermometer are also standard
trim items.

Steam Drum Internals
All that steam and water entering the drum needs

to be separated so the steam can go out the steam nozzle
and the water can drop down the front header. To aid in
separating the steam and water parts are installed in the
steam drum. Everything that’s installed inside the boiler
is described as “internals” and that includes steam and
water separating devices. Most steam drum internals are
something like the details shown in Figure 9-28. Baffles
deflect the steam and water mixture entering the drum
to prevent water splashing up to the outlet. They spread
the water and steam out over the surface so it can sepa-
rate by gravity (heavier water falls, lighter steam rises).

The steam then has to go up over the top of the dry
pipe and down through the holes in it to get inside the

Figure 9-27. Flexitube tube to driving joint
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dry pipe which is connected by a tee to the boiler steam
outlet. Small pipes connected to each end of the dry pipe
extend into the water to drain any water that does carry
over into the dry pipe and settles out before leaving via
the steam nozzle.

The other common form of steam and water sepa-
ration device at the steam outlet is a chevron separator
(Figure 9-29) which provides a tortuous path for the
steam to travel on its way to the outlet with several
changes in direction that tend to throw entrained water
droplets against the chevron elements where they accu-
mulate then drain by sliding down the surface of the
chevron to the bottom forming large drops that fall off.
Some modern boilers will have more complex baffling
arrangements for separating the steam and water but a
dry pipe or chevron separator usually do the job.

The baffles are bolted to steel bars welded to the
side of the drum to support them and keep them in
position during operation. Since they have to be re-
moved to allow for each internal boiler inspection
they’re frequently broken. They should be replaced
when broken because the movement of the water is so

violent the lack of one connection could allow a baffle to
break away and disrupt circulation to cause a boiler fail-
ure.

Another common internal for a steam drum is the
boiler feed line. To prevent thermal shock the boiler
feedwater piping enters the drum through a special ar-
rangement (Figure 9-30) that diminishes thermal stresses
on the thick steam drum by isolating it from the feedwa-
ter (which may be considerably colder than the steam
and water mixture). The feed pipe extends into the
drum, sometimes going the full length, and is capped off
at the end. Holes are drilled in the feed pipe, normally
in the top, to distribute the feedwater over the length of
the pipe. At least one hole is drilled in the bottom of the
feed pipe to ensure it will drain. Occasionally there are
baffles added to the boiler to further distribute the feed-
water and there are always supports for the pipe at-
tached to the drum and the pipe to prevent it moving. A
flanged, threaded, or slip joint is provided just inside the
drum penetration so the feed pipe can be removed to
gain access to the tube ends.

In addition to that boiler feed pipe drum internals
commonly include a chemical feed line and a continuous
(surface) blowdown line which are installed similar to
the feed piping. The continuous blowdown line doesn’t
require the tempering fitting used for feedwater but a
chemical feed line normally does. They are located in the
drum in positions best suited for their purpose. The
chemical feed is installed so the chemicals can mix as
thoroughly as possible with the water before it starts its
trip down the downcomers.

The continuous blowdown piping is located near
the surface but not so close that it would draw off steam.
You want it as close as possible to the water that just
separated from the steam because it will contain the
highest concentration of solids.

Occasionally a mud drum will have one internal,

Figure 9-28. Steam drum internals

Figure 9-29. Chevron separator
Figure 9-30. Feedwater line entrance
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an angle set in the bottom to spread out the flow of
water when blowing off the boiler. There are more elabo-
rate boiler internals but most of the time these are all
you will encounter. A review of any drawings and in-
struction manuals for something different along with the
basics of steam generation in this book should let you
figure out what they’re there for and how they affect the
boiler’s performance.

TRIM

Just as we hang decorations on our Christmas trees
our boilers have a multitude of objects hanging on them;
that’s why it’s called “trim.” There is no concrete defini-
tion for what is included in boiler trim. I choose to say
it includes all devices normally attached to the boiler
including anything within the jurisdiction of the ASME
Boiler and Pressure Vessel Construction Code and any-
thing that isn’t attached to something else.

Since the code for construction of power boilers
usually extends to the far side of the second steam valve
from the boiler I consider those valves and connecting
piping part of the boiler trim. Others seem to include the
blowoff and feedwater piping and valves but not the
steam piping and valves. The discussion that follows is
based on my definition. Some manufacturers provide
covers or enclosures around all or part of the trim to
change the appearance of their product but most of the
trim is always there and some of it is essential.

Safety Valves
First, I’ll point out that the correct title for safety

valves is “safety relief valves” not to be confused with
“relief valves” or safety shutoff valves. I’ll continue to
use “safety valve” because all us boiler operators know
that we mean the safety relief valves.

Safety valves are the most important part of our
boiler trim. They’re the final defense against a real disas-
ter, a boiler explosion. A safety valve may look simple
but it’s the most refined device in the world. The ASME
Code contains extensive requirements for construction,
testing, certification and labeling them. A safety valve
manufacturer has to be qualified to use one or more of
the various stamps ASME issues that authorize the
manufacturer to make those valves. There are also rules
and procedures for repairing safety valves.

Our safety valves have to have a nameplate or
stamp on them that includes the appropriate ASME
Code Symbol Stamp for the application. The stamps (see
appendix) identify valves that have met all the require-

ments of the code. Notice that they’re application spe-
cific, you shouldn’t use a safety valve for a pressure
vessel (UV stamped) for a boiler. Your valve doesn’t
have a label or stamping but you think its okay? The
only thing I can say to you is that’s not a lot different
than driving a car without any brakes! The ASME valve
is an assurance that the valve will work when it has to,
to operate without it is foolhardy, not the actions of a
wise operator.

The valve nameplate should also bear the set pres-
sure and capacity of the valve. The valve has to be large
enough to dump all the steam (or heat) the boiler can
generate or the maximum fluid input to a pressure ves-
sel. I recall visiting a church to look at the burner on
their boiler and noticed they had installed piping with
reducing fittings on the two inch safety valve connection
and reduced it to a little 3/4-inch safety valve. I shud-
dered, then turned to the deacon who was escorting me
and said “you must want your congregation to go to
heaven all at once.” Never replace a valve with less ca-
pacity than the valve you have.

You should also never add piping between the
safety valve and the boiler and under no circumstances
should you install a valve or a blind between the safety
and the boiler. There are times, when testing the boiler
and for other maintenance activities, that you will install
a blank or plug in place of the safety valves but never
operate the boiler without them. Safety valves must be
installed with their stems vertical so adding an elbow to
turn the valve so the boiler will fit under some obstruc-
tion is unacceptable.

Steam safety valves have a special arrangement in
their construction that makes the valve open completely.
Sometimes operators call them “pop valves” because
they pop open. When the valve is closed the disc of the
valve is exposed to the pressure in the boiler over the
area that’s inside the seat as shown in Figure 9-31. As
soon as the valve starts to open the pressure in the boiler
is exposed to the full surface area of the disc (the larger
circle) so there’s more force on the valve and it pops
open. The pressure has to drop to a value lower than the
set pressure of the valve before it will close; we call the
difference “blowdown” (which has nothing to do with
boiler blowdown). When you operate too close to the set
pressure of the safety valves you’ll have to drop your
operating pressure to get the valve to reseat.

Service water heaters (for domestic hot water heat-
ing) have an added feature on their valves. They’re
called PTVs for (pressure, temperature relief valves) and
they’re essential for preventing the explosion of a service
water heater. The hot water heater in your house has
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one. The problem with domestic water heaters is the
pressure isn’t provided by the source of heat. A typical
valve setting is 125 psig so it won’t lift to dump water
with the normal variations in the water supply pressure.
About the only time a PTV will operate on pressure is
when the water is trapped by a check valve or backflow
preventer (see service water heating) and the pressure is
increased by the water expanding as it is heated.

If the controls fail to shut down the burner or elec-
tric element or steam supplying a service water heater
the pressure usually doesn’t increase because the pres-
sure is dependent on the water supply. Expansion of the
heated water simply pushes the cold water back down
the line out of the heater. Herein lies the problem, when
the heat continues the water eventually gets so hot that
it starts to turn to steam. The steam takes up a lot more
room than the water and pushes the hot water back the
cold water line until the heating element or the bottom
of the heater is exposed to steam instead of water. Now,
the steam picks up some heat as it is superheated but it
can’t provide all the cooling that evaporating water does
so the temperature of the heating element or the bottom
of the heater rises until they get so hot that they fail.

Luckily for those of us that have electric hot water

heaters the element shorts out or burns open to stop
adding heat. If you have a piece of fired equipment the
outcome is not so pleasant, the weakened surface of the
heater ruptures. The steam expands and the hot water
flashes to form more steam resulting in an explosion.
Hot water heaters commonly rocket their way up
through as many floors as are above them and have flat-
tened many houses.

The temperature element of a PTV is a small cylin-
drical tube that extends from the inlet of the valve. The
valve must be installed so that element will be immersed
in the hot water. Mounting the valve on connecting pip-
ing will not work because the element isn’t exposed to
the heat. Since the element must be in contact with the
heated water PTVs can be installed horizontally and,
when labeled for it, even upside down. Don’t make the
mistake of one contractor in Oklahoma who decided the
PTVs were installed wrong (the stems weren’t vertical)
so he went out to the local hardware and got some street
ells (piping elbows with male thread at one end and a
female thread at the other) to add and turn the PTVs.
The worker assigned the job of changing the valves had
a problem with the little pencil like things hanging out
of the bottom of the valves (they prevented installation
on the street ell) so he broke them off. Lacking the ther-
mal element the PTVs didn’t work when other controls
failed and the heaters exploded. Six children and one
adult were killed and forty-two others were injured. It
was an 80 gallon water heater.

Boilers larger than 100 horsepower must have two
safety valves, that’s a code requirement. Also, boilers
with superheaters have to have a safety valve at the
outlet of the superheater which is set lower than the
safety valves on the steam drum. It’s essential that the
superheater safety valve opens first to maintain a flow of
steam through the superheater to prevent it overheating.

In addition to monthly and annual testing of safety
valves (see normal operating procedures) you may be
required to send the safety valves out to be replaced or
rebuilt. That’s normally a requirement of the insurance
company that doesn’t want their inspectors to spend
time observing the pop testing of safety valves. It’s less
expensive to simply replace a small valve but valve
prices increase with size and set pressure to where you
would want to have them rebuilt at a much lower cost.
A contractor that rebuilds safety valves should have
ASME or National Board authorization to do that work.

You’ll also want to replace a valve or send the
valve out for rebuilding if it starts weeping or leaking.
The steam condensing on the spring and stem will accel-
erate rusting in the topworks of the safety valve which

Figure 9-31. Safety valve seat exposed to pressure
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can prevent it operating. Continuously operating a
boiler with a leaking safety valve is hazardous.

When I encounter leaking safety valves I always
check the vent piping immediately. In my experience it’s
the most common reason for a safety valve leaking. The
boiler always grows (normally it expands upward) as it
heats up. The conventional high pressure package boiler
will grow at least three eighths of an inch from cold to
operating pressure and a little more before reaching set
pressure. Unless the vent piping allows the safety valve
to move up with the boiler a considerable amount of
stress is applied to the valve to spring the vent piping
and that stress can deform the valve so it leaks. To pre-
vent any stress on the safety valve we normally install a
drip pan ell (Figure 9-32) which allows the safety valve
to move with the boiler without any restraint.

When the boiler is installed pipefitters commonly
stack nuts or washers under the vent pipe in the drip pan
to provide the required gap between vent pipe and drip
pan. One plant I visited had all their safety valves leaking
and I found washers stacked in the drip pans. When I
asked the operators why they were there they replied that
the contractor put them in so they always made sure they
put them back. After they removed the washers their
problems with leaking safety valves disappeared.

Buildings do settle as they age and there are times
when the structure (which supports the vent pipe) shifts
independently of the boiler and its foundation will
change the relative position of the safety valve discharge
stub and the vent pipe. The settling can shift the struc-

ture so the vent pipe is not centered around the stub but
pressing against it for another way to stress the safety
valve. Annually, preferably right before doing your an-
nual pop tests, check that the vent pipe is centered
around the stub and there’s a 1-1/2-inch gap between
the vent pipe and drip pan.

Water Column
In the list of trim the water column and gauge glass

comes right after the safety valves in order of impor-
tance. The water column is a surge chamber that pro-
vides a stable water level independent of the splashing
and bubbling inside the boiler so the level in the at-
tached gauge glass is a true representation of the water
level in the boiler. The water column is usually fitted
with other trim items like a low water cutoff or cutoff
and pump controller combination. It can incorporate
probes for remote water level indications. Usually the
controlling and high steam pressure switches are
mounted on the piping connecting the water column to
the boiler.

There was a time when the code required petcocks
on the column to provide a means of checking the water
level if the gauge glass was damaged or its indication
questioned. Many manufacturers still provide them and
they’re always a good idea for the original reason. One
problem with petcocks was some operators had the atti-
tude that they would check their water level using the
petcocks and shut off the gauge glass so it wouldn’t
blow. I’m sure you won’t be that stupid.

Some operators will argue that you can’t tell if
there’s water or steam there so the petcocks are useless.
That’s not true, you can tell. If there is steam at the level
of the petcock then a second after you open it you will
not be able to see anything between the end of the pet-
cock discharge and the cloud of condensate that forms,
steam is invisible. If you want to argue that statement
then maybe you can explain to me why you don’t see
anything in the top of the gauge glass. If there’s water
there you will see it coming out of the petcock.

A water column is always equipped with a drain
valve. That permits blowing down the column to ensure
the connections between the boiler and water column
are open. Refer to checking the low water cutout in the
chapter on normal operation to learn more about blow-
ing down water columns.

Water columns can be separated from the boiler by
valves, provided they are rising stem gate valves. You’ll
notice that they’re seldom valved off. If they are you
should make it a habit of ensuring the valves are open
(stems are sticking up) and keep in mind that the discsFigure 9-32. Drip pan ell
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can come off the stem of a gate valve. The only time
those valves should be closed is when the boiler is shut
down to allow maintenance of gauge glasses and other
water column parts while the boiler is still hot or under
pressure. Don’t be like one laundry I encountered a few
years ago where the procedure was to close the valves
every time the boiler was shut down. It’s no wonder that
they had dry fired the boilers so frequently that they had
to replace all the boilers in the plant and that was only
since they were all replaced six years earlier.

Piping connecting the water column and boiler
must be installed so it can be inspected and cleaned.
That normally results in the installation of crosses in the
piping. I always insist on the opposite end of those
crosses being closed with nipples and pipe caps. It pro-
vides two possible joints that will break so you can gain
access to inspect the piping and it’s a lot easier to re-
move a pipe nipple than a pipe plug. In a plant with a
boiler damaged by dry firing, and after several hours of
effort to remove the plugs, we found the piping hadn’t
been inspected for years because the operators couldn’t
get the plugs out. No matter how good you think your
water treatment is there is a potential for those pipes to
plug and you must inspect them annually.

Another important consideration with the piping is
connections. Nothing more than operating pressure
switches should be connected to the water column pip-
ing. In one plant I found someone had decided to con-
nect the atomizing steam line to the column piping. All
they had to do was remove the pipe cap and hook up to
it! The pressure drop of the steam flowing from the in-
side of the drum to the cross immediately outside it was
twelve inches of water column when the atomizing
steam was on. Luckily the boiler had a separately piped
low water cutoff because the level at the gauge glass and
water column read a false twelve inches higher than it
actually was in the boiler.

You should never accept a leak in that water col-
umn piping for the same reason. Any small flow of
steam out a valve packing or leaking pipe joint can
change the indicated level of the water.

Another important factor with the column piping
is it must be installed so it stays in position relative to
the boiler. Any maintenance activity that involves re-
moving the water column or part of its piping should be
preceded by measuring the height of the column relative
to the steam drum or above the boiler room floor so you
can confirm its proper reinstallation later. Most columns
will have a mark in the casting that’s the normal water
line. You can use it as a reference.

Gauge Glass
The gauge glass is normally mounted on the water

column and can be isolated with special shutoff valves.
The valves are designed to shut off in about one quarter
turn and are fitted with a T type handle so they can be
closed by pulling a chain hanging from the ends of the
handle. For more effective shutoff a chain link or small
triangle shaped piece of metal is attached to the bottom
valve handle and connected to balance the force of the
pull chain between the two valve handles (Figure 78) for
a positive shutoff.

The purpose of that valve arrangement is to permit
an operator to close them when (not if) the gauge glass
breaks. On any ship I worked on I added a little style to

Figure 9-33. Gage glass shutoff chains
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those chains by making two different tabs for the ends of
the chains, one that was a miniature copy of a stop sign
and one looking like a yellow yield sign. The stop sign
shape had “shut” instead of “stop” and the yield sign
shape had “open” instead of “yield” painted on it. I also
made sure that, even with the valves open, the shut tab
hung a little lower than the open tab so it was easy to
grab and pull when the glass broke. A couple of trips
under the spray of hot water from a broken glass trying
to grab the right chain to close the valve would convince
you that my arrangement will pay in the long run. The
idea is you get to be prepared so you won’t have to
make several passes at those chains.

Locomotive boilers and a few others are fitted with
gauge glasses independent of water columns. They nor-
mally have a liquid line that penetrates the boiler with a
few holes in it to restrict surging flow so the glass level
is stable.

Gauge glasses come in many forms but they all
perform the same function. The water level inside the
boiler is repeated in the gauge glass. The water in the
glass is usually very clear because it’s all condensate.
Steam is constantly condensing in the water column,
connecting piping and the gauge glass then draining to
the bottom of the column and gauge glass and returning
to the boiler through the connecting piping. Occasionally
when the water level is fluctuating so the boiler water is
surging into and out of the water column it will mix
with that condensate and any color in the boiler water
will appear in the bottom of the glass.

Aboard a ship the entire boiler moved so the water
was always swinging in and out of the gauge glass.
During a storm the determination of water level got very
interesting. My last ship had steam drums that ran
thwart ships (that’s left and right as you face the bow or
stern) and we determined drum level during a storm by
the timing between the level rising above the top of the
glass then coming back into view compared to the time
it spent out of the bottom of the glass.

Since the steam and water are both clear it’s diffi-
cult to identify the actual water level in some gauge
glasses. The most common one is a simple glass tube like
the one in Figure 9-33, twelve to twenty inches tall with
some paint applied along one side. The paint is applied
to form a thin red line along the length of the glass with
a wider white line applied over that and it’s the mini-
mum you should have.

I have been in plants where someone decided to
save a few bucks and buy plain glass tubes instead of the
red line tubes. In one they also bought a new boiler
because the operators made a wrong decision about

water level. With a plain glass you can’t tell if it’s full of
water or completely empty when the level is beyond the
limits of the glass. The red line glass utilizes the natural
diffraction of light through steam and water to help you
determine what’s water and what’s steam. When the
level is within the limits of the glass and you position
yourself opposite the side with the red line you will see
the narrow red line above the water level but it will
appear to be much wider below the water level. It works
because the light is bent at the intersection of the glass
and water but it isn’t at the intersection of glass and
steam. One important consideration is to install the glass
with the lines painted on it away from your normal
position when viewing it. I saw one job where the opera-
tors thought the light shined through the lines somehow
and put all the glasses in backwards; you couldn’t see
the water level.

Tubular glasses should be fitted with an additional
glass enclosure, usually wire reinforced, to protect per-
sonnel in case the glass breaks. I don’t think it’s neces-
sary when the glass is ten feet in the air where you can’t
get close enough to it to be hurt by it breaking but the
glasses are used on vessels where you can be right be-
side them, and those should be guarded. On my first
ship I blew down a gauge glass on an evaporator to
flush it out so I could see the level and the glass cracked
from the thermal shock. I had to bend over to reach the
drain valve and my eyes were about three inches from
the bare glass. I had a burn across my left forehead, the
bridge of my nose, and my right cheek; if I had been a
few centimeters to the right or left I probably would
have lost an eye. It’s another reason for red line glasses,
I might have been able to see the level through the dirt
and not blown the glass down.

Tubular glasses can’t handle pressure above 150
psig so higher pressure boilers have other products that
permit viewing the water level. Prismatic gauge glasses
are heavy steel frames with a groove cut in them to form
a tube between the steam and water connections and a
special glass bolted to one side. The glass is thick and
narrow to eliminate the stress associated with the differ-
ence in temperature between the water and air sides.

A tubular glass tends to expand more on the inside
where it’s hot and the colder outside of the glass re-
strains that expansion resulting in stress that will even-
tually result in the outer layer cracking, being pulled
apart by the tensile stress. Since the prismatic glass is
narrow the stress is minimized. The glass to steel frame
joint is sealed by a gasket and the glass is pressed
against the gasket and frame by dogs which are held
against the glass and frame by bolts (Figure 9-34). The
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notches cast into the glass that produce the sawtooth
appearance use the diffraction principle to differentiate
between water and steam. Part of the installation of a
prismatic glass requires a light shining on it from the
side so it illuminates the notches, they appear bright,
almost white. Diffraction in the water shifts the light
below the water line so that portion of the glass contain-
ing water looks dark.

When pressures get higher than 250 psig the glass
can’t withstand the heat of the steam so flat glass is used
with a thin sheet of mica (a mineral that forms natural
transparent sheets) installed between the gasket and
glass.

As pressures increase the problems with differen-
tial expansion prevent use of full length glass so the
gauge glass is converted to several small round flat
glasses stacked one over the other on a steel frame.
These have areas between each glass where the level
isn’t visible. To allow differentiation of water and steam
the gauge glass is doubled up with another round flat
glass behind installed at a slight angle to the other one.
Lights shine through red and green lenses and through
the gauge glass. Diffraction in this case determines
which color you see, red if the glass contains steam and
green if it’s under water. You should make it a point to
carefully read and make sure you understand the
manufacturer’s instructions for your gauge glass, it will
pay you by reducing the number of times you have to
change it.

A problem with gauge glasses that I’ve seen re-
cently is regular packing leaks. Read the section on
pumps to get some guidance on how to install packing
properly so you won’t have leaks right after you packed
them. Another technological advance is graphite tape
which can be wrapped around the glass to form a pack-
ing ring that will do an excellent job of sealing a gauge
glass.

Low Water Cutoff
Frequently integral with the water column, occa-

sionally (on hot water boilers) built into the boiler, and
regularly mounted as an external device, a low water
cutoff is the primary protective device to save the boiler
in the event the water level goes too low. The cutoff must
be installed in a manner that keeps it in position relative
to the boiler so thermal expansion doesn’t shift it relative
to the lowest safe water level. A low water cutoff nor-
mally has a mark in the casting that indicates its operat-
ing point. That level has to be higher than the lowest
safe operating level established by the boiler manufac-
turer.

If there’s no indication of that level in the docu-
mentation or on the boiler the bottom of the gauge glass
is a good place to set it. Since I’ve discovered cutoffs
installed at different levels on identical boilers (they had
replaced the piping but the contractor wasn’t concerned
with matching construction) and cutoffs lowered by
maintenance personnel (the darn things kept shutting
the boiler down) you should be aware that a low water
cutoff can be installed improperly. Any cutoff located
significantly lower than the bottom of the gauge glass is
a potential problem.

Any steam boiler should have two low water cut-
offs (see why they fail at the end of the book) and they
should be piped to independent connections on the
boiler. That way if one connection gets plugged the other
cutoff can still work. Many are installed with a common
steam connection because they’re less likely to plug with
two water leg connections (I have, however, seen a
couple of steam lines to low water cutoffs plugged). If
there are valves located between the low water cutoffs
and the boiler they should be full ported valves to re-
duce the potential for plugging and they must be rising
stem type or quarter turn valves that indicate their posi-
tion at a glance.

The drain valve for any low water cutoff should
always be a globe valve. Gate valves and quarter turn
valves do not throttle flow adequately to permit the
operator to drop the water level slowly.

The cutoff must be installed in such a manner that
it will drain back into the boiler. A major university lost
a brand new field erected boiler because the erector in-
stalled the cutoff in a trap (Figure 9-35). Notice that the
figure shows tees and crosses in the piping closed with
nipples and caps, that’s so you can gain access to the
piping to inspect it and, if necessary, clean it.

If your boiler has low water cutoffs at the front and
rear of the boiler don’t be surprised if they are not at the
same level. Since the fire is concentrated in the front ofFigure 9-34. Section through  gage glass
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the boiler a slope in the surface of the water in the boiler
from front to rear is not unusual. Depending on the dis-
tribution of the flue gas and tube arrangement the level
in the back of the boiler can be higher or lower than the
front and there are some boilers where the level in the
back shifts relative to the front with load changes.

Float actuated cutoffs require some means of seal-
ing the part which connects the float rod to the electrical
switches to prevent steam or water leaking into the por-
tion of the switch that contains the electrical contacts.
The most common method of sealing is to use a bellows
(Figure 9-36) which allows the float shaft to transmit the
float motion to the switches. The bellows provides a
water (and steam) proof seal which is flexible to allow
movement. Another common method is to use a mag-
netic coupling where a magnet connected to the float
shaft is followed by external magnets connected to the
switches (Figure 9-37). They work well in very clean
environments. Another method is to transfer float mo-
tion using a transverse shaft (Figure 9-38) with packing
but these are prone to leakage.

I should also mention that I’ve seen each type fail.
Any one can fail if the float is banged around by im-
proper testing or fluctuating water level to create a crack
so the float fills and sinks. That’s a fail-safe mode be-
cause the boiler should shut down. The problem with
that happening is I’ve seen two of them where the opera-

Figure 9-35. LWCO piped into a trap

Figure 9-36. Bellows on float switch

Figure 9-37. Magnet actuated level switch
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tors simply bypassed it to keep on running. I’ve seen the
bellows so coated with scale that it couldn’t drop to the
cutoff level and holders for the magnetic sensing
switches slip down (they’re usually clamped to the tube)
until they were set too low.

If someone wonders why the cutoff is listed here
after the water column and gauge glass it’s because the
operator watching the level in that gauge glass is more
reliable than the low water cutoff. If low water cutoffs
were as reliable as we would like them to be we would
have almost 30% fewer boiler failures. Recall the low
water cutoff testing in operations and read the com-
ments in why they fail later in this book.

Pressure Gauge
A pressure gauge is a required piece of trim on a

boiler. It’s obvious that you need a pressure gauge to
ensure that the controls are doing what they’re supposed
to but I’ve seen plants where the gauges were missing
and the operator’s didn’t seem to miss them until I
started asking them questions. A plant without a pres-
sure gauge on the boiler is bound to have a lot of other
problems and you always wonder exactly how safe it is
to be there when you run into such a simple deficiency.

The pressure gauge is required by code and its size
and scale are also subject to requirements of the code. A

favorite violation in many plants is replacing the gauge
with a much smaller one. The owner thought to save
some money but ended up buying two gauges because
a smaller one doesn’t meet the code requirements.
There’s no specific size required by code but the inter-
pretation of the code requirement that the gauge be “eas-
ily readable” is interpreted to mean nothing smaller than
what the manufacturer installed originally. For low pres-
sure boilers the size is dictated by the travel of the
pointer which must be at least 3 inches for pressure
swings from 0 to 30 psi. Manufacturers do not put on
larger gauges to make the boiler look better, they put
that large gauge on because the National Board Inspec-
tor monitoring that boiler’s construction considered it as
small as it could be and be easily readable.

A pressure gauge is normally selected so at normal
operating pressure the needle on the gauge is pointing
straight up. That makes it easy for the operator to deter-
mine if the controls are operating properly. The normal
hydrostatic test pressure for a boiler is 1-1/2 times the
maximum allowable working pressure so the gauge
must always have a scale range that extends to that
value.

Hot water boilers must also have a thermometer
that indicates the highest temperature in the boiler and
code rules for size and scale should also apply to them.

The piping connecting the pressure gauge to the
boiler can’t have any other connections except a drain
connection that’s open to the atmosphere and an extra
valved connection for the inspector to attach a gauge. A
valve in the piping must be a quarter turn valve with
handle in line with the piping when the valve is open on
low pressure boilers and a rising stem valve locked open
during operation on high pressure boilers.

Code requirements do not include provision of
crosses and tees in the piping to permit cleaning it but I
strongly recommend you have them because I have en-
countered several instances where the boiler’s pressure
gauge piping was plugged with mud that managed to
get into the sensing line over the years. The piping
should be opened and inspected at the connection to the
boiler every year. The rest of the piping should be in-
spected when there is any reason to believe it may con-
tain some sludge or mud. The piping should also be
blown down every year right after bringing it up to
pressure and before picking up the load. The piping
should include a siphon or pigtail, a curl of pipe or tub-
ing, to ensure water is trapped between the gauge and
the boiler to ensure the heat of the steam never gets to
the working parts of the gauge. Sometimes the gauge is
connected to a section of piping that traps water for that

Figure 9-38. Packed transverse shaft for level switch
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purpose. Refer to the section on controls and instrumen-
tation for other important considerations for application
of pressure gauges.

On many larger boilers the gage can be consider-
ably lower than the steam drum so it’s visible at the
normal operating level. Those gages have to be cali-
brated for the installation because they have several feet
of condensate standing in the connecting piping and the
head of that water adds to the gage pressure. If the gage
is twenty-three feet below the drum connection it will
read 10 psi higher unless it is adjusted to compensate for
that static head. Don’t be like one boilermaker I had that
tried to return a gage because it was reading below zero
when he took it out of the box.

Pressure and Temperature Limit Switches
A boiler that vaporizes a fluid should always have

a high pressure switch to stop the burner or isolate the
source of heat in the event the pressure in the boiler gets
too high. If the boiler simply heats a fluid it should have
a high temperature switch. In some instances fluid heat-
ing boilers are served by a common expansion tank
which can be isolated from the boiler so a high pressure
switch is also provided.

A hot water or fluid system boiler can also have a
low pressure switch to prevent operation when the sys-
tem pressure is so low that vapor would form out in the
system (at the high point) to block liquid flow and pos-
sibly cause the equivalent of water hammer to damage
the piping or heat utilization equipment.

All high limit switches require a manual reset. In
some jurisdictions this is interpreted as a switch which
will not close, once it’s opened by a high pressure or
temperature, until the operating personnel push a but-
ton located on the switch. I prefer systems that require
the operator reset it at the control panel or boiler front
and will argue with anyone that insists they be put on
the switch. In most cases that switch is above the reach
of a boiler operator and it’s seldom mounted where the
operator can conveniently get at it to push that reset
button. I always suggest the proponents of reset
switches picture themselves alone in the plant at two in
the morning trying to climb up to the switch to push the
button. Remember that first priority?

In addition to the high limit switch a boiler can
have a pressure or temperature control switch which
provides for on / off control of the boiler. These switches
are all directly connected to ensure they sense the actual
pressure or temperature in the boiler. Location of tem-
perature switches is important, see the discussion on
boiler construction. Pressure switches will not have any

valves separating them from the boiler unless they’re
rising stem valves and are locked in the open position
when the boiler is operating normally; a provision on a
boiler whose continued operation is critical.

Pressure switch sensing piping can plug up just
like the pressure gauge sensing lines although a pressure
switch is normally mounted close to the boiler connec-
tion (it doesn’t have to be seen all the time like a gauge).
It’s always important that the pressure switch has a si-
phon or piping arrangement which traps and holds
some liquid in the switch and immediate connecting
piping to protect the switch from the high temperature
of the vapor.

Another concern with pressure switches that use
mercury switches is the mounting of the switch. If
mounted on a siphon the switch can be tilted as pressure
builds in the boiler because the siphon tends to
straighten just like the Bourdon tube in a pressure
gauge. That would alter the switch operating point. If
you have a mercury bulb switch mounted on a siphon
make sure the travel of the mercury switch is perpen-
dicular to the siphon.

Temperature limit switches are normally installed
with a thermal bulb penetrating the boiler and the
switch assembly right on the end of the bulb. When
they’re mounted separately to keep the wiring and
switch isolated from the high temperatures in the boiler
it’s common for the assembly to include a capillary be-
tween the bulb and the switch bellows or diaphragm so
the fluid expands in the bulb as it’s heated and some of
the fluid is pressed into the capillary which displaces
fluid in the capillary, pushing it into the bellows or dia-
phragm chamber to expand it and actuate the switch.

If the capillary is crimped by bending or by physi-
cal abuse then the flat ends of the bulb tend to bulge out,
making more room for the expanding fluid because the
crimping of the capillary restricts the movement of the
fluid in the assembly. The bulging of the flat ends of the
bulb can act like a spring, maintaining pressure on the
fluid so it eventually bleeds through the small restriction
and acts on the switch. After the boiler cools the bulging
is restored first and it may even reverse, caving in at the
end as the liquid shrinks to produce a pressure differen-
tial that forces the fluid back through the small restric-
tion and the switch resets.

The liquid slowly bleeding through the restriction
results in the switch operating after a delay. Any signifi-
cant delay in the response of a limit or operating tem-
perature control is probably due to damage to the
capillary and the only solution is to replace the switch.
If the restriction is due to a repeated situation (like a
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plant where the operator’s climbed to reach a valve and
repeatedly stepped on a capillary draped over a sup-
port) the capillary can be shut off entirely and the switch
won’t work.

Since the switches are normally mounted on the
boiler or the steam drum it’s not at all unusual for them
to be located where they don’t get regular attention. The
heat that radiates from the boiler and leaks through the
casing or lagging creates swirling air currents around the
boiler and its trim. The air currents can be warm one
minute and cold the next so the air around pressure and
temperature switches promotes breathing of the switch
housing to suck dust into the housing. Dust settles in-
side the housing and can eventually block its operation.
That’s assuming the cover is on the housing; I would
love to have a nickel for every limit switch I found with
a cover dangling or removed. They’re usually quite full
of dust. Yes, you have to clean them.

Valves, Steam
The boiler codes don’t have any requirements for

steam valves for low pressure boilers but you might
want to follow the discussion on high pressure boiler
piping because the reasons for valve arrangements could
apply to your low pressure plant. When a boiler plant
has more than one boiler and they’re connected to a
common header two valves have to be installed on the
steam outlet of each boiler with a manhole; and, the
piping between them has to be fitted with a free blow
drain valve.

The primary purpose of that arrangement is to
protect anyone that’s inside the boiler by providing a
vented section of piping between the two valves to iso-
late them from steam generated by other boilers, or high
temperature hot water. Despite that strict requirement
I’ve encountered a few plants without the second stop
valve and many without a free blow drain. Sometimes
the conditions of the requirement result in a failure to
provide comparable protection.

I can recall watching some boilermakers working
inside a boiler removing tubes with steam blowing out
the leaking packing gland of the valve mounted on top
of the boiler. There wasn’t any blank between the valve
and boiler either. Needless to say that was in the days
before lock-out tag-out. If your boilers have manholes
you should use the double valve and drain provision for
safely working in them; it doesn’t matter whether
they’re high pressure or low, steam is deadly at any
pressure above atmospheric and can be dangerous at
any pressure and temperature.

No, the code doesn’t require a non-return valve on

all high pressure boilers. Non-returns are recommended
in multiple boiler plants but are not required. Don’t tell
your boss that if a new plant or new boiler is under
consideration though, they cost more and someone
that’s only interested in first cost will try to save a few
bucks by using regular valves. Non return valves just
make operation of a multiple boiler plant a lot easier for
the operator so the investment in a more expensive valve
saves in operating headaches.

A less tangible reason is they prevent high ther-
mal variations in the boilers (when operators don’t iso-
late the boiler and there’s cold water under the hot
upper blanket of steam) and flooding (as the steam
condensate accumulates in a cold boiler) which can re-
sult in early equipment failure. Since a non-return
valve acts as a combination globe valve and lift check
valve it’s treated by operators as an automatic shutoff
valve for idle boilers (the check function isolates the
boiler) that automatically opens when the boiler starts
making steam. With non-return valves the operator has
to make a trip to the top of the boiler only for isolat-
ing it for annual internal inspection. It is important to
use the free blow drain to remove any condensate
from the piping between the two isolating valves to
prevent a slug of condensate rushing down the piping
with the first flow of steam.

Wait a minute, I didn’t say to use a non-return
valve on a low pressure boiler. The piston type disc in a
non-return valve is heavy and it takes a lot to lift it so
you can expect to see a two to ten psi pressure drop
across a non-return valve. Since low pressure boilers
typically operate at around ten psi a non-return could
prevent any steam getting to the facility. That doesn’t
mean you can’t get the same performance by installing a
low pressure drop check valve on the boiler outlet. Just
remember that it has to have a low pressure drop. If you
intend to use the check to prevent steam entering and
condensing in an idle low pressure boiler then it should
be soft seated. When you add that soft seated check
valve to the steam outlet also add another one as a
vacuum breaker to a branch off the vent connection so a
vacuum won’t crush the boiler.

When you don’t have a non-return or check valve
in the steam piping the valves have to be operated with
each startup and shutdown of the boiler so access to
those valves should be as simple and convenient as pos-
sible. Either chainwheel operators or properly located
platforms with safe ladders should be provided so the
operator can get at them. Operation of steam valves is
scheduled by the boiler and the load more than anything
else so the operators have to get at them quickly.
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Valves, Feedwater
On low pressure boilers the code requires a stop

valve and check valve on the boiler feed piping but
the pipe itself isn’t controlled by the code. The code
has specific requirements for the feedwater piping on
a high pressure boiler out to the second stop valve
and also requires a check valve. That arrangement
normally means the bypass valve and isolating valve
for the feedwater control valve are both within the
limits of the boiler external piping.

The shutoff valve is there to allow you to isolate
the boiler from the feedwater supply when it’s shut
down and, more importantly, isolate the feedwater
system from pressure in the boiler. The check valve is
there to help prevent draining water from the boiler in
the event there’s a failure of the feedwater supply
and, more importantly, preventing boiler water leaking
out to produce a steam explosion if there’s a failure of
the piping. Unlike the steam valves and piping there
is no code requirement for a free blow drain con-
nected between the two isolating valves on a high
pressure feedwater line; there should be, and for the
same reasons.

Valves, Blowdown and Blowoff
The valve for manual control of continuous

blowdown (surface blowoff) should be provided with
an indicator that shows the position of the valve so an
operator can restore a particular valve position. Some
valves are fitted with indicators and tapered throttling
guides as part of the disc so the flow rate through the
valve is proportional to the indicated valve position.
The ability to closely regulate the flow of blowdown
(independent of automatic blowdown controls) permits
the operator to closely control the concentration of sol-
ids in the boiler.

It isn’t essential and not required by the code but I
would strongly recommend installation of a check valve
between the continuous blowdown control valve and
the boiler. Should you forget to close the continuous
blowdown valve it will prevent water from another
boiler entering the idle boiler. It’s also like using a non-
return valve, if you chose to you can rely on the check
valve so you don’t have to close the blowdown control
valve (and reset it later) for short outages.

I’ve seen many an automatic blowdown control
system isolated because the blowdown control valve
failed. On most small boilers these are quarter turn
motor actuated valves or solenoid valves which aren’t
designed to handle flashing steam. There’s supposed
to be an orifice or manually adjusted throttling valve

to take the pressure drop located in the piping close
to that automatic valve. If not, or the orifice is re-
moved or the throttling valve opened wide the auto-
matic valve will most certainly fail.

Bottom blowoff valves come in a variety of forms
but the most important part of their construction is
they don’t have any pockets or cavities that sludge
can settle into and plug up. That’s the idea anyway. I
can only remember one time where I was tearing
valves off to unplug a line and that’s because someone
had installed the valves backwards so all the mud
settled on top of the discs preventing opening the
valves. There are two things that are stressed by these
points, use proper valves (ones designed for bottom
blowoff applications) and make sure you installed
them in the right direction. See the section on normal
operation for operation of blowoff valves.

The code for high pressure boilers requires two
valves for bottom blowoff designed for the service.
The piping connecting them and the boiler must be at
least schedule 80 (extra heavy) of materials certified to
comply with ASME Codes and all welded piping in-
side the second valve must be fabricated by a manu-
facturer or contractor certified by ASME to do that
work (See the section on ASME Code construction).
All other blowoff and blowdown connections only re-
quire one valve and the code piping requirements are
limited to the portion between valve and boiler. You
may find two valves in other lines because the owner
or contractor elected to have an accessible valve to use
with the code required valve and piping located close
to the boiler thereby limiting the extent of the code
piping.

Low pressure boilers and some high pressure
boilers are equipped with quick opening valves, a
valve that works something like a gate valve but has a
steel plate with a hole in it that is positioned in line
with the pipe so there’s no way for mud to plug the
valve. The code permits one of the two valves re-
quired on high pressure boilers to be a quick opening
valve. There are rules for operating those valves (see
normal operation) and they should be installed in a
manner that makes it easy to use them.

The seatless blowoff valve (Figure 9-39) is a com-
monly used bottom blowoff valve and one that I have
seen operated improperly more than any other valve
(see normal operation) but it is easily repaired. Unlike
other types of valves it doesn’t require skill or special
tools to repair or even adjust to restore its shutoff ca-
pability. The manufacturer’s instruction manual is very
important reading before working on these valves.
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Boiler External Piping
The extent of the jurisdiction of the code for con-

struction of power boilers extends to the far side of the
second shutoff valve from the boiler on steam, blowoff,
and feedwater piping. The jurisdiction extends to the far
side of the shutoff valve on all other connecting piping.
All boiler external piping must be made of materials
certified to comply with ASME Codes and all welded
piping must be fabricated by a manufacturer or contrac-
tor certified by ASME to do that work

A piece of welded piping should be stamped or
fitted with a securely attached nameplate containing the
stamping required by the ASME Code. The stamping
should include either the “S,” “A,” or “PP” Stamp. You
may also find the National Board “R” stamp which indi-
cates a contractor has repaired the piping. Be aware that
the boiler inspector could look for those stampings at
any time and they better be there or you will not be
allowed to operate the boiler until a complying section
of piping is installed.

I recall one incident where an owner moved the en-
tire boiler plant to make room for a new baseball stadium
and the contractor’s personnel threw away the boiler feed
piping thinking they could replace it easily when they
reached the new site. We made a fair amount of money in-
stalling new piping (replacing what the contractor had in-
stalled and at the contractor’s expense) after the job was
ready for inspection and the boiler inspector couldn’t find
the stampings. The work was accelerated because every-
thing else was ready to make steam. Luckily the contrac-
tor did move the steam and blowoff piping.

Threaded pipe and fittings can be assembled by
anyone and you can replace damaged piping yourself
provided you use the materials required by the code.
Replacing flanges and fittings is usually simple because
they are marked and all you have to do is find materials
with matching marks. Pipe, on the other hand, can vary
from code quality to what we call “untested” pipe with
some different grades in between and you usually won’t
find any markings on the damaged pipe to get a clue as
to what material is required.

There are many different grades of quality of mate-
rial that can be provided in compliance with the ASME
Code and there are many ASME material specifications
for material that isn’t satisfactory for boiler external pip-
ing. Your insurance inspector should be able to tell you
what material to specify when replacing boiler external
piping. When you buy it you should request Mill Test
Certificates and check the stamping (grade and heat
number) on the pipe against the data on the certificate.
Record in your maintenance log that the material and
paperwork match and return both if they don’t.

If the pipe is welded you can only repair or replace
it if you are certified to do so by the ASME or the Na-
tional Board. Unless you work for an employer that
maintains several boilers with a need for regular repair
of boiler external piping it doesn’t pay to obtain that
certification. It’s much less expensive to locate a contrac-
tor that is certified and have them do the work for an
occasional repair.

Adding a connection to boiler external piping can
only be done by a certified contractor and many an
owner has had to employ a certified contractor to re-
move and replace connections that were installed by
the operators, the facility’s maintenance personnel or
an unqualified contractor. For a short period in history
we built a lot of sections of boiler external piping
around Baltimore to replace piping installed by unau-
thorized contractors. That was usually at the
contractor’s expense because the installation didn’t
pass initial inspection. Sometimes, however, the owner
had to pay the bill.

There’s probably no difference in the quality of the
work but unless the contractor is qualified you will
never know. How would the inspector know if you had
added a connection? Well, all you have to do is look for
the ASME P-4 and any National Board R-1 forms you
have. They describe the initial construction and all re-
pairs. If a connection is not described on those forms it
isn’t in compliance. You should keep all those forms,
which are actually certifications, for the boiler external
piping along with the forms for the boiler itself.

Figure 9-39. Seatless blowoff valve
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HEAT TRAPS

There’s a general use of the term heat trap to refer
to anything that is added to a boiler to absorb heat re-
maining in the flue gas. They normally return that heat
directly to the boiler. Conventional heat traps are econo-
mizers and air preheaters. Condensing heat exchangers
can be used as either an economizer or air preheater but
are commonly used to heat water for other purposes.

Economizers
An economizer traps heat by transferring energy

from the flue gas to the boiler feedwater so that heat
doesn’t leave the boiler. Economizers are only found in
high pressure steam plants. They don’t work on most
low pressure or any of the HTHW plants, and some high
pressure plants can’t benefit from the addition of an
economizer. An economizer can work in a low pressure
steam plant that has no condensate returns because the
feedwater temperature would be much lower than
steam temperature. If you have a low pressure plant
with little condensate return such that the feedwater
temperature (before heating in a feed tank) would be
around 100°F lower than the steam temperature then an
economizer could be used to trap some of the energy lost
up the stack but we would probably call it a CHX for
reasons that will become evident.

When the boiler feedwater is colder than the steam
and water in the boiler, it can extract more heat from the
flue gas. Fluids colder than what’s in the boiler can also
be used in an economizer to recover the heat. An econo-
mizer on a high pressure boiler plant makes it as effi-
cient as low pressure boilers because the feedwater
supplied to the economizer inlet is about the same tem-
perature as steam and water in a low pressure boiler. It’s
important to be certain the feedwater flows through the
economizer in the opposite direction of the flue gas so it
sees hotter flue gas as it heats up and the coldest water
is exposed to the gas just before it leaves the economizer.
Economizers can heat feedwater to a higher temperature
than the flue gas leaving the economizer because of the
counterflow arrangement.

At low loads there are some concerns with econo-
mizer operation which can restrict the turndown capa-
bility of the boiler. When the economizer is mounted in
the stack or on top of the boiler the water has to flow
down through the economizer. The natural tendency of
heated water is to rise up through colder water because
it’s lighter (the thermal-siphoning effect) so water flow
through the economizer can become unstable at low
loads. Combine that with the fact that the heating sur-
face doesn’t change so heat transfer improves at lower

loads and you have an opportunity for generating steam
in the economizer. Generating steam in the economizer
will promote scaling of the water sides of the econo-
mizer and potential damage from water hammer as
flows change.

When the feedwater control valve is between the
economizer and boiler the probability of steaming is re-
duced because the economizer operates at a higher pres-
sure but the control valve will take a beating as the
water flashes to steam as it goes through it. The feedwa-
ter piping in the boiler drum will also be exposed to
water hammering and erosion from the flashing steam.
There are such things as steaming economizers but
they’re designed to do it; a normal economizer is not
designed to generate steam at any load.

If you have wide variations in load the economizer
of each boiler should be fitted with a return line that
dumps the feedwater back to the deaerator. By adjusting
a globe valve in that line you can control the outlet tem-
perature at low loads.

I always provide bypass and isolating valves be-
cause there’s no reason to limit boiler operation to include
the economizer. If the economizer has problems draining
it and bypassing it will not damage it because the flue gas
temperatures will not be hot enough to hurt it.

An economizer is typically constructed of tubes
just like boiler tubes with those tubes rolled or welded
into headers. The tubes can be bare but are usually fitted
with fins to increase the heat transfer surface (Figure 9-
40) There are two standard arrangements of construc-

Figure 9-40. Finned tube economizer
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tion, square, where the tubes are straight and connected
to each other by bends, and circular where the tubes
form a coil between the two headers. The circular econo-
mizers are less expensive initially but almost impossible
to repair.

Since economizers can be subjected to corrosive
conditions more frequently than the boiler the materials
of construction may be special to resist corrosion. Com-
bustion Engineering developed cast iron muffs, cast
pieces that look like finned tubes pressed over the steel
tubes, which provided a corrosion resistant covering for
excellent performance on coal and heavy fuel oil fired
boilers because the iron conducted heat well in addition
to resisting corrosion. Modern metallurgy has created
materials that permit construction of economizers that
can withstand very corrosive conditions permitting
closer operation to the flue gas acid dewpoints without
concern for serious damage.

In addition to corrosion economizers can have
problems with soot accumulation, occasional plugging
with unburned fuel, and unique situations (Figure 9-41)
with waste fuels. The tube in the top of the picture is the
soot blower, you can see the coated fins in the bottom of
the picture. Soot and dirt manage to build up between
the fins of finned economizers to almost completely
block heat transfer. Even if there’s no reason to believe
you will have problems of blockage an economizer
should be supplied with a means to clean it or provi-
sions to install them in the future. The common in-ser-
vice method of cleaning is using soot blowers but they
are ineffective when the deposits forms a hard gelati-
nous mass so there should also be means to gain access
to the economizer to clean it with water washing.

Some economizer applications (like the one in Fig-
ure 9-41) require regular cleaning, a tough and dirty job
for the boiler operators. The savings in fuel makes the
effort worth it.

Gas fired operations produce flue gas with very
low acid dewpoints so you can operate a deaerator sup-
plying economizers or low pressure boilers at lower
feedwater temperatures when firing gas than when fir-
ing oil or other fuels with higher carbon and sulfur con-
tent. If gas is the primary fuel you can adjust (slowly)
deaerator pressures to raise the feedwater temperature
when firing fuels with a higher acid dewpoint and lower
it for firing gas.

An alternative to that, found in plants with auxil-
iary turbines designed for low exhaust pressures is to
use a steam heated feedwater heater between the
deaerator and economizers to raise the feedwater tem-
perature to the point that corrosion will not occur when

firing high sulfur fuels. Power generating plants nor-
mally use feedwater heaters to condense some of the
turbine steam and raise the feedwater temperature. It
raises the feedwater temperature to reduce potential for
corrosion in the economizer and reduces the required
size of later stages of the turbine for overall cost savings.

The best economizer arrangement (and also the
most expensive) is where the flue gases flow down
through the economizer. For counterflow the feedwater
flows up through and that prevents problems with
stratification and thermal siphoning. A turning box un-
der the economizer can also serve as a drain pan for
wash water used to clean the economizer. However,
those installations introduce a hazard when the boiler is
idle because any natural gas or other fuel vapors which
are lighter than air and get into the setting can accumu-
late because the boiler and economizer arrangement
forms a trap to hold them. I prefer to install an access
door in the top of the ductwork between the economizer
and boiler to vent it prior to entering the setting for in-
spection or maintenance.

I hate to call an economizer a heat trap because it’s
so much more than that. In addition to capturing heat
that would be lost it provides additional heating surface
for transferring the energy that’s in the fuel into the
steam and water. Adding an economizer to an existing
high pressure boiler installation can also increase the
capacity of the plant because heat that was absorbed
through the boiler surface to raise the feedwater tem-
perature is now used to generate more steam. I’ve seen

Figure 9-41. Plugged economizer, firing waste fuel



Plants and Equipment 233

capacities increased by as much as 8%. Of course the fan
has to be replaced to overcome the pressure drop
through the economizer or that added capacity is lost.

Economizers require some attention when starting
a boiler and at low loads (to avoid steaming you have to
keep enough water going through it). If you have a feed-
water recirculating loop you would use that to maintain
temperatures, otherwise during startups you should add
water to the boiler more frequently to provide some
consistency to cooling of the economizer and you may
even have to accelerate blowdown to provide enough
water flow (that’s a typical operation with HRSGs with
integral economizers). That little bit of extra work is
worth the savings in fuel over the operating life of the
equipment.

Air Preheaters
Use some caution with this term. Normally we

mean a heat trap when we use the term preheater but
some manufacturers will call a steam coil installed in an
air supply an air preheater because it does do what the
name implies. Within the trade such devices are called
“steam air heaters” to differentiate them from our tradi-
tional heat traps. An air preheater uses energy left in the
flue gas that leaves the boiler to preheat the combustion
air. This makes the air preheater the only true heat trap
because it does trap the heat without adding any surface
to the boiler. The way the air preheater increases the
efficiency of the boiler is by raising the temperature of
the combustion air using the stack heat instead of fuel.
There’s also a slight increase in heat flow through the
boiler heating surface due to higher furnace tempera-
tures.

An advantage of air heaters is higher temperature
differentials. Instead of using 200°F plus feedwater to
cool the flue gas you use combustion air entering at 80°F.
There’s potential for lower flue gas outlet temperatures
which means higher boiler efficiency but corrosion of
metal parts of the preheaters and ductwork to and in-
cluding the stack must be given consideration.

There are two basic designs of air preheater, tubu-
lar air preheaters which consist of a box and tube heat
exchanger to transfer heat from flue gas to combustion
air and regenerative air preheaters.

Tubular air preheaters are normally arranged with
the flue gas passing through the center of the tubes and
combustion air surrounding the tubes. Corrosion during
startup and low load operation is eliminated by bypass-
ing the air around the heat exchanger so the flue gases
keep it hot. Modulating the bypass damper to allow
partial air flow doesn’t work very well because the cold

surfaces where the air first enters will promote conden-
sation anyway.

Regenerative air preheaters use a rotating element
to transfer the heat. A shaft rotates an assembly of “bas-
kets” from the air side to the flue gas side and back. The
metal baskets absorb heat from the flue gas then give it
up to the combustion air. The major manufacturer of
regenerative air heaters makes a “lungstrom” (for it’s
designer) air preheater (Figure 9-42) in a plant right near
where I grew up, Wellsville, New York. The regenerative
air heater occupies less space than a tubular heat ex-
changer and can prevent corrosive conditions by simply
stopping the rotation.

To accommodate varying combustion air supply
temperatures air preheaters are frequently fitted with
steam air heaters to prevent acid condensation. There’s a
loss of efficiency associated with the steam use but it’s
recovered in added energy from the flue gas which
couldn’t be absorbed without damage to the preheater.
Some of those heaters are adequate to permit startup
and low load operation without starting and stopping or
bypassing the air heater.

Air heaters are a little easier to operate than econo-
mizers since you can leave them off line until the boiler
is carrying a load then close the bypass damper or start
the rotor motor to put them into service. By simply not
running the rotor motor during boiler warm-up the flue
gas side is heated to prevent corrosion. The rotor should
be run while purging the boiler to ensure all the baskets
are purged. There are small pie piece shaped sections
that are sealed between the gas and air sides while the
rotor is stopped. Regenerative air heaters require addi-
tional maintenance because of the moving parts and

Figure 9-42. Lungstrom air preheater
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seals to separate the flue gas and air sections but perfor-
mance is usually more consistent than tubular air heat-
ers. They can be cleaned in service whereas tubular air
heaters are usually bypassed for water washing or re-
quire a full boiler shutdown to clean them.

Condensing Heat Exchangers
A condensing heat exchanger (CHX for short)

could be an economizer or an air preheater as well as
other devices. What makes a CHX a CHX is the use of
materials of construction that are corrosive resistant, al-
lowing the heat exchanger to operate at temperatures
below the acid dewpoint. Condensation of acidic flue
gas components is expected and accounted for.

There’s a definite difference between a CHX and
the other heat traps because the others aren’t designed to
recover the latent heat in the flue gas. When the hydro-
gen in the fuel burns to form water it normally leaves
the boiler as steam. With natural gas firing the energy
that could be recovered by condensing that steam
amounts to about 11% of the total heat input. A CHX is
designed to condense as much of that water as possible
to recover an additional 970 Btu per pound of water
condensed.

The additional heat that can be recovered by a
CHX helps pay for the exotic materials of construction
but many of the materials that can withstand the corro-
sive acids can’t tolerate the high temperature of the flue
gas. Metals that can handle both haven’t been proven as
of the writing of this book but they may be in the next
ten years so condensing air preheaters and other CHX
options will become standard boiler plant devices. Right
now they aren’t because of many unsuccessful applica-
tions and, to be perfectly honest, operators not under-
standing the benefits of them and how to operate them
properly.

The current common application is a CHX used for
preheating boiler water makeup and service water inde-
pendent of the boilers. Flue gas is drawn from the boiler
stacks by an induced draft fan downstream of the CHX.
By using city water you’re running high temperature
differentials (city water is normally between 40 and
70°F) so the poor heat transfer capability of the corrosion
resisting materials is overcome. The typical applications
right now use high grades of stainless steel for gas fired
applications and Teflon coated copper for more acidic
flue gases.

To withstand the corrosive properties of the flue
gas after passing through the CHX the exhaust ductwork
is constructed of corrosion resistant materials, usually
FRP (fiberglass reinforced plastic piping). Those materi-

als are not common to boiler plants despite the fact
they’ve been used in some cooling tower operations for
several years now. They’re not difficult to deal with in
operation or maintenance, they just require learning
about them. It’s best to read the instruction manuals for
the materials your plant may have because there are
considerable variations in capability and handling.

The condensate from a CHX has a low pH be-
cause the condensed water will absorb the CO2 and
SO2 in the flue gas to form acids. The drain piping
should be FRP to a point where the condensate can be
neutralized. Mixing the acid condensate of a CHX with
the caustic blowdown from the boiler can produce a
mixture that may meet the local jurisdiction’s require-
ments for sanitary sewage. If it doesn’t you’ll have to
add caustic soda to neutralize the mix before it is
dumped to the sewer.

A final consideration for heat traps is they don’t
have to be used on boilers or trap the heat from boilers.
I’ve had some very successful projects that saved cus-
tomers a lot of money by using these devices to recover
heat lost up the stack from process operations. What is an
economizer, for all practical purposes, sits in a steel mill
recovering an average 75 million Btuh (120 million peak)
and all it’s doing is preheating boiler plant makeup wa-
ter. Many a boiler plant can save a fair amount of energy
in the winter if normal building exhaust can be trapped
and used as combustion air. In those cases the building
and its occupants preheat the air.

BURNERS

Most boilers get their heat for the hot water or
steam from the combustion of fuel which requires a
burner. There are some devices for combustion that
aren’t called burners, including stokers but all of them
combine the fuel with air to form a combustible mixture
so the air and fuel react to produce combustion products
and heat. The purpose of the burner is to control the
mixing of fuel and air so the combustion occurs
smoothly and uniformly within the furnace of the boiler.
There are several components of a burner and variations
in construction that are designed to assist in this func-
tion and I’ll try to explain most of them. First I want to
explain some of the important aspects of combustion
that a burner design has to address.

The burner has to control the mixing of the fuel
and air in a manner that ensures complete and stable
combustion. Stability of combustion requires the burner
produce a fuel rich mixture right at the upper explosive
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limit where the burning begins and that mixing point
has to be stable as described in the chapter on combus-
tion. If the burner fails to produce a stable ignition point
the flame front will shift around in the furnace produc-
ing pulsations that disturb the process and make it
worse.

The quality of the burner is indicated by noise, as
the quality of mixing gets worse the noise gets louder
and some burners are so bad that flame spurts out any
open inspection port. Resolving that mixing problem is
not a simple matter, it’s a combination of engineering
and art with many solutions achieved solely by trial and
error. It’s not uncommon for a service technician to try
several combinations of burner tips, diffusers, and
burner adjustments to resolve an unstable ignition prob-
lem, sometimes taking days or weeks.

During startups many owners and operators get
frustrated with a new boiler because the startup takes so
much time to resolve an unstable combustion problem
and, despite the fact that the problem is solved, will
never trust the boiler as much as they would if the prob-
lem never occurred. It’s not uncommon and it’s not
something that’s predictable so if it happens don’t blame
the manufacturer and take a position that the boiler will
always be a lemon. Unless the owner accepts something
less than reliable operation out of a new boiler it will
always be more reliable than an older one.

It’s the nature of burners that a deviation in any
one part can produce several conditions inconsistent
with good combustion all of which can be due to several
things. Many times an operator unwittingly does some-
thing that alters a burner’s performance without being
aware of it and the owner pays the price in higher fuel
costs for long periods before the deviation is discovered
and corrected. Understanding what the many adjust-
ments on a burner do is one way of preventing such
things happening.

Air Supply and Distribution
The burner is normally fitted with some means of

controlling the amount of air supplied to the fire. The
means can vary from a simple single bladed damper to
variable inlet vanes on the fan inlet and can include a
VSD (variable speed drive) on the fan motor. To provide
stable combustion the dampers or VSD have to control
the air flow without sticking or flopping around which
produces variations in air flow.

The dampers also have to control the flow without
producing distortions in the flow of air to the burner. If
the dampers tend to shift air to one side of the burner
inlet (or the fan inlet) it can shift the point of ignition to

one side of the burner and that can produce instability.
Sometimes obstructions around fan inlets can produce
unusual swirls that are carried through the burner.

Installation of boilers that position building col-
umns, pipes, racks of conduit and similar obstructions
within seven diameters of the fan inlet should be
avoided but sometimes you’re stuck with one. There are
partial to total solutions to air distribution problems
caused by such things when it’s impossible to move the
boiler. Of course setting portable equipment, storage,
and other things in front of a fan inlet can also cause
problems with burner operation; so don’t do it.

The devices controlling the flow of air must present
it at the burner throat in a manner that ensures mixing
of the air and fuel to produce a mix in the flammable
range where the heat of the furnace will ignite it. To
establish that ignition point where it’s desired in the
burner there’s always a primary air adjustment. It can be
sectional dampers in a stoker, position of multiple
burner registers, adjustment of cylindrical tubes in the
burner that vary air flow and, the most common, posi-
tioning of a diffuser.

A diffuser (Figure 9-43) contains slots or vanes that
restrict air flow. Since the flow through the diffuser is
restricted the fuel-air mix there will be richer in fuel than
the mixture passing around the diffuser so the ignition
point is usually aligned with the diffuser and it can be
altered by changing the position of the diffuser. On a

Figure 9-43. Burner diffuser
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typical gas or oil fired burner the diffuser normally has
two positions, one for firing gas and one for firing oil.
The reason for the different positions has nothing to do
with the diffuser itself and everything to do with where
the fuel enters the burner. In the typical burner oil is
admitted in the center at an oil nozzle and gas is admit-
ted through a gas ring or spuds on the outside of the
burner. The diffuser positions must be switched to con-
trol the primary air ratio for each fuel. When that’s the
case, a semi-permanent marking should be applied to
the adjustment for each fuel position so an operator
knows the diffuser is properly located. Paint a ring
around the diffuser guide pipe with arrows pointing to
the point where it enters the burner and label them for
each fuel.

An inexperienced operator positioned a diffuser
improperly on a boiler in south Baltimore in 1999. The
pipe wasn’t marked but he knew it was pushed in for
firing oil so he pushed the diffuser guide pipe all the
way in, as far as it would go. The burner failed to light
several times until enough oil had accumulated in the
furnace to feed the explosion!

An induced draft oil or gas fired boiler doesn’t
have a forced draft fan and doesn’t need any provisions
to supply the air to the burner but will still need means
of controlling the distribution of air. Single burner boil-
ers are typically fitted with a screen or perforated plate
to provide uniform flow of air to the burner. Burners on
multiple burner units are typically fitted with a register,
a set of bent damper blades that form a circle around
the burner inlet (Figure 9-44). Some are independently
set with a locking bolt or screw on each blade while
others are fitted with linkage attached so the blades
turn uniformly and the flow of air to each burner can
be adjusted while maintaining an even flow of air
around the burner.

Burner registers will not only serve as a means to
throttle air flow they also deflect the air to create a swirl
in the air. That produces additional turbulence for better
mixing. Sometimes two registers are employed, one to
supply air around the outside of the fire and one for air
supplied to the center, around the diffuser. When they
are used, dual registers typically produce swirls in the
opposite direction for better mixing. Another function of
the burner registers and diffuser is flame shaping. Mod-
ern package boilers have very small furnaces and older
sterling boilers have short furnaces. To prevent flame
impingement on the furnace walls the burner register
and diffuser position combinations help shape the flame.
On some boilers the registers are modulated along with
the air and fuel controls to alter the shape of the flame

for different loads.
You probably won’t see a burner register throttled

down for better mixing today because we’ve learned
that rapid mixing makes for quick burning, hotter fires
and more NOx production. The register burner is being
replaced by the axial flow burner which is designed to
minimize turbulence but ensure even distribution of air
to the flame front. The original concept of the axial flow
burner was developed in England in concert with the
Royal Air Force to improve performance of multiple
burner boilers at the English Air Force Bases and in-
cluded creation of a venturi throat for each burner that
not only improved air flow distribution but also pro-
vided a means of measuring the air flow at each burner
to allow final tuning of air distribution through them
(Figure 9-45).

One advantage of the venturi is it creates a large
static pressure to velocity pressure conversion at the
burner inlet, most which is recovered in the diverging
section. The velocity conversion tends to balance the air
flow through each burner to improve air distribution on
multiple burner boilers. Control of air flow, including
shutting off burners on axial flow units is achieved by a
damper that forms a sliding sleeve at the inlet of the
venturi. Most low NOx burners applied to single burner
boilers can’t benefit from the venturi design so other
means are used to improve air distribution.

Large single burner and multiple burner boilers
normally have one air supply with the air flowing to the

Figure 9-44. Burner register
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burner distributed within a windbox. The windbox re-
ceives the air from the forced draft fan and provides
sufficient space around the burners for the air to be dis-
tributed evenly. At least that was supposed to be the
idea. Several installations I’ve seen in past years didn’t
really provide adequate air distribution in the windbox,
especially between burners, so the fires were not truly
uniform.

A windbox has to be large enough to distribute the
air and that’s always larger than big enough to fit the
burner. A burner manufacturer’s dimensional tolerances
for a burner are based solely on construction clearances
so the minimum distance from the center of a burner to
the inside of a windbox as listed by the manufacturer is
just enough to prevent the register blades hitting the
windbox. Let’s face it, if the blades are just clearing the
inside of the windbox there’s no room for the air to get
between them. If you’re stuck with one of those poorly
designed windboxes you’ll know it because you can’t
get stack gas oxygen content down without generating a
lot of carbon monoxide.

If you have air distribution problems you can try
adding shrouds. Shrouds were developed to resolve the
problem with limited room for registers within a burner
windbox that would fit on the front of small package
boilers. They consist of a cylinder of perforated plate,
around 50% open area, larger than the open register (of
course) but weighted for each application to achieve the
most uniform distribution. The shroud is usually a
couple of inches wider than the burner register.

I found shrouds beneficial in knocking down the
concentrated discharge of windbox mounted fans. They
proved to be more reliable than the methods I originally
used, structural angles across the windbox and turned so
the heel pointed at the fan discharge. In most applica-
tions I started with several sizes of angle cut to length

and set them in the windbox temporarily until I got
good air flow distribution.

In many single burner systems we found proper
placement of one or more 4 by 4 angles mounted near
the windbox air inlet created sufficient turbulence and
deflected the high velocity air from the fan enough to
achieve good air distribution. Cut long enough to be a
press fit they will hold position while testing for air
velocity at the burner and can be moved to find the
optimum position. One centered on the burner when the
duct entering is centered, or at the point where the enter-
ing air velocity is highest, usually does most of the work
because it prevents the direct blast of the air striking the
shroud or register. It has to be far enough from the reg-
ister so some air can eddy behind it or you’ll lose a lot
of air immediately behind it. Once you’ve got the best
distribution you can manage, be certain to weld them in
because they’ll fall out when the windbox and boiler
heats up in normal operation and they make a lot of
noise when they blow into the register.

To check for uniform air distribution through a
single burner (or each burner) measure it. First do all the
lock-out, tag-out required for access into the boiler but
provide a means for operating the forced draft fan.
Leave all the normal burner components in place except
for a center-fired oil gun. Hang a manometer against the
tubes in the furnace and connect flexible tubing at one
end to a copper tube about three feet long that you can
point at the burner. Take some paper on a clipboard and
pen into the furnace with you to record your measure-
ments.

Be certain to wear good safety glasses because the
breeze can do all sorts of strange things including blow
your own hair around so roughly that it jabs you in the
eye. With the fan in operation point the tube directly at
the burner while holding it so the end is about flush
with the face of the furnace wall and the tube is horizon-
tal to get each reading. Begin with air flow consistent
with low fire and record the total pressure read on the
manometer at each point on the burner. I like to use
clock positions (1 through 12) as a basis because every-
one understands where the measurement was taken and
the twelve readings provide reasonable resolution of the
velocities around the burner.

Since the point flush with the furnace wall and the
open tube on the manometer are both exposed to the
furnace the static pressure is the same at both points and
you’re reading velocity pressure. Take readings at in-
creasing air flow rates in steps of about twenty percent
until you get to the top end or the velocities get so high
that you can’t stand up to hold the tube up to the burner

Figure 9-45. Venturi burner with flow sensing ports
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or, in the case of a fire tube boiler, you’re blown out of
the furnace tube.

The actual velocity is reasonably estimated by
multiplying the square root of the differential reading by
4005. That’s done on any calculator by typing in the
value of the differential (example, 0.08 for that many
inches of water column) pressing the square root key (√)
to get the square root then × (for multiply by), 4005 and
the equals key to get the velocity in feet per minute (1132
in the example). There may be some argument about
how much variation is permitted in the air flow around
a burner but I would try to do something to cure any
deviation that exceeded ten percent. I take the sum of
the readings (add them up) then divide by twelve to get
the average then multiply that result by 0.9 and 1.1 to get
upper and lower limits. If any of the other readings are
outside those limits I try ways to improve the air distri-
bution in the burner including baffles, like the angles
already mentioned, then proceeding to shrouds. Usually
corrections made at low fire do not alter air flow at
higher firing rates so correct the low fire variances first
and repeat tests to determine their effect at higher flow
rates.

That’s a lot of work and is all after the fact but it
doesn’t cost as much as what they do for large utility
boilers. Determining the best design of air distribution
is such an art that utility boiler manufacturers will
make models of the system and test them for proper
air flow. They’ll repeat that process to get it right be-
fore they build the boiler. It’s much easier for them to
spend all the time on a model than to try to solve dis-
tribution problems on twenty four or more burners in
the field.

A large number of burners were built for staged
combustion in the last half of the 20th century. Some
of those burners incorporated secondary air ports
(openings in the refractory front wall around the cir-
cumference of the burner) with adjustment of the air
flow to them consisting of a piece of angle or other
steel form surrounding the burner. I’ve noted that
most of those provisions for adjusting that air flow
are so flexible that they don’t provide uniform air
flow around the burner. Some are so limber they actu-
ally flop around in the air flow. If I had to set one of
those burners up today I would wait until proximate
requirements are established then measure the flows
at the ports, adjust the flexible steel to equalize the
flow through them then tack weld the adjustment in
position at each port.

The mixture of fuel and air has to be heated to
ignition temperature before it will start burning so the

burner has to provide means to heat the incoming air
and fuel. The normal and best means of heating the mix
is application of a refractory throat. The radiant heat of
the fire is reflected back into the entering fuel and air to
heat them to the ignition temperature before they reach
the proper mixture so we have stable combustion. The
throat is also part of the insulating portion of the burner
that protects the boiler front and burner housing from
the heat of the furnace. There is a considerable variation
in temperatures across that refractory during operation.
Any large cracks, spalling, or shifting of pieces of throat
tile can distort air flow at the burner to produce unstable
combustion.

Gas Burners
A gas burner can be premix or post-mix. While

most boiler burners are post-mix, where the gas and oil
mix after they enter the furnace, premix burners are
available. Many operators think of a premix burner as
hazardous, after all we make a combustible mixture
outside the furnace! Many operators that moved from
firing process equipment to the boiler plant are comfort-
able with premix burners because they have a lot of
experience with them. As long as the mixture isn’t
heated above the ignition temperature it can’t burn and
premixing permits a low cost arrangement of multiple
burners which is frequently necessary for good heat dis-
tribution in processing equipment. There aren’t many
boiler applications with premix burners so I won’t spend
any more time on them than this. Your understanding of
combustion and the instruction manual should be all
you need to operate a premix burner.

Of the post-mix gas burners there are two choices
which are normally identified as atmospheric burners or
power burners. Atmospheric burners do not normally
have fans or blowers to deliver the combustion air to the
burner and seldom have induced draft fans. Lacking the
power of the fan to introduce and help mix the fuel and
air, atmospheric burners use some of the gas pressure for
that process.

The typical atmospheric burner has a “jet” which is
a nozzle the gas flows through on its way into the
burner and that jet acts like an inducer to draw primary
air in with it. The gas and primary air mixture is then
distributed through the burner head (Figure 9-46) or
flame runners (Figure 9-47) into the furnace. Secondary
air is delivered by natural draft and mixes with the pri-
mary air—gas mixture as it burns. The several forms of
flame runners shown in Figure 9-47 all seem to work
well with no discernable difference in performance.
Cracks between the holes and holes in the bottom, usu-
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ally caused by rust, can produce distorted, inefficient,
and dangerous fires.

Some gas furnaces can be subjected to very corro-
sive conditions between heating seasons so it’s always a
good idea to check an atmospheric burner right before
the heating season and clean it if necessary. I’ve seen
them with large pieces of scale from the heat exchanger
laying on top of the runners and, on one occasion, re-
moved the runners and held them up to drain about a
cup of rust from the inside of each tube!

If your home has one of those gas furnaces you
also want to check the furnace sections for cracks and
open seams. If there’s a way for the products of combus-
tion to get into the heated air side of the furnace it will
most likely contain considerable quantities of poisonous
carbon monoxide. The price of a furnace isn’t worth the
risk of dying so you should replace any rusty, mis-
shaped or cracked furnace.

On atmospheric burners primary air adjustment is

accomplished by moving a sleeve (Figure 9-48) or rotat-
ing a shutter (Figure 9-49) thereby changing the opening
for primary air. The gas nozzle (D in Figure 9-48) con-
verts much of the static pressure in the gas to velocity
pressure. The high velocity gas shoots into the distribu-
tion header (B) drawing primary air along with it
through the opening that’s adjusted by the sleeve (E).
The mixture then flows into the flame runners (A) and
out the ports where heat from a spark or adjacent fire
provides ignition energy to start the combustion. Always
remember that additional air, secondary air, is required
to complete the combustion and enters through open-
ings like the one at (F).

The primary air—gas mixture is adjusted to pro-
duce a stable flame over the head or flame runners by
adjusting the sleeve or shutter. Either one has a locking
screw to ensure the piece stays where it was adjusted.
The flame should burn clean and stable just above the
distribution ports. Lighting these burners can be inter-
esting at times, especially during initial startup, because
the pilot only lights one to four ports on the burner head
or runner and the rest of the burner is ignited by flame

Figure 9-46. Gas burner head

Figure 9-47. Flame runners

Figure 9-48. Primary air sleeve

Figure 9-49. Primary air shutter
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at the adjacent port.
Some atmospheric burners provide a degree of

modulation and turndown by cutting out some of the
jets or controlling groups of jets with individual shutoff
valves and may be augmented by matching combustion
air blowers. I don’t like them because it’s very difficult to
balance the fuel distribution to get them to burn cleanly
and efficiently. The few I’ve encountered can’t seem to
fire without a considerable amount of CO.

Atmospheric burners are only used on small boil-
ers, hot air furnaces, and service water heaters for the
most part because they are normally fixed fired and
have very little control of overall excess air. I’ve seen
large boilers, as big as 150 horsepower, with atmospheric
burners and have shuddered at the thought of what it
costs to operate them. If they serve a constant load for
which they’re well matched then there’s some sense in
their application but in any service with a varying load
the off cycle losses are very large.

Controlling those losses with dampers that shut
off air flow through the boiler when it’s not firing can
provide significant reductions in those losses. The
dampers have to be proved open before the boiler
fires. Modern high efficiency heating equipment with
pulse combustion or power burners should replace
most of that equipment in the next few years as gas
prices rise. I’ve been able to show a boiler with a
power burner can pay for itself over an atmospheric
fired unit in less than a year. Any medium to large
boiler should have a power burner and unless one
isn’t available, it should be modulating.

Fuel gas can be introduced into a power burner via
a gas ring, spuds or a gas gun. A gas ring is a piece of
pipe, fabricated steel or a casting surrounding the burner
right at the boiler front plate with holes drilled in it to
distribute the gas evenly around the outside diameter of
the throat. Some gas rings are fitted with spuds while
other burners have spuds at the end of pipes which
deliver the gas from the front of the burner or a gas ring
located outside the front of the burner.

Spuds are high temperature metal nozzles drilled
with holes to admit the gas into the passing air stream.
A gas gun consists of a pipe central to the burner with a
closed end drilled to admit the gas very similar to an oil
burner. Some gas guns consist of two concentric pipes
that permit insertion of an oil gun down the center of
them. The arrangement, distribution and mix of holes
drilled in gas rings, spuds and guns varies with manu-
facturer and in many instances is customized during
startup to achieve smooth stable combustion.

Retaining data on the drilling of your gas burner is

essential because your information may be the only ac-
curate copy around; it’s not unusual for a manufacturer
to fail to update the records for changes made by the
service technician. One element of your annual boiler
inspection should be checking the diameter of the holes
in the gas ring, nozzle, spuds or combination thereof
with matching drill bits. That’s very important to do
before closing a burner when refractory work is done
because there’s a tendency of masons to leave smears of
refractory on and in the openings of gas rings.

The gas ring is usually bolted to the boiler front
plate, that thick piece of steel that seals the front of the
boiler, provides support or is integrated with support of
the refractory front wall. The front plate supports the
burner throat to keep it centered, and provides means of
attaching the burner or windbox. If the gas ring or the
boiler front plate is distorted then air leakage around the
gas ring at different points can produce very unstable
firing conditions. The condition of the gas ring and clear-
ances (if any) between the gas ring and boiler front plate
should also be checked annually.

If you find a warped front plate or other problems
with irregular air spaces around a gas ring you can plug
them with ceramic fiber rope. Always put the rope on
the windbox side and be certain it’s large enough it
won’t blow through. It’s very embarrassing to have
some ask you what that thing is fluttering in the fire.

Gas rings can fail. Failure of adjustments of firing
rate, like linkage slipping, and other contributions can
produce situations where the heat of the fire is shifted
into the throat where it can overheat the gas ring to cre-
ate cracks in it. Any cracked gas ring should be replaced
before the boiler fires gas.

There was a time when we attempted to deliver the
fuel gas into the flame in the furnace as uniformly as
possible to ensure complete mixing and permit low ex-
cess air firing. The discovery of NOx as a problem has
resulted in irregular gas delivery schemes, usually using
spuds (Figure 9-50) installed with pairs facing each other
to produce alternating fuel rich and lean zones in the
burner. See the section on emissions for an explanation
of why.

The fuel gas piping has to penetrate the windbox
or burner to deliver the gas to the gas ring. There was a
time when we used a flanged connection on the gas ring
to permit disassembly but it also placed a potential point
for leakage of gas inside the burner windbox. There it
could light off producing heat in a windbox that wasn’t
designed to absorb that heat. There are also many varia-
tions in design of packing glands and other means of
sealing the gas piping where it penetrates the windbox.
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If you ever have problems with air leakage at the gas
line entrance the best solution is welding it to the
windbox. Normally the windbox is flat and flexible
enough at the gas line entrance that thermal expansion is
accommodated by the windbox flexing. If you have
problems with leaking piping joints inside the windbox
and the gas ring isn’t cast iron I would cut the flanged
joint out and weld the piping. Gas free it first!

There are few options for the operator when it
comes to gas rings, there’s nothing to adjust. All the
adjustments for fuel-air mixing have to be made by alter-
ing the combustion air flow. There are problems you
have to watch out for. Gas rings can crack due to thermal
shock, warping of the front plate, and improper repairs.
The drilled openings for the gas can be blocked by dirt
accumulation, careless application of refractory materi-
als (a common one), and dirt when the burner port is
used for furnace access. The ring can come loose from
the boiler front plate because the mounting bolts vibrate
loose. Any change in the appearance of a gas fire should
be followed on the next shutdown by a careful examina-
tion of the gas ring.

Oil Burners
Fuel oil is introduced into a burner using a burner

tip which is normally mounted on the end of what we
call an oil gun (Figure 9-51). The design and arrange-
ment of the tip and gun is dependent on the type of
atomizing system. Pressure atomizing burners have one
or more tips on the end of a pipe positioned in the
burner at the point where the oil has to be injected to
develop the air/fuel mix. Pressure differential, air atom-

izing and steam atomizing burners need two pipes, one
to convey the oil to the tip and another to supply the air
or steam or return the oil from the tip. Traditionally the
two pipes are concentric with the oil supply down the
center pipe and the annular space between the two pro-
viding the passage for air, steam or return oil but (like
the one in the figure) some manufacturers provide two
separate pipes running side by side.

The tip introduces the oil into the furnace in a way
that makes it possible for the oil and air to mix and burn.
As I sit here writing this the news on television is show-
ing where the Iraqis have created large pits of oil and set
them afire. The smoke released from those pits is clear
evidence that you have to do more to produce a clean
fire. To ensure the oil and air mix and burn completely
a fuel oil burner tip provides a means for “atomizing”
the oil. Atomization is breaking the oil up into tiny drop-
lets (not as small as an atom but small enough) so the air
can mix in between all the droplets for complete burn-
ing. If the oil isn’t atomized it will not burn well. In
some cases it won’t burn at all.

Don’t accidentally leave the tip off an oil burner
and try to start it that way. I know one apartment house
boiler operator that did that; the burner didn’t light the
first few times he tried it. After several tries he had
dumped enough oil in the furnace that the lighter por-
tions, which evaporated, produced a flammable mixture
that the ignitor managed to light! The resulting explo-
sion didn’t destroy the apartment building but it did
manage to destroy the boiler.

Atomization is accomplished in different ways; all
of them work. The principle difference between them is
the degree of turndown they can accomplish. Pressure
atomizing burners produce a fine spray pattern of oil
just like you do when you use a water hose to wash your

Figure 9-50. Gas spuds

Figure 9-51. Oil gun
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car and pull the trigger on the sprayer just enough to
produce that fine conical mist of water. The quality of
the atomization varies with the pressure drop across the
burner tip. Many burner tips will have internal channels
that divert the flow of oil (Figure 9-52) so the oil accel-
erates as it approaches the central chamber and pro-
duces a whirling motion in the oil. As the oil flows out
the tip that spinning motion forces the oil to swirl out by
centrifugal force and that causes the oil to tear apart into
tiny droplets.

A similar principal
was applied to a burner
that isn’t legal to use
anymore. Rotary cup
burners used a brass cup
mounted on the end of a
pipe. The pipe and its
cup are mounted on the
shaft of the blower of
the burner and centered
in the burner throat. The
oil enters the rotating
pipe through a flexible
connection and literally
drizzles into the cup. The cup’s rotary motion whirls the
oil around the inside of the cup until it reaches the top
where it shears off into the combustion air stream. You
can simulate the operation by swirling water in a cup
with sloped sides. You’ll notice the water doesn’t leave
the cup in a fine spray because you’ll get pretty wet. The
poor atomization of the water demonstrates the reason
the rotary cup burner is no longer legal.

Steam and air atomizing burners use one of two
methods to atomize the fuel. Some of the burners intro-
duce the oil into a jet of steam or air that cuts into and
breaks the stream of oil up into tiny droplets then trans-
ports them into the furnace. Most, however, simply mix
the oil and steam or air in a chamber in the tip. When
that mixture leaves the burner tip holes the gas (steam or
air) expands rapidly breaking the oil up into tiny drop-
lets. Since the energy for atomization is provided by the
air or steam turndown of these burners is typically about
5 to 1.

The typical pressure atomizing burner is limited in
turndown capability to about 2 to 1. Once the flow is
reduced to half (the pressure drop through the tip is one
fourth) the velocities are so low that the oil doesn’t break
up well. Oil return atomizers were produced as a solu-
tion to that problem. The full load flow of oil is delivered
to the burner tip and flows through those slots to pro-
duce the spinning that breaks up the oil. To reduce the

firing rate some of the oil is returned from the tip to the
suction of the fuel oil pumps. The turndown is generally
a function of the differential pressure where the turn-
down is equal to delivered oil pressure divided by one
hundred. A system firing oil supplied at 300 psig will
have a 3 to 1 turndown and one with oil supplied at 800
psig will have an 8 to 1 turndown. The practical limit for
those burners seems to be 1200 psig because the price of
pumps, pumping, maintenance, and all the pressure
containing components of the oil system get very high.

With large boilers additional turndown is accom-
plished by using multiple burners. Half the burners
operating at maximum oil supply pressure will produce
half the boiler load. One fourth will produce one fourth,
etc.

If the boiler is limited to one to four burners then
other means of achieving additional turndown may be
required. The typical solution is different sizes of burner
tips. A smaller tip will pass a reduced amount of oil at
the same pressures. The important thing to remember is
all the burners in a boiler should have the same size tips
installed so fuel delivery is uniform.

I skipped by an obvious question. What does a
boiler plant with steam atomizing burners do to get
started? There are two solutions, one is to use a small
pressure atomizing tip to produce enough steam to get
going. The other is to use compressed air temporarily.
Temporary use means exactly that, a burner designed for
steam atomizing will consume considerable amounts of
compressed air at a high cost in electric power to gener-
ate it. A small control air compressor could be over-
loaded and damaged attempting to maintain fuel
atomization.

As with the gas burners oil guns have seen modi-
fications in recent years to produce alternating zones of
fuel rich areas in the flame for NOx reduction so irregu-
lar drilling of a burner tip (Figure 9-53) is now common.

The gun in many cases is nothing more than a piece
of pipe connecting the fuel delivered to the burner on out
to the tip. Many burner guns can be removed by breaking
the connections outside the burner and pulling it out for
cleaning and maintenance. There are guns which discon-
nect at a union (Figure 9-54) or simply break at tubing fit-
tings and guns with elaborate quick-connect capabilities,
with many variations in between. Most arrangements are
specific to a particular manufacturer but the common ar-
rangement is a yoke coupling (Figure 9-55) which is used
by many manufacturers. A yoke with a set screw (Figure
9-56) clamps the two together.

With a yoke coupling the gun has openings for oil
and any atomizing medium that match with holes in the

Figure 9-52. Burner oil
tip showing swirler pat-
tern
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yoke coupling. To ensure alignment of the openings in
the gun and yoke there are usually ferrules (short
smaller pieces of pipe or tubing) set in the yoke holes
(Figure 9-56). The gun holes pass over them. The ferrules
are removable because they can be damaged, by press-
ing or throwing the gun against them, so the holes in the
gun won’t fit over them. The installation also includes
some provision for sealing the joint of gun and yoke.
Sometimes it’s using a softer material like brass, nor-
mally on the gun, that will deform under the pressure of

the set screw to seal the joint. Frequently it’s a gasket;
most commonly a thin layer of copper surrounding a
fiber material that will conform to variations in the two
surfaces to seal the joint.

Being careful when inserting an oil gun prevents
damage to the ferrules which can prevent proper fit-up
of the yoke and gun. I know it’s difficult when you’re
swinging around a five foot oil gun to insert it gently
that last half inch but it’s a skill all operators of oil fired
boilers have to develop. If you do get the urge to slam
the gun into the guide pipe then twist the gun so the
joints don’t match up and you don’t bang up the ferrules
and gaskets.

Figure 9-53. Irregular drilling in oil tip

Figure 9-54. Oil gun quick assembly union connected

Figure 9-55. Oil gun yoke coupling

Figure 9-56. Yoke coupling clamp and set screw
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Most manufacturers’ instructions state that you
should replace the gaskets every time you change the
burner. If you saw what they charged for those little
gaskets you would get the same impression that I have,
there’s more than preventing leaks on their mind! You
should keep a set of gaskets handy to replace them when
what you’re using fails or you can tell they’re damaged
but there’s no reason to replace them every time you
change out an oil gun. I’ve fired boilers with brass grips
on the oil guns that mated up with a steel yoke where
there’s no gasket and they don’t leak unless you get
some dirt or grit in the joint. If they can last several
hundred gun changes the copper wrapped gaskets
should too. I can recall changing guns every shift and
seldom changing gaskets.

A skilled operator can remove one oil burner and
install a fresh one in a matter of a few seconds; however,
if the boiler has a single burner the speed of the operator
is not much of a consideration because the burner has to
be shut down to remove the oil gun. To avoid the shut-
down of the boiler along with the processes of purging,
low fire positioning, and trials for ignition some burner
manufacturers will provide single burners with the abil-
ity to accept two oil guns while others provide as many
as four.

The typical two gun arrangement is designed to
insert a temporary oil gun, transfer the fire to that gun
then transfer back to the main oil gun. The fire may be
lopsided or have voids when firing with the temporary
gun. Other arrangements use guns with special tips that
produce a uniform flame pattern when all the oil guns
are in position and operating. Changing out the oil
burner so it can be cleaned is accomplished by switching
guns one at a time. During the period that one of those
oil guns is removed there is a definite gap in the flame
pattern. While changing guns the operator should in-
crease the air to fuel ratio so the variations in fuel deliv-
ery to not produce fuel rich conditions in some portion
of the furnace.

Of course the reason we have oil guns is the tip
gets dirty so they have to be removed for cleaning.
Spare oil guns and tips are provided so you have a
clean one ready to put back in the burner to permit
continued firing. Frequently I was asked “How often
do we have to change out the oil guns for cleaning?”
The answer is always “as soon as they get dirty.” I
know that’s a flip response but there are no hard and
fast rules for cleaning burners, it depends on the oil,
contaminants in the oil, the firing rates, and the condi-
tion of the burner itself. We have to change guns and
clean the tip of carbon before it builds up enough to

start hampering atomization. You’ll be able to deter-
mine how long that is for your particular boiler,
burner and load combination.

I was in one plant that claimed they only changed
their heavy oil burners once a month. One look into the
furnace explained that. They had the atomizing steam
running so high that the flame didn’t start until it was
about eight inches from the tip. The fire was just barely
stable. I didn’t analyze the situation to see how unstable
the fire could get on load changes nor how much it cost
for all that extra atomizing steam.

I should explain that it really isn’t all carbon, the
accumulation of unburned fuel that has been heated to
drive off much of the lighter fractions and leave mostly
carbon is called “carbon” by boiler operators. Carbon is
a common problem when firing oil. It is less of a prob-
lem when firing light oils. There are many reasons for
carbon buildup on burner tips, burner throats, and the
floor and walls of a furnace when firing oil.

The most common reason for carbon buildup is
poor atomization. That can be produced by dirty oil that
plugs burners or ties up the oil like glue so it won’t at-
omize. Other reasons are using tips too large for the
load, worn tips, loose tips and tips and other burner
internals assembled improperly. One of our service engi-
neers solved a poor atomization problem on a burner by
assembling it improperly. Nobody could get a decent fire
out of the burner but he did almost immediately by
putting a couple of parts inside the mixer of the steam
atomizing burner in the wrong order.

Steam and air atomizing burners can also suffer
from condensate in the air or steam, the wrong pressure,
and blockage of the atomizing medium piping. A prob-
lem we encountered regularly with differential controls
was a significant variation in the differential at the
burner tip due to pressure drop in the oil or steam pip-
ing. Usually the problem involved lighting the burner at
low loads where the differential was so high the fuel air
mixture was always lean because the atomizing medium
broke it up too much. The solution to that problem is
adding an orifice nipple (steel bar simulating a piece of
pipe with hole drilled through it) which allows adjust-
ment of the differential at low fire to get stable firing. As
the load increases the nipple introduces a pressure drop
in the oil that increases the differential at the burner tip
as load increases.

I do know that many operators create their own
problems when it comes to cleaning oil burners; they
damage the tip so it gets dirty faster. Every hole drilled
in a burner tip comes from the factory fresh and sharp,
with a pure 90° angle between the edges of each hole
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and the face of the tip. That’s so there is a sharp separa-
tion of the oil stream as it leaves the tip. Operators that
get frustrated with the brass tools and wire brushes then
resort to steel tools and wire brushes to round off those
sharp edges so the oil stream doesn’t make a sharp break
with the tip; some of the oil tends to follow the curved
edges created by abrading the tip with steel tools and
that oil forms carbon very quickly. Save yourself a lot of
trouble and stick with the brass tools.

Coal Stokers
Don’t skip this part too quickly. We have a very

limited supply of natural gas and oil in the world but, at
our present rate of consumption, over one thousand
years of coal. Despite the many undesirable features of
coal firing it’s the one fuel that will always be available
in the future.

There are many options for intro-
ducing coal into a furnace and “coal
burner” and “stoker” provide some dif-
ferentiation. Stokers handle coal as a
solid material. Coal firing can be as
simple as a grate in the bottom of a fur-
nace with openings for the air and an
individual opening a door in the side of
the boiler to introduce the coal with a
shovel. It can be as complex as a multi-
tiered tangentially fired furnace with
over-fire air ports and re-burners.

I’ve seen a few of the first type in
small plants throughout the country and
only photographs and drawings of the
latter. I don’t expect many of the opera-
tors reading this book to be working in
an electrical utility plant which is about
the only place you will find the latter.
Since utility plants normally have good
training of their operators on those large
and complex boilers I’ll leave that to
them.

Stokers come in a variety of
forms and have basically been reduced
to under-feed, traveling grate, and
over-feed types. The difference in these
is how the coal is introduced to the
fire. An under-feed stoker pushes the
coal up into the furnace from below
the grate. The coal is removed from
storage or a hopper by a screw con-
veyor (Figure 9-57) or ram (Figure 9-
58) which pushes the coal along

through the “retort” and against the pile in the bottom
of the furnace.

As the coal is pushed up it is mixed with air en-
tering via the tuyeres (C in Figure 9-59), pipes, tubes
or slots in the grate that admit the air into the fur-
nace. The mixture is ignited by coal already burning
above the grate. The coal air mixture partially burns
on the grate and completes burning of hydrocarbons
vaporized by the heat of the furnace in the space im-
mediately above the grate. Air at the tuyeres and most
active portion of the grate is considered primary air
and is controlled by dampers supplying the air to the
primary air zone (B).

As the hydrocarbons and sulfur in the coal are
consumed the remaining ash is pushed to the edge or
sides of the grate where it can be removed by hand or
dumped (D) for removal by hand or screw conveyor. For

Figure 9-57. Coal screw conveyor

Figure 9-58. Underfeed stoker ram
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final burnout and handling high loads temporarily a
controlled flow of air is supplied to the dump grate zone
at (E) which must be reduced dramatically to permit
removing ashes from that chamber manually.

Under-feed boilers with screw feeders like the one
in Figure 9-57 are still found in homes in Pennsylvania,
Ohio, and other coal states. Ram fed boilers can be pow-
ered by steam to eliminate the need for electricity. They
are also available in sizes up to 100 million Btu by in-
creasing the number of coal feed locations in a “mul-
tiple-retort” stoker. Some people might be surprised to
learn that most of our nation’s capitol was heated by
those boilers up until the early 1990’s. Under-feed stok-
ers are capable of burning a wide range of coals and
sizes. The common specification limits fines and par-
ticles smaller than one half inch because the fines sift
through the equipment and tend to compress and ex-
pand preventing proper operation of the feeder.

Traveling grate stokers burn coal particles in the
range of one eighth to three quarters of an inch in size.
The grate (Figure 9-60) is a continuous belt of steel
chain mounted between shafts spaced ten to sixteen
feet with lengths up to twenty feet. The steel is pro-
tected from the heat of the furnace by pieces of refrac-
tory which form an external layer on the grate with
openings around each piece to admit the combustion
air. Coal is stored in a hopper on the front of the boiler
and is dragged into the furnace by the grate. The
depth of coal over the bed is adjusted by a plate in the
hopper at the front of the boiler. Proper control of air
distribution in the zones below the grate and the igni-
tion arch maintain combustion. As the coal burns
down the flaming particles under the ignition arch are
blown up by the flow of combustion air and follows
the flow of air and gas diverted by the arch so they

land on the entering coal to ignite it. That way the coal
burns from the top of the bed down to the bottom,
eventually becoming ignition particles. Ash left over
drops off the end of the grate as it makes the turn
back toward the front of the boiler.

Over-feed stokers have a grate just like the travel-
ing grate stoker. The difference is the way the fuel is
introduced. Frequently an over-feed stoker is called a
“spreader” stoker because the fuel is, to a degree,
spread over the grate. Over-feed stokers are further
classified by the height of the feeders above the grate.
‘Low set’ stokers will have feeders injecting the coal in
the neighborhood of three to five feet above the grate
while ‘High set’ stokers can be as much as eighty feet
above the grate. The grate on over-feed stokers typi-
cally runs in the opposite direction of spreader stokers,
delivering the ash to the front end of the boiler. The
coal feeders come in a variety of forms, from plates
connected to eccentrics on a shaft that toss the coal
dropped on them into the furnace to rotating blades
and rotary feeders with air blown into the feeder to
transfer the fuel into the furnace. Over-feed stokers are
designed to fire fine coal, from dust size particles to
pieces under one quarter inch. The fines are burned in
suspension over the grate and the heavy particles drop
to the grate to complete burning.

Operation of stoker fired boilers normally requires
more manpower than oil or gas fired boiler plants. The
coal has to be received, moved to storage, and moved
from storage to the “bunkers” that supply the coal to the
stoker. The considerable amount of ash has to be re-
moved from the boiler, moved to storage and loaded
into transports for final disposal. Occasional “dressing”
of the fire is required to maintain uniform combustion

Figure 9-59. Dump grate
Figure 9-60. Traveling grate
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over the bed of coal and to remove “clinkers” which are
accumulations of carbon and ash that harden into solid
deposits on the grate. Lighting a stoker fired boiler is
accomplished by building a wood fire on the grate then
introducing coal to be ignited by the wood. Cleaning the
plant of coal dust and equipment that accumulates the
fines is an ongoing task. All those activities require more
personnel. The lower cost of coal justifies the added cost
of personnel to handle it.

Coal can tend to “cake” before entering the stoker.
The large pieces of compressed, usually wet coal will not
burn completely in the furnace unless it is broken up.
Preventing caking is accomplished in the handling and
preparation of the coal. Keeping the coal dry by unload-
ing cars or trucks before it rains or snows and limiting
exposure of the fuel to water will reduce caking.

Clinkers is the name we give to chunks of un-
burned coal and ash that form in the furnace. Those
large particles can jam stokers and ash handling equip-
ment. They’re usually formed when you get low ash
fusion temperature coal or coal with a lot of dirt and
other materials in it that melt at the normal furnace tem-
peratures. They can also form when you get a hot spot
in the furnace that is higher than the ash fusion tempera-
ture (see fuels). When they form, clinkers have to be
broken up to prevent them forming a blockage in the fire
that reduces output and increases temperatures in other
areas of the grate. The operator has to watch the coal bed
and use special tools with one end inserted into the fur-
nace to break up the clinkers.

Another operation that operators perform with
coal stokers is “dressing” the fire. Despite all provisions
the coal never distributes perfectly evenly over the grate.
Dressing the bed (the layer of coal on the grate) is ac-
complished with tools like those used for clinkers to
move the coal around until the bed depth is uniform and
burning evenly.

Breaking clinkers and dressing a coal fire are activi-
ties that require on the job training and experience to do
it well. I’ll have to admit I could never do it well but I
have observed several operators that, in my opinion,
were artists when it came to dressing a fire.

Coal burners
Coal burners are principally designed to burn the

fuel in suspension so it has to be pulverized before it’s
delivered to the burner. The bottom of a furnace fitted
with pulverized coal burners will have means to remove
the ash that drops out of the fire but much of the ash is
transported through the boiler to be removed by dust
collectors on the boiler outlet. Pulverizers form an inte-

gral part of most coal burners. There are (or were, I’m
not sure there are any) plants that burned pulverized
coal from storage but most plants have an integral pul-
verizer that grinds the coal to fine powder and mixes it
with primary air to produce a fuel rich stream of air and
coal fed to the burners. The coal cannot be simply
ground down. It has to be dried as well because it does
contain water and the grind would become muddy
without drying it. To dry the coal the pulverizers are
supplied with preheated combustion air from an air
preheater or, in the case of some small plants, steam
heated air.

One type of equipment that pulverizes the coal is a
ball mill. It consists of a large drum mounted with its
axis on the horizontal and filled with cast iron balls. The
trunions (extensions at the center of the heads of the
drum which serve as a shaft) are hollow so air and coal
can be fed into one end and the pulverized mixture
leaves the other. As the drum rotates the balls are lifted
and dropped on the coal to crush it. The finely ground
particles are carried out with the heated air.

Bowl mills consist of a bowl spinning on a vertical
shaft with rollers inside that roll around on the inside of
the bowl crushing the coal that’s dumped into the bowl.
Some use balls instead of rollers. The crushed coal is
carried away by heated air directed up around the bowl.

Hammer mills use something comparable to sev-
eral metal hammers that swing freely on a shaft connec-
tion. The metal hammers pound on an accumulation of
coal to break it into fines that are carried away by the air.

Attrition mills are something like a combination of
fan and grinder with pins on the circumference of the
fan wheel that strike the coal particles to crush them.
The attrition mills have stricter sizing requirements for
feed than the others and mill capabilities vary with con-
struction and manufacturer.

The fans or blowers that transport the coal and air
mixture to the burners are called primary air fans or ex-
hausters with the latter term reserved for those that
move the coal laden air. Most installations use exhaust-
ers to limit potential leakage of powdered coal into the
plant. The fuel and air mixture exits the mill into the
exhauster inlet which discharges the mix under pressure
to the burners. In smaller equipment the pulverizer and
exhauster are all in the same housing.

What’s probably the most important part of a pul-
verizer—burner combination is the classifier. It’s nor-
mally a static device (no moving parts) that separates
large particles from the stream of coal dust and air head-
ing to the burners and returns those particles to the mill
for further grinding. The normal requirements for pul-
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verized coal leaving a classifier are at least 85% of the
coal through a 200 mesh sieve and no more than 5% over
a 5 mesh sieve. Finally, the mixture of coal and primary
air has to be fuel rich to provide a stable point for igni-
tion of the fuel at the exit of the coal nozzle.

The pulverized coal burner can be as simple as a
pipe from the mill or exhauster pointed into the fur-
nace to a cast assembly with orifices, guide vanes, and
other features that further mix the fuel and primary air
and distribute it into the fire in the furnace. Over time
the coal flow can erode some of the more important
parts of the burner to destroy baffles, etc., that produce
the mix and, more importantly, provide that fuel-rich
concentration that’s needed to get the fire started and
stabilized.

Some utility boilers are equipped with cyclone fur-
naces which use a pulverized coal with less size restric-
tion than conventional pulverized fuel burners. The
cyclone is a water cooled, refractory lined cylinder
mounted horizontally at the side of the boiler. The coal
and air is fired at very high heat release rates within the
cyclone with temperatures so high that all the ash is
melted and removed as a liquid. The flue gases exit the
cyclone furnace into the boiler furnace at temperatures
around 3000 degrees. The primary purpose of the cy-
clone furnace is reduced size of the boiler.

Modern versions of coal burning boilers are fluidized
bed boilers and circulating fluidized bed boilers (CFBs)
where the entire furnace or the whole boiler is part of the
burner. The coal is introduced as solid particles into a bed
that’s fluidized by the combustion air and flue gases passing
up through it. Fluidizing is accomplished by distributing
the air into the bed of coal over a broad area using special
nozzles through refractory under the bed. The solid particles
seem to boil just like water in a pot as the air flows up
between them. In the case of a circulating fluidized bed
the smaller particles are carried out of the furnace with
the flue gas to be captured and returned after they flow
through the boiler.

In addition to the coal the bed is fed finely ground
limestone that reacts with and absorbs the sulfur diox-
ide. The reacted limestone and gas leaves the boiler as
part of the ash instead of emissions in the flue gas. Cir-
culating fluidized bed boilers actually allow consider-
able carryover of the bed into the initial passes of the
boiler to prolong contact time of limestone and sulfur
dioxide plus increased fuel—air mixing. Cyclone sepa-
rators act like classifiers to remove the coal and lime-
stone particles from the flue gases and return them to
the furnace.

Coal firing requires consideration of the time it

takes fuel and air to mix and burn. A stoker fired boiler
will hold the coal for several minutes while the heat
breaks each particle down, evaporating the lighter frac-
tions of the fuel then converting the carbon. The furnace
must be larger to hold the inventory of fuel. The fuel for
a coal burner has to be pulverized because the particles
have little time to burn in the furnace.

One important element of coal firing is very low air
flow purges. Operators used to wide open damper full
air flow purges for oil and gas should be aware that you
can blow the boiler up if you do that with coal. There
can be accumulations of coal or coal and ash in the boiler
which a full air flow purge would lift and stir to form a
combustible (make that explosive) mixture. A purge
should be conducted at low air flows to prevent that
happening. A high flow of products of combustion can
stir that stuff up and move it without hazard because the
flue gases are inert, they don’t contain any air to mix
with the fuel.

While I’ve had time to visit a few fluidized bed
boiler plants and review descriptions of CFBs I haven’t
had an opportunity to spend enough time with them to
identify any tricks the operator should know about
them. Once again your best guidance is the instruction
manual.

Wood Burners
Wood burners vary from a campfire to burners fir-

ing sander dust. On the one extreme we have large
pieces of wood which require long retention times in the
furnace and on the other we have wood so finely ground
that it burns faster than fuel oil. There are a considerable
number of different boiler, burner, and grate designs for
burning wood, wood waste, and similar fuels.

Wood requires some special consideration if it’s
‘green’ or ‘wet’ because the moisture absorbs a consider-
able amount of heat and is capable of quenching the fire
to the point it goes out. Dry wood from lumber opera-
tions (kiln dried) planing, sawing (of dried wood) trim-
ming, and sanding burns readily and must be handled
with care because it can easily produce an explosive at-
mosphere during air conveying or handling operations
that mix the fuel with air. Most wood burning boilers
serve industries that process that wood for such things
as pine chemicals and furniture.

The fine materials, fine sawdust (some sawdust can
be chips as large as one half inch square) and sander
dust are typically fed to a burner similar to a pulverized
coal burner where the material is burned in suspension
like fuel oil. The furnace is usually also fitted with a
grate, normally water cooled because there is no layer of
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fuel to protect the grate from the heat of the furnace.
Larger materials are usually burned in a high set

spreader stoker which allows for burning of the fine
particles in suspension and the heavier pieces on the
grate. A special consideration when firing wood is con-
tamination with denser solids. Material cut specifically
for firing can contain sand, rocks and dirt. Sander dust
can contain some of the abrasive material from the sand-
ers. Those heavier and denser solids can seriously erode
the fuel handling equipment, burners, grates, and the
boiler tubes. Although some people don’t consider it
wood fuel paper plants burn large quantities of bark
that’s stripped from the wood used to make pulp for
paper. Bark is usually burned over a high set overfeed
stoker where the bark is introduced as much as sixty feet
above the grate.

Wood and wood and paper product manufacturers
have an opportunity to convert waste to fuel but in many
cases it’s less expensive to landfill the waste and burn gas
or oil as a fuel. Environmental restrictions also limit its
use. The increased cost of fuel and landfilling may change
that in coming years. There are also innovations in wood
burning systems including fluidized bed firing but those
technologies will only be applied and proven as decisions
to burn wood and wood waste increase.

Wood firing problems and how an operator can
respond to them vary with the fuel. There is usually less
ash than with coal firing but the ash can be finer and
plug up equipment more. Keeping the systems clean,
and dressing the fire of stoker fired boilers are principal
activities.

One thing that wood fired boilers have is plenty of
air. Much of the air that’s used for combustion comes
with the wood. If you think about logs you put on your
fireplace, wood stove, or campfire, you’ll recall the wood
is full of little air spaces, especially if it’s dry. There’s so
much air available that a pile of wood in a corner that
looks like it’s all burnt out ash can have glowing embers
underneath. They can also be there after several hours or
even days. Always treat any accumulation of anything in
a wood fired installation as a potential source of flame.
Stir it up and mix it with a little air and you could have
an explosive mixture, same as with coal.

I’ve been involved with four major projects to burn
wood and wood waste. They have all had their technical
and operational problems on startup but all are operat-
ing and reducing the amount of wood and wood waste
going to waste and landfills. Some processing of wood
wastes have produced specialized wood fuels (pellets)
and included material like leaves so there is more to
come in this chapter with the next edition.

PUMPS

Pumps are used to move all of the liquids around
a boiler plant and there is a diversity of designs and
arrangements for pumping that provides many options.
When engineers use the word ‘application’ it means
what the equipment is used for; applications include
feedwater pumping, condensate pumping, fuel oil
pumping, sewage pumping, etc. Over the years the ap-
plications of pumps to boiler plants has singled out a
particular pumping method and pump construction for
each service. As a result you’ll seldom find any devia-
tions in the type of pump used for a particular fluid
service.

High pressure feedwater and condensate system
pumps are usually centrifugal. Low pressure feedwater
and small volume condensate pumps are usually turbine
type pumps. Fuel oil is moved with positive displace-
ment progressive cavity pumps of the screw and gear
types. There are other options but their use is not as
common. Technological advances could alter one or
more of these general rules in the future. If only some-
one could come up with something better than a cen-
trifugal pump we could see dramatic reductions in
electric power consumption because many of the cen-
trifugals run at efficiencies less than 50%.

Pumps handle liquids, incompressible fluids, and
they’re an essential part of the boiler plant. Modern
pumps have become so reliable that operators tend to
ignore them until something fails. I’ve been in many a
plant where the pumps have been there operating for so
long that the manufacturer’s name that was formed in
the casting of the pump had corroded until you couldn’t
read it. When asked, the operators couldn’t produce an
instruction manual or anything else that would identify
the make and model of that pump.

Now that’s confidence, it will last forever so we
don’t have to know where to get one to replace it! Dream
on. Pumps don’t last forever and their capacity and dif-
ferential capability declines as they age. Their efficiency
also declines with age and pumps that are so old you
can’t read the nameplate may be using twice as much
electricity as they did when they were new or, more
likely, only pumping half of what they could originally.
Monitoring the performance of your pumps is a wise
thing to do.

Pumps are usually oversized too. I frequently dis-
cover that boiler feed pumps are selected so any one of
them can run the plant at full capacity (all boilers on)
which we know doesn’t make sense when at least one
boiler is usually a spare. Then, to compound stupidity,
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the engineer specified three or four pumps of the same
size. It’s virtually impossible for an operator to select a
pump that matches the load when they’re all too damn
big!

In many instances replacing a boiler feed pump
with one that will just barely handle a spring or fall load
will save enough electric power to pay for the pump in
one summer. When you have more than two pumps the
capacity of each should be such that it takes all of them,
less one, to carry the peak load. With three pumps they
should each handle half the peak load. With four pumps
they should each handle one third of the peak load. Five
pumps should be sized at one quarter the peak load, etc.
Since boiler feed pumps have to be capable of delivering
water to the boiler when the safety valves are blowing (a
code requirement) they’re slightly oversized anyway
because capacity picks up as the differential is lowered
to operating conditions.

Just because the pumps can be oversized don’t
ignore the possibility that an operator can compound
the problem by making logical decisions. I was in one
plant with four boilers and four feed pumps. If two
boilers were on line the operator ran two pumps. Dur-
ing the winter when there were three boilers on line…
you got it, three pumps were running. It made no dif-
ference what the boiler load was, run a boiler and run
a pump.

A quick look at the instruction manual revealed
that any one pump could supply three boilers. Savings
of electricity by only running one pump the year
round was well over $50,000.00. I think it’s now obvi-
ous that proper choices in the operation of pumps and
monitoring their performance as well as maintaining
them can make a significant difference in the cost of
operating a plant and can also justify a wise operator’s
salary. Fair warning, however, simple numbers don’t
always work.

With rare exceptions pumps are powered by elec-
tric motors or steam turbines. We say the motor or tur-
bine ‘drives’ the pump so we call them ‘drivers.’ They all
serve to rotate or extend and contract the shaft of the
pump. The energy is transmitted through a metal shaft
that connects the driver to the pump. The rotating parts
of a pump can be mounted directly on the driver’s shaft
or they can be mounted on their own shaft. When the
pump has it own shaft it is also fitted with bearings to
maintain alignment of the shaft in the casing of the
pump. Regardless of operation, rotating or extending
and retracting the shaft moves and the design of the
pump must allow it to move without allowing the liquid
to leak out of the pump.

When I was operating and maintaining pumps we
had to allow some of the liquid to leak. That’s because
all we had to keep the liquid from leaking out of the
pump in large quantities was packing. (Also see packing
under maintenance. Packing seals the space along the
shaft where it penetrates the casing to limit leakage.
Some leakage through the packing is essential to lubri-
cate the packing to shaft joint. If the packing is tightened
enough to stop or reduce the leakage too much then the
packing and shaft rub with deterioration of each.

As a matter of fact, it was so common for us to
screw up a shaft with the packing that manufacturers
started making rotating pumps with shaft sleeves to
help with that problem. The sleeve was like a pipe or
tube that slipped over the shaft and was either clamped
with other parts or threaded onto a matching thread on
the shaft so it was removable. That way, when we ran
the pump with the packing dry and tore up the shaft
sleeve all we had to do was replace it, not the entire
shaft. I’ve been in a few plants where annual replace-
ment of shafts and shaft sleeves was common because
the operators consistently tightened the packing too
much.

If you don’t know how much leakage is neces-
sary, try measuring the temperature of what leaks out
and compare it with the temperature of the liquid in-
side the pump, it shouldn’t rise more than 5 degrees.
That doesn’t work for boiler feed pumps because the
liquid in the pump would flash. Usually we look for a
tiny stream flowing out of the packing as a rule. By
tiny stream I mean something no larger than a pencil
lead. Over time you’ll learn how much you can
squeeze down on packing and learn not to go too far
because you’ll end up rebuilding the pump. The
pump will usually tell you when it’s too tight because
it will wear the sleeve or shaft until it gets enough
flow. In that case, listen to what the pump is telling
you and allow that leakage.

A pump construction ensures the packing, or
seals described below, are not subjected to discharge
pressures unnecessarily. By designing pumps with the
packing or shaft seal at the lowest possible pressure
point in the pump wear and tear on them is reduced.
Some pumps still have a seal or packing exposed to
the highest pressure and construction is modified to
reduce the effect of the high pressure. Packed pumps
will have lantern rings (Figure 5-8) which permit
bleeding off of the high pressure leakage to the suc-
tion of the pump with the rest of the packing exposed
only to the suction pressure.

In the case of condensate pumps and others that
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can operate with pressures below atmospheric, pressure
on the suction side supplied by a connection from the
discharge provides fluid to seal and cool the packing.

Modern rotating pumps are commonly supplied
with a shaft ‘seal.’ It’s a special construction with very
hard materials consisting of rotating and stationary parts
that provide the liquid seal. Those materials are ma-
chined to very close tolerances so there are only a few
hundred thousandths of an inch separate them when
operating but the two materials do not touch because a
minute amount of liquid separates them. In many cases
the liquid forms a vapor between the two wearing sur-
faces and the vapor becomes the lubricant with no leak-
age evident at the seal.

Most of them require some flushing of the seal to
keep it cool enough to operate properly, using a small
line from the pump discharge to the seal to provide
flushing liquid. When there’s an opportunity for the liq-
uid to contain small particles of rust or other solids that
could damage the seal the flushing liquid is passed
through a strainer to remove those solids providing
clean flushing liquid and extending the life of the shaft
seal.

Sometimes the flushing liquid is improperly ap-
plied. If you open a pump to find erosion around the
area where the flushing liquid is admitted check with
the manufacturer. I’ve run into more than one pump that
left the factory without a required orifice in the seal
flushing piping.

The seal materials have to be able to handle the
temperatures under those vapor forming conditions.
Some shaft seals require coolers to lower the tempera-
ture of the liquid. HTHW circulating pumps, for ex-
ample, have strainers and coolers on the flushing liquid.
Maintaining the coolers and strainers is an important
factor in keeping those pumps in operation. Care is re-
quired to keep the temperature of the liquid within an
acceptable range because it can also get too cool produc-
ing thermal shock where it mixes with the fluid in the
pump.

Alignment
When the pump and its driver are riding on sepa-

rate bearings the two shafts are connected with a cou-
pling. Rotating shafts are equipped with flexible
couplings which allow the two shafts to be centered in
their own bearings. Shafts that extend and retract can be
connected with rigid clamped couplings or a coupling
containing a bearing that allows one shaft to swing like
that for a chemical feed pump.

Proper alignment of couplings is essential for long

pump life. If the alignment is poor the coupling will
apply alternating forces to the shaft, constantly bending
it back and forth until it finally breaks if the bearings or
packing don’t fail first. I will not go into the alignment
of a reciprocating shaft pump because you should not
have to do it. If you do have to work on a straight recip
make it a point to follow the directions in the instruction
manual carefully. The following discussion on aligning
rotating pumps should give you all the clues you need
to know about what has to be done; you will still need
the manual to see how to do it right.

The process of aligning a pump and driver begins
with determining the differences between operating and
cold conditions. A boiler feed pump, for example, will
heat up when the pump is in operation so its shaft can
be higher when it’s operating. A pump and turbine com-
bination can have different changes in shaft position.
You normally do not need to correct for operating tem-
perature on most pump and turbine combinations be-
cause both will be centerline supported. That means the
pump and / or turbine are constructed with supporting
feet that connect to the pump or driver near the
centerline of the shaft. The temperature of the feet will
not change much in operation so the shaft position will
be the same whether the pump is hot or cold.

When the pump or driver is not centerline sup-
ported you should calculate the amount of growth or
relative growth, given the operating temperatures and
material of the casing and use that value in rough align-
ment then check the equipment when it’s up to operat-
ing temperature.

Alignment should be performed in a particular
order. Correct vertical angular alignment (Figure 9-61)
first; vertical height (Figure 9-62) second, horizontal an-
gular alignment third and horizontal alignment last.
Those last two steps are done the same as the first two
but they don’t require shimming.

You’ll need shim stock of varying thicknesses.
Commonly that’s thin sheets of brass (preferably) or
steel in varying thicknesses. Normally you’ll need some
materials in 10, 5, 2, and 1 mil thicknesses. (A mil being
one thousandth of an inch) but occasionally thicker
pieces are required. Of course this assumes that the
pump was reasonably aligned in the factory or before
you started on it to begin with. Sometimes it takes some
major pieces to rough in before you can start dealing
with the thinner pieces.

Shims should be prepared as shown in Figure 9-63
so they can be slipped under the supports of the driver
(normally) and around its anchor bolts. It’s important to
make the slot at least a sixteenth larger than the anchor
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bolt and to be careful with their installation so they don’t
interfere with bolting. When aligning pump and turbine
it’s sometimes easier to align the pump to the turbine.
An electric motor does not have any connecting piping
so it’s easier to move the motor to achieve alignment.

If you are trying to align a pump to resolve some
wear or other problems that indicate misalignment but
don’t find any problems with cold or hot alignment be
aware that a pump casing can be deformed by applica-
tion of piping expansion stress at the pump nozzles. If
that’s the case aligning the pump again isn’t going to
solve the problem.

The base the pump and driver are mounted on also
have to be firm. If the base can flex it will allow vibrating

misalignment which usually results in coupling or bear-
ing failure in a short period of time. I remember being
asked to look at a pair of condensate booster pumps,
fairly large ones, because their couplings were con-
stantly failing. The owner wanted me to recommend a
coupling that wouldn’t fail. I told him I didn’t think any
coupling would work until he filled the base with grout
as specified by the manufacturer. The base was sus-
pended above the housekeeping pad by about an inch,
held up only at the four anchor bolts in the corners of
the base. A quick setup of a long ruler over a pivot next
to the base showed how much it deflected when I simply
put my foot on it. The base has to be solid and not bend
before you start worrying about alignment.

There are many different methods of pump align-
ment and which one you use is dependent on the speed ,
power requirements, and size of the pump. As speeds,
power, and size increase the precision of alignment be-
comes more important. That doesn’t mean that the
smaller pumps should not be carefully aligned, only that
the cost of the pump may be so low that the cost of preci-
sion alignment is higher and you can afford to replace
the pump more often than you can afford to align it.

The typical small pump is fitted with a coupling
consisting of two metal halves with a rubber insert (Fig-
ure 9-64) The common method for aligning these pumps
is to place a small metal ruler along the side of the cou-
pling as shown in the earlier figures and adjusting until
the rule shows the two coupling halves to be in line.
Holding the rule as shown and holding a light behind it
is the best way to see any gaps between the rule and the
coupling halves. Turn the shafts 1/4 turn and repeat the
reading three times when you get close to the end be-
cause this doesn’t correct for couplings that are bored off
center or where rough surfaces produce errors.

To determine how much angular adjustment is re-
quired you have to compare the length of the coupling
half to the spacing between the motor mounts. You ei-
ther eyeball the distance or slip varying thicknesses of
shim stock in the gap between coupling half and ruler as
shown in Figure 9-65 then calculate the required adjust-
ment by the ratio of coupling half length to driver mount
distance for vertical angular adjustments.

To correct the 2 mil difference over the coupling
half as shown in the figure where the coupling is 1-1/2
inches long and the driver mounts are separated by 6
inches you’ll need to adjust the shims at one end of the
motor mount by 8 mils (2 * 6 ÷ 1.5). Be careful when you
discover a vertical angular misalignment, it can mean
that some of the shims got knocked out from only one
foot of the driver.

Figure 9-61. Angular coupling alignment

Figure 9-63. Shims

Figure 9-62. Coupling offset alignment
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Sometimes one mount is loosened and the shims
are shaken out, I can recall finding loose shims in and
under bases many times. When starting with a previ-
ously aligned pump it’s always a good idea to loosen all
the anchor bolts of the pump and driver and see if either
rocks in any direction. Correct any rocking first or you
could distort the pump or driver frame which is worse
than misalignment for the bearings. It could even crack
the motor housing.

Once you’ve resolved any vertical angular misalign-
ment all the driver mounts should be level and further
adjustments involve adding or removing the same
amount of shim stock under each of the feet. Be careful
when performing the vertical center alignment because
you can add or remove different thicknesses of shims.

The best thing to do is use a micrometer (Figure 9-
66) to measure the shims to be certain you’re altering
each foot the same. If you don’t have a micrometer use

Figure 9-64. Small pump coupling

Figure 9-65. Aligning small cou-
pling with ruler (show 1-1/2 inch
coupling, 6-inch motor mount)
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the ruler and light to compare the pieces of shim stock.
Before you work on horizontal alignment check the ver-
tical with the driver bolted down on the shims. Some-
times the shims can compress a little more or less to alter
the alignment.

Once you’ve got vertical alignment down the jobs
simpler because you don’t have to mess with the shim
stock. It is, however, hard to retain angular position
horizontally while you’re trying to correct centerline
alignment. I always preferred the light hammer
method. Once I got the pump close I used a small
hammer to tap the feet. Once you get used to it you’ll
discover about how hard you have to tap to get a
movement of one mil. Tapping both feet on one side
consistently will shift the driver the same amount to
retain angular displacement.

For better precision in aligning a pump and
driver… Okay, I’ll relent, I should say aligning a cou-

pling because that’s what we always say. You really
aren’t aligning the coupling, you’re aligning the shafts of
the pump and driver but we still say we’re aligning the
coupling. Anyway, better is done with a dial micrometer
(Figure 9-67) which eliminates problems with poorly
machined couplings and provides hard readings instead
of eyeballing it. You determine the error by clamping
mounting bars furnished with the micrometer to hold it
relative to one coupling half while the micrometer stub
(sticking out at the bottom left of the figure) rests against
the half coupling attached to the other shaft, zeroing the
micrometer, then rotating the shafts to take a reading 180
degrees from the original one.

Zeroing the micrometer is accomplished by sim-
ply grabbing the dial and twisting it until the zero is
centered under the needle. In this case you use twice
the distance from the center of the shaft to the contact
point of the micrometer instead of the length of the
coupling to determine the ratio. Usually the ratio is
close to one, making life a little easier, just use a shim
matching the reading.

There are more precise methods using laser equip-
ment and computers but that’s best handled by a con-
tractor that specializes in alignment. You have to align a
lot of pumps in order to justify the cost of a laser align-
ment system.

NPSH
It stands for ‘net positive suction head’ and despite

it being one of those terms that we engineers use it’s
absolutely essential that an operator understand what it
is and how it relates to the operation of pumps. In many
a discussion we’ll use the term to mean one of two
things without clarifying it and in other cases we’ll
clarify that NPSHR is the ‘required’ suction head and
NPSHA is the ‘available’ suction head. Now let’s get
down to what they are.

Suction head is the pressure at the inlet of the
pump produced by two things, the height of the liquid
above (below) the centerline of the pump and any pres-
sure acting on the surface of that liquid. When the pump
is running the suction head has to account for the pres-
sure drop in the suction piping so it will be a little lower
when the pump is running. It will also decrease as the
flow increases.

Why is NPSH important? When the available head
isn’t adequate the liquid in the pump will begin to boil,
small bubbles of gas will form in the suction. If enough of
them form the pump will be ‘vapor bound’ and can’t
pump any liquid. Once a pocket of vapor forms the pump
contains compressible gas, not incompressible liquid. The

Figure 9-66. Measuring shim stock with micrometer

Figure 9-67. Dial micrometer
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pump parts either spin in the vapor producing no pres-
sure or the vapor will constantly compress and expand.
The net result is the pump stopped pumping. In some
cases this will cause a surge of discharged liquid back into
the pump which then gets pumped out again and that liq-
uid surging back and forth damages the pump.

Sudden formation of vapor in a pump driven by a
steam turbine will result in rapid over-speeding of the
pump and turbine. Occasionally that happens so fast
that the turbine over-speed trip can’t respond before the
turbine blades start flying out of the casing!

When the bubbles start forming they will collapse
later when the pump increases the pressure in the liquid.
In centrifugal and turbine pumps the result is bubbles
forming then collapsing and the liquid rushing in, to fill
the voids as bubbles collapse, hammer away on the parts
of the pump. We call that ‘cavitation’ and it’s evident by
a small to fair amount of noise that you can hear. It’s also
evident when you dismantle the pump. You will see
heavy wear consisting of lots of tiny indentations where
the bubbles collapsed. To prevent pump damage you
have to be sure you have adequate NPSH.

The NPSHA is the difference between the suction
head and the vapor pressure of the liquid. To get away
from the math let’s assume a pump submerged to its
centerline in a tank of boiling water at sea level. Since
the water level is right at the inlet the suction head is
zero gage, 15 psia. Since the water is boiling the vapor
pressure is 15 psia and the NPSHA is zero. By submerg-
ing the pump in the tank so its centerline is four feet
below the surface and there’s no suction piping to pro-
duce friction, we increase the NPSHA to four feet.

I should also explain what happens when the wa-
ter is colder. Lets assume our pump is in a tank of con-
densate at 162°F. The vapor pressure at that temperature
(check the steam tables, is 5 psia. Subtract from 15 psia
to get an additional 10 psi of pressure that the suction
can drop before the water boils. Checking the head
tables we find that the 10 psi converts to about 23 feet
and we can add that to the four feet the pump is sub-
merged to get an NPSHA of 27 feet.

To help explain how a centrifugal pump can lift
water out of a lake once it’s flooded, the NPSH of water
at 60 °F is minus 14.5 psig equal to 33.5 feet. A pump can
lift 60° water that far before it will start boiling. Of
course the pump can’t pump the air out so you’ll have
to install a foot valve in the lake and fill the piping and
pump casing with water to get it started. Once it’s
started it will pump the water.

Now, back to the two additional labels. The
NPSHR is specified by the pump manufacturer for the

design operating condition and is usually shown on
the pump curves. It’s the required NPSH for that
pump at the rate of flow. Some of the requirement is a
function of how much the liquid has to accelerate at
the inlet of the pump impeller because some of the
static pressure of the suction head has to be converted
to velocity pressure to get the liquid into the impeller.
The NPSHA is what’s available, the actual NPSH at
the inlet of the pump. That value always has to be
higher than the NPSHR.

Operating a pump when the level in a tank it’s
taking suction on is too low can result in serious dam-
age to the pump. Allowing a pump to continue oper-
ating when the suction head is inadequate doesn’t
make sense. If the tank is almost dry there’s nothing
there for the pump to move anyway, shut the pump
down to prevent it being damaged. Remember priority
number three?

I’m not talking about short term conditions here
because I know we occasionally run a pump to the point
of losing liquid. Stripping a fuel oil tank before cleaning
is one example. In that case you should be prepared to
stop the pump the instant it loses suction so you limit
the potential for damage. I’ve cleaned all the metal shav-
ings out of many a fuel oil strainer after somebody let a
pump run for several minutes after the tank went dry.
Then I helped rebuild the pump.

You’ll notice on the pump curves that the NPSHR
increases as the flow through the pump increases. Throt-
tling the discharge of a pump to reduce the flow will
also reduce the NPSH required and can stop a pump
cavitating. Although this is occasionally required under
unique operating conditions it shouldn’t be the normal
case. If you have to operate the pump at the lower suc-
tion head then you would do well to have the impeller
turned down to reduce its capacity and horsepower re-
quirement.

Cut it down! What’s that about? It’s a way of mak-
ing a pump fit its application better. It can’t always be
done. However, in many cases it’s something that
should have been done and wasn’t. If someone simply
orders a new impeller giving the manufacturer nothing
but the pump model number they could very easily get
a full size impeller, not one that was trimmed for the
application. You can tell what your impeller diameter
should be by the pump curve that came with the original
instructions.

Pump Curves
Pump curves provide answers to a lot of questions

about our pumps. If you feel compelled to throw out a
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lot of unnecessary paper never include pump curves in
that group. How much liquid can be pumped under
varying differential pressures is the most important line
on a pump curve. Any pump curve will normally have
several of those depending on different construction and
operating conditions. As stated above, the NPSH
(NPSHR understood) will be shown when it’s important.
The pump will also have horsepower lines or efficiency
lines or both. Either the horsepower or the efficiency will
permit calculation of the other value because there’s a
standard formula for hydraulic horsepower.

The flow-differential curve is the first one to look
for. In many cases they will be the darkest lines on the
paper. The normal form of a curve lists the differential
on the left side of the curve and the flow on the bottom.
Differential is typically listed in feet, meaning head, and
you have to convert that value to psi to see how much
pressure boost you can get out of the pump. Some
curves will show psi because the pump isn’t affected
much by density. The rate of flow is normally listed in
gallons per minute but don’t be surprised to see gallons
per hour or hundreds of gallons per minute. If there’s no
label you should be able to safely assume gpm.

Now I know that you’re going to find most curves
will have several lines. There are several lines because
the pump can pump more than one type of liquid and
some have variations in construction. The typical cen-
trifugal pump, where the curves are almost always for
cold water, will have different lines for the choices of
impeller diameters. Normally the curve is marked with
the design point so you can see what diameter impeller
was installed in your pump, otherwise you’ll have to
look elsewhere in the manual to find out what size im-
peller you have.

Once you’ve identified the line you can tell what
the differential pressure will be for a given pumping
volume. Sometimes it’s valuable for determining how
much you’re pumping based on the difference in pres-
sure. Other curves will address characteristics of the liq-
uid. Fuel oil pumps, for example, will have a number of
lines on the curve for different viscosities of the oil.

Unless specifically stated to the contrary a pump
curve is supplied to show the flow and differential char-
acteristics pumping cold water at 32°F and a density of
62.4 pounds per cubic foot. That provides a basis for
determining the differential pressure at other fluid den-
sities. Since we seldom pump ice water you have to
adjust the head characteristic of a pump curve to deter-
mine the actual differential pressure which will always
be lower than what the curve indicates. This gains some
importance with water at high temperatures and is im-

portant for things like boiler feed pumps.
Boiler feedwater at 227°F (a common temperature)

is not as dense as ice water, it only weighs about 59.4
pounds per cubic foot and while pumping that lighter
feedwater the pump will only produce 95.3% of the dis-
charge pressure that’s produced when pumping ice wa-
ter, enough to be significant when operating at high
boiler pressures. It’s also important to note that centrifu-
gal pumps are volumetric machines, they pump so many
gallons, not so many pounds so the 95.3% should also be
applied to any calculation that converts the gallons per
minute to pounds per hour.

The horsepower or efficiency lines are primarily
used by engineers in selecting pumps, trying to buy the
one with the lowest operating cost. At least that’s what
it should be. You, on the other hand, can use those
curves to get an idea of the best mix of pumps for a
given operation or to provide answers to problems with
the pump. You may have a choice of running one or two
pumps and decide that running one should be more
efficient. While that’s a logical decision it isn’t always
the case. Running one large pump far out on its curve
could be less efficient than running two smaller pumps
because they’re operating at a better efficiency.

I always tell this story to make an important
point regarding pump efficiency. I was asked to look at
a problem with boiler feed pumps at a major laundry
in Washington, DC. The owner complained that he
was replacing the pumps every six months. They
didn’t sound too bad but it was obvious that they
were cavitating during normal operation. A look at the
pump curves and installation revealed inadequate suc-
tion head was the problem. I searched catalogs for al-
ternates and submitted a recommendation for
purchasing different pumps for two reasons. One was
the NPSHR of the recommended pumps was less than
what was available. The other reason was the new
pumps did the job at 3.5 horsepower and the existing
pumps took 7.2 horsepower. Yes, there is that big a
variation in pump efficiencies. The savings in motor
horsepower was worth $1,480.00 per year. The owner
balked at my recommendation because the new pumps
cost twice as much apiece, $2,500.00 more than the
ones he had. To this day I don’t know what happened
because I was never called back to the site. If he had
installed those expensive pumps he would be avoiding
the $6,480.00 he had been spending for horsepower
and replacement pumps every year. If you have any
opportunity to choose a pump be conscious of power
requirements in addition to NPSH.

Another point to consider in using pump curves is
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the occasional use of a pump for a purpose other than
originally intended. You can use the curves to see if the
pump will work and make certain you don’t overload
the motor.

I did say there’s a standard formula for pump
horsepower. There is, it’s called Hydraulic Horsepower,
is also called theoretical horsepower, and it can be calcu-
lated by multiplying the flow in gallons per minute by
the head in feet and dividing by 3960. If the liquid isn’t
water at 8.33 pounds per gallon, multiply by the specific
gravity of the liquid. Note that it’s theoretical horse-
power. Divide by the pump efficiency to get brake horse-

power, the amount the driver has to produce. If you
don’t know the efficiency use 33% (multiply the theoreti-
cal horsepower by 3) to be safe.

Reciprocating Pumps
Many boiler plant applications were predomi-

nantly served by reciprocating piston pumps until the
middle of the 20th century when multi-stage centrifugal
pumps displaced them. For that matter most of the liq-
uids in the plant were moved by the standard duplex
reciprocating pump (Figure 9-68) which was the main-
stay of the power plant at the beginning of that century.

The pump, powered by steam from the
boiler, was capable of producing very
high pressures and, despite the recipro-
cating operation, produced a reasonably
constant output.

The pressure differential of the
pumped liquid is determined by the dif-
ference between the steam supply and
exhaust pressures and the ratio of the
cylinder areas. The maximum pressure
that could be produced, an important
consideration for selecting valves and
piping materials, is the area of the face of
the steam piston less the area of the con-
necting rod times the difference in steam
supply and exhaust pressures divided by
the area of the fluid piston less the area of
the connecting rod (Figure 9-69).

There were, and still are, single
piston pumps consisting of one steam
cylinder and one fluid cylinder but it
was difficult to adjust them so they

would operate continuously, occasionally hanging up
at one end of the stroke or another. Most of those were
larger pumps used for fuel oil and ballast (water)
transfer aboard the ships. The duplex pump practically
eliminated problems with the pumps hanging up be-
cause the stroking of one piston tripped the valve to
reverse the other. It’s difficult to see in the photograph
but the linkage attached to one shaft operates the con-
trol valve for the other. A significant problem with
these pumps was the lubrication which tended to get
into the condensate and then into the boiler. They also
had a lot of sliding parts that would wear and re-
quired constant maintenance. Internal or external check
valves also slammed open and shut with eventual
wear and breakage.

Another form of reciprocating pump that can still
be found, principally in boiler feed use is a three pistonFigure 9-69. Areas of pistons for pump pressure

Figure 9-68. Duplex
reciprocating pump
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eccentric cranked motor driven pump. The pistons are
solid so they only pumped in one direction. Each of the
three pistons operated off a different crank arm so the
output was a little more uniform. The balance of pistons
and a heavy counterweight on the shaft helped reduce
the motor load from the imbalanced forces. A feature of
the pump is control of the valves to vary capacity. The
suction valve is held open on the discharge stroke (push-
ing the liquid back into the suction) for varying degrees
of rotation to vary the amount of water pumped. If you
think it an antiquated way of doing things I can only say
that the first nuclear merchant ship, the Savannah, had
one of those pumps for boiler feed.

The only reciprocating piston pump you’ll nor-
mally find in a modern boiler plant is a chemical feed
pump. Usually the piston is pumping a hydraulic fluid
that transfers energy to the liquid being pumped using
a diaphragm (Figure 9-70).

The capacity of a reciprocating pump is easy to
determine. It’s equal to the area of the piston times the
length of stroke times the revolutions per minute if it’s
single acting. If it’s double acting, where the liquid is
admitted to and pushed out from both sides of the pis-
ton it’s twice that much less the cross sectional area of
the shaft times the length of stroke times rpm.

Reciprocating pumps are positive displacement
pumps. That’s a term we engineers use to mean that
plastic, wood, metal, or whatever the pump is made of
displaces (moves into the space that was occupied by)
the liquid to move it through the pump. The steam pow-
ered duplex pump had some balancing features because
the pressure on the liquid couldn’t exceed the difference

between the steam supply and exhaust pressures times
the ratio of the areas of the pistons. That pump would
simply stop if the pressure on the liquid got too high.
Motor driven pumps seldom simply stop, they produce
very high pressures because the motor’s torque increases
as it slows down. Usually the motor starter will trip but
there are many reports where the pump or piping rup-
tured when someone accidentally started a pump with-
out opening all the valves in the system.

To prevent damage of that nature and motor start-
ers tripping or motors burning up a relief valve should
always be installed at the discharge of a positive dis-
placement pump. If it’s reasonable to believe the flow
through the relief valve will always be of short duration
then the relief valve can dump the liquid back into the
pump suction piping. It’s always possible that the pump
could be operated for some time pumping the same liq-
uid and all the power will be diverted to heating up that
liquid so it’s better, whenever possible, to route that liq-
uid back to a tank or sump where there is a larger mass
of liquid to absorb the heat.

A final note is appropriate before discussing spe-
cific types of pumps. Any of them can be run backwards.
Some, like centrifugals, can appear to operate, just not as
well as with proper rotation. Gear and screw pumps will
tend to pump the liquid in the opposite direction.

I’m reminded of the time I was asked to look at a
fuel oil pumping installation that, for whatever reason,
couldn’t produce more than 30 psig. After arriving at the
plant and introducing myself I looked at the oil system
with special attention to the pumps. There was one odd
provision, at least odd in my mind, because the check
valves were on the suction side of the oil pumps. Check
valves are normally mounted on the discharge because
they will stop flow back to the pump if you stop it for
something like packing failing. A pump with the check
on the suction side will not prevent leakage through
failed packing.

As I followed the lines to the boilers I noticed the
back pressure regulator in the overhead piping, found a
ladder to climb up and looked at the regulator and
valving. I wanted to be certain the bypass valve had not
been left open but didn’t tell my escort that. When I got
up to where I could see I noticed the pressure gage at the
inlet of the regulator read 30 psig. After I made certain
the manual isolating valves were open, I opened and
closed the bypass valve. The gage still read 30 psig!
When we returned to the pumps I asked the escort to
start one and was informed that he couldn’t do it with-
out an electrician and there were no electricians on the
job that day.Figure 9-70. Piston chemical feed pump
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Dumfounded and concerned that I couldn’t learn
much more without operating the pumps I was asking
him what happened when they tried to run the
pumps. He claimed they made a lot of noise and
some oil leaked out of the check valve as he pointed
at the seam at the bonnet of the valve. When I told
him that the pump was obviously running backwards
he became very belligerent, telling me I didn’t know
what I was talking about, that he checked the rotation
himself, and that couldn’t possibly be the problem; be-
sides, how could I know because I hadn’t seen the
pump running.

If you’re now a wise operator I’m sure you al-
ready know how I knew. He proceeded to show me
how he had determined the rotation, using a logic ap-
propriate to a centrifugal pump, which was wrong for
the crescent gear pump we were looking at. I sug-
gested several times in the discussion that he would
discover I was right if he looked at the instruction
manual. Finally, showing signs of rage, he stepped over
to the center pump, yanked away the envelope that
was still wired to the motor lifting eye (as at all three
pumps), extracted the instructions, flipped through the
pages until he found a graphic, and pointing at the
graphic approached me saying “see, right here it
shows…” He suddenly stopped, turned to look at the
pump again, shrugged and said “I’ll get it changed to-
morrow” then walked off. There’s many a lesson in this
story but making sure the rotation is correct on your
pump is the one you should get right now.

Centrifugal Pumps
Our most common pump, the centrifugal, ac-

quired that position for reasons other than efficiency
and energy costs. In my experience it is also misap-
plied more than any other pump. The range of effi-
ciency of pumps in service, again in my experience,
runs from 30% to 70%. Now that has to be one serious
variation, a pump at 30% efficiency will use 2.33 times
as much energy as a pump operating at 70% efficiency.
I told the story in the section on NPSH that reflects the
differences that can exist in pump performance and it’s
primarily with centrifugal pumps. Why is there such a
variation? Because engineers, contractors, and or own-
ers all either ignore those significant differences or are
so intense on lowest first cost that they’ll choose a
pump that will chew up all the difference in first cost
in comparison to an efficient pump in less than a year
or two.

I’m an energy engineer and I’ve evaluated pumps
for power costs for years but I also seem to be a voice

crying in the wilderness because I keep finding them
and continually encounter people that will purchase that
cheaper pump anyway because the power cost isn’t their
problem. I’ve covered the matter in the previous para-
graphs and I hope you learn to apply this knowledge of
pump power requirements to operate your plant wisely
even though, in normal situations, you have been given
inefficient junk to operate.

If a centrifugal pump was installed in connecting
piping with no valves and stopped the liquid would
flow right back through the pump because there are no
suction or discharge valves to block that flow. Some
operators have a problem understanding how the pump
even works. Centrifugal pumps simply grab the liquid
and throw it. The impeller flings the liquid into the vo-
lute of the pump (Figure 9-71) where the velocity pres-
sure is partially converted to static pressure and
delivered to the discharge. To get an idea of its operation
go to the kitchen, fill a pot or bowl half full of water, and
start stirring it with a spoon. Stir the water in one direc-
tion ( a pump only runs in one direction) and you’ll
notice that the level of the water in the bowl will vary
from low in the middle to highest at the outside of the
bowl. That difference in level is the head of your bowl
pump at shutoff.

Stir faster and the head goes higher and when you
spin it fast enough the water starts coming out of the
bowl. Setting it under the spigot to add water and stirring
it fast enough so the water spills out at the same rate
you’re adding water and you have a simple version of a
centrifugal pump. Note what happens when you do vari-
ous things with the spoon and you’ll have a pretty good
understanding of how a centrifugal pump operates.

A centrifugal pump does not move a fixed volume
of liquid like a reciprocating pump. The amount of liq-

Figure 9-71. Centrifugal pump impeller and volute



260 Boiler Operator’s Handbook

uid moved varies with the differential. The flow of water
pumped from a tank will vary with changes in the
height of water in the tank or the discharge pressure at
the outlet of the pump. If you open the spigot on the
sink up so more water flows in and don’t change the rate
you’re stirring it you will see more water flowing even
though you aren’t doing any more work. It might help to
realize that a centrifugal pump simply boosts the pres-
sure a certain amount and that boost is related to the
flow of water through the pump. You can stop stirring
the water in your bowl and it will still overflow once it
has filled. You can also vary the difference (head) you’re
creating by changing the speed at which you stir it.

Back from playing in the kitchen sink? Good. I
trust you now understand that there is no such thing as
a limit on the flow through a centrifugal pump; the high-
est possible flow is much more than the design value
and the minimum is zero. Without check valves in the
discharge piping a higher external differential pressure
than the pump can handle will result in flow backwards
through the pump. The actual flow rate is dependent on
the performance of the pump itself and the difference in
pressure between suction and discharge.

Oh there’s a design point, a flow and differential
that the engineer calculated for selecting the pump and
that’s usually indicated in the manual and on the pump
curve. What you, as an operator, have to deal with is the
actual flowing conditions. The odds that the actual con-
ditions are precisely the same as the design conditions
are between slim and none.

A feature of centrifugal pumps that’s frequently
forgotten is the use of wear rings (Figure 9-72) The space
between the casing and the eye of the impeller is all that
separates the suction and discharge pressure zones of
the pump so some water has to bleed back through that
space because they can’t rub. As the pump is used small
particles in the liquid and the liquid itself can erode the
material on either side of that gap and provision of wear
rings makes it possible to restore a pump to a like-new
condition by simply replacing the wear rings. The casing
wear rings, right one hanging loose in the photo, are
keyed to set in the casing and not rotate. The impeller
wear ring is heated then inserted onto the end of the
impeller where it shrinks on for a tight fit.

No, a strainer in the suction piping (standard re-
quirement for most pumps) does not remove the small
particles that erode the wear rings; the strainer does re-
move pieces that would jam between them. Usually a
pump with wear rings will also have a shaft sleeve. I
should mention that you should be cautious when re-
placing wear rings and anytime you reassemble a split

case pump because the outer wear ring can be distorted
when the two halves of the pump casing bear down on
it. Always make sure the pump rotates by hand as
you’re drawing up on the bolts that hold the two casing
halves together. Also, don’t install a thicker gasket on a
pump simply because you don’t have the right thickness
on hand, that will create gaps between the outer wear
ring and casing where erosion can cause problems. Too
thin a gasket will normally bind the pump up.

You’ll find a lot of variety in centrifugal pumps
depending on their application. The pressure differential
they can produce depends on the density of the liquid
being pumped and the speed of the tips of the vanes in
the impeller. To make a pump operate at a higher differ-
ential pressure with the same liquid the diameter of the
impeller is increased. Once the impeller’s maximum di-
ameter is reached a faster motor is used. As the impeller
diameter and speed increases the stress on the metal gets
higher so there are practical limits on the pressure boost.

If a larger differential pressure is required the
pump is supplied with additional impellers. We call
them ‘multi-stage’ pumps. The pressure is increased a
little in each impeller which, along with its volute and
share of the casing constitutes a stage. That way high
pressures can be developed without making pumps of
very large diameter.

Since the eye (inlet of an impeller) is exposed to
suction pressure at that stage and the rest is exposed to
the discharge pressure of that stage there’s a difference

Figure 9-72. Wear rings
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in axial forces on the stage (Figure 9-73). In single stage
pumps holes are drilled through the back plate of the
impeller and a second set of wear rings added to balance
the pressure. (Figure 9-74) In multi-stage pumps the
stages are reversed on the shaft (Figure 9-75) so the im-
balance of one stage is opposed by the imbalance of
another. Some pumps with vertical shafts are designed
so the axial thrust helps offset the weight of the shaft
and impeller. Despite the best design, there’s no guaran-
tee the pump will not see some axial forces so one end
or the other is always fitted with a thrust bearing. If the
pump is cantilevered off a single bearing it’s also the
thrust bearing. As pumps wear the direction of thrust
can change so one excellent measure for pump condition
is the axial position of the shaft when you can get at it
to measure it. Taking initial measurements of how much
a shaft shifts along its axis (using a dial micrometer)
before it’s ever operated provides baseline measure-
ments for bearing wear. Take them anyway if the pump
is in good shape then compare them every year or two
to check for wear.

Your first clue of potential operating problems with
a pump is the shape of the curve. If the curve has a
negative slope at all times you should not have any
operating problems with it under most circumstances.
Slope is a value equal to the change in differential di-
vided by the change in flow at any point on a curve,

indicated by a line tangent to the curve at the point
you’re looking at. If the differential is always decreasing
the pump is easy to handle. A lot of pump curves have
a positive slope as the flow approaches zero. The curve
will have a hump in it where the slope is zero (differen-
tial doesn’t change) at the top. The curve will have a
positive slope (differential decreasing) to the left of the
hump where flows are lower.

Anytime you’re operating at a point close to or to

Figure 9-73. Axial forces on centrifugal pump

Figure 9-74. Back pressure with wear rings on centrifu-
gal pump

Figure 9-75. Opposing stages of centrifugal pump



262 Boiler Operator’s Handbook

the left of that hump the pump’s operation may be un-
stable. It may be unstable because, for one set differential
across the pump, you have two possible flow rates. If the
system somehow maintains a constant differential for
those two flows the pump will not align with one or the
other, switching back and forth between the two points.
When a pump does that we call it ‘surging’ and it’s usu-
ally accompanied by a lot of fluid noise in the pump and
system to inform you it’s going on. Multi-stage pumps
can oscillate along the axis of the shaft when surging and
that’s another thing to look for when monitoring the
operation of a centrifugal pump.

Someone is bound to say they have a pump with
that curve shape and don’t have a problem with it. I
know there’s many a situation where the hump in the
curve is no problem. That’s because the change in flow
normally produces a change in pressure drop through
the system. You’ll remember in the chapter on flow
where we found the change in pressure drop is propor-
tional to the square of the change in flow. With that
knowledge and some actual operating conditions you
can spot the system flow curve on a pump curve to see
when the problem of surging will occur.

First you look at the difference in pressure when
there’s nothing flowing, a piece of data that’s not always
easy to measure. Then note differences in pressure in the
system to find the loss due to flow at some point. Draw
a system curve on the pump curve by starting with the
difference in pressure when nothing’s flowing then add
the pressure drop for corresponding flows to continue it.

The curve in Figure 9-76 is a sample of a boiler feed
pump curve with a couple of system curves plotted on
it. The system curve ‘A’ is for a normal plant. The system
curve ‘B’ is for a condition with very low system pres-
sure drop between pump and boiler, one with a feedwa-
ter control valve that’s wide open for some reason. You’ll
note that there’s no one flow rate where the slope of
system curve ‘A’ and the slope of the pump curve are
close to each other. The slopes of the pump curve and
system curve B are very similar and that’s where things
get unstable because a change in flow that increases the
pressure drop in the system also rides up the pump
curve to increase the pump differential by the same
amount.

The rule of these curves is that the operating point
is where the system curve and the pump curve intersect.
It’s the only point where both the pump and system
have the same characteristics. If, however, one or the
other didn’t change then the flow through the system
would be constant and we couldn’t control the water
flow. A control valve somewhere in the system or the

differential at zero flow (the point where the system
curves intersect the zero flow line) has to change to vary
the flow. Picture the system curves being shifted up and
down by the operation of the flow control valve and
you’ll notice how a curve like the one labeled B can hit
two points on the pump curve.

If you have a problem with a surging pump this
should be a clue to you on how to handle it; simply
increase system resistance when operating at the lower
loads by throttling a valve someplace. Alternatively,
open a bypass line to recirculate fluid so the flow
through the pump is beyond the hump of the curve
where the slope is negative.

Recirculation of some fluid is typically recom-
mended for centrifugal pumps that can be operated
during periods of system flow stoppage to prevent over-
heating the pump or the fluid. If system flow is stopped
the water simply churns in the pump, soaking up all the
motor horsepower that is used by the pump in that con-
dition (all inefficiencies) to raise the temperature of the
pump and fluid. If the fluid can take the high tempera-
tures it’s possible that the heat will distort the pump or
weaken the pump shaft until it springs off center or
starts rubbing moving parts on stationary ones, and fails
dramatically. If the pump can take the heat the next
problem is the vapor pressure of the liquid in the pump.
Once the temperature exceeds what matches the vapor
pressure of the liquid then the liquid will start vaporiz-
ing, creating cavitation first, then flooding the pump
with vapor.

Operating under shut-off can happen regularly

Figure 9-76. Boiler feed pump curve (A and B (no
hump, hump, show horsepower)
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with boiler feed pumps so you’ll frequently find a recir-
culating line on a centrifugal feed pump that returns
some water to the deaerator or boiler feed tank. On most
jobs the line has an orifice between the connection at the
pump discharge and an isolating valve on the recircula-
tion line. The orifice is sized to bleed enough water off
the pump to limit the temperature rise when the pump
is operating in system shutoff conditions. If another ori-
fice is installed in the piping before the deaerator or feed
tank (included in the sizing to prevent pump and liquid
overheating) there’s an added advantage to these sys-
tems because you can use the recirculating line of an idle
pump to bleed some liquid back through it and keep it
hot so it’s ready to operate the moment it’s started.

On the other hand, that’s no small amount of wa-
ter! If the engineer didn’t include that flow with the
design capacity of the pump you might find yourself
short of pump capacity at high loads. However I’ve only
encountered that problem once because the pumps are
normally oversized. Engineers usually oversize pumps,
including the recirculating flow before applying a safety
factor. What that flow represents is a lot of electrical
energy to replace steam energy. The power used to
pump that liquid heats it up but electric power to do that
costs a lot more than the fuel.

This is one place where an operator can reduce
power costs. As long as the loads are such that the feed-
water valves should always be open, shut off the recir-
culating line. The pump will back up on the curve,
producing a little higher feedwater pressure, and the
horsepower consumption will decrease. Open the valve
when loads are low and periods of shutoff are possible.
You won’t save electricity then, but you will save on
demand because forced draft fans and other equipment
are at lower loads when you reinstate the recirculating
feedwater pumping load.

I should mention that there are feedwater systems
that recirculate large quantities of water to maintain a
constant feedwater pressure or constant differential be-
tween feedwater and steam pressure. Sometimes it’s
nothing more than an engineer’s concept of what should
be done because the feedwater pressure gets too high as
flow is reduced when the pumps have very steep curves.
On the other hand the pressure regulation is there to
reduce pressure drop across the feedwater control valves
because they either can’t shut off at the higher differen-
tials or they throttle so much that the valves wear dra-
matically. I say change the damn feed valves and save
electricity but not everyone agrees with me. Another
solution is installing variable speed drives but the eco-
nomics aren’t always there.

When starting a centrifugal pump it’s common
practice to open the suction valve, start the pump, then
open the discharge valve. The reason is the pump can’t
draw any more horsepower than what’s used at shutoff
during startup, reducing the load on the motor.

I recall one time when a discharge check valve had
failed to close on a pump but we needed the pump in
operation. When the pump driver stopped the fluid sim-
ply flowed backwards through the pump and tended to
rotate it backwards. The additional motor load required
to reverse the rotation before starting to pump resulted
in heavy starting current for too long and the starter
tripping.

When the pump is operating under system startup
conditions you may have to leave the discharge valve
throttled (I know they’re normally gate valves and
shouldn’t be throttled) until system pressure builds. Not
all pumps are furnished with non-overloading motors. If
a boiler feed pump is running when the boiler pressure
is way below normal and the feedwater valve runs wide
open it’s possible for the motor to overload. Look at that
curve in Figure 9-76, you’ll notice that the horsepower at
the design operating flow (indicated by the little tri-
angle) is less than the maximum. Draw a vertical line at
the design flow (point of the triangle) and a horizontal
line from where it intersects the horsepower curve to the
right to read the pump horsepower at that design condi-
tion. It’s always possible to pick a motor smaller than the
maximum horsepower of the pump. Even though you
pump to a higher pressure with curve A you can’t pump
as much volume as you can with curve B so horsepower
is less.

If, however, the pressure in the boiler drops so the
system curve is ‘C’ then the flow can increase consider-
ably and the motor horsepower requirement for the
pump at that point so much greater it could overload the
motor. If you have a pump with a limited horsepower
motor you have to take action to prevent it running out
on the curve when the boiler pressure is low. Normal
practice is throttling a valve down. Don’t count on the
throttling of the feedwater valve, it could suddenly go
wide open.

There are hundreds of variations in pump con-
struction because of the many different applications.
The shape of the vanes in the impellers can vary from
highly efficient backward curved to radial depending
on desired efficiency weighed against the solids in the
liquid they pump. They can be rubber lined for such
purposes as pumping a slurry of limestone or ash.
They can be “canned” where the rotor of the motor is
sealed in an enclosure with the pump to prevent the
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leakage of hazardous liquids. The most common ar-
rangement is the horizontal split case pump (Figure 9-
77) but the ANSI pump (so called because the National
Standard establishes fixed mounting dimensions so all
manufacturer’s pumps are interchangeable) is gaining
popularity. They’re end suction pumps that require the
piping be disconnected to get to the pump for mainte-
nance.

Turbine Pumps
When I say turbine pumps some people get the

impression of a centrifugal pump powered by a steam
turbine. That’s not the case. A turbine pump is a type
of pump and although they exhibit some characteris-
tics comparable to a centrifugal pump they differ. The
turbine pump grabs the liquid on the outer diameter
of the impeller, spins it around inside the pump and
heaves it out the discharge. A turbine pump impeller
looks like the one in Figure 9-78 with little slots all
around the outside. The fins formed by those slots is

what grabs the liquid and whirls it around inside the
pump casing until it gets to the discharge.

Turbine pumps can produce very high differential
pressures because they act more like a positive displace-
ment pump than a centrifugal. The typical turbine pump
curve (if you got to see one that showed all conditions
from zero flow) looks like a centrifugal pump curve but
most of the curves you get look almost like a straight
line with a steep negative slope (Figure 9-79). Since they
operate more like a positive displacement pump you
should treat them like one. Don’t start a turbine pump
with the discharge valve closed.

Turbine pumps are commonly used as boiler feed
pumps, especially on low pressure steam boilers. Their
steep curves permit them to handle the significant varia-
tions in boiler pressure without any effect on pump ca-
pacity. I’ve run into many a plant with centrifugal
pumps that also have curves so steep that their flow isn’t
altered significantly by changes in boiler operating pres-
sure.

I don’t care for centrifugal feed pumps in heating
plants because they can’t handle the pressure variations.
Take the typical heating boiler plant. Both centrifugal
and turbine pumps can be obtained to produce a design
flow of about 31 gpm (15,500 pph) at the normal boiler
operating pressure of 12 psig (31.7 feet). The density of
water for this example is assumed to be 54.55 pounds
per cubic feet, 175°F water, which means the head rela-
tionship is 2.64 feet per psi. There is a big difference inFigure 9-77. Horizontal split case pump

Figure 9-78. Turbine pump impeller
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their operation as the pressure changes. They’re selected
for when the boiler runs up to the limit of the safety
valves (15 psig or 39.5 feet).

My concern with using centrifugal pumps is that
any external pressure effects can result in total loss of
water delivery (Figure 9-80). The curve as shown will
deliver water to the boiler but changes in such things
as level in the deaerator or feedwater tank can prevent
delivery. The values of head used on this curve as-
sume that the pressure drop through the piping is
negligible and the level in the boiler is the same as the
level in the feedwater tank. From this curve it’s appar-
ent that a drop in level at the feedwater tank of a
couple of feet will increase the head requirement for
the pump to the point that the centrifugal can’t de-
liver any water until the boiler water level or pressure
drops enough to produce a differential the pump can
overcome.

On the other hand, any drop in boiler pressure
will be accelerated by a centrifugal pump with a rela-
tively flat curve. If the boiler pressure drops to 8 psi, a
typical occurrence with a heavy load, the turbine
pump output will only increase a little bit but the cen-
trifugal pump will increase its delivery over twice as
much. That additional water consumes more of the
boiler’s heat input leaving less to make steam so the
pressure drops further. I think this shows that a poor
choice in boiler feed pump selection on low pressure
boilers can produce serious headaches for the boiler
operator. Replacing those centrifugals with turbine

pumps can reduce the swinging pressure problems en-
countered in some plants and eliminate others because
the pumps create the problem.

Screw and Gear Pumps
Screw and gear pumps are used principally for fuel

and lubricating oils. They can be more efficient at mov-
ing liquids with viscosities higher than water than other
types of pumps and are capable of producing high dif-
ferential pressures in a small package. Since they’re posi-
tive displacement pumps one running at 3500 rpm can
be half the size of one running at 1750 rpm to pump the
same amount of oil.

Screw and gear pumps are positive displacement
pumps and work pretty much alike. The pumps use
two or more machined rotors that mesh closely to-
gether and produce a moving cavity as they rotate
with each other. The cavity opens at the suction end
and is sealed as the rotors turn then the cavity travels
to the discharge end of the pump to deliver the liquid
at the discharge pressure. The liquid serves to lubricate
the rotors to prevent them rubbing each other or the
pump casing. The ends of the rotors are enlarged to
increase bearing surfaces to balance the axial forces or
shaft bearings take the thrust.

Some liquid is squeezed between rotors and casing
in the opposite direction of the moving cavity, the
amount depending on pump construction and wear.
Smaller pumps usually have one rotor or gear that is

Figure 9-79. Turbine pump curve Figure 9-80. Centrifugal and turbine pumps on low
pressure boilers
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driven and the rest of the rotating parts are driven by it
in turn. Larger pumps and pumps that produce high
differentials or pump very low viscosity liquids can have
external gearing so each rotating element is driven. That
reduces the amount of force that has to be transferred
through the thin film of liquid between rotating parts,
replacing it with the lubrication of the external gears.

The quality of internal lubrication is dependent on
differential pressure and pump speed. If the liquid is
very viscous it will maintain a stronger liquid film be-
tween metal parts to prevent them rubbing. As the vis-
cosity decreases the film gets thinner and will break to
allow the metal parts to touch. The fluid bleeding back
through the spaces between the metal parts is what pro-
vides lubrication. The differential pressure between each
adjoining cavity pushes the fluid through so it wedges
its way between the part. If pressure differentials are
considerably lower than design there may not be suffi-
cient differential to force the lubrication of the pump. If
the pump speed is too low it won’t generate that wedge
effect as well so other factors like the viscosity of the
liquid have to aid in lubrication.

The typical pump used for pumping heavy fuel oil
will not effectively pump light fuel oil and may even fail
if used to pump light fuel oil. Some people argue that a
heavy oil pump is worn by the ash and sediment in the
oil so the gaps between rotors and casing have in-
creased. However, the truth of the matter is the pump’s
design and speed were established for heavy oil and
don’t work well on light oil. The lower the viscosity the
faster the pump has to run.

Figures 9-81, 9-82, and 9-83 are the typical forms of
screw and gear pumps used in boiler plants. A common
gear pump consists of two gears in a casing. Usually one
is driven and the other is an ‘idler.’ We use the term idler
to imply it doesn’t transmit power to anything else, not
that it’s lazy. The teeth of the driven gear engage in the
teeth of the idler and they counter-rotate. Let’s start with
the gear pump in Figure 9-81. The liquid enters the
pump where the gear teeth are disengaging, is trapped
within the cavities formed between the teeth and casing
and is carried to the discharge side of the pump where
it is forced out as the two gears engage, filling the cavity
the liquid was in with a tooth of the other gear. A sec-
tional view in the other direction would not reveal
much. The sides of the gears are flat and just clear flat
sides of the pump casing. The view in Figure 9-81 shows
all that’s relative to the operation of the pump. Volumet-
ric capacity of the pump is affected by the size, length of
the gear teeth, and speed of rotation.

The crescent gear pump in Figure 9-82 simply traps

the liquid between the gears and the crescent shaped
piece of the housing. The inlet and outlet ports are out-
lined. Either of these pumps will pump the fluid in ei-
ther direction.

The design capacity of a gear pump can be deter-
mined by calculating the area of the space between the
casing and the root of the gear teeth, then multiplying
that by the radius at the center of the teeth, the percent
of the rotation where the liquid is trapped and the rpm
times two to account for each side. The actual capacity
will always be less because some of the liquid has to leak
back past the teeth and the ends of the gears to lubricate

Figure 9-81. Gear pump

Figure 9-82. Crescent gear pump

Figure 9-83. Screw pump
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the pump. In many of these pumps the spacing between
the casing and ends of the gears is adjustable making
them suitable for different viscosity fluids through ad-
justment.

The cavity in a screw pump (Figure 9-83) is formed
by the intersection of the rotors and closed by the casing
housing the rotors. The pump shown is supplied with
two idler rotors that increases it’s capacity without an ap-
preciable change in size. A smaller pump can be had with
only two rotors. Liquid enters the pump at one end of the
rotors, fills a cavity that opens as the grooves in the rotors
separate, is trapped between the casing and rotors as the
grooves engage, then travels along the rotors to the dis-
charge end of the pump. That movement and the differ-
ence between suction and discharge pressures produces
an axial thrust on the pump that has to be opposed by the
bearing of the driven rotor and the fluid film between ro-
tors plus the end of the idler rotor bearing against the cas-
ing. Some manufacturers use an enlarged end on the
rotors to increase bearing surface. Other schemes include
balancing lines between suction and discharge ends ap-
plied to balance pressure forces. Another scheme is oppo-
site hand ends of the rotors so they draw liquid from both
ends and discharge in the middle to balance the hydraulic
pressures almost completely.

Screw and gear pumps do not do a very good job
of pumping compressible fluids. An oil pump can easily
get air bound where there is a sufficient volume of air or
vapors at the discharge and inlet to expand and contract
as each cavity between rotors is opened and closed, thus
preventing any flow through the pump. The air also
leaks back just like the oil. It’s not uncommon for the
pump to generate a loud audible roar when air or vapor
is trapped in it because the air or vapor doesn’t do a
very good job of lubricating the pump and it forms
bubbles in the oil as it leaks back.

Operating a screw or gear pump with a vapor trap
for any extended period of time will ensure complete
breakdown of the film of lubricating oil on the rotating
parts with subsequent damage to the pump as the metal
parts start rubbing. It’s necessary to vent them to elimi-
nate compressing air or vapors in the pump that will
prevent liquid entering. Properly vented the pump will
move air to eliminate it from the suction piping.

When starting a dry pump (filled with air) it’s
important to ensure that lubricant film is maintained.
Making certain some of the piping is full of oil that will
be drawn into the pump is important to limit wear. The
oil is also a sealing film that helps the pump trap the air
in its cavities and push it through. The best way to do it
is to fill the suction strainer with oil, shutting down at

regular intervals and repeating the process until all the
air or vapor is pumped out. Once you have a suction line
full of liquid the pump will work.

Pump Control
There was a time when the only control we had

over the operation of a pump was to turn it on or turn
it off. That’s still a common means of controlling the
pumping of liquids, used almost exclusively for feeding
low pressure boilers and returning condensate but mod-
ern technology has expanded our abilities and the wise
operator should know how to utilize those methods.
Note that this involves controlling the pump to control
the flow. Before variable speed pump control we typi-
cally controlled the fluid flow to maintain operating
parameters. Many times that meant recirculating the liq-
uid that was pumped, wasting the energy we used to get
the liquid up to pressure, but a necessary means of con-
trolling the flow.

When we’re dealing with on-off pump control
there are opportunities to improve that method of con-
trol to reduce energy costs and wear and tear on the
pump. An attitude of limiting the number of starts by
extending run time is one you should adopt. I’m not
talking about recirculating liquid to keep the pump
running, that saves starts but also wastes energy. It is
an option you should consider if the pump has ex-
tremely short off cycles where it may run for ten min-
utes then shut down for five to ten seconds. If that’s
the case then recirculating some liquid to keep it run-
ning past those short off cycles will save on pump
and motor wear and reduce wear and tear on the
starter as well.

Every time the pump is started the entire assem-
bly is subjected to stresses above and beyond the nor-
mal operating conditions. Motor current is five to ten
times normal operating current when the pump is
started and those high currents produce rapid heating
of the motor windings with attendant thermal stresses
and also high magnetic forces that can dislodge the
windings. The run then stop and run then stop opera-
tion is also rough on bearings, both in the motor and
in the pump, because the bearings will heat up and
cool down with some breathing that can increase the
probability of air mixing into the grease or oil to cor-
rode them (see the chapter on lubrication). The pump
always experiences pressure spikes when starting be-
cause the liquid in the connecting piping has to be ac-
celerated from its stationary position and the check
valve has to be lifted. By reducing starts you’ll reduce
the strain on the equipment to extend its life.
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Reduce starts by stretching the pump’s on-off set-
tings as far as you can. Let the level get a little lower and
run the pump until it’s a little higher by adjusting the
level controller. There are limits to this, including allow-
ing the level in a boiler to get so low that a little upset
results in operation of the low water cutoff. All that re-
ally does is tell you where the low limit is.

I doubt if you can take advantage of that to get
something replaced. I ran into one operator that was
starting and stopping a pump repeatedly keeping his
hands on the enclosure with his two thumbs on the start
and stop buttons. When asked about it he responded
“I’m trying to blow this damn thing up so they’ll give
me one that works.” On a repeat visit to the plant I
noticed a new identical pump had replaced it. The op-
erator was still grumbling because he got the same make
and model pump back so it still didn’t do what he
wanted it to do.

As for controlling the flow through a pump auto-
matically with modulating capability, it isn’t done con-
sistently. The only pumps that can provide modulating
control are chemical feed pumps which use a reciprocat-
ing hydraulic pump acting on a diaphragm with an
adjustment of the stroke of the reciprocating section.
That’s what the knob is for on the pump in Figure 9-70.

The centrifugal pump, which serves the majority of
applications, is self aligning so the flow through it is
determined by the system. By throttling the flow in the
system at some point, preferably after the pump dis-
charge, the differential pressure required to force liquid
through the system increases and the flow through the
pump decreases as it follows the differential up the
pump curve. Applications with some centrifugals and
most screw and gear pumps normally incorporate recir-
culation control where the flow through the pump
doesn’t change and a portion of that flow is diverted
back to the pump suction to achieve a final control of
delivery pressure.

Advances in motor speed control have made
some pump control projects possible that were not
possible before. They are limited; varying the speed of
a centrifugal pump with a relatively flat performance
curve doesn’t produce much of a savings in horse-
power above what the pump automatically provides.
A pump with a nearly flat curve will supply a reason-
ably constant differential pressure automatically so
there is no need for control. If the pump has a very
steep curve varying the speed will save power costs
and allow differential pressure control. If the differen-
tial required for varying flow also varies with load
then some potential savings by controlling pump

speed is possible, even with pumps with nearly flat
curves.

I have been looking for an opportunity to install a
variable speed drive control on a pumping application to
see what kind of power savings are possible and how dif-
ficult it is for operators to work with those controls. To
date I haven’t been successful and I think it’s for one of
two reasons. First of all, most people can’t relate pump
curves to actual operation, including other engineers, and
secondly, most owners have an ‘if it ain’t broke don’t fix
it’ mentality that ignores the fact a variable speed drive
on a pump can pay for itself in short order.

Another potential problem is the pump was se-
lected carefully for the design condition and the effi-
ciency of the pump drops off dramatically as speed is
reduced. Maybe by the time this book is due for a sec-
ond edition I will have acquired some experience and
can give you some clear guidance. In the meantime, I
suggest you just do the sensible things to avoid high
operating cost of pumps. The best ones being to operate
equipment that matches the load and stretching out
operating cycles.

FANS AND BLOWERS

Fans and blowers are used to move gases (com-
pressible fluids) around a boiler plant. In many cases I
will use the terms “rotating equipment” or “fluid han-
dling equipment” to include pumps, fans, blowers and
compressors without regard to the fluid or the from of
the equipment because they all do the same thing, move
a certain volume of a fluid and add energy to it to permit
it to flow through the rest of the system. For every de-
sign of pump there is a comparable design of fan, blower
or compressor. Be sure to look through what I’ve written
on pumps; it will improve your understanding of fans
and blowers.

Differences in the equipment are related primarily
to the different densities, temperatures, and viscosities of
the fluids the equipment handles and the effect the
equipment has on the fluid. Fans and blowers are used
to move compressible fluids, basically gases, not com-
press them. That’s what makes fans and blowers differ
from compressors which we’ll cover a little later.

Even though they aren’t designed to compress a
gas fans and blowers do manage to compress the fluid
slightly. In most cases we ignore the compressive effects
because the density of the fluid does not change signifi-
cantly. As the differential pressure of a fan or blower
increases compression becomes more significant. There’s
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a very gray line between blowers and compressors with
no clear definition of when, specifically, one becomes the
other. A fan, on the other hand, is almost never capable
of compression.

The difference is principally intent. If we intend to
compress the gas it’s a compressor, if we don’t it’s a fan
or blower. As for whether a particular piece of centrifu-
gal equipment is a fan or a blower, that’s also a gray
area. A centrifugal pump can pump a gas; it doesn’t
produce much differential but it can do it. If you look at
any centrifugal pump, fan, or blower their construction
is pretty much the same and the dynamics that allows
them to move fluid is the same.

These ‘centrifugal devices’ will all perform accord-
ing to their performance curve regardless of the fluid
that passes through them. The differential pressure they
produce is directly related to the tip speed of the impel-
ler and the density of the fluid because the impeller
vanes throw the fluid and the pressure produced is re-
lated to the weight of the fluid flowing at a velocity re-
lated to the tip speed. You could take a centrifugal pump
curve and realizing the differential head of the pump is
feet of fluid, convert to determine the inches of water
differential pressure it would produce while pumping
air. A fan curve could be used to calculate the differential
it would produce if pumping water. The problem is the
denser water would produce so much load on the fan
that it would break or the motor overload before it actu-
ally pumped any water.

So, a lot of the rules for pumps apply just as well
to fans and blowers. Oh, there are differences, we’re not
as particular about some air leaking out of a fan so
there’s seldom any kind of shaft seal and, because the
density of the fluid is so low, fans and blowers can get
a lot larger than pumps in order to handle enough vol-
ume to deliver the pounds of air or other gases that have
to be moved. The typical application of a fan or blower
also doesn’t involve raising the pressure of the fluid to
move it into a reservoir at a higher pressure; the differ-
ential pressure in a system at zero flow is typically zero
for a fan or blower because the pressure at the far ends
of the system are the same. The system curve always
starts at zero differential at zero flow. When it doesn’t,
the device is a compressor.

Propeller Fans
This prompts a question, why aren’t there many

propeller pumps in a boiler plant? If you ever bought
gas for a day of running around on the water in a motor
boat you would know why; they’re not that efficient.

Propeller fans have a niche in the world because a pro-
peller can move air effectively as long as it doesn’t have
to produce any significant differential pressure. If you
haven’t installed some ceiling fans in your home to take
advantage of the cooling effect they produce by simply
moving air in the summer, you should.

The blades of a propeller fan simply push the air
along and add some spin to it (Figure 9-84). Housings
around the propeller can redirect the flow to eliminate
some spin and make them more efficient (Figure 9-85).
Propeller fans are primarily limited to ventilation ser-
vices in a boiler plant although they were used in the
middle of the last century for forced draft and induced
draft service when differentials were low.

Some key things to know about propeller fans
include the fact that they readily overload their motors
if the system doesn’t produce the design resistance. I
remember visiting a job site in a synthetic fiber plant
where a contractor had several propeller fans simply
sitting on the floor and running with temporary wir-
ing. We were informed that they were testing the fans
because the motor on one of them failed and now
they’re finding more of them are failing. Luckily I was
wise enough to pull one of the instruction manuals
out of the envelope attached to a lifting eye and read
enough to learn the fans were designed for a two inch
differential. The drawings showed the installation
would produce that but the fans sitting on the floor
just blowing air were operating with no appreciable
differential. I suggested they quit testing them imme-
diately because they were destroying them by over-
loading them.

In turn I was lectured by one of the contractor’s

Figure 9-84. Propeller fan
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engineers that they couldn’t possibly be overloading
because fan horsepower is equal to the capacity in cfm
times the differential in inches divided by 6356 and,
since the differential was zero, the horsepower require-
ments as they sat there on the floor should be negligible.
Since I had the instruction manual in hand and it clearly
stated that the fan had to be installed and the differential
has to be at least 80% of the design value he agreed to
have an electrician check the motor current. The motor
current was three times nameplate rating and that’s why
they kept burning them up.

It was later, when I examined one of my engineer-
ing books, that I discovered the reason for the problem.
The differential pressure in the horsepower formula is
total pressure, a combination of static and velocity pres-
sure differences. Those fans had no static difference but
the velocity pressure was there and a lot higher because,
without the static resistance, the fan could force more air
through to produce a higher velocity and, therefore, a
higher velocity pressure. The increased flow and veloc-
ity pressure added up to produce the high horsepower
that overloaded the motor. This is a lesson for testing
any electrical device, that contractor had simply wired
the fans to a welding connection in the plant. No starter,
no overload devices, is it any wonder he was burning up

motors?
Fans, like pumps, have a theoretical horsepower.

From the story I just told you know that it’s the total
pressure across the fan that has to be used. The for-
mula is cfm times total pressure divided by 6356. If all
you can measure is the differential you can calculate
the velocity pressure. Divide the cfm by the area of
the fan discharge to get velocity then look up the ve-
locity pressure. Add velocity and static pressure differ-
entials to get total pressure. Don’t have a table? The
velocity is the capacity in cfm divided by the area of
the outlet. Divide the velocity by 4005 and multiply
the result by itself to get velocity pressure. Add it to
the static to get total pressure.

Many fans and blowers are belt driven. The use of
belts will allow an engineer to pick a fan for optimum
speed for a given application because any speed can be
established by the proper mix of motor speed and size of
sheave (those pulleys the belts run on). In some cases
one of the sheaves is adjustable to permit field adjust-
ment of the speed. All these features are very valuable
for HVAC equipment where the flow is constant and the
fan can be tuned to achieve the precise required flow
without chewing up added energy with dampers.
They’re not as valuable in a boiler application where the
air flow is varied.

Another advantage of belts is they can slip on
startup to reduce the startup load on the motor, some-
thing to let go until you’ve checked the instruction
manual. Belts are typically provided to the degree that
one belt can break and the rest can still carry normal
loads. The problem is that the one belt that breaks usu-
ally gets tangled with the others with complete failure. I
don’t like belt driven fans and blowers and believe that
there are a sufficient number of choices of fans at stan-
dard motor speeds to use direct drive fans on boilers.
With the growth of variable speed drives where we can
run a fan at any speed we choose we don’t need belts.
I’m definitely opposed to belts because they’re a mainte-
nance item and produce unnecessary radial loads on fan
shafts and bearings.

Centrifugal Fans and Blowers
The obvious question is, “what’s the difference?”

The answer is, I’m not entirely certain. I tend to look at
a centrifugal fan or blower and call it one or the other
depending on the relationship of width and diameter.
When one is as wide, or wider, than the center to scroll
distance at the discharge I call it a fan. When it’s obvi-
ously narrow I call it a blower. So the two shapes in
Figure 9-86 are fan on the left and blower on the right.

Figure 9-85. Propeller fan housing with flow re-di-
rected
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In more general terms, blowers produce signifi-
cantly higher differential pressures than fans. Neither of
those rules works every time and I’ll call something a
blower when the people in the plant call it a fan and vice
versa. There are few times that happens so the two ratio-
nalizations I’ve developed usually work. One other label
you’ll run into is the term “exhauster.” When most of the
pressure drop in the system is incurred before the fan
inlet they tend to be given that label. Primary air fans on
pulverizers are commonly called exhausters.

Centrifugal fans are used in so many applications
that standards have been developed to describe their
construction. The different ‘arrangements’ which relate
to bearings and motor connections are defined in Figure
9-87. The motors for arrangement 1 and 3 fans aren’t left
hanging in the air, the graphic only indicates that the fan
manufacturer is not expected to provide anything to
support the motor.

Discharge locations are shown in Figure 9-88.
These are based on viewing the fan or blower as if you

were sitting on the motor. You’ll also note that the rota-
tion can be determined by simply looking at a fan’s dis-
charge position. Strangely enough I’ve encountered fans
operating with the wrong rotation, some for several
years. Centrifugal devices will work with either rotation,
only difference, is one way works better.

You’ll also encounter some definitions on width
and number of inlets. I’m sure you have seen single inlet
fans where air enters one side, but there are also double

inlet fans where air enters both sides. They
are defined by simple abbreviations with
SWSI (Single Width, Single Inlet) being the
most common and DWDI (Double Width,
Double Inlet) where the air can enter both
sides used in many applications from little
convectors (those fan powered heating
and cooling units mounted under win-
dows in many buildings) to large forced
draft fans. Please don’t ask me to explain
the width business, I just look at the fan
and decide whether to call it single or
double based on the ratio of wheel diam-
eter to width and that’s all.

Instead of calling the primary rotating
element an ‘impeller’ we call it a ‘wheel.’
The term scroll is applied to the casing
because the radius increases from the cut-
off to the discharge. A casing is still a cas-
ing and many other labels are consistent
with what we use for pumps. The cutoff is

Figure 9-86. Fan shape as opposed
to blower

Figure 9-87. Fan arrangements

Figure 9-88. Fan discharge designations
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the portion of the scroll that’s closest to the outside di-
ameter of the wheel. It’s where the swirling fluid in the
fan is cut off so it heads out the discharge instead of
riding around with the fan wheel. The inlet bell, is that
specially formed section that connects the fan inlet to the
inside diameter of the wheel. Makes sense, because
when you take it out and set it on the floor it does look
like the bottom of a big old church bell. Small fans won’t
have an inlet bell, only a hole in the casing that faces the
wheel.

There are some additional gadgets that are not
found on pumps because fans usually don’t have seals
or packing glands, although they are used on occasion.
We have ‘heat slingers’ that are like little fan wheels lo-
cated on the shaft outside the fan to draw cooling air
over the bearings and protect them from hot gases and
the heat that conducts along the fan shaft. Instead of
strainers a fan will be protected by ‘inlet screens’ which
keep sticks and stones out but not dust.

Dust is, therefore, something an operator has to
keep in mind. Keep it in mind for two reasons; because
it can damage the fan or hinder its performance and that
dust can be converted from large harmless sizes to much
finer particles that are injurious to human health after
they pass through a boiler.

A certain amount of dust will be struck by the
blades on the fan wheel and trapped there, accumulating
until they form a rather thick layer if they aren’t cleaned.
The accumulation will tend to reduce the fan capacity.
The bigger problem, however, is that once it reaches a
certain level it will suddenly start breaking off. Losing a
fair sized accumulation of dust on one blade will gener-
ate an imbalance in the fan wheel that adds load to the
fan bearings, a variable shock load. If that’s allowed to
happen you can have everything from shaft distortion to
where the fan wheel hits the inlet bell, cutoff or casing.
You should clean every fan, or have it cleaned, during
the annual inspection. Some forced draft fans or what’s
below them in the ductwork can’t tolerate a water wash
so you’ll have to limit cleaning to brushing and vacuum-
ing. Be sure to do the inside of the scroll too because the
dust is thrown at it.

Centrifugal fans and blowers are used more than
any other device for moving air. In order to accommo-
date a variety of applications they are also supplied in a
significant variety of configurations. Three principle
variations involve the shape of the vanes or blades in the
fan. A fan is called ‘backward curved,’ ‘forward curved,’
or ‘radial’ depending on the shape of the blades as
shown in Figure 9-89. These three shapes produce sig-
nificantly different fan curves as shown in Figure 9-90.

Most applications in a boiler plant use backward
curved or radial bladed fans because they are more effi-
cient for the operating condition when backward curved
and, in the case of radial blades, do not accumulate sol-
ids on the blades in operation. Radial bladed fans are
used almost exclusively for application as induced draft
fans and primary air fans for coal pulverizers. You’ll
discover that most air conditioning and ventilation sys-
tems use forward curved fans because they are more
efficient at delivering large volumes of air at low differ-
ential pressures. It’s important to note that forward
curved fans have a very stretched curve and it’s not at
all uncommon for the motors on those fans to be over-
loaded if nothing restricts the air flow.

Blowers will have radial blades or backward
curved blades depending on the application and can
experience the same problems with surging that was
discussed with centrifugal pumps. That surging will also
occur for the same reasons. It’s seldom encountered in
fan and blower applications but is frequently encoun-
tered when compression is involved.

An important thing to remember about these

Figure 9-89. Different shapes of fan blades

Figure 9-90. Fan curves, BC, Radial, FC
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fans is that they’re centrifugal devices, the differential
pressure that’s produced by them is a function of the
flow through the fan and the density of the gas flow-
ing through. When the gas is colder a fan will pro-
duce a higher differential pressure (in terms of inches
of water) and, because it’s moving denser air, more
pounds of gas. When a fan is handling gases at higher
temperatures they will not produce as high a differen-
tial and move fewer pounds of gas. In many cases the
motor on an induced draft fan is not big enough to
handle cold air because the power requirement is sig-
nificantly higher when pumping cold air. That’s why
you have to be careful when starting a boiler with an
induced draft fan to ensure you do not overload it.
Once it’s pumping hot flue gas the load on it drops
off.

That’s also justification for not getting excited
when a boiler can’t produce full load in the summer
time. If an F.D. (Forced Draft) fan is installed to collect
the heated air in the top of the boiler plant it will not
pump as much air in the summer, when the tempera-
tures are about 125°F to 130°F but it will in the winter
when those temperatures are 50° to 60° lower. It is im-
portant to realize that the fan is moving less air
(pounds of it) in the summer to reduce excess air be-
cause you might be running fuel rich. If the boiler is
summer tuned then you’ll find that excess air is
higher in the winter because the air is denser than
when it was tuned.

Rotary Blowers
Rotary blowers don’t resemble fans, the same con-

struction is used for compressors and the main reason for
rotary blowers is to produce high differentials that are
necessary for material transport systems. Probably the
only time you’ll see a rotary blower in a boiler plant is
when it’s used to provide air for ash or coal transport
systems which require some rather high differential pres-
sures. See the following discussion on rotary compres-
sors for more information that would apply to blowers.

Fan and Blower Control
Control of the flow of gases in systems with fans

and blowers is typically achieved using devices we
call dampers that are a leaky version of valves. Some-
times the system uses valves or their equivalent when
leakage is not acceptable. Dampers are not the best
method for controlling air flow because they are typi-
cally made to be inexpensive and there isn’t a linear
relationship (see controls) between the damper posi-
tion and air flow. Opposed blade dampers (Figure 9-

91)11 provide a better relationship than parallel bladed
dampers. The different curves relate to the damper’s
wide open pressure drop divided by the maximum
system differential pressure.

In the most common fan application that requires
air flow control, forced draft fans, variable inlet vanes
are typically used to reduce fan horsepower require-
ments. Variable inlet vanes (VIVs, Figure 9-92) on the
inlet of a forced draft fan not only act as dampers but
also put a swirl on the air as it enters the fan. By
turning the vanes in a way that puts a twist on the air
entering the fan the air is rotated in the direction of
fan wheel rotation. The inlet vanes reduce fan motor
horsepower because they swirl the air so the fan
doesn’t have to. The reduction of fan motor horse-
power attributable to VIVs is indicated in the curve in

Figure 9-91. Resistance curves & diagrams of parallel
and opposed blade dampers
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Figure 9-93. Note that the air has to be turned in the
direction of fan rotation, if you manage to reverse the
vane positions when replacing that assembly the
horsepower could be much higher, so much that the
motor will overload. VIVs are fine for boilers operat-
ing with a maximum four to one turndown but they
usually leak enough air when closed that they’re not
adequate for higher turndowns. Some applications use
a discharge damper in addition to the VIVs to extend
turndown.

Today we have VSDs (Variable Speed Drives)

sometimes called VFDs (Variable Frequency Drives) that
permit an almost infinite control of fan speed and, there-
fore, the air or gas flow. I installed my first ones in 1989
on the forced draft and induced draft fans of a three-fuel
boiler, and have been in love with them since. On that
job I included braking resistors but discovered we can
really run a boiler without them. I knew the resistors
worked because they crackled and popped as they
heated up and the only time they came into service was
during setup when the controls were hunting a little try-
ing to establish a fan speed.

When we started that plant up we discovered we
could have put in a power feeder half the size neces-
sary to operate two across-the-line started fans. When
the boiler was at low fire the combination of 50 horse-
power forced draft fan and 125 horsepower induced
draft fan along with all the controls and lights pulled
a total of 5 amps! That has to be compared to a full
load motor rating of 218 amps. Any installation I de-
sign will have a VSD on the fan and a positive shutoff
damper that’s closed when the boiler is shut down to
limit off cycle losses and rapid cooling of refractory by
cold air.

Ejectors and Injectors
You’ve probably used a water hose to sweep down

a floor at one time or another so you know the principle
of ejectors and injectors by observation. The force of the
fast moving water is capable of pushing a lot of addi-
tional water along. What happens is the high velocity is
converted to pressure that pushes the rest of the water.
When the motive fluid (the one going though at high
velocity) is steam or air it has less mass to contribute to
the pressure but it’s traveling at a much higher velocity
so it can do almost as much work. We occasionally refer
to these devices as jet pumps.

Ejectors are used to produce lower pressures at
their inlet (suction) by pushing a fluid along. The com-
mon use of an ejector is to produce a vacuum by pump-
ing air, and sometimes water, out of a closed system.
They’re commonly used to produce a vacuum in a con-
denser. Another common use is to remove condensate
and rain water from underground vaults containing
steam piping. An ejector with a float actuated steam
shutoff valve is the least expensive means of automati-
cally clearing water from underground piping vaults
and they’re quite reliable.

When ejectors are combined, or staged, as for a
condenser ejector (Figure 9-94) they can produce an al-
most pure vacuum. The steam to the jets (C) entrains
the air drawn from the condenser at (A) accelerating it

Figure 9-92. Variable inlet vanes

Figure 9-93. Fan curve, effect of variable inlet vanes
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through the venturi (B) to the first stage condenser (D)
where the steam is condensed by the condensate
pumped up from the condenser (J). Another jet draws
the air from the first stage, accelerating it to a higher
pressure through the venturi at (E) then into the sec-
ond stage condenser (F). After the steam from the sec-
ond ejector is condensed the air is vented into the
boiler room a (G). The condensed steam drains from
the second stage condenser through a liquid trap (H)
into the first stage condenser. The liquid trap separates
the two different pressures, the second stage being
around atmospheric and the first stage being some-
thing in the range of 8 to 20 inches of mercury
vacuum. The combined condensate in the first stage
drains to the condenser through another liquid trap. A
steam powered ejector can also lift water out of a
vault even when it’s hot and flashing because it will
pump the flash steam.

Injectors are the same device but used to produce
higher pressures at the discharge. You will normally
see an injector on a coal fired boiler (Figure 9-95) to
provide an emergency means of feeding water to the
boiler in the event power is lost to the boiler feed
pumps. Yes, you can use the boiler’s steam to generate
a higher feedwater pressure to feed the same boiler.
The heat energy of the steam is converted by the in-
jector to mechanical energy to pump the water.

Ejectors and injectors have limited use because
they use a considerable amount of energy compared
to pumps, blowers, and compressors and are only
suitable for moving small volumes of fluid. Their use
is limited to operations where there is little flow (con-
denser vacuum), or small flows and /or no electricity
available.

I call an ejector or injector that doesn’t boost the
pressure or create a vacuum an eductor because it
simply teaches the fluid where to go. They basically
move water and are principally used to mix two flu-
ids.

Compressors
Compressors are, of course, used to compress

compressible fluids, mostly what we call air and
gases. It’s possible to compress a liquid a little but
most compressors will simply break if you try to com-
press a liquid with them. That sounds like a simple
and straightforward statement but I know a few op-
erators that have tried to compress water or lubricat-
ing oil with devastating results.

Compression is simply packing more pounds of
a fluid into a certain volume. A simple example is

pushing fluid into a container. Since none of the fluid
leaves the container and we keep putting more in
each pound of fluid we add has to share the space
with what’s already there and there are simply more
pounds per cubic foot every second we continue com-
pressing the fluid into that space. When I say fluid I
can mean a liquid or a gas, both flow. The distinction
for gases and liquids is that liquids aren’t what we
would call compressible.

For most compressor operations there is some
fluid leaving the container as we press more in but
the two flows do not have to match. A control air
compressor may run five minutes to fill a compressed
air storage tank with enough air to supply the system
after that tank for a half hour or longer. That should
help explain why most compressor operations are on-
off. The fluid stored under high pressure will expand

Figure 9-94. Dual jet ejectors for a condenser

Figure 9-95. Feedwater injector
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to produce flow for the system, the fluid flows out of
the container as it is used and fewer and fewer
pounds remain in the container. The container or stor-
age tank serves as a reservoir for the fluid required by
the system and the compressor refills the reservoir
when the fluid level drops to a preset value.

Specific compressor operations require special con-
sideration because the fluid being compressed may con-
tain other fluids or contaminants that interfere with or
require consideration in the process. When compressing
air we also pack in the moisture that’s in the air, the
humidity. Since we’re packing molecules of air into
smaller and tighter spaces the water vapor in that air is
subjected to higher pressures so it condenses to form
liquid water. Since compressors don’t run well on liq-
uids we have to remove that water.

We also don’t want the water in our system because
the combination of air and water is very corrosive. Water
must be drained where it forms and collects in the com-
pressed air system, in between compressor stages and in
the storage tank. It also has to be drained at low points in
the piping system, especially where the piping goes
through a colder area (as in outdoors during the winter)
where the water would be condensed by heat loss.

Despite what some people think, coolers on com-
pressors aren’t there to condense the water. As long as
the water remains a vapor it acts just like the air and
does little harm to the compressed air system. The cool-
ers are required because the compression is not efficient.
Some of the energy that’s used by the compressor does
the work to compress the fluid. The inefficiency of the
compressor is associated with simply heating the fluid
and since there is little mass in the fluid the temperature
of the fluid increases dramatically.

Now is probably the best time to say that there’s a
simple formula for compression that says P1 × V1 ÷ T1 =
P2 × V2 ÷ T2 which means that the pressure (P), volume
(V), and temperature (T) are all related before and after
compression. Pressure times volume divided by tem-
perature at one condition for a gas will be equal to the
pressure times temperature divided by the volume at
another condition. If we double the pressure and the
temperature remains the same then the volume has to be
half as much. It’s important to note that the pressure and
temperature have to be absolute values, add 15 to gage
pressure to get absolute pressure and add 460 to tem-
perature to get absolute temperature. For volume you
could use cubic feet or cubic inches, it doesn’t matter.
Comparable metric units work just as well because it’s
the relationship, not the units that is determined; all that
counts is using the same units on both sides of the equa-

tion. To eliminate any consideration of algebra, here are
the solutions for each factor in the equation. To learn the
second condition of any one of them perform the math
on the right of the equals sign

P2 = P1 × V1 × T2 ÷ T1 ÷ V2

V2 = P1 × V1 × T2 ÷ T1 ÷ P2

T2 = P2 × V2 × T1 ÷ P1 ÷ V1

Sometimes this formula is referred to as the ideal
gas law. It would be ideal if it worked perfectly but it
doesn’t. For what we have to deal with as operators it’s
more than adequate. It not only applies to compression
but any change in the pressure, volume, or temperature
of gases. It’s most accurate with common diatomic gases,
O2, N2, etc.

Since you know that it’s the inefficiency of the com-
pressor that produces the heat you can understand why
you burned your arm on the piping or that compressor
head the last time you got too close. It’s a good thing to
measure to monitor the health of your compressor sys-
tem. The temperature will vary with load so you have to
relate the temperature you’re reading with one at a simi-
lar load at an earlier time to identify any pending prob-
lems.

There’s a lot of confusion associated with compres-
sor application that I want to make sure you don’t get
involved in. Unless otherwise indicated the capacity of a
compressor is always described in scfm (standard cubic
feet per minute) equal to air at 70°F and one atmosphere.
Sometimes it’s called ‘atmospheric cubic feet per minute’
and abbreviated acfm which many engineers, including
me, interpret as ‘actual cubic feet per minute’ with un-
pleasant consequences.

If I’m looking at an application, such as air atomiz-
ing for a burner, and the burner manufacturer’s table
indicates I need 30 cubic feet per minute of air at 80 psig
I’ll call that 30 acfm. It’s actually 190 scfm or a compres-
sor salesman’s atmospheric acfm (30 × 95 ÷ 15 = 190). I
know of several occasions where that confusion has re-
sulted in attempts to change steam atomizing burners to
air atomizing because the engineer didn’t realize the
compressor people don’t understand anything but scfm.
Of course I only made that stupid error once!

Normally all we deal with in a boiler plant is com-
pressing air. It has its problems but it isn’t as critical a
process as compressing oxygen where the hydrocarbons
from your fingerprint on one part can catch on fire in the
compressor and do damage. Be aware of the hazards
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associated with any fluid you’re compressing. Best way,
of course, is to read the instruction manual. Just because
the fluid is flammable or hazardous it’s not something
you should shy away from, with proper training and
sensible operation you should be able to handle any
compressed fluid.

We regularly use gas compressors, used to boost
the pressure of natural gas high enough to fire in our
boilers. The key to their use is that the gas is all gas; it’s
so fuel rich that it can’t burn inside the unit. All you
have to be concerned with is any leak that might form a
flammable mixture and accumulate somewhere.

A unique feature of compressors that is not associ-
ated with other fluid handling equipment is the function
of ‘unloading.’ Unloading a compressor consists of by-
passes, valves held open, or other methods built into the
machinery that prevents compression occurring but does
not require stopping the compressor. It’s not efficient
operation because the compressor isn’t doing anything
but moving its parts around but the wear and tear of full
blown starts and stops is eliminated to make life easier
on the compressor and driver. Some equipment even has
staged unloading where part of the compressor is actu-
ally working while the other part or parts are unloaded.
The original purpose of unloading had nothing to do
with continuing compressor operation, it still serves that
purpose today; it allows the driver to bring the compres-
sor up to speed before it starts compressing fluid. Even
the smallest compressors have that feature.

Almost every boiler plant has a reciprocating com-
pressor to produce compressed air for controls and ac-
tuators. That will probably be the case for a few more
years until microprocessor based controls and electri-
cally powered actuators are fully developed to eliminate
both the compressor and all the compressed air distribu-
tion piping. You can pick any other system in the plant
and you won’t find one that is more inefficient than the
compressed air. We compress air to 80 to 120 psig then
use most of it at 18 to 30 psig.

I don’t understand why I can’t convince plants to
install little compressors to produce air at about 25 psig
and distribute that to all the controls then leave the other
one to serve actuators that need it and provide atomiz-
ing medium for emergencies. Replacing pneumatic con-
trols with microprocessor based controls in some plants
has eliminated a lot of the waste but there’s still more to
do. A wise operator can realize the opportunities for cost
savings by locating and repairing leaks in air systems
and eliminating wasteful use of compressed air. Waste
can account for about 60% to 80% of the consumption of
compressed air.

Reciprocating Compressors
Just like reciprocating pumps reciprocating com-

pressors use a piston that changes the volume of a cham-
ber to move the fluid. Intake valves are required to open
as the piston moves down the chamber, increasing its
volume, so the air can enter the chamber. They close as
soon as the flow stops. Unlike a reciprocating pump the
fluid doesn’t start to leave the chamber as the piston
moves up to reduce the volume, the fluid is compressed
in the chamber instead. Not until the pressure is higher
in the chamber than in the discharge piping connecting
the compressor to its storage tank will the fluid begin to
leave the chamber. When the piston reaches the end of
its stroke there’s no difference in pressure so the dis-
charge valves close. As the piston moves down the
chamber to increase its volume the fluid expands until
the pressure in the chamber is lower than the pressure at
the inlet. Then the fluid will flow into the chamber until
the piston reaches the end of its stoke. The progression
is depicted in Figure 9-96.

The typical air compressor valve looks something
like a metal popsicle stick. For those of you who have
never enjoyed a popsicle on a hot summer day, the valve
looks something like the tongue depressor the doctor
uses when he asks you to say “ah.”

It’s far more complicated than the typical liquid
(incompressible fluid) pump which fills and discharges.
You can’t calculate the volume of the stroke and deter-
mine the capacity of the compressor because a good
portion of the stroke is devoted to recompressing the
fluid that expanded after the discharge valve closed. It
should be obvious to you that the less fluid in the com-
pressor at the end of its discharge stroke the less that

Figure 9-96. Reciprocating compressor operating stages
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will be there to expand and get in the way of more fluid
coming in. That’s why compressors are built differently.

The piston and chamber are designed for minimum
clearances at the end of the stroke. There’s very little
room devoted to passages between the chamber and the
discharge valves. It’s all those close clearances that create
the problem when a little liquid gets into a compressor,
it will pass out through the discharge valves but it
makes a lot of noise doing it and the hammering usually
results in compressor damage. That’s why it’s so impor-
tant to remove any liquid that forms between compres-
sor stages.

Staging in compressors is similar to staging in
pumps, you let one part of the compressor do part of the
job and another finish it (two stage) although more
stages are common. That little compressor you bought at
the hardware store and keep in your garage is probably
a two stage compressor, not two cylinders each doing
the same amount of work. Two, three and four stage
compressors are all common, some with multiple inter-
coolers.

Compressors are fitted with ‘intercoolers’ which
are heat exchangers used to cool the compressed air
between stages so the next stage doesn’t get too hot.
You’ll probably notice an intercooler buried under the
belt guard of your control air compressor and the fact
that the sheave for the compressor has spokes formed
like fan blades to force room air over the intercooler to
remove the heat. Now there’s a cue, if you keep that
screen and all the fins on that surface clean then the
compressor will run more efficiently. Please be sensible
about it though; I told that to one operator who used
compressed air to blow it all clean every day. Yes, he
used more energy to clean it than he saved by keeping
it that clean.

Usually the compression is such that a control air
compressor will not condense any water out of the air in
the intercooler so there are no drains on it. Larger com-
pressors will be cooled to the degree that water has to be
separated, collected, and drained from the outlet of each
intercooler.

We used to count on the operator to open drain
valves to remove moisture collected in the compressor
and storage tank. Then, to give the operator time for
other duties, we tried installing drain traps on them that
would automatically drain the water off. We quickly
learned that we couldn’t count on those drain traps en-
tirely so the operator still had to check them regularly.

Most systems today are equipped with timed drain
traps, solenoid valves connected to a timer that opens
them at preset intervals to drain the liquid. From what

I’ve seen of them they drain some liquid and a lot of air,
another waste. The problem is we don’t know what the
demand on the compressor is so we set the timers for the
worst (full load) condition. Occasionally the compressor
will be shut down or run unloaded between drain valve
cycles so the only thing it’s going to drain is air. They’re
reliable but waste a lot more air than a wise operator. As
time goes by there will probably be a better device in-
vented, but until then…

Reciprocating compressors are designed to start
unloaded. The typical scheme is use of lube oil pressure
where a small oil pump eventually builds up pressure as
the compressor is started and that pressure is used to
overcome the force of springs that hold the compressor’s
inlet valves open. During normal operation that same oil
pressure can be bled off to the crankcase to allow the
springs to hold the inlet valves open for unloading. In
compressors with multiple cylinders it’s possible to un-
load one set of valves while leaving others in operation
to adjust the capacity of the compressor. That form of
unloading is normally accomplished with a pressure
switch that switches valves in the oil circuits although it
can be done with an electric switch and solenoid valves.
Staged unloading is common in refrigeration compres-
sors.

You have to be aware of that unloading scheme if
you proceed to adjust anything in the system. I knew
one operator that thought he would save money by low-
ering the compressed air pressure. He lowered the set-
ting of a pressure control switch but was dumfounded to
see that the compressor would run longer. He had sim-
ply reset the unloading setting so the compressor always
ran with half the cylinders unloaded. Someone else low-
ered the setting of the on-off pressure control below the
unloading value of a compressor with hydraulic unload-
ing and couldn’t understand why the motor burnt up
because the compressor was constantly starting and
stopping. The partial unloader or unloaders must oper-
ate within the span of the on-off control switch. If the
unloading settings are not in the operating range of the
compressor they won’t work.

Oil almost always requires attention in a recipro-
cating compressor. There are small compressors that use
diaphragms instead of pistons to compress the air and
others with synthetic rings that can operate without oil
(oil-free compressors) but most of the ones you’ll find in
a boiler plant use oil. If you’ve never checked the oil in
a reciprocating compressor before take this one small
piece of advice; always wait until it has just shut down
before checking the oil. If you just walk up to it and
remove the cap on the oil reservoir it’s bound to start
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and blow oil all over the front of you! Of course that’s
advice from the experienced.

Oil is required to lubricate the moving parts of a
compressor and except for oil free units, serves to seal the
space between piston and cylinder so the air can be com-
pressed. (By the way, you still have to keep oil in some oil-
free compressors, it’s only the air that has no oil in it)

Since the oil is coating the cylinder walls, is
scraped by the piston rings, and exposed to those parts
heated by the inefficiency, some of it is vaporized and
some droplets form to leave the compressor with the air.
As compressors age they tend to load the air with oil
more than when they were new. Your system should
have an oil separator to remove that oil so it doesn’t
contaminate instruments, controls, and tools that use the
air. At least that’s true most of the time, some systems
are only used for tools and the oil helps lubricate them.
In that case the oil should be a non-hazardous type that
doesn’t form poisonous aerosols where it leaves the tool.
In addition you could have an oil coalescing filter which
absorbs the oil. For the sake of your controls, please
watch that coalescing filter and change it when it’s not
quite saturated. Also make certain the separator is work-
ing to reduce the oil loading on the filter.

Other Types of Compressors
Centrifugal compressors were touted as the latest

thing about forty years ago but they quickly faded away
because the tip speeds had to be so very high to develop
the necessary pressure. The compressor required large
speed increasing gears to get that high tip speed and the
stresses on the metals at those high speeds made them
vulnerable to all sorts of problems. A reciprocating com-
pressor, which runs at relatively low speeds, could take
a small drop of water coming off the previous stage, a
high speed whirling impeller couldn’t. I still think a
steam turbine driven centrifugal could be developed
that would be efficient and reliable but nobody has built
one that anyone would buy.

Screw compressors function about the same as a
screw pump. The important difference is the screw is
machined so the cavity becomes smaller as you move
along the shaft. An added feature in the compressor
world is a slide that bleeds air back to the suction to
reduce capacity. Screw compressors are used extensively
in the construction industry, that’s what most of those
little trailers towed behind the contractor’s truck are.
They also need lubrication because the oil is what seals
the cavities and keeps the metal parts from rubbing each
other. Since most construction tools need lubrication
there’s no problem with what’s carried over with the air.

A screw compressor in a plant is usually followed by an
oil separator and coalescing filter to provide the speci-
fied ‘clean and dry air’ for boiler plant controls and ac-
tuators.

Some rotary compressors are very similar to gear
pumps (Figure 9-97). They simply move air along with
little concern for the fact that air rushes into the cavity as
it opens to compress the air before it starts flowing out.
Vane type rotary compressors (Figure 9-98) use the ec-
centrically positioned core to produce a cavity that
changes volume to compress the air as the chamber ro-
tates around the shaft. These compressors must be lubri-
cated and are typically used for low values of
compression, producing air pressures in the range of
thirty to fifty psig.

I used one rotary compressor as a gas booster on a
job in the 1980’s and was hoping to get capacity control
later by converting the drive to variable speed. That
never worked out because the oil lubrication would be
lost if the compressor was slowed down.

Figure 9-97. Lobe type rotary compressor

Figure 9-98. Vane type rotary compressor
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I have to elaborate a little on gas boosters here
because they are frequently found in a boiler plant. They
are either the rotary or centrifugal type and can’t be
turned down significantly so the gas has to be recircu-
lated through the booster to reduce output to match the
requirements of the boiler’s burner when it’s modulat-
ing. If the boiler shuts down the booster must also shut
down. During certain periods of boiler operation the
booster must run to produce pressure while the burner
isn’t firing (to prove fuel pressure available) so full recir-
culating mode exists for a period of time. To prevent
overheating the gas as it continues to recirculate in the
booster some means is required to cool it. An air cooled
heat exchanger is recommended. Water cooled heat ex-
changers can waste a lot of good water and need so
much that it all can’t be used for makeup. If you do use
a water cooled heat exchanger, and it’s using city water,
allow the water to get up to at least 140°F before dis-
charging it so you waste as little as possible and use
whatever you can for makeup.

Don’t run a booster you don’t need either. I visited
one plant where the booster was running but the service
supply pressure was more than adequate. I suggested
they try operating with the booster shut down and by-
passed. They did, and it worked fine. I’m told they went
through the winter without needing the booster. I would
love to have all the money they saved on electricity with
that one suggestion.

COGENERATION

There’s no question that the de-regulation of elec-
tricity has changed the scene of electric power genera-
tion. Without their monopolistic position utilities have
been compelled to produce power more efficiently. The
ability of the ordinary steam boiler plant to convert fossil
fuel energy at an 80% efficiency has allowed many facili-
ties to incorporate power generation, what we call co-
generation (the generation of both heat and electric
power), into conventional plants with a lower overall
operating cost.

The new buzzword is ‘distributed generation’
where electric power is generated by many smaller op-
erations. When a boiler plant passes all the steam it gen-
erates through a steam turbine to produce electric power
with a generator then uses all the steam in the facility the
thermal efficiency is much higher than a power com-
pany that normally runs at 40% (60% of the energy they
consume in fuel goes up the stack and out the cooling
tower). Understanding steam turbines and their opera-

tion is going to become more important for the wise
boiler operator.

The principal reason most plants have not gener-
ated power is the utility’s standby charges. The utilities
argued, with a certain degree of justification, that they
had to provide generating capacity to replace any gen-
erator someone else owned to ensure an adequate power
supply. In other words, they needed additional capacity
to replace the power normally produced in one of their
customer’s plants in the event the customer’s generator
failed. The charge was almost always large enough that
the customer abandoned any thoughts of power genera-
tion. Despite that and other disincentives some of my
customers are cogenerators. With deregulation a lot
more are going to be.

It really isn’t a new thing. Cogeneration was the
way of the world early in the twentieth century. Power
companies had not strung lines everywhere and new
facilities didn’t have a source of reliable power so they
generated their own. Buried deep in the bowels, and
sometimes under the concrete, of many old industrial
and institutional facilities throughout the country are old
cogeneration plants which generated power with steam
engines and used the exhaust to supply the process.
Many industrial museums are popping up today with
the remnants of many of those old plants as showcases.
A visit to one is always worthwhile. I know because I
learn something new with every one I visit.

So, unless you have a plant where your load is very
small or very inconsistent you’re going to be exposed to
a change that involves cogeneration sometime in the
near future. It’s simply energy sense and, since the utili-
ties don’t have a monopoly on power generation any
more, it’s also economic sense. Of course economics
doesn’t always make sense. I know many a boiler opera-
tor that complained about the accounting practices of
their employer and I’ve seen many examples of fiscal
stupidity that converted an obvious economic advantage
to a loss.

I remember a project many years ago where I had
the opportunity to install a new boiler and back pressure
turbine generator in a plant that was already a
cogenerator but discovered when the economics of the
project were evaluated that I couldn’t justify the power
generation. Further investigation revealed the reason:
the facility’s accountants charged all electrical mainte-
nance in the plant to plant generated power. That pro-
duced a cost of generated power, on the books, that was
only 80% of the cost of purchased power despite the fact
the actual cost was only about 25%. The accountants
ruled and the project reverted to a new saturated steam
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boiler operating at the turbine exhaust pressure. The
operators in the plant were not happy, nor was I, but
fiscal stupidity won that argument because I didn’t have
enough gray hairs at the time to get anyone to believe
me. I know an operator can’t do anything directly about
such stupidity but maintaining good quality records of
power generation and its cost would have allowed me to
beat that argument back then. You got it! The old docu-
ment or disaster rule repeats itself.

The key to cogeneration is to use the energy
that’s left over after generating electric power. One
company is promoting tri-generation where the plant
produces power, heat, and chilled water for refrigera-
tion or air conditioning. The heat of the generator ex-
haust is used in absorption chillers in the summertime
to produce chilled water. That allows plants that only
need heat in the winter to become cogenerators (or, if
you will, tri-generators) although they can’t do much
in the spring and fall. Of course that depends on your
electrical contracts and fuel costs. In some cases it
pays to generate electricity and waste some of the ex-
haust heat that you can’t use in order to avoid
standby charges (although they will give them a dif-
ferent name) and related expenses. You may also be
expected to operate the generator to minimize demand
charges.

Somewhere in this book I have suggested operat-
ing practices to minimize demand charges but operat-
ing a generator to minimize them, when possible, can
also be the responsibility of a boiler plant operator.
With cogeneration you can produce additional power,
even if it isn’t efficient to do so, to reduce a peak load
and lower those demand charges. The degree you go
to is dependent on the length of time a peak load is
endured and the inefficiency associated with produc-
ing that extra power. If the peak is substantial and
only occurs during a short period of time (like half an
hour a week) it may pay to dump steam to atmo-
sphere, as mentioned earlier, just to eliminate that
peak. You have to look at the cost to generate the
power for that period of time and how much you
save overall on demand charges. Now you know why
operation of an emergency generator can be a small
cogeneration activity like what I explained under re-
ducing demand charges.

When capable of tri-generation you can identify
and develop SOPs for spring and fall operation to bal-
ance wasted energy, by heating and cooling at the same
time, to optimize your operating cost by generating
more electricity and reducing demand when you nor-
mally don’t have the loads at the generator exhaust. It

requires knowledge of the electrical contract and how to
manipulate it and good records on power generation
and system loads. Many of you will gladly allow an
engineer or consultant to help you develop the program
for such operations because it does get complicated. In
time you’ll probably find that it will take a computer to
guide you in the decision making process because elec-
tricity costs will vary hourly. There’s already situations
where the cost of electricity varies with each hour of the
day. An example in North Carolina right now is one
where electricity costs as little as 2¢ per kW at night and
26¢ in the early afternoon with hourly variations in be-
tween. You’re limited with controlling power usage to
avoid the higher costs but cogeneration gives you the
ability to really save your employer some money on
power.

I do hope that any plant that allows a computer to
do the controlling also has an operator to make certain
the computer is doing what it’s supposed to.

There are several options for generating power
with exhaust heat to be used for steam, hot water, ser-
vice water and absorption chillers. They include steam
turbines and engines that have a long history in that
service; turbines require substantially less maintenance
and operator attention than engines.

Generating steam or hot water with exhaust from
diesel generators, including those fired on natural gas,
also have a long history but, like engines, the generators
require a considerable amount of maintenance. Modern
engines have improved on that maintenance require-
ment to the degree that they are being used. Modern
devices include gas turbines and fuel cells. Let’s discuss
them just a little so you know what they’re like. Once
again, the instruction manual and other documentation
is necessary for you to learn all that’s required for oper-
ating them because they aren’t a common element of
today’s boiler plant.

Steam Engines and Turbines
Take a good look at the photograph of Figure 9-99,

it’s a steam engine driven air compressor and it’s prob-
ably one of the few that are still operating today. Specific
problems with steam engines have almost eliminated
their use today. Lubrication oil getting into the boilers
has just about been eliminated with provision of better
materials that can seal the piston and shaft of a steam
engine but the need for skilled workers to maintain and
rebuild them and the high initial cost and cost of main-
tenance has pretty much priced them out of existence.
It’s not that they cost more than a motor over their life-
time, it’s just that they cost more to begin with and their



282 Boiler Operator’s Handbook

maintenance isn’t understood. Direct conversion of
steam to power should more than cover the maintenance
costs but most owners are not willing to invest in these
very efficient devices. Let’s see if a later revision of this
book reflects change in that attitude.

Steam turbines have also seen a decline in use,
mostly because electric power has become so reliable and
there is such a low demand for steam turbines that they
are only found in medium to large boiler plants which are
willing to invest in them. There has been no argument for
having turbines to ensure continued operation in the
event of an electric power interruption because of power
reliability and the ability to operate a generator to run
motors so you don’t need dual drives. I can remember
many installations that had boiler fans and feed pumps
with dual drives, a motor on one end of the piece of
equipment and a turbine on the other. Auxiliary turbines,
(see earlier discussion) which exhaust steam to the
deaerator are just about the only surviving application.

Steam turbines convert the heat energy in steam to
mechanical energy. It’s a simple matter of passing the
steam through a nozzle from a higher pressure to a
lower pressure in a manner that converts the static pres-
sure in the steam to velocity pressure. Once the steam is
moving at a high velocity the mechanical energy is in the
steam and the turbine has to transfer the energy in the

steam to rotation of the shaft. Turbines use two methods
to transfer the energy to the rotating shaft, either im-
pulse or reaction. An impulse turbine works the same as
a pinwheel, when you blow on a pinwheel the air strikes
the surface of the pinwheel, giving up it’s velocity pres-
sure to the blades of the pinwheel.

A reaction turbine works more like a loose garden
hose. I’m sure you have turned the water on a garden
hose at some occasion when the nozzle was open and
the hose twisted around splashing all over the place. The
hose reacted to the water spraying out the nozzle. Figure
9-100 shows the two types of turbine stages graphically
and includes a what is called a velocity compounded
stage where the back splash from an impulse stage is re-
directed to a second set of turbine blades to increase the
performance. All turbines have a least one impulse stage
because the steam is initially supplied through a set of
stationary nozzles in the turbine casing.

Multiple stages just like pumps? Yes, by dropping
the pressure in stages we get better efficiency. Utility
style turbines for power generation have twenty or more
stages in the high pressure turbine and another ten or so
in the low pressure turbine(s). As the steam pressure
drops from stage to stage it expands. If you’ll note the
volume of a pound of steam in the steam tables you’ll
notice that the volume of steam increases rather dramati-

Figure 9-99. Steam powered air compressor
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cally. The manufacturer of the turbine either has to make
the latter stages of the turbine much larger or provide
for bleeding off some of the steam.

It’s typical for a large power generating turbine to
have at least two bleeds. High pressure bleed steam is
regularly used for feedwater heating between the
deaerator and the economizer or boiler. Some high pres-
sure bleed steam is at a pressure high enough to be used
as the steam supply for auxiliary turbines. Intermediate
pressure steam can be used in the deaerator or for other
purposes. Low pressure bleed steam can be used for
plant services such as building heating and reheating
condensate after it leaves the condensers.

Steam turbines, and engines, extract energy from
the steam without condensing it. That’s very important
because the turbine would be severely damaged by
droplets of condensate hammering the turbine blades.
The energy that’s removed from the steam to generate
power is only enough to reduce the superheat.

Despite what some people think, a turbine that
runs on saturated steam is only extracting superheat.
The steam contains the same amount of energy after it
passes through the first nozzles of a turbine as it did at
the inlet of the turbine. Since the pressure in the steam is
lower the steam has to be superheated. As long as the
turbine doesn’t draw too much energy from the steam it
will still be superheated (a little bit) at the outlet of the
turbine.

Of course to really generate power we superheat
the steam in the boiler. That allows us to use a more
efficient turbine that extracts more energy from the
steam. In large power generation equipment the steam is
piped off the turbine and back to the boiler to be re-
heated before continuing its trip through the turbine.
The reason we use reheat is the superheat necessary to

prevent condensation on a full path through the turbine
would be so high that the superheater tubes and pipes
would melt, we simply don’t have metal that could take
those high temperatures. By reheating we can boost the
temperature at an intermediate stage in the turbine to
about the same temperature as the steam at the turbine
inlet without requiring more exotic metals in the super-
heater and piping. The heat exchange surface in the
boiler that does this is called the reheater and it requires
special consideration in the startup and operation of a
boiler that’s equipped with one.

The turbine arrangement that will probably be-
come more common with the development of ‘distrib-
uted generation’ is the ‘topping turbine’ or ‘high back
pressure turbine’ that will generate electric power. All
the generated steam passes through the turbine for use
in the facility. The steam will be produced at high pres-
sure (600 to 900 psig being the most common) and su-
perheated, then dropped through the power generation
turbine to generate power while dropping to pressures
you’re operating at now, the level required in the facility
served by the boiler plant.

The few things you need to know about turbines is
that their lubrication is critical and the torque of a tur-
bine is at maximum when it’s not rotating and decreases
as speed increases. Most power generation turbines have
pressure lubrication; the oil is supplied to the bearings
under pressure. The oil feed can be from a pump di-
rectly, in some cases one attached to the turbine, or from
a head tank set well above the turbine which is con-
stantly refilled from the sump by pumps. You may recall
being in a power plant and seeing a viewport in some
piping where you can see oil splashing through; that’s
the overflow from a head tank. As long as you see oil
spilling down that overflow you know there’s lubricat-
ing pressure for the turbine. If you don’t see it you have
a short period of time in which to get that turbine shut
down.

As for the torque business; you don’t want to dam-
age the turbine. Spinning open a steam valve on an idle
turbine inlet can result in so much torque at the first
stages that the plate holding the turbine blades or the
shaft can be bent enough to cause the blades to hit with
serious damage. The rapid acceleration of the turbine
from zero speed can result in serious over-speed condi-
tions. Just crack the steam valve to any turbine, it takes
very little steam to get it moving. The marine turbines I
used to operate had a bunch of heavy gears, a fifty ton
propeller, and long shaft holding it back so we gave it a
bit of a blast to get it started, opening the valve a quarter
turn or so, then quickly throttled back as it started mov-

Figure 9-100. Impulse and reaction stages of turbines
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ing.
There’s still considerable force on the turbine

blades when a turbine is operating under load. If a
power generator trips off the line, instantly stopping any
generation of power, the turbine is bound to over-speed
because there’s nothing to stop it taking off. That’s why
they all have over-speed trips and some even have hy-
draulic brakes to limit the speed. Don’t skip that very
important function of testing the over-speed trip when
you start up a turbine. If it doesn’t work you could be
watching turbine blades flying out of the casing and all
over the place.

All electric utility steam turbines, including those
in nuclear plants, are condensing turbines. That means
that at least some of the steam passes through the tur-
bine to a condenser. The water from the condenser is
then pumped up to the deaerator, usually through a
number of heat exchangers. To condense the steam all
the heat of vaporization (the latent heat) has to be re-
moved. That heat is transferred in the condenser to river
water or cooling tower water. On rare occasions it is
dumped to air through air cooled condensers.

For maximum power generation the condenser
must operate under a vacuum so non-condensible gases
and any air that might leak in must be removed from the
condenser. That’s typically done with a steam jet ejector
but may also be accomplished with motor driven
vacuum pumps. The steam jet ejector (Figure 9-94) is
usually two or more stages to pull as much vacuum as
possible. The steam used to eject the air is then con-
densed in a heat exchanger using condensate. The actual
vacuum achievable is dependent on the temperature of
the cooling water or air but 27 inches of mercury is a
typical value to shoot for. At that pressure the steam will
condense at 92°F.

Any condensing turbine requires special provisions
to seal the shaft of the vacuum pressure stages to pre-
vent drawing air into the turbine. That’s usually accom-
plished with a special regulator that supplies steam from
a high pressure bleed or a reducing station to keep pres-
sure on the shaft seals. The regulator also dumps excess
steam leaking from high pressure seals into the con-
denser during operation.

Maintaining a vacuum by providing adequate cool-
ing water or air and keeping non-condensible gases and
air out of the condenser is imperative for best power
generation. A boiler plant that’s converted to generate
power in addition to heat, as opposed to one that gener-
ates power as well as heat, may have a condensing tur-
bine although most of the steam will be used in the
plant. Various schemes including bleeding steam and

separating stages with piping and control valves are
used to maintain pressure of the steam supply to the
facility while the steam to the turbine is controlled for
power generation. One such scheme is a goggle plate
inside the turbine with slots that are opened and closed
to control flow to the lower stages right after the facility
steam is drawn off.

GAS TURBINES, ENGINES AND HRSGs

This is just a small amount of information about
the other types of cogeneration plants you may encoun-
ter. Once again, it’s the manufacturer’s instructions that
are going to be most valuable in developing your oper-
ating knowledge of these plants. I have to admit I’ve
never operated or even studied one of the land based
plants that cogenerate, all I’ve done is visit some of
them. Each is a little unique so once again the instruction
manuals provide critical guidance.

Just because the fuel isn’t burned in a conventional
boiler furnace doesn’t mean a boiler operator can’t
handle it. The combustion chemistry doesn’t change, all
the formulas stay the same, we’re still simply burning
hydrocarbons to release heat. Gas turbines and gas en-
gines burn the fuel and some of the thermal energy is
extracted from it to generate power. They’re not a lot, if
any, more efficient than a utility steam plant so there’s
heat left over to make steam. There are many engine
generator plants with waste heat boilers in this country
that have been operating for more than thirty years and
gas turbines aren’t as new as some people think. In
many cases all that’s new is a way of putting equipment
together and a HRSG is a prime example of that.

Unless you’re a rare individual you have general
knowledge of how your automobile engine works. If
you’re like me you also know that modern technology
has limited working on it to someone with computers
that can talk to the computer in the car but that doesn’t
mean the combustion process is any different. Most elec-
tric power generating engines work the same, using ei-
ther the Otto or Diesel cycle to convert energy in fuel to
output power at the engine shaft which drives the gen-
erator. Otto is the guy that came up with the four cycle
engine, the scheme of intake, compression, ignition and
exhaust. A diesel engine can be two cycle or four cycle
but most are four cycle with the only difference being
Otto used a spark to ignite the fuel. Fuel is injected into
a diesel engine right before ignition and ignites sponta-
neously in the hot compressed air.

The water jacket surrounding the engine’s cylin-
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ders don’t absorb much heat compared to a boiler so
there isn’t much energy recovered by the water jacket.
I’ll admit I’ve heard some of them called cogenerators
but I really don’t consider them as such. Some plants use
the heat of the jacket for building heat and other pur-
poses but most of the energy remains in the exhaust
gases. Cogeneration plants using engines have a waste
heat boiler that recovers the energy in the engine ex-
haust gases. The boiler or boilers are commonly
manifolded to two or more engines so steam generation
can be maintained. Frequently there’s an auxiliary
burner installed somewhere to provide additional heat
or fire the boiler when the engines are shut down.

The auxiliary burner in those applications shouldn’t
be a conventional boiler burner. I saw such an application
just a few weeks ago with the conventional burner’s inlet
fitted with another fan to produce the static pressure that
matches the engine exhaust pressures and overcomes the
pressure drop through the boiler, economizer, and stack.
That little burner looked somewhat ridiculous with the
fan blowing into it and I’m not certain it won’t blow apart
under the pressures it is subjected to.

The principle difference in engines and turbines, as
far as combustion is concerned, is that engines are typi-
cally fired fuel rich to keep them cool and turbines are
fired air rich. There’s a catalytic converter on your car
because the engine would get too hot if the fuel was
burned completely. By running the engine fuel rich the
combustion products are much cooler, you don’t get that
extra 10,000 Btu from complete burning of the carbon.
The catalytic converter combines the exhaust with the air
added by the air pump to burn off the carbon monoxide
later, after the energy produced by the initial combustion
has been converted to mechanical power to drive the car.
The catalyst simply provides a source of certain ignition
of the lower temperature exhaust gas and air mixture to
ensure more complete combustion. It raises the gas tem-
perature in the process to waste the heat out the tailpipe.
It isn’t perfect or complete because a little CO manages
to sneak by a converter but it does a pretty good job. You
will find some engine cogeneration plants operating
with catalytic converters, more for NOx reduction than
CO reduction.

Gas turbines, on the other hand, used to use lots of
excess air to absorb the heat of combustion and lower
the operating temperatures so the turbine blades don’t
melt. The high volumes of excess air make it difficult to
get complete combustion but providing cooling water to
spinning turbine blades is virtually impossible. New
techniques and construction are changing the form of
gas turbines to allow lower excess air. Once scheme now

used is to bleed air or steam through holes in the leading
edge of the first row of turbine blades to create a film of
cooling air or steam flowing back over the blades. De-
signs of power generating gas turbines are evolving rap-
idly so you will have to read to keep up with what’s
happening with them.

Gas turbines are not a new thing. I said that a bit
ago didn’t I? Anyway, gas turbines are at least sixty
years old. Every jet plane flying is powered by gas tur-
bines. The first gas turbine powered ship, the Admiral
Callahan, was powered by two airplane jet engines
which exhausted to another turbine that drove the ship’s
propellers. Gas turbine plants that use that concept are
now called ‘aero-derivative.’ The growing need for im-
proved efficiency, fostered by the deregulation of elec-
tricity, has seen improvements in common shaft gas
turbines (basically a jet engine with a shaft sticking out
to drive the generator).

A gas turbine consists of three basic parts. A com-
pressor, burner(s), and turbine. The compressor draws in
atmospheric air and compresses it before supplying it to
the burner. The burner mixes the fuel with the com-
pressed air and ignites it. The parts containing the
burner are protected from the heat of the burning fuel by
baffles cooled by some of the compressed air. The prod-
ucts of combustion and cooling air mix to provide a
cooler product before entering the turbine. The turbine,
a reaction type, converts the heat energy to shaft power
to drive the compressor (a large portion of the turbine
load) and a load. I have to say load because there are
some gas turbine driven pieces of industrial equipment;
but most of the time they’re used to power electricity
generators.

It’s the gas turbine and HRSG combination that
form the plants we now call ‘combined cycle’ power
plants. The HRSG (Heat Recovery Steam Generator)
could be modestly called a waste heat boiler but is much
more than that. It consists of a combination of all ele-
ments of a modern boiler plant in a carefully matched and
packaged combination designed for maximum efficiency.
With combined cycles utilities have been able to increase
their efficiency to almost 50%! I should point out that it’s
a LEL efficiency so they’re still nowhere near the perfor-
mance of the common heating plant. The basic arrange-
ment of a combined cycle plant is a gas turbine followed
by a HRSG which generates steam to power a steam tur-
bine with both turbines generating electric power.

What exactly is a HRSG? Why is it different than a
waste heat boiler? It’s because it is more than just a
waste heat boiler. The typical HRSG is a combination of
things with the most common arrangement being a con-
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necting duct for the turbine exhaust with an integral
duct burner, superheater, reheater, high pressure boiler,
economizer, low pressure boiler for deaerator steam
which flows to the integral deaerator, and low pressure
economizer. The HRSG is designed to squeeze as much
heat as possible at each section then follow with a lower
temperature boiler or heat exchanger that can absorb
some of the heat that’s left. As the flue gases cool in their
path through the HRSG they pass several “pinch points”
where the flue gas temperature approaches the satura-
tion temperature of the boiler or inlet temperature of the
heat exchanger.

Many of the duct burners simply introduce fuel
because the gas turbine at the inlet operates with very
high excess air (300% to 400%) so there’s plenty of air for
the fuel. Some duct burners have air for the ignitors only
and some have none, an unusual concept to some of us
old boiler operators.

Microturbines
Microturbines are very small gas turbine genera-

tors with some unique differences. Most generators are
limited to a speed of 3,600 rpm so they can generate 60
Hertz electricity. In Europe the speed limit is 3,000 to
generate 50 Hertz. A gas turbine is more efficient at
higher speeds. Microturbines generate direct current
then invert the output with solid state electronics to pro-
duce alternating current. That way there’s no link be-
tween speed and frequency so the turbine can be
operated at the most efficient speed for the power it’s
generating.

The manufacturers of these small independent
power plants, some no larger than a typical desk set up
on one end, provide limited information about them.
I’ve seen them sitting in a plant and making a little noise
(they’re surprisingly quiet) while generating power but
that’s the limit of my experience with them. Some of you
may grow to learn a lot more when you have to try to
operate them.

Microturbines are an assembly line product with
common sizes being 30 kW and 60 kW. The largest I’m
aware of is 250 kW. They also produce hot exhaust
which can be directed to a waste heat boiler but many
are used as emergency generators with no waste heat
recovery.

Fuel Cells
This is a product I haven’t seen in operation. It’s

relatively new and I know of several plants that use
them but have no experience with them at all. I do know
a little that I’ll share with you because, if you know

anything about combustion, you’ll discover that they’re
given more credit than they really deserve.

Fuel cells do generate electricity without burning
the fuel. That doesn’t mean they run cool. Some of them
operate at very high temperatures. The concept is one of
hydrogen and oxygen combining to make water by a
sort of reverse electrolysis. If you had chemistry in high
school one of the things you did, at least I did, was bury
two electrodes in water (the electrolyte), pass a direct
current through them and the water, then watch gas
bubbles form at each electrode and rise into an inverted
test tube. One contained oxygen, the other contained
hydrogen; the process broke the water down into its two
basic parts. A fuel cell does the opposite, using reaction
of hydrogen gas and oxygen to produce direct current
electricity and water.

Fuel cells became the mainstay of electric power in
the space program because they generated a lot of power
with very little weight and produced water that could be
consumed by the crew or jettisoned without degrading
the environment. Their relatively low operating tem-
peratures and lots of careful development produced a
highly reliable electricity generator. When used in earth-
bound applications the direct current produced has to be
inverted to alternating current. They’re used principally
in plants where highly reliable backup electric power is
required. The important thing to note is that they are
designed for, and work well with, pure hydrogen.

Since there are no hydrogen pipelines or storage
tanks out there a conventional hydrogen—oxygen fuel
cell is not the sort of thing that someone is ready to in-
vest in. There’s considerable hype around the develop-
ment of fuel cells for automobiles as clean burning and
that may result in some domestic supply of hydrogen
but not enough to power any large systems. The typical
earth based fuel cell installations currently burn a com-
mon hydrocarbon fuel such as natural gas with some
modification.

The modification of a fuel cell to burn hydrocarbons
incorporates a ‘reformer’ which modifies the fuel to pro-
duce pure hydrogen. As I understand the cryptic descrip-
tions available, the reformer produces heat, generating
steam. The steam is then exposed to the fuel in a catalyst
where the hydrogen in the water is released as the carbon
combines with the oxygen to form carbon dioxide. That
way some of the energy produced by the carbon is used
to create more hydrogen. The source of the oxygen is air.
That means that the exhaust of a fuel cell contains carbon
dioxide and water just like a normal boiler.

So, when you see those articles and advertisements
that say a fuel cell produces less carbon dioxide than a
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boiler you should treat everything the author says as a
potential lie because there’s no alternative. Any hydro-
carbon has to produce carbon dioxide and water; to
claim it doesn’t is blowing smoke. The only alternatives
are to produce carbon monoxide, something we don’t
want to do, or leave pure carbon. A fuel cell supposedly
does neither. Most of the fuel cells do operate at tem-
peratures low enough that they don’t produce any NOx
and there’s no way for particulate matter to get through
the liquid electrolyte.

As for carbon monoxide and volatile organics we’ll
have to assume they can’t get through the electrolyte
either although a reformer could dump them out with
the carbon dioxide under upset conditions. I would be a
lot happier about the future of fuel cells if someone
would admit that they could go wrong and produce
most of the other criterial pollutants except possibly
NOx and sulfur oxides.

Sulfur oxides aren’t considered because the sulfur
would poison most of the electrolytes used in fuel cells
to stop their operation in short order. Fuel cell applica-
tions require special fuel pretreatment to remove any
sulfur. It’s also highly probable that a fuel cell will re-
quire good air filters and some air pretreatment to limit
the effects of the normal allotment of particulate and
nasty gases that can be in the air around industrial sites.
How much air cleaning and fuel preparation will be

determined to extend the operating life of the fuel cell as
we gain experience with them.

As I understand it right now a fuel cell has to be
dismantled and rebuilt on at least a five-year schedule.
It’s the sort of operation the manufacturer insists on
doing, probably to retain secrecy regarding their meth-
ods of construction and other details. The schedule may
be based on experience with the degradation of the elec-
trolyte from the problems we’re already aware of, con-
taminated fuel, particulate and stray gases in the air, etc.
so programs of life extension based on chemical treat-
ment or reconditioning of the electrolyte may be able to
extend that operating period in the future.

The actual operating temperature of a fuel cell de-
pends on which electrolyte is used and can vary from
very low (about 350°F) to high (about 1200°F) so the
temperature of the exhaust can vary considerably and
the possible uses of the heat will vary as well. If fuel cells
reach the potential that many people try to give them the
exhaust will only be good for heating service water.

Currently fuel cell applications are limited to sites
where reliable electricity supply is all important and, by
installing several fuel cells, an owner can be reasonably
certain the power will never be interrupted. You may be
called on to monitor fuel cell operation and, once again,
the important thing to do is read that instruction
manual.
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TTTTThere was a time when the operator was the only
controlling influence on the operation of a boiler plant.
Today controls are an extension of the operator’s eyes,
ears, hands and feet that help the operator keep the
plant running in a safe and efficient manner. There’s no
question that less manpower is needed in a plant
equipped with controls but, unlike a human, they can’t
always let someone know when they aren’t working
correctly.

The modern boiler plant operator uses the latest
controls made available to manage the ever increasing
cost of operating a boiler plant. With these tools the
operator can easily manage to reduce operating costs by
as much as 15%.

CONTROLS

“Controls! What controls?” The fireman walked
away shaking his head and muttering something about
those dumb young engineers fresh out of the academy. I
would discover later that what I thought were controls
were considered a simple obstacle to walk around on
that ship. They were Bailey Standard Line controls and
the honest truth was that none of them were working. It
didn’t deter me because I had seen them working on
ships when I was a cadet three years earlier. After a
couple of weeks of tightening connections, adjusting
settings, and replacing most of the diaphragms that
sense air and flue gas pressures I managed to show that
fireman that the controls could maintain the steam pres-
sure as well as he could and all he had to do was sit back
and watch them do it.

I believe the attitude that controls would put ev-
eryone out of work are gone and most operators con-
sider them just another tool that only they have the skill
to use. The last plant I was in where the controls were
not allowed to do their job now operates automatically,
without any operator in attendance. Because the controls
do a better job? Nope, because the operators simply re-
fused to allow them to work at all. A concern for keeping
their jobs led to them losing all of them. I won’t argue
the fact that people have been replaced by technology,
but I do know that it’s better to embrace it than fight it.

Controls are simply one of the things that help you do a
better job and you should know how to use them.

There are two basic types of control, on-off and
modulating. On-off control isn’t as simple as you might
think and I’ll cover some of the unique conditions you
should be aware of within the discussion of specific
applications which follow. The following few para-
graphs address the general elements of modulating con-
trols which a boiler plant of any reasonable size will
have.

If you recall the section on flow you know that
controls change the rate of flow in order to maintain a
desirable condition such as pressure, level or tempera-
ture. Despite the fact that we can’t really control pres-
sure, level or temperature we identify a control loop
using those parameters. Just keep in mind the fact that
you aren’t controlling anything but flow.

Just like an engineer, right? Using big words like
parameter! Parameter is one of those words that we use
to mean several things and it’s not that complicated a
concept. We use it because controls aren’t selective; the
controller doesn’t know if it’s controlling to maintain a
pressure or a level, that information isn’t even important
to the controller. We say parameter and we mean level,
pressure, temperature, pH, or anything else we choose to
maintain with a controller. The controller does the same
thing regardless so we give it one generic name, param-
eter.

There are a number of words used by the control
designer and technician that you should know. Why?
Because they only know about controls and use words
specific to their controls that don’t differentiate among
the hundreds or even thousands of different systems
that can use those controls. A controller can be used for
so many different applications that assigning names that
are independent of the process being controlled was es-
sential. Once you know what they are and what they
represent you’ll have a better understanding of controls.

Despite a tendency of some people to award a level
of intelligence to controls they are really quite limited.
They don’t know what they’re controlling nor what pa-
rameters they are maintaining, they respond to control
signals and produce control signals. The signals are air
pressure, fluid pressure, electrical voltage, electrical cur-
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rent, or a bunch of electrical charges in a tiny microchip
that we relate to as ones and zeros. If they don’t know
any more than that we shouldn’t have any problem
understanding them. Understanding controls isn’t that
difficult, our controls can be used in any application, not
just boiler plants. The really wise boiler operator will be
able to relate to how the controls work with the boiler
and its auxiliaries.

Let’s start with parameter, it’s a quantity, value, or
constant whose value varies with the circumstances of
the system. The controller doesn’t know what the pa-
rameter is and it doesn’t care. It can be pressure, tem-
perature, level, count, pH, oxygen content in percent,
differential pressure, a flow of any fluid, a weight, etc.
The controller basically deals with parameters that are
called inputs and they are used to create an output, or
outputs. Inputs are assigned names that indicate what
they are in relation to the controller with the two most
important ones being process variable and set point.

The process variable is a value representing the
measurement of whatever it is you are trying to main-
tain. If it’s a pressure controller it’s the pressure. If it’s a
level controller it’s the level. It’s the control system’s
representation of the actual value of the parameter
you’re trying to control.

The set point is a value representing what you
want the process variable to be. If you want the boiler
pressure to hold at 100 psig you adjust the set point until
the parameter represents 100 psig. When properly ap-
plied the controller will indicate it is set at 100 psig and
you don’t even have to know what the actual value is.
Set points are not always set by you; a set point can be
the output of another controller.

We normally describe a set point as being “local”
when you can adjust it and “remote” when it’s the out-
put of another controller. Note that the terms don’t relate
to what you would consider as local and remote. If you
have to leave the boiler plant and go around the main
building to the shed under the water tower to adjust the
set point of the tower’s water level controller it’s still a
local set point even though it’s remote from the boiler
plant. If it was a pneumatic set point you could install a
little regulator and tubing in the boiler plant (local) and
extend the tubing out to the shed under the water tower
to produce a… well, I’m sorry to say it but it’s still a
local set point. As you’ll see later, a remote set point can
come from a controller right beside the next one in the
control panel so don’t confuse local and remote with
location.

Now we can define a loop. We use the term loop to
describe parts of a control system because each control

loop is like a circle; there’s no end to it. The parameter
we’re trying to control (process variable) is sensed by the
controller which compares that value to the set point
then adjusts its output accordingly. The change in output
produces a change in the process variable and the con-
troller compares that new value to the set point to
change its output again. A control loop contains a con-
troller, a device to measure the process variable, a source
of set point, an output device that controls the flow and
anything else that changes the value of the process vari-
able or the set point.

A loop can be as simple as a level controller con-
sisting of controller with internal set point adjustment, a
level transmitter and control valve to similar devices in
combination with a large number of computers located
in different parts of the plant. The practical limit of a
loop is at the devices that affect the process variable and
any one of those devices can be part of another control
loop.

There is always a control range. The values the
controllers use have an upper and lower limit. The range
of transmitters has to be established to permit reasonable
control and allow for the normal variations in the mea-
sured parameter. A range is selected by the applications
engineer (the gal or guy that selects and specifies the
controls to be used on a job) to ensure the system will
control properly. What’s the big deal? It’s a question of
accuracy and stability.

If you are operating a low pressure steam plant,
then a transmitter producing a signal in the range of 0 to
30 psig can maintain a pressure of 10 psig plus or minus
0.15 psi because the transmitter (which typically has an
accuracy of ± 1/2 %) will produce a signal that accurate.
On a plant operating at 3,000 psig a 0 to 4,000 psi trans-
mitter would be accurate to ± 20 psi and that wouldn’t
necessarily be considered accurate control. So the engi-
neer might use a transmitter that works in the range of
2,500 to 3,500 psig to get a transmitter accurate within 5
psi.

Control signals also have a range and each system
normally uses the same signal range for all the devices
in the system. There are many standard ranges of control
signals with the most common ones being 3-15 psig
(pneumatic), 0 to 5 volts (electric, electronic), 4 to 20
milliamps (electronic). Several other signal ranges were
used and it’s not uncommon to encounter a mix of these
ranges within systems that are a mix of old and new
instruments and controllers. Other signal ranges you
may encounter are 0 to 30 psig, 0 to 60 psig, and 3 to 27
psig pneumatic, 0 to 10 volt, -5 to + 5 volt, 0 to 12 volt,
and 0 to 24 volt values on electrical and electronic sys-
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tems. There are others but their use is industry specific
and very limited.

The control signal range is representative of the
value of the measured parameter, the process variable.
You can measure the control signal and, knowing the
range of the transmitter, determine the actual value of
the process variable. A simple example would be a loop
to maintain 200 psig after a pressure control valve where
the transmitter range is 0 to 300 psig and the control
signal is a 0 to 30 psig air pressure. You know the control
signal value for the set point has to be 20 psig (or equal
to it) and the actual value can be determined by multi-
plying the control signal by 10. If we wanted a remote
indication of the pressure we could extend the transmit-
ter output with 1/4 inch copper tubing to a 0 to 30 psig
pressure gauge and add a zero to each number on the
gauge face. The tubing and lower pressure gauge would
be considerably cheaper than running steel steam piping
to the remote location with a high pressure gauge; the
first demonstration of why we use instrumentation, it
saves money.

Oops, I just used another big word. Instrumenta-
tion, as I understand it, consists of devices that could be
used in control loops but they don’t do any controlling.
All they do is provide indications of the value of the
process including parameters such as pressure and tem-
perature and quantities like pounds, gallons, or cubic
feet. We use the term controls and instrumentation to
describe a complete system that not only maintains the
desired parameters but provides outputs that tell you
how it’s doing and what’s been done.

Before I jump off the subject of control (and instru-
ment) signals I have to mention the concept of live zero,
why we have it, and how to deal with it. When we en-
gineers say “live zero” we mean something that isn’t
zero; …oh well, so much for simple explanations. Live
zero control signals are those for which the control signal
value that represents zero is more than zero; like in a 3
to 15 psig or 4 to 20 milliamp control range. The 3 psi or
4 milliamps represent zero.

The main reason for a live zero is you can be sure
of it. Our pressure transmitter in the previous paragraph
can be set at zero output with zero pressure applied to
it but we can’t be certain that it will come off that zero
properly; there may be slack in linkage or stiffness in the
bellows that has to be overcome. With a live zero we can
see that the signal value is right where it’s supposed to
be with zero pressure at the process connection and can
adjust the output while watching the signal approach
the live zero from either direction. It’s darn hard to get
a minus pressure or minus electrical current reading and

live zero solves that problem.
That’s probably more than you want to know

about control labels but you will find that your under-
standing of them will help you get answers to inquiries
about other control systems. Talk the talk and everyone
thinks you’re an expert. Understand the talk, and you
are. Now lets talk actual controls and what they do.

A common application is a simple level controller
and I’ll use that to give you an example of control meth-
ods. We’ll begin with a simple float control valve (Figure
10-1) which maintains the level (our process variable) by
controlling the flow of water leaving the tank. If you’re
at all familiar with these float valves you know the level
has to vary. When there’s no flow out of the tank the
valve has to shut off. Conversely, when water is drawn
out of the tank at a high rate the valve has to open fully.
In order to change the position of the valve the level in
the tank has to change. When water use is low the level
is higher and the highest level is at shut-off. The level
has to drop for the valve to open fully. The level cannot
be maintained at one precise point because the level has
to change in order to control the flow.

The required change in process variable to achieve
control is called “droop” and it’s the difference between
the value of the process variable at no flow and the pro-
cess variable at maximum flow. The float controller is
comparable to other “self-contained” devices that main-
tain desired pressures, temperatures, and other param-
eters; they work fine when the flows are low and the
deviation in process variable is acceptable.

There are other factors that prevent all controls
being as simple as a float control valve. The pressure of
the water supply can be so great, or the flow so great
that the float control valve simply will not work. If the

Figure 10-1. Float control valve
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pressure differential gets high enough it will force the
valve open regardless of the position of the float. The
system in Figure 10-1 is obviously operating with very
little pressure drop across the control valve. That’s one
of the few I’ve seen without a wire or cable led down to
operating level so the operator can give it a yank to get
it operating again.

You could calculate the maximum supply pressure
for a float valve controlling water supply to a tank. Cal-
culate the volume of the float and multiply by the den-
sity of the water in the tank (62.4 pounds per cubic foot
for cold water) and the equivalent length of the float arm
from the pivot to the center of the float. That’s the maxi-
mum torque the float could impose on the valve because
at that point the float is sinking. Divide the torque by the
length of the pivot arm on the valve (from the pivot to
the center of the valve disc) to determine the maximum
force on the valve, then divide that force by the area of
the valve disc that is exposed to the difference between
supply pressure and the pressure in the tank. The result
of your calculation is in pounds per square inch and
that’s the maximum pressure difference for the float
valve. If the drain leads to another tank at atmospheric
pressure the result is the maximum pressure (in psig) in
the tank, the most the valve can handle.

If the flow is high the valve opening has to be large
enough to handle the large flow and that requires the
valve disc to be larger. Using the same procedure I just
described you can see that eventually the disc will get so
large that the water will force it open at very low pres-
sures. You could use a larger float but there are limits to
float size imposed by the largest float chamber or, for
floats in tanks, the tank opening. That’s why you’ll occa-
sionally see floats that are cylinders, able to fit in the
hole in the tank but long enough to provide enough
displacement volume to operate the control. Another
problem with larger floats is they will collapse when
exposed to high pressures inside an enclosed tank such
as a boiler.

You could increase the length of the float arm to
increase the torque but there’s limits to that imposed by
the inside of the tank and the increased droop. Now you
probably realize why simple float valves are seldom
used to control water level in a boiler. Small residential
boilers are frequently fitted with one but it has a mini-
mal water capacity and is limited to low pressure boil-
ers.

A modulating controller that maintains a tank wa-
ter level (on off control is described later) can be com-
pared to that simple float controller. We can use a float
operated valve to produce the control. It can work just

like the float valve but control a much smaller volume of
water with a very small valve so it can handle the high
differential. You’ll probably never see anything exactly
like this type of controller (Figure 10-2 which is a valve
filling a bucket over the valve with an opposing spring)
but it allows me to show you some concepts of control.
The valve controls flow to a bucket on top of the main
control valve. When the water level drops the float valve
increases the water flow to the bucket to fill it. The
heavier bucket overcomes the weight of the spring and
closes the drain valve.

The drain hole in the bucket lets water out, some-
what essential because without it the main valve would
close and never open until the water evaporated out of
the bucket or you removed it. Control is achieved by
changing the level of the water in the bucket; it fills to
close the valve and drains to open it. Notice the differ-
ences between this system and the simple float control
valve; an external source is used to power the system
(weight of the water in this case) and the transmitter and
main control valve are separate with no dramatic restric-
tions on the distance between them, another advantage
of control systems.

There’s another notable difference in this control
system, the float valve that’s used as the controller isn’t
the same as the typical float valve because it works back-
wards. Notice that the flow of water through it decreases
with level, just the opposite of the simple float valve. It
happens because the pivot point is on the other side of
the valve. It was necessary to make the control system
work and it reveals one of the control concepts you have

Figure 10-2. Bucket valve control
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to get used to, there are direct acting controllers and re-
verse acting controllers. A direct acting controller in-
creases it’s output as process variable increases; a reverse
acting controller reduces its output as the process vari-
able increases.

Controllers like the one we just described are sel-
dom found today because there are a few problems with
water; it’s corrosive and contains solids that can eventu-
ally plug up the control orifices. In the prior example
dust from the atmosphere could get into the bucket and
close the drain hole to prevent the valve opening. We
used to have hydraulic controls (which used oil instead
of water in closed systems) but their expense and prob-
lems with corrosion and leaking resulted in their having
a short period of acceptability. They were replaced by
pneumatic controls which survived several years before
they were outstripped in price and function by micro-
processor based electronic controls, the current choice as
of the writing of this book. Electrical and electronic con-
trols saw some use and a share of the control market
along with pneumatic controls as well.

I lived through the era of sophisticated pneumatic
control. It provided more accurate control at lower cost
than earlier mechanical and hydraulic systems. We’re
now living in the era of microprocessor based control.
Who knows what will follow?

The system just described consisted of controller
and control valve and is not consistent with modern
control systems because the controller measured the pro-
cess variable directly. A typical control system will have
a transmitter which produces a control signal propor-
tional to the value of the measured variable, a separate
controller and a final element (control valve). We could
relate the level of the water in the tank to the level in the
bucket but that will change as the drain hole plugs or
erodes and is also affected by the pressure drop through
the valve and other factors.
We could convert our float valve controller to a transmit-
ter by drilling a hole in the outlet piping to let the water
drain there and use the bucket as a reservoir. Installing
a pressure gage on the piping feeding the bucket pro-
vides an indication of the output of our transmitter. The
problem is our pressure transmitter can’t produce a con-
trol signal that’s precisely proportional to the level in the
tank. A variation in the water supply pressure, wear in
the valve and drain orifice and friction in the valve pack-
ing will all combine to generate changes in the signal
that produce errors.

A desire for accuracy and, more importantly, re-
peatability resulted in the development of precision
transmitters by introducing feedback. Feedback is the

output and we use it to test or correct our output. In the
case of a transmitter it’s used to ensure the output is
really proportional to what we’re measuring, what we
call the process value. Let’s modify our float valve and
use compressed air instead of water. There are two ad-
vantages to using air over water, one is it has very little
weight so the weight of the air doesn’t alter our signal
value when the signal is piped up or down two or three
floors in the building.

More importantly nobody complains when it leaks
out. Let’s face it, people would complain about our
water powered transmitter constantly pissing water out
but they don’t even notice the air. We also change the
valve and float arrangement so the float arm compresses
a spring and the spring force is opposed by a bellows
that contains our output pressure so we get a transmitter
that looks like the one in Figure 10-3. We have moved
the orifice from the bucket to the air supply and created
another one consisting of a nozzle. The nozzle discharg-
ing against a baffle becomes our valve (less expensive
than a valve) and the valve moves with the float arm
because we want the output to accurately represent the
level in the tank. Flow through the valve doesn’t change
based on position of the float, it responds to differences
between the position of the float and the balance of
forces of the spring and the bellows.

This construction is typical of most pneumatic
transmitters. As the level increases the nozzle is moved
away from the baffle so more air bleeds out at the
nozzle. The pressure in the output bellows decreases so
the spring pushes down on the float and up on the

Figure 10-3. Pneumatic level transmitter
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baffle, following the nozzle. When the level falls the
nozzle is pressed against the baffle so the pressure in-
creases and the bellows compresses the spring to push
the baffle down. The transmitter uses a pressure balance
principle where the output pressure of the transmitter is
fed back (feedback) to restore the balance of the device,
in this case the relative position of the nozzle and baffle.

This transmitter is reverse acting, the output in-
creases as the level drops. In the figure the valve is
draining the tank so it drops the level. The same trans-
mitter can be used for direct control of a makeup water
valve supplying a boiler feed tank because we could
change the valve internals. The increasing air pressure
would push the valve open.

The system shown is using the transmitter as a
controller, and it would work, but it’s seldom done that
way for several reasons, price and power predominat-
ing. By switching to compressed air we were able to
make a much simpler valve in our transmitter/controller
and make it much smaller, lowering the cost of it dra-
matically. The reduction in size reduced air consumption
a lot too so it costs less to operate. The small transmitter
cannot, however, move lots of air so it would take a very
long time for it to pass enough compressed air to in-
crease the pressure in the diaphragm casing of a large
pneumatic control valve. If the transmitter was used as
a controller there would be a considerable lag in opera-
tion because it would have to pass all the air for the
control valve in addition to filling the feedback bellows
and connecting tubing. The very limited output of trans-
mitters prevents them being used as controllers for those
reasons.

Our simple transmitter would also have a droop,
although not as noticeable as other methods, because the
distance between the nozzle and baffle would have to
change to raise or lower the pressure in the output. That
produces a difference between the control signal and
float position. Another important factor in the design of
the transmitter also allows for increased droop. That’s
because the designer had to allow for something to go
wrong (like loss of air pressure) so the baffle is usually
a flexible piece of spring steel that can bend without
breaking when the level is low and there’s no air pres-
sure to compress the spring and keep the baffle to nozzle
position. As the control signal increases some of the
pressure is used to bend the baffle slightly to introduce
more droop. To reduce that effect on the transmitter and
save on even more air the designers made the nozzle
even smaller. The problem with that smaller nozzle was
it could handle even less air and any leak in the tubing
connecting the transmitter to other devices would intro-

duce an error, the output would be lower than it should
be.

To eliminate the problem of leakage loading down
a transmitter designers added boosters to their transmit-
ters. The reduced size of the nozzle and baffle assembly
and savings in compressed air consumption allowed
them to reduce the cost enough to justify adding the
booster which is a simple device. A booster installed in
the transmitter eliminates any problems with tubing
leakage loss because the nozzle air only feeds the feed-
back bellows and the booster diaphragm (Figure 10-4).
The large area of the diaphragm provides ample force to
position the output valve so the transmitter can pass
enough air to compensate for small tubing leaks without
a degradation in the value of the signal. It also allowed
an operator to detect a leak by comparing a gauge con-
nected to the output bellows and the tubing at another
instrument. As designs of transmitters improved the
nozzles got even smaller and, in some cases, a booster is
used to feed the feedback bellows.

Believe it or not, you now know enough to under-
stand almost any kind of pneumatic control device.
That’s because the bleed and feed and pressure balance
principles we covered are basically what is used in all
pneumatic devices. I’ll continue using pneumatics for a
while to show you the other concepts of controls.

Before we leave our level transmitter I do want to
cover displacement transmitters. You’re bound to run
into a displacement transmitter some day because they
do resolve some of the problems with floats. If you
haven’t had the pleasure of working on a toilet fill valve
in your lifetime (highly unlikely for someone with an
operator’s skills) or even if you have, please go into the
bathroom and lift the tank cover to check out the
internals. Unless you have a modern pressure assisted
toilet or a flushometer there will be a float valve there to
control the water filling the tank. Gently push down on
the float and continue pushing it until it is completely
under the water noticing the force required, then dry

Figure 10-4. Booster for transmitter
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your hands and come back to the book. I’m sure you
noticed that the force required to push the float down
increased with depth. If you didn’t notice, go back and
do it again. The additional force is equal to the difference
between the weight of air in the float and the weight of
water it displaces, the buoyancy principle. Displacement
transmitters balance the force on the float with a force
produced by a feedback bellows.

Pressure transmitters use the same principles of
force balance to produce an output by using another
bellows or a diaphragm sensing the pressure in the pro-
cess and balancing that with an output feedback. Differ-
ent pressures are accommodated by changing the size of
the process bellows or diaphragm. Pressure transmitters
would be very expensive if a special bellows had to be
made for each pressure range so they are made adjust-
able within standard ranges by allowing adjustment of a
pivot between two beams connected to the bellows and
feedback.

Temperature transmitters work the same, they just
need a way to get motion or force proportional to the
temperature then convert it to a signal. Bimetallic sen-
sors use the movement or force produced by the differ-
ence in thermal expansion of two metals, fluid filled
transmitters use the thermal expansion of the liquid to
produce movement and gas filled transmitters use the
increase in pressure proportional to temperature.

Electronic pressure and differential transmitters
sense process values using the same techniques as de-
scribed for pneumatic transmitters converting a force or
movement to a voltage or current and generating a feed-
back force using an electromagnet. Temperature trans-
mitters use a resistance to electric current where the
resistor’s resistance varies with temperature. Another
means of measuring temperature that has been around
for years is a thermocouple. Two wires of different ma-
terials connected at their ends will produce an electric
voltage when the two ends are subjected to different
temperatures. Note that the reference temperature (one
end of the two wires) has to be stable to get a reliable
signal proportional to temperature at the other end.
Digital transmitters use similar methods then convert
the analog signal to a digital one.

Gee, we got this far in the discussion of transmit-
ters without mentioning the word “analog.” That wasn’t
hard because, for all practical purposes, all pneumatic,
voltage and current signals are analog signals. The signal
represents (is analogous to) a process value, you can take
a measurement of the signal and can determine the pro-
cess value from the value of the signal. That’s all an
analog signal is, a value that represents another one.

What makes digital signals different? They change
rapidly, commonly from a negative voltage to a positive
voltage so there’s no way you can put a meter on the
signal terminals and measure it. The value of a digital
signal is a function of the number of changes in value
and the time between each change, so complex that it
requires a computer to read it. Why are they better?
Because the actual value is not important. Any signifi-
cant resistance in the signal wiring for a voltage signal,
like a loose terminal, can alter the signal to produce an
error. Digital signals represent zeros and ones where a
zero is considered anything between plus five and plus
fifteen volts and a one is considered anything between a
minus five and minus fifteen volts. That considerable
range of voltage minimizes errors and the additional
features of digital signal transmission provide more ac-
curacy and reliability than analog signal transmission.
All that and the lower cost, both hardware and installa-
tion, of digital controllers have made them the controls
of choice, replacing all other types of control.

My understanding of control operation is based on
pneumatic controls so I’m going to continue using them
as examples in describing concepts. You may never see
a pneumatic control system but the concepts work with
any type of controller and a pneumatic understanding
will help you comprehend them. I’ll even use a control-
ler that’s no longer available (like most pneumatics), a
Hagan Ratio Totalizer as shown in Figure 10-5.

The totalizer has four diaphragm chambers but
they could also be fitted with bellows. The totalizer was
designed to provide universal use by adapting it. The
output chamber and A input chambers are secured to the
base of the transmitter. Sliding in the middle are clamps
that connect to the base and the beam. The beam floats
in the middle of the assembly, attached to the dia-
phragms and the beam clamp. A very thin piece of
spring steel connects the two clamps to form the pivot of
the controller. The two clamps can be loosened and slide
along the base and beam to positions right and left of

Figure 10-5. Hagan Ratio Totalizer
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center. The valve floats in the output chamber and will
open to admit air if the beam is rotated clockwise or
close off the air supply and stop while the beam contin-
ues to rotate counterclockwise. Further counterclockwise
rotation will open the bleed end of the valve to dump air
to atmosphere.

Let’s start with proportional control. That’s where
the output of a controller is proportional to the differ-
ence between the process value and the set point. As-
sume we’re using the level transmitter covered earlier to
produce the process value so, in this case, our controller
will be used for level control. We’ll also assume the level
control valve is reverse acting so an increase in controller
output will close the valve. When the water level in our
tank increases the control signal decreases. To make the
system work any increase in process value should result
in a increase in output to close the valve. Now we can
look at the ratio totalizer to see how to connect the pro-
cess variable. The output bellows pushes up on the right
side of the beam so any increase in output will tend to
rotate the beam around the pivot in a counterclockwise
direction. It’s a pressure balance system so the process
variable has to create a tendency to rotate the beam in
the opposite direction to balance the forces.

If the beam tends to rotate clockwise more air is
supplied to the output and output bellows to counter
that rotation. If it tends to rotate counterclockwise the
vent valve opens to decrease the output. Connecting the
signal from the transmitter to the bottom bellows (A)
does the job. Now a change in the level will produce a
change in the output of the controller to open or close
the control valve. As shown the controller acts pretty
much like a signal booster because it produces a change
in output that precisely matches a change in input. As
the level transmitter output changes from minimum to
maximum the controller output produces the same value
because the bellows areas are identical. It works pretty
much like our float controller, requiring the level change
over the full range of the float to position the control
valve between open and closed.

The whole reason for using a control system is to
improve on the operation we get with a float control
valve so let’s see what we can do with it. We can reduce
the change in level by moving the pivot on the controller
closer to the output end. It works just like a teeter totter.
Let’s adjust the controller so the distance from the center
of the process input to the pivot is twice the distance
from the output bellows to the pivot (two thirds of the
beam length). Now, if the level varies to produce a 1 psi
change in the transmitter output the controller output
has to change by 2 psi to maintain the force balance in

the controller. There is a proportional difference in the
change of the signals where the output has to change
twice as much as the input. That’s the concept of propor-
tional control and in this case the controller has a gain of
two which means the output has to change twice as
much as the input. Now the controller will run the water
valve from closed to open with half the change in the
output of the level transmitter, between 25% and 75% of
the signal range.

We could increase the gain until there was very
little change in process value to produce a full stroke of
the water control valve so the water level would not
vary much. If we did that it wouldn’t work too well
because any little ripple in the water level would pro-
duce a dramatic change in the valve position and we
would have a lot of valve wear. We would also have
controller “noise” where the output is jumping around
with little relationship to the actual level in the tank.

Conversely we could reduce the gain to something
less than one which would create another problem; the
water valve would never close. It might work during
normal plant operation but when the plant is shut down
the controller output couldn’t increase enough to close
the valve. Too much gain produces a lot of noise and
erratic operation while too little gain can result in failure
to operate at the extremes of load.

One problem with this controller arrangement is
we have no way to adjust the set point. For all practical
purposes the set point is the center of the transmitter’s
position. In order to have an adjustable set point we use
the B bellows of the controller and supply it with a con-
trol signal that is adjustable. The set point signal in this
case is produced by a simple air pressure regulator. By
connecting the regulator to the bellows opposite the one
sensing the signal from the transmitter we have devel-
oped a set point controller.

Now the output of the controller is proportional to
the difference, what we call the error, between the set
point and the transmitted level signal. Instead of acting
only on the pressure from the float transmitter the action
is dependent on the difference between the set point and
the process variable. The set point pressure acts on the
diaphragm at B pushing down on the right end of the
beam opposite the process variable signal coming in at
A. The force tending to rotate the beam is equal to the
difference between the two pressures times the area of
one diaphragm.

All modern controllers operate on the error, not the
actual signal value. Now changes in output are propor-
tional to changes in the error, not changes in the level.
An important part of this to understand is you can intro-
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duce an error by changing the set point. We’ll need to set
the gain to much more than two in this case or the out-
put may not change enough to fully stroke the valve.

Creating a set point controller allows us to use
something more than the level control range for the
transmitter so we can use the transmitter for instrumen-
tation as well as control. We can put a long arm on the
float and produce an output signal proportional to al-
most the full height of the tank so we can tell where the
level is even when it’s not in the control range. For ex-
ample, our level transmitter could be set to indicate lev-
els from zero to 60 inches in the tank. We select our
control range and adjust the controller gain accordingly.
If we want the level to control within ten inches we set
the gain of the controller to six. If we establish a set point
at fifty inches the control valve will be fully closed when
the level reaches 55 inches and closed at 45 inches. We
can also adjust the set point to anywhere from five
inches to 55. We have to reserve half the control range to
have control, that’s why the set point can’t be anywhere
within the range of the transmitter when we’re using
proportional control. If we raise the set point to, say 58
inches, then we will not be able to stroke the output
valve completely.

By now you’re asking how good is a controller that
needs ten inches to work when it comes to controlling
the water level in a boiler. If we had to use the system
described we would have to set the gain to sixty in order
to keep the level within an inch of set point. There’s two
answers to that question, first we normally use a maxi-
mum of twenty inches for the range of the boiler water
level transmitter (even if the boiler is over a hundred feet
high) and we’ll add reset to our controller. There are
practical limits to an instrument’s range when it is used
for control but reset control is a refinement that can only
be described as beautiful; it makes the set point realistic.

To convert our controller to a reset controller we
add (Figure 10-6) some tubing, a needle valve, and a
small volume chamber. It’s these reset accessories that
make our controller a reset controller. The controller has
now acquired dynamic properties. The only time a reset
controller will be in balance is when the set point and
the process variable are precisely the same and the out-
put has stopped changing. With our proportional con-
troller the system could be stable with the level holding
at a value below or above the set point. Now the left side
of the controller is in balance only when the process
variable and set point are precisely the same, when the
error is zero. Even then the controller output can be
changing, when the pressures inside the output and re-
set bellows are different.

If this looks like an unmanageable concept don’t
quit yet. Reset control does some great things and after
we get through this discussion you should be able to
appreciate what it does.

Operation of reset control is difficult to compre-
hend and I’ve discovered many technicians have an in-
appropriate perception of it because they think in terms
of speed, not response to an error. The operation of the
ratio totalizer provides a basis of understanding because
the dynamic effects are apparent. Let’s start with a
steady state condition where the pressure in the output
bellows matches the pressure in the reset bellows and
the error is zero. Assume the process variable drops a
little so an error is generated. The proportional function
of the controller responds immediately, changing the
output an amount equal to the error times the gain. Also
assume the error isn’t corrected immediately by the out-
put change and holds. Since there is now a difference
between the output and reset bellows control air bleeds
through the needle valve to (or from) the volume cham-
ber and reset bellows. Since the error persists the output
will have to continue to change to balance the error. If
the error continued to exist the output would continue
to change until it reached its practical limit (zero psig or
supply pressure).

That doesn’t happen often, usually the controller
action results in the process variable returning to the set
point. That’s the beauty of reset control, it always works
to return the process variable to the set point, not some
value that’s offset by the proportional value. It’s real
control. You can see that the only time the controller isn’t
changing its output is when the process variable and set
point are exactly the same and the pressure in the output
and reset bellows equal each other. You can also see that
the controller can be in balance with any pressure at the
output. The output signal can be anything from zero to
supply pressure balanced by the same pressure in the

Figure 10-6. Totalizer with reset accessories
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reset bellows and the controller will be satisfied as long
as the set point and process variable pressures are the
same. Unlike proportional control we don’t need a de-
viation in the process variable to get the required output.

It’s reset control that keeps the boiler level right at
the center of the glass while changing the feedwater
control valve position from closed at low loads to almost
wide open at high loads. Its also reset control that makes
it possible to keep the steam header pressure at 120 psig
whether we’re at low fire or high fire and even when
we’re running five boilers instead of one. It’s reset con-
trol that allows us to run air/fuel ratios so tight that
oxygen in the flue gas can be held at one half percent.

Tuning a reset controller is nowhere near as easy as
tuning a proportional controller but the additional fea-
ture of the controller (you have P + I, proportional plus
integral) allows you more flexibility in matching the
process. Aw shucks, another fancy word! Integral is a
mathematical term that sort of means accumulating the
average value. It’s not important to understand math-
ematical integrals, only that it’s another name for reset.

Tuning consists of changing the gain (proportional
control) and reset (integral control) until the combination
provides a response to an upset in process conditions
where the process variable returns to set point within a
short period of time and with only a little overshoot in
response to the initial error. You’ve probably seen the
curve in another book, where the error is plotted versus
time, it starts as a big error with a rapid change in pro-
cess variable quickly approaching the set point, over-
shooting it a bit, then turning back toward the set point
and falling in line with it. It’s a pretty picture but mak-
ing it do that in the real world can be damn difficult at
times.

On several occasions I’ve run into a reset controller
that had all reset blocked out (like completely closing the
needle valve) because an operator didn’t understand
reset control adjustments. Keep in mind that a simple
proportional controller requires an error to do its job and
you’ll find that attempts to minimize that error result in
some pretty wild swings in the output of the controller;
what we call instability. Those swings are primarily as-
sociated with the fact that the process doesn’t respond
instantly to changes in the controller output. It can take
a few hundredths of a second to several seconds before
the full effect of a change in controller output is apparent
by looking at the process variable.

You tune a reset controller to deal with those de-
lays. The controller will have two adjustments, gain and
integral. Gain is the proportional part, the output is the
error times gain. The output changes when the error

changes. Integral is the reset adjustment and it repeats
the error multiplied by the value of the integral. Notice
that the reset effect is the error repeated; an integral
adjustment is normally marked to indicate repeats per
minute, meaning that is how many times the error will
be repeated in one minute. That doesn’t mean the con-
troller only repeats the error for a minute either; it con-
tinues repeating the error every minute. It also doesn’t
repeat it at the end of a minute. If the integral is set at 60
repeats per minute it will increase or decrease the output
by value equal to the error every second.

A proper combination of gain (proportional con-
trol) and integral (reset control) will make the process
return to the set point quickly and smoothly. Now that
you understand the way the controller operates you
should have a better idea of which adjustment to use
and which direction to turn it, a big step in tuning a
controller.

Adjusting the gain of a ratio totalizer was a lot
more complicated than adjusting it on a modern control-
ler. You had to release two set screws that held the pivot
spring to the base and the beam then slide the pivot
spring assembly to a new location and tighten the
screws. While you did that the output was always jump-
ing all over as you handled the parts and turned the set
screws so you didn’t have any idea of what the results
would be until you got your hands off it. Gain on mod-
ern controllers can be adjusted without affecting the
output except for the difference in the gain (times the
error). Increase the gain and the output changes more for
a given error. Just to make sure you understand it, the
error is the difference between set point and process
variable, what you want and what you’ve got.

Adjusting the integral of a ratio totalizer didn’t
upset the operation so much because adjusting the
needle valve didn’t have the effect that grabbing the
beam to adjust gain did. It was more like a modern con-
troller. If you opened up the needle valve you increased
the repeats per minute because the air could flow
through (adding air to or bleeding air from the volume
chamber and reset bellows) faster. Closing down on the
valve decreased the repeats per minute. Closing the
needle valve entirely made for a pretty sloppy controller
because the proportional part had to compensate for
changing the compression of the air in the reset bellows
and volume chamber as well.

As for tuning the controller, you adjust the gain or
reset to balance the system response. If a change in con-
troller output produces an almost instantaneous change
in process variable then most of the control function can
be left to proportional control. If, however, the process
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responds sluggishly to a change in controller output
then the integral adjustment is more critical. Watching
what happens when you introduce an error will give
you a good idea of how to adjust the controller; a set
point controller allows you to do just that.

When starting up a new system I adjust the con-
troller using some initial adjustments that are the aver-
age for comparable systems then switch it to automatic
to see what happens. Quick swings in the process vari-
able indicate instability and I would reduce gain imme-
diately if they happen. Then I sneak up the gain until it
starts getting a little unstable and back off some to elimi-
nate the instability. If the process doesn’t change due to
external influences I introduce an error to see what hap-
pens. Actually it’s much easier to work with an error you
create because you can intentionally make it a value that
you can relate to, something simple like 1% or 5% or
10%.

How do you create an error? You just change the
set point, swinging it your selected difference from the
process variable. If the process overshoots the set point
considerably then reduce gain. If it seems to take forever
for the process to return to set point then increase inte-
gral. If the process returns to set point while swinging
back and forth either side of the set point then reduce
integral. If the process slowly returns to set point then
increase integral until the process overshoots the set
point a little once.

Changes in one adjustment normally require an
opposite change in the other when you get close to the
desired characteristic of the controller (that curve where
the process overshoots set point once then swings in to
match it); an increase in gain will probably require a
decrease in reset and vice versa.

Figure 10-7 is my rendition of that popular graphic
you see in all the instructions for tuning a controller.
Hopefully the previous discussion makes it meaningful
to you now. It used to be rather difficult to get a graphic
output on a recorder or other instrument that you could
compare to something like Figure 10-7. Today you can
use a recorder and speed up the chart or simply adjust
the parameters for a trend screen.

Trend? Yup. That’s the term used for recording to-
day only it’s not a pen on paper that leaves a permanent
record. It’s a graphic produced on a computer screen
that draws a line between points of recorded values rela-
tive to time. It looks just like the old pen on paper chart,
it’s just done digitally on a video screen.

Now I have to say that it’s not always that simple.
Some systems are set so the data are only recorded every
five seconds to every minute. In that case any graphic

you’re looking at can completely miss the swings you
generated by changing the set point. Be very aware of
that potential limit on electronic data.

When it comes to tuning controllers there is no
substitute for practice to gain experience. If you decide
to get some practice with a functioning controller you
should record the gain and integral adjustments before
you start changing them so you can restore the controller
to its original settings. If it doesn’t seem to work as well
when you’re done playing keep in mind that hysteresis
can have an effect so restore the original settings by
approaching them from the opposite direction.

Hysteresis! Yup, another one of those fancy words.
It has to do with friction in mechanical systems but it can
occur in almost any situation. The best way I know of to
explain hysteresis is to relate to the operation of a pneu-
matic control valve without a positioner. The control
valve in Figure 10-8 consists of a chamber over a rubber
diaphragm where the control pressure can push down
on the valve stem and a spring that pushes up to resist
the pressure forces. Without hysteresis the position of
the valve would be precisely proportional to the control
pressure. The push down would be a force equal to the
area of the diaphragm in square inches multiplied by the
control pressure in pounds per square inch. For a 3 to 15
psig control signal and a 50 square inch diaphragm the
force would vary from 150 pounds at zero control signal
(3 psi × 50 sq. in. = 150 pounds) to 750 pounds at 100%
control signal. The spring would be compressed to bal-
ance the 150 pound force when the valve is closed and
have a spring constant equal to 600 pounds divided by
the stroke of the valve. If the valve stroked 1-1/2 inches
the spring constant would be 400 pounds per inch. (This
is a typical valve so you can see why you can’t move it)

Now to get to the hysteresis part; the valve packing
is tight on the valve stem to keep it from leaking and
that tight packing tends to hold the valve stem where it
is. The friction always acts in opposition to the travel of

Figure 10-7. Controller error versus time, tuning guide
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the stem so it will push against the diaphragm force
when the valve is closing and oppose the spring when
the valve is opening. It produces a difference in valve
position for a given control signal depending on
whether the valve is opening or closing. The graph in
Figure 10-9 is a typical hysteresis curve and it applies to
the valve just described.

Mechanical hysteresis isn’t the only thing that cre-
ates a difference in position of a control valve operating
on a control signal directly. There is a difference in the
amount of air the controller must pass depending on the
valve position because the volume of the diaphragm
chamber increases and decreases with valve position to

upset the performance of our controller.
There’s also the problems associated with the con-

trolled fluid as well. When the valve is closed the differ-
ence in valve inlet and outlet pressures act on the area of
the valve opening, adding another force to the valve
stem. If the valve is a boiler control valve it can work
perfectly fine when the boiler is operating but leak when
the boiler is shut down because the pressure drop across
the valve disc is so great that it overcomes the forces
produced by control pressure. All these factors can be
overcome by making sure the combination of diaphragm
area and valve chamber pressure will keep the valve
shut. Adding a positioner also helps because it can oper-
ate with higher actuator pressures using a separate air
supply and match the valve position to the control sig-
nal.

A valve positioner is just another controller. It con-
trols valve position by comparing the actual position (as
a process variable) to the control signal (remote set
point). The control signal becomes a remote set point
because it is produced elsewhere and it’s also a variable
set point because it changes. A rather simple positioner
is shown in Figure 10-10. The remote set point is the
pneumatic signal coming to the positioner. The process
variable is developed by the spring compressed by link-
age attached to the valve stem; as the valve opens it
compresses the spring.

Changes in the control signal change the force on
the diaphragm so the spring is compressed or allowed to
expand and that changes the position of the valve to
divert air into or out of the diaphragm. The valve posi-
tion is changed so the compression of the spring matches
the control signal to return the valve to its center posi-
tion. The pressure in the diaphragm is like the output of
a reset controller, it’s whatever it has to be to do the job.
A positioner can also use a supply pressure higher than
the control signal range to overcome high differential
pressure on a valve and the friction of some packing that
you tightened a little too much.

As far as I’m concerned, any control valve in a
boiler plant should be equipped with a positioner. To-
day, with electronic control signals, the positioner has to
adjust the air pressure to match an electronic signal. One
simple positioner uses two solenoid valves, one to add
air, one to bleed it off.

I think it’s a good time to talk about reset windup
because reset controllers and positioners did, and some
may still, have that characteristic. Also these valve
positioners can experience windup. The feedwater con-
trol valve mentioned earlier is a good example; we put
a positioner on the valve and the pressure in the dia-

Figure 10-8. Simple pneumatic control valve diagram

Figure 10-9. Hysteresis curve
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phragm of the valve actuator ran up while the boiler
cooled because it had to overcome the pressure of the
feedwater trying to open the valve. While the boiler
came up to pressure the actuator pressure didn’t change.
(Why should it? It was happy because the valve position
matched the control signal). When the boiler starts mak-
ing steam and the water level drops the level controller
will raise the control signal a little indicating the valve
should open a little. In normal operation the valve
would respond rather quickly but this first time, after a
shutdown, it won’t. It’s because the positioner has to
bleed off all that air that was compressed into the dia-
phragm chamber to raise the pressure enough to keep
the valve closed against the high feedwater differential
(that’s now gone). That may explain why you’ve been
surprised at the lag in response when operating a valve
manually. I know I was, more than once, because I
thought I had opened the valve a little and got no re-
sponse so I raised it a little more and the next thing I
knew the water level was at the top of the glass because
once it did start to open, it opened!

The original pneumatic controllers did the same
sort of thing and introduction of live zero made it hap-
pen at both ends of the control signal range. A generic 3
to 15 psig controller could wind up to an output equal to
the standard 18 psig supply pressure or wind down to

zero output. When that happens we’re out of control, the
controller has done all it could to restore the process
variable to set point. Unless that’s an intentional condi-
tion (it could be) the output will eventually get the pro-
cess variable going in the right direction and it will
return to the set point. It won’t stop there though, it will
continue right on past because the output hasn’t
changed. With a reset controller it can’t because the out-
put is in windup, or wind down.

Once the error is in the opposite direction the output
will start to change. During the period when the control-
ler is building up from zero or dropping down from sup-
ply pressure the controlled device, a valve for example,
doesn’t respond because it only responds to signals
within the control range. The result is always a long delay
(seconds, not hours—although sometimes it seems like
hours) before the output gets back into the normal control
range and, as a result, the process variable is swinging all
over the place. That’s the effect of reset windup. You
won’t see most modern controllers doing it because the
control manufacturers have designed the controls to
eliminate it. You may still encounter it with valve
positioners and damper actuators. If you do run into it, at
least you will know why it happens.

Reset windup is not the only problem that I had to
deal with and you probably will not. At some point in

Figure 10-10. Simple valve positioner
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time you will hear the terms “procedureless” and
“bumpless” applied to controllers. On the off chance that
you will get to work in an antique boiler plant I think it’s
a good idea for you to get an understanding of why
those features were added so you can deal with the situ-
ation.

Early pneumatic control systems that included
hardware like the ratio totalizer had separate manual/
auto stations which were flush mounted on the panel
and gave people the option of controlling the process by
hand. When it was considered necessary to give people
the option of changing the set point the station also in-
cluded that adjustment. Figure 10-11 shows what one of
those stations looked like.

The set point adjustment was nothing more than a
pressure regulator with the adjustment knob penetrating
the front of the station. The set point was indicated on a
pressure gauge mounted above the adjustment knob.
The output of the controller was indicated on another
pressure gauge and another pressure regulator produced
the manual output signal. The valve handle in the
middle of the station was used to switch from automatic
to manual and back to automatic; however, it wasn’t as
simple as just turning that pointed knob.

If you simply twisted the valve knob from the au-
tomatic to manual position and the automatic and
manual pressures weren’t the same you got a “bump;”
the output would jump from the output produced by the
controller to the setting of the manual station. To transfer
from auto to manual without a bump the valve knob
had intermediate positions at 1/4 turn for adjusting the
outputs to match them up. When transferring from auto

to manual the gage was switched to show the manual
signal and you got to adjust it until it matched the auto-
matic output before turning the knob another 1/4 turn
to manual. When transferring from manual to auto it
showed the automatic output so you could bias it to
match the manual output before switching to auto. (I’ll
get to explaining bias in a bit) As you can see, you had
to perform a signal matching procedure during the
transfer from hand to auto and vice versa or you got a
bump.

Those old stations worked pretty well as long as
they didn’t leak much and you were quick at adjusting
the signal for the transfer. In a way I was sorry to see
them go because I could adjust my manual outputs
where I wanted the controls to be if I switched to manual
and I knew they would go there.

You may also run into controllers with a balance
indicator. It consists of a clear plastic tube that’s visible
through a slot in the front plate of the controller and
contains a small ball that fits inside the tube with very
little clearance. One side of the tube is connected to the
manual output and the other to the automatic. When
you’re ready to switch from one to the other you adjust
the manual output until the ball floats to the middle then
throw the auto/manual selector switch over.

As pneumatic controls improved the manufactur-
ers included additional little controllers inside their de-
vices so the automatic signal automatically followed the
manual output and the manual output was automati-
cally adjusted to match automatic to permit rapid and
“procedureless-bumpless” transfer between manual and
automatic operation. Electronic controls had similar
procedures that were replaced by add-ins. Similar func-
tions are understood to be included in modern control-
lers.

Now for bias, it’s a control engineer’s term for add
or subtract. It is done a lot in controllers but most of the
time you don’t see it. It became an integral part of the
manual/auto stations so you could line up auto and
manual signals and it was done in one control regulator
where the output of the regulator was a combination of
the controller output and pressure that opposed a
spring. The manual adjustment loaded the spring and
the assembly looked something like Figure 10-12. When
the control designers noticed that we operators used that
spring adjustment to produce a difference in the output
of two manual/auto stations using the same control sig-
nal (like on coal pulverizers where we could bias the
primary air and coal feed) they simply manufactured
another faceplate with that regulator on it and called it
a bias station.Figure 10-11. Early pneumatic H/A station
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As far as I’m concerned I’ve given you enough
about controls. If you’ve read this far you can handle
most of the control problems you’ll encounter. If you can
relate the buzzwords proportional, integral, and bias
you have the control world pretty down pat. Now I
know someone is going to say “What about derivative
control? Isn’t that what the ‘D’ in ‘PID’ stands for?” Yup,
that’s derivative and you don’t use it very often. I’m
going to explain it but you’ll use it sparingly; when it’s
needed in some unique application you can use it. There
are a few other buzzwords that you need to know about
and I’ll explain them as we go.

Derivative control is ‘Rate’ in my parlance and it is
a helpful control feature in systems where the process is
upset quickly and erratically by external influences all
the time. When there is no relationship between what an
output controls and something that upsets the process a
derivative control is almost a necessity. Let’s take our
ratio totalizer and convert it to a rate controller. It will
look like the diagram in Figure 10-13. With no change in
the process variable the output of the controller is equal
to the output of the reset controller. The rate control
occurs with changes in the process variable. If the pro-
cess variable changes slowly it will have very little effect
on the output because the control air will bleed through
the needle valve fast enough that the pressure in the two
bellows will remain about the same. If the process vari-
able changes quickly the air can’t bleed through fast
enough so the difference between what it was and what
it is produces an increase or decrease in the output on
top of the reset controller signal.

Some manufacturers called the device a “pre-act-
ing” controller because it changed the final output based
on the action of the process variable. You can see how

the output of this device would change according to the
rate of change of the process variable. When the process
variable stops changing the output of the derivative el-
ement is always zero. It’s called a derivative controller
because the output is proportional to the rate of change
of the input. Adjustments are in minutes per repeat.

To get an idea of where rate control can help, con-
sider a system that maintains level in a small tank but
the tank has an extra drain valve that’s manually con-
trolled. If the level is normal and there’s no flow out of
the tank the reset controller will wind down to shut off
the water feed valve. Now someone opens the manual
drain wide. With reset windup or even a stable reset
control situation the level suddenly starts falling and the
reset controller can’t respond fast enough to keep the
level from dropping quickly. The rate control senses the
rapid change and forces the output valve open quickly.

Another control buzzword is “cascade” and it’s
used to identify the use of the output of one controller as
an input to another. Cascade controls are useful when
the output of one process feeds into another. Changes in
the first process, which are made by the output of one
controller, create proportional changes in the second pro-
cess and you can reduce the impact on the control of the
second process by using the output of the controller for
the first process as an input for the controller of the sec-
ond process. Okay, I know it sounds complicated, just
read it again slowly and you’ll get it. Typically drum
level control and furnace pressure control on a boiler
contain cascade control loops.

There are a lot of buzzwords that are specific to an
industry that I don’t have room to describe. You should
be able to decipher what they mean by looking at the
control schematics. A few words on reading schematics
will be helpful before we get into control processes that
are specific to boiler plants.

Figure 10-12. Bias regulator

Figure 10-13. Ratio totalizer set up for rate control
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Control schematics are diagrams on paper that rep-
resent the elements of a control system for a process and
how they are interconnected. Anything more elaborate
than a simple proportional control system will normally
have a diagram to show how the system is intercon-
nected and help you figure out how it works. Control
schematics or diagrams are not the same as PID dia-
grams (see documentation). The PID shows the process
itself and where the transmitters and control elements
are in the process.

Control schematics show how the transmitters and
control elements are linked in a control system to control
the process. The better control schematics will show the
transmitters across the top of the drawing and the con-
trolled elements (like valves and dampers) at the bottom
so you have a flow from inputs to outputs going down
the drawing. Lines on the drawing show the flow of
information and may or may not indicate how that infor-
mation is transmitted. They may be process signals like
3 to 15 psig pneumatic or 4 to 20 milliamps of current
but can also be digital or something as unique as light
(as used in fiber-optics); it isn’t essential to know how
the signal is transmitted to understand the system op-
eration; only when you have to fix it.

Figure 10-14 is a simple single loop control sche-
matic that I can use to explain some of the features of
control diagrams. Diagrams of other systems later in this
book will improve your understanding of them. This
control loop is our level control system, described ear-
lier, presented in control schematic symbology. These
diagrams use symbols comparable to those standardized

by the Instrument Society of American (ISA) and the Sci-
entific Apparatus Manufacturer’s Association (SAMA).
The level transmitter (LT) produces the process variable
signal that is fed to the controller. The line to the control-
ler represents the level signal traveling from the trans-
mitter to the controller by whatever means the control
system employs.

The set point of the controller (desired water level)
is produced at the controller and is represented by the
capital letter A in the diamond on the side. That symbol
represents an analog output manually generated. The K
in the box implies proportional control (Engineers com-
monly use the letter K to represent a constant value and
the gain of a proportional controller is a constant value
that we multiply the error by) the funny looking symbol
after the plus sign is the integral symbol. I can hear
someone saying “WHY?” We’ve been talking about PID
and now he throws in K+∫, why? Because we engineers
use those symbols on schematics to represent the func-
tions to confuse other engineers and you—I’m kidding,
that’s not true, it’s a holdover from earlier works and
you may run into it so I want you to know it. On ISA
drawings the collection of symbols in the center is re-
placed by one circle with PID in it to represent the con-
troller. This method of diagramming shows more detail
so I choose to use it.

The diamond with the T in it at the output of the
controller is the symbol for a transfer switch (like for
hand to automatic) and the analog output diamond next
to it represents the manual output generator. When I
make these drawings I include the little circles with an S
in them to indicate the control signal value can be ob-
served on a gauge or other visible output so personnel
can see its value. You’ll notice I showed it at the level
transmitter; that’s nice to have when the transmitter is a
long distance or several floors above or below the con-
trol panel. It’s one reason I like these symbols, I can
show that I want to be able to see that signal value.

This controller should let me see the process vari-
able, set point, manual output setting and controller out-
put. It could use some switching device with only one
display so it shows only one at a time. You’ll notice that
the controller output isn’t shown at the valve positioner;
it should be. Engineers use the letter Z to denote position
a lot so a ZC is defined here as a valve positioner, more
clearly understood as a position controller.

Figure 10-15 shows the same loop in the simpler
symbol method, the ISA methodology. You can see that
there’s a lot of detail missing that you need other docu-
ments to clarify but the control function is the same. One
distinctive clarification is the line through the center of

Figure 10-14. Single loop control diagram, SAMA sym-
bols
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the symbol (or the lack of it). The line through the sym-
bol indicates it’s panel mounted so the controller is
mounted in a control panel. Sometimes double lines near
the top and bottom of the drawing distinguish a separa-
tion between panel and field. The two figures could be
modified to eliminate the lines representing logic flow
by clustering symbols together. The controller in Figure
10-14 could be shown alongside the valve positioner
which would indicate that all those functions were in a
controller and positioner mounted in one enclosure on
the control valve. The PID controller and transmitter
symbols could be put together to indicate the controller
and transmitter are in one package.

Now that we’ve covered control concepts and con-
trol diagrams let’s look at some control systems used in
boiler plants.

Figure 10-15. Single loop diagram, ISA symbols

SELF CONTAINED CONTROLS

You can be impressed by photographs of control
rooms with long curved panels containing hundreds of
knobs and buttons under a row of monitors that reveal
graphic displays of the boiler systems but you should
also be impressed by some of the self contained control
devices including some that have been around for years
and proven themselves to be so reliable and economical
that they may not be replaced by the end of the twenty-
first century.

A good example is the control valve on a little resi-
dential gas fired hot water heater. In one little box it is a
burner management system, pressure controller and

temperature controller. Simple versions use a thermostat
to monitor the gas pilot for burner safety. A bulb placed
in the furnace over the pilot fire contains a liquid which
evaporates to generate an internal pressure conducted
through a length of very small tubing to compress a
spring opposite a bellows in the valve body. As long as
the pilot burns the bellows holds a latch which holds up
a disc in the valve body to admit gas to the pilot. When
you light one of these you hold in a button that opens
the valve to admit gas to the pilot. Once the heat of the
pilot generates enough pressure in the thermostat as-
sembly it holds the pilot valve open and you can release
the button.

When you release the button it allows a valve to
open that admits pilot gas pressure to the main valve
control. The temperature of the water in the heater is
sensed by a bulb inserted into the side of the heater. That
bulb can contain another liquid that expands to com-
press a spring or linkage that uses the difference in ther-
mal expansion of metals for a mechanical movement
relative to the temperature of the water in the tank.
When you adjust the temperature knob on the side of
the control valve you change the relative position of the
linkage or spring and another small valve to select the
desired starting temperature. When the water cools a
switching valve opens to admit pilot gas pressure to a
diaphragm which opens the main valve. The main valve
admits gas that is ignited by the pilot and heats the
water. During that operation the main valve also func-
tions as a pressure regulator to maintain a constant gas
pressure to the burner. When the temperature rises a set
amount above the starting temperature the switching
valve closes the pilot gas supply to the main valve dia-
phragm and drains the gas over the diaphragm to shut
off the fire. The main valve closes until another operat-
ing cycle starts.

Modern self contained hot water heater valves do
not operate on continuous pilot to save a little energy.
They also eliminate the old problem we always had of
pilots blowing out. They include a piezoelectric starter
that uses pilot gas flow to power a generator that creates
a spark to light the pilot as the water temperature drops.
The main valves have double seated valve discs to en-
sure safe operation. Look at the instruction manual for
one of them to gain some appreciation of how something
that appears to be so simple is rather sophisticated. I
think I would prefer the older type, however. If the elec-
tricity goes off I still want my hot water heater to work.
Despite all modern miracles I still get a lot of power
outages.

Some self contained control valves are simple and
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effective so they don’t have to be sophisticated. A gas
pressure regulator like the one in Figure 10-16 controls
the flow of gas to maintain a constant outlet pressure.
The position of the valve assembly is determined by the
compression of the spring by the diaphragm. When the
pressure at the outlet drops the force on the diaphragm
is less so the spring pushes the valve further open. When
the outlet pressure goes up the spring is compressed to
close the valve.

It contains an internal sensing tube that points
downstream allowing the velocity of the gas to produce
a small venturi effect at the end of the tube to effectively
reduce the pressure in the diaphragm chamber as the
flow increases. That helps open the valve at higher flows
and reduce the droop. These valves have a limited oper-
ating range as far as pressure drop is concerned because
the spring has to have a low coefficient so the valve can
stroke completely; it doesn’t have the strength to open
the valve if, during shutdown when the valve is closed,
a high differential pressure between inlet and outlet
develops. If you run into a regulator that locks up after
a no flow situation then the differential pressure across
the valve is too high. You solve the problem temporarily
by shutting off the supply to the inlet and bleeding off
the pressure upstream of the regulator.

Valves that lock up regularly need a larger dia-
phragm or should be replaced with a an internal lever
actuated or pilot operated valve. Internal lever actuated

valves use mechanical linkage to convert a longer mo-
tion at the spring and diaphragm to a shorter motion at
the valve disc to allow higher pressure drops across the
valve. The typical house regulator contains an internal
lever.

When self contained diaphragm actuated regula-
tors are used for natural gas the venting of the spring
chamber requires special attention. If the diaphragm
leaks the vent of the spring chamber must bleed off the
gas or the spring will open the valve fully to raise the
outlet pressure to unsafe levels. The gas bleeding out of
that vent must be conveyed to a safe location (outside
the building) to prevent flammable mixtures forming
near the valve or displacing air to asphyxiate someone in
the room (someone dies because there’s no air to breath).

Occasionally the valve is fitted with an internal
pressure relief valve which will drain gas to that vent in
the event the outlet pressure gets too high (from thermal
expansion or main valve leaking) so the vent piping lo-
cation and size is very important. It’s also important that
vent lines for regulators on other boilers, and especially
piping from the intermediate vent valves are not con-
nected to the regulator vent lines.

I remember a time when one of our steamfitters
was replacing a diaphragm on a regulator while the
adjacent boiler was running. That was back in the 1960’s
when many men had long hair and there were few re-
strictions on smoking. He suddenly found his long hair
on fire because his cigarette had ignited the gas leaking
back down the vent line; gas fed from the regulator on
the adjacent boiler which was also leaking.

Temperature control valves can use a probe
mounted on the valve and penetrating the vessel or pip-
ing where it can sense the temperature used to control
flow through the valve (like the one on the hot water
heater) but that controls the location of the valve which
can require extra piping or create other problems with
installation or maintenance. Using a probe connected to
a bellows by a capillary allows the control valve and
temperature sensor to be located separately.

The capillary is a very small diameter tubing per-
manently connected to the bellows and probe assem-
blies. These consist of closed systems which are made up
for a particular temperature range and valve actuating
power. The contents of the system can be a liquid or a
gas. Liquid systems are somewhat restrictive because the
liquid expands and contracts with changes in tempera-
ture and develops high pressures quickly if the expan-
sion is restricted. Gas filled systems change pressure
with variations in temperature and many of them con-
tain mostly liquid that evaporates when heated to pro-Figure 10-16. Gas pressure regulator
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duce the pressure in the bellows.
Any of these systems rely on minimal changes in

temperature at the capillary and bellows which inter-
feres with control based on the temperature at the probe.
The capillaries are also very narrow to minimize the
amount of fluid they contain and the effect of heating or
cooling them. Those small capillaries are easily pinched
to block the transmission of pressure from the probe to
the bellows or nicked, cracked, or cut to drain the fluid
and eliminate control.

Simple diaphragm operated valves and internal
lever actuated valves have their limits when it comes to
handling large pressure drops, large flow rates, or when
low droop is desired. Pilot operated self contained con-
trol valves do a great job of handling those conditions. A
pilot operated valve is basically a duplex valve where
the pilot controls the pressure by controlling the main
valve.

The pilot valve is like a regular pressure regulator
but its output is fed to the diaphragm chamber of the
main valve. (Figure 10-17) When the pressure at the
outlet drops the pilot feeds fluid into the main valve
diaphragm chamber to compress the main valve spring
and open the valve further to match the flow out of the
system and restore the outlet pressure. The pilot cannot
close the main valve, it can only close off its flow. In
order to close the main valve the diaphragm has a line
connecting it downstream with an orifice in it so the
fluid in the diaphragm chamber bleeds out to allow the
valve to close. During normal operation the balance be-
tween pilot fluid flow and the flow through the orifice

holds the valve in position. These valves have a droop
but it is so small that you don’t notice it. They require a
minimum difference in inlet and outlet pressures and
actually work a little better as the pressure difference
increases because the main valve operation is deter-
mined by the difference between inlet and outlet pres-
sure.

A self contained main flow control valve can be
piloted by a small float valve, temperature element, or
other devices to achieve control by using the difference
between inlet and outlet pressure of the controlled fluid.
Some important considerations for this control are filter-
ing or installation of a strainer on the small stream of
fluid used for control so it doesn’t plug up the pilot
valve or the orifice that bleeds the fluid downstream.

The flow for the pilot is so low that many piloted
gas pressure regulators do not have a vent line. There’s
a small orifice in the spring chamber that can bleed off
enough gas to allow the valve to work when the dia-
phragm is leaking slightly but restricts the flow to limit
gas entering the adjacent atmosphere; it’s called a
restrictor. It’s important to be sure you don’t block the
restrictor with paint; I’ve solved regulator problems
many times by removing the paint from the little hole in
the restrictor.

CONTROL LINEARITY

A wise operator will understand what I mean by
linearity and how important it is after reading this sec-
tion. Regrettably there are a lot of control technicians
that don’t understand it and throw on more and more
control features to correct the problems created by a non-
linear output. It’s really a rather simple concept when
you think about it. A control loop is linear when any
change in controller output produces a proportional
change in the process fluid flow.

Remember that all we can control is flow so we
should expect a ten percent change in a controller output
signal to produce a ten percent change in flow in the
controlled system and it should be consistent through-
out the control range. If we have 20% flow with a zero
output of the controller (typical for a boiler with 5 to 1
turndown) then we should expect the flow to change
0.8% for every 1% of control signal change. If you were
to plot a graph to compare control signal with flow it
should produce something close to a straight line.

Why is linearity important? The system’s response
to errors produces an output to correct that error; if the
output produces a different change in flow at variousFigure 10-17. Piloted gas pressure regulator



308 Boiler Operator’s Handbook

loads then the controller will overshoot at some loads
and lag at others. Remember the joking comment “It
always works fine when the serviceman is here?” The
primary reason why that is true so often is the service-
man is always there when the loads are the same as they
were when he tuned the controller. If you run into that
situation you should insist the serviceman show up
when the system is acting up; you can predict your loads
and you should be able to relate load and control prob-
lems. If, however, the technician tunes the system for
those loads it probably won’t work well at the loads
where she originally tuned it. If the system is linear
those problems won’t occur.

To understand why linearity is difficult to achieve
let’s discuss a typical forced draft fan actuator. The fan
can be equipped with a discharge damper or variable
inlet vanes, it doesn’t matter, and you will find if you
measure and plot it that the relationship of damper ro-
tation and air flow looks something like the curve in
Figure 10-18, hysteresis ignored. The flow at zero
damper rotation is typical of leakage through a control
damper.

At high loads the air flow doesn’t change signifi-
cantly but at low and in the middle it does and there’s
a big difference between that curve and the straight line
which represents a linear flow characteristic. The modu-
lating motor or other actuator that drives the damper
can’t provide a linear response to controller output un-
less something compensates for that variation in flow
relative to damper position. Adjusting the mechanical
linkage connecting the damper and its actuator can
eliminate some of the non-linearity to produce a curve
similar to the dotted line which is the desired character-
istic (linear). Pneumatic, hydraulic, and electric actuators
with positioners can be fitted with cams to produce an

excellent linear relationship between control signal (con-
troller output) and flow.

One problem I’ve noticed with microprocessor
based controllers is technicians tend to avoid the rather
laborious process of cutting a cam on a positioner by
simply programming a function generator in the control-
ler. That function generator produces an output that is a
function of the controller output so the result is linear
control. It works fine when the controls are in automatic
but it ain’t worth a damn when you’re trying to operate
a boiler on hand.

I insist that the linearity be established at the final
drive (damper actuator, fuel control valve, etc.) so the
response is consistent when operating on manual con-
trol. It’s a lot nicer knowing you’ll get a five percent
increase in firing rate if you adjust the fuel and air con-
troller outputs by five percent than tweaking each con-
troller and watching the output changes to see what
happens.

Once I’ve covered some other fundamentals I’ll tell
you how to get your boiler controls linear.

STEAM PRESSURE MAINTENANCE

Somewhere back in this book I said you can’t con-
trol pressure. That’s true and there is no reason to be-
lieve you can. You can maintain steam pressure by
controlling the flow of steam from a higher pressure
source into a system at a lower pressure or you can con-
trol the operation of a boiler that generates steam. We
use the steam pressure as the process variable to indicate
how much steam is required and control the pressure
reducing valve or boilers accordingly. The control loop
for a pressure reducing valve is identical to the control
loop we just looked at schematically for level mainte-
nance, the difference is we’re using pressure as the pro-
cess variable instead of level. Controlling boilers to
maintain steam pressure is accomplished in a variety of
ways and we’ll try to cover them all.

Regardless of the operating control method all boil-
ers have on-off controls. The boiler in a house and most
hot water heaters use on-off as the only method of con-
trol. As sophistication and complexity of systems grow
on-off controlling seldom, if ever, happens; but it is al-
ways there. On-off control is normally achieved with one
pressure sensing electrical switch that opens contacts to
stop boiler operation and closes contacts to enable boiler
operation, a pressure control switch.
What do you mean “Ok, what’s next?” There’s a lot
more to that pressure switch than the light switch on theFigure 10-18. Non linear air flow from damper
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wall. This book is about operating wisely and the wise
operator should know that he can improve the quality of
his operation by adjusting that switch. It has two adjust-
ments; one is the pressure at which it opens its contacts
as the pressure increases to stop operation. The other
adjustment is the differential which is the difference
between the contact opening pressure and the pressure
when the contacts will close again. Well, to be honest the
setting could be the pressure it closes at and the differ-
ential determines when it opens; there are both types.

Set (stop) pressure less differential equals start
pressure. Many operators think they should set the dif-
ferential as low as possible so the pressure won’t swing
as much. The result is an increased cycling of the boiler
and lower efficiency (see cycling efficiency). To get the
best performance out of your boiler you should establish
the widest possible operating range.

For a simple on-off boiler operation your operating
range is the differential setting of that switch and the
differential should be set as large as you can tolerate.
You should find that you can set it larger in the summer
than you can in the winter. The boiler will not start as
often. It will run longer on each operation but that re-
duces the frequency of starts so there’s less of them for
higher overall operating efficiency and less wear and
tear.

The next obvious question is “how do you know
how low you can go?” You need enough pressure so all
the heating equipment in the facility your boiler is serv-
ing operates properly. Frequently it’s the one that’s the
longest piping distance from the boiler but sometimes
it’s equipment at a shorter piping distance but the pres-
sure drop to that one is higher or it is not as oversized
as everything else. The best way to determine it is to
gradually drop the lowest pressure (increase switch dif-
ferential) until someone complains then raise it a bit.

If you can wander the facility you can read pres-
sure gauges and find it. Unless the equipment operates
at full capacity summer and winter and it has its own
steam piping from the boiler plant you can do the same
thing in the summer. Summer loads are usually lower
than winter loads so piping pressure drops are less and
steam demand on the equipment is less so you can drop
the pressure a little more at the boiler.

A typical heating plant with a switch setting of 12
psig can usually operate well in the summer with pres-
sures lower than the maximum differential adjustment
of the switch. I’ve seen plants that operate as low as 2
psig; however, they had to install a special switch ar-
rangement to get that spread. There’s a caution here that
is covered more later. Don’t allow the starting pressure

to go so low that the boiler will modulate above that
setting.

Before we get off the subject of setting the pressure
control switch there’s a question of where we set the
stop pressure, the main setting of the pressure control
switch. Many operators are instructed to set it as low as
possible because that makes the steam and water tem-
perature lower to cool flue gases more and reduce stack
losses. I will contradict that theory because the small
savings in lower stack temperature will be lost with
more frequent cycling of the boiler. Set the switch as
high as it can go and still prevent operation of the high
steam pressure switch (see burner management) and it’s
for two reasons. One, the larger the spread the longer the
run time for a boiler when it’s cycling and two, the more
room you have for continuous operation.

Now we can talk about modulating controls and
the most common of those is a simple electrical propor-
tional control system. A pressuretrol (trademarked name
of Honeywell) connects to the steam space in the boiler
and consists of a diaphragm or bellows connected to
mechanical linkage that adjusts the position of a wiper
on a coil of wire. The coil has a constant electrical volt-
age across it supplied by a transformer. Voltage at any
point on the coil is proportional to the position along the
coil because the wire has a constant resistance. A match-
ing coil is provided in the modulating motor that
changes the firing rate of the boiler.

The wipers are not exactly like an automobile
windshield wiper but they operate similarly, swinging
so they touch the coil at any point from one end to the
other. A schematic of the system is shown in Figure 10-
19. When the steam pressure changes it moves the wiper
along the coil in the pressuretrol. The voltage between
ground and the wiper in the pressuretrol will change
which produces an electrical current through the wiper
to the balancing relay and the wiper on the coil in the
modulating motor. The balancing relay is upset by the
current when the two coils don’t match so it makes one
of the electrical contacts which drives the modulating
motor.

The direction of the motor is determined by the
voltage imbalance so it runs in a direction that moves its
wiper until it is at the same position as the wiper in the
pressuretrol. When the two wipers are in the same posi-
tion the voltage is the same and no current will flow
through the balancing relay so it centers to stop the
motor operation. The system rotates the modulating
motor proportional to steam pressure so it is basically a
proportional controller.

The pressuretrol has two settings just like the pres-
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sure control switch. One establishes the center of the
operating range (the steam pressure that will center the
wiper in the middle of the coil) and the other is the dif-
ferential which is the change in steam pressure necessary
to drive the wiper from one end of the coil to the other.
You tune it like any proportional controller, reducing the
differential until the operation becomes erratic then in-
crease it until it operates smoothly.

The setting of the center of the operating range of
a pressuretrol should always be such that the entire
operating range is below the start pressure of the oper-
ating pressure switch. How far below? Enough so the
steam pressure after the boiler has started and purged at
a load equal to low fire is slightly higher than the top of
the operating range of the pressuretrol.

When a boiler is cycling on and off the steam re-
quirement is less than the boiler produces at low fire. At
those loads the boiler shouldn’t be modulating because
that increases the input during the firing cycle to shorten
it and increase cycles. (See cycling efficiency)

If all you have is an operating pressure switch it’s
manufactured switch differential is your operating
range. When you also have modulating controls your
operating range is from the stop setting of the pressure
control switch to the pressure that generates the maxi-
mum firing rate.

After you have tuned your modulating control to
the minimum differential for smooth operation you ad-
just the differential of the pressure control switch and
the setting of the pressuretrol to establish an operating
range as depicted in Figure 10-20. In many plants you
will find that you can allow some of the differential of
the pressuretrol to fall below the minimum operating
pressure because the boiler doesn’t have to modulate to
high fire to handle the maximum summer load.

Heating boiler plants may have more than one
boiler and a need to control operations where two or

Figure 10-19. Pressuretrol—modulating motor schematic

Figure 10-20. Range of control, modulating and on-off
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more boilers are required to serve the needs of the facil-
ity. That requires a system that can stop and start each
boiler as needed and may include modulating controls
that fire the boilers at different rates. Several methods
using complex arrangements of linkage, modulating
motors that operate off another pressure control switch
connected to the common steam header and powered by
a shaft which in turn controlled switches and multiple
electric coils like the one in a pressuretrol were provided
and you may run into one of them.

Okay, I can’t explain it in one sentence and that
was part of their problem. The principles described for a
single burner control apply to them but they required a
lot of maintenance and are, for the most part, replaced
by modern digital controllers that simulate their func-
tions. If you have one of those, read that instruction
manual several times and ensure yourself that you have
an understanding of what it’s supposed to do before you
start making adjustments. Then watch what happens
when you make adjustments because they may not do
what you understood they should do. As of the writing
of this book there is no national standard applied to
those devices so their descriptions, labels, and settings
vary considerably. Another problem is the people that
write their instructions and label the panels may have
completely different or erroneous perceptions of what
gain, reset, and other control terms are. They will do a
good job of controlling your boilers if you buy the right
one and apply it properly.

If you have multiple boilers, need more than one in
operation to serve all the loads, can’t be there to make a
decision regarding when to start or stop another boiler,
and your boss won’t put up the cash to buy one of those
modern controllers you’ll have to make do with the
equipment you have. There’s no reason to change modu-
lating control settings on the boilers unless you have
limited turndown (two to one or less) or you have ad-
justed turndown to the degree that you’re very ineffi-
cient at low fire.

That, by the way, is a normal thing to do. Boiler
operators don’t normally like to see a boiler shutting
down regularly. Creating load and other unwise opera-
tions are not the proper way to deal with it though.

You achieve multiple boiler control by setting your
operating pressure switches within the range you would
use for one boiler. It’s easier to talk in terms of start and
stop pressures where the stop pressure is the setting of
the boiler pressure control switch and the start pressure
is the switch setting less the differential. Figure 10-21
shows the start and stop settings for three boilers to
achieve automatic control. The difference between stop

settings has to be enough that the residual energy in a
boiler you just shut down will not generate so much
steam that the pressure rise associated with that steam
generation trips another boiler.

The difference in start settings has to be sufficient
to allow for the pressure drop that will occur while the
boiler just started is purging and lighting off. Figure 10-
21 also shows how you can change the modulating
range. You’ll notice that the setup requires a consider-
able swing in pressure to satisfy all the criteria. If you
want to change the order in which the boilers operate
you have to change all the switch and pressuretrol set-
tings, a lot of work. So it’s much better to have one of
those digital controllers to do it all.

Many plants have lead-lag controls as part of the
package for controlling their boilers. The adjustment of
settings in Figure 10-21 provides a form of lead-lag con-
trol because it varies the number of operating boilers,
allowing Boiler 1 to carry the load until it can’t then
bringing on Boiler 2 and finally Boiler 3 to handle the
maximum loads. All the boilers modulate together.
Lead-lag controllers were designed to accomplish it in a
slightly different manner. They would run the first boiler
up to high fire and leave it there after starting the second
boiler which would modulate to carry the load until the
load exceed the capacity of two boilers when the third
would start. Those controllers resolved a problem with
the scheme of Figure 10-21 which provided different
responses to load changes depending on how many
boilers were on line. The lead-lag controller always had
only one boiler responding to load changes, the others
were either on at high fire, or off. One controller was
actually capable of controlling as many as ten boilers.

High pressure boiler plants can operate with the
same simple modulating control we just reviewed as
long as there is no problem with the swinging pressure.

Figure 10-21. Settings for automatic three boiler control
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Once a plant is large enough that someone installs a
steam flow recorder that will change. Normally steam
flow recorders require a constant pressure for accuracy
(see boiler plant instrumentation).

When we want to keep producing steam at the
same pressure we need an integral controller. In the
early days of controls one of those controllers was an
expensive item so we chose to use one to control all the
boilers in a plant and called it the plant master pressure
controller. It sensed the pressure in the common steam
header so it wouldn’t be affected by shutting a boiler
down and it was close enough to the steam flow ele-
ments that it maintained a reasonably constant pressure
at them for accuracy in recording. Those rules still apply
today but lower costs for instruments and controls have
made it possible to have a controller at every boiler if
desired.

A plant master pressure controller produces an
output signal that is used by each set of boiler controls
to adjust their firing rate so they produce steam to sat-
isfy the requirements of the facility while maintaining
the steam pressure in the header at the set point. We’ll be
discussing the several types of boiler firing rate control
systems later but they all change the flow of steam out
of their boiler proportional to the change in the plant
master signal.

You should always tune your plant master with the
normal number of boilers on automatic. Most plants
with multiple boilers in service and a plant master run
one boiler on automatic and the rest on hand so the
plant master will operate properly regardless of the
number of boilers in operation. If that’s the case and you
try operating two boilers on automatic you’ll find the
pressure will jump around a bit when there’s a change in
the steam load.

Under those conditions the two boilers change
their steam output but the master controller expected the
change in output to alter the steam flow the same as the
output of one boiler. With two boilers in automatic the
response to a controller action is doubled. If you run two
boilers on automatic most of the time and one on occa-
sion it’s better to tune the master for two boiler opera-
tion and live with the slower response when one boiler
is on. Plants with boilers of different sizes will also see
a different response out of the plant master.

Prior to the days of digital controls it wasn’t prac-
tical to deal with that situation in the controls, the plant
operator had to adjust the tuning of the master controller
if the operation was erratic. Some plants added deriva-
tive control to help account for it. I created a number of
complicated logic systems that adjusted the gain of the

master controller according to the number of boilers on
line in automatic.

Modern digital controllers can use digital (on or
off) inputs to determine which boilers are in automatic
and calculate what the response will be to a controller
action so a good digital control system shouldn’t be af-
fected by the number of boilers in automatic or what size
they are. The need for that degree of control sophistica-
tion isn’t enough to justify a full explanation in this
book. If you’re constantly changing the number or com-
bined capacity of boilers operating on automatic control
and find the response of the master is never that good,
there is a solution for it.

FLUID TEMPERATURE MAINTENANCE

Controls for heating fluids require special consider-
ation that’s not necessary for pressure controls. The larg-
est single problem is making sure that the device that
senses the temperature you are using as a process vari-
able is representative of the heat flow you are really
controlling. Always be aware that the sensor may be
shielded by such things as air trapped above the fluid or
scale or other material coating the sensor so it can’t de-
tect the temperature properly. It may be necessary to
locate the sensor where it can’t detect changes in tem-
perature when flow is interrupted; additional sensors
and controls (like a flow switch) may be necessary to
prevent hazardous operation under those circumstances.

This chapter is dedicated to boiler plant controls,
particularly hot water boilers for hydronic heating and
similar applications. The control of boilers for service
water heating (domestic hot water) is described in the
chapter on water heating.

Most hot water boilers are supplied with a propor-
tional control similar to that described for steam boilers.
The only difference is the temperature control switch
and modulating controller sense boiler water tempera-
ture, not pressure. In many hydronic systems the quan-
tity of water in the boiler is large enough that it can
operate much like a steam boiler, using temperature con-
trol instead of pressure. Simply convert the pressure
values in the previous figures to the corresponding
steam saturation pressure and you have it.

The decisions for setting the start, stop and modu-
lating range for fluid temperature control are based on
several considerations. The fluid has to be hot enough
when it reaches the using equipment to transfer all the
heat required. The fluid cannot be so cold that acids in
the boiler flue gas condense on the boiler surfaces and
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corrode them. A normal low limit for natural gas is
170°F, fuel oils can cause corrosion at all temperatures
below the maximum operating temperature for heating
boilers (250°F) so operation at 240°F is recommended. If
you fire oil most of the time you should ask your sup-
plier for the normal acid dewpoint temperature of the oil
and try to keep your water temperature above that. The
lower the start temperature the less loss due to cycling
so review the section on steam pressure maintenance to
get an understanding of how to set proportional fluid
temperature controls. Also review the discussion on
thermal shock.

For multiple boiler systems and large facilities the
setting of hot water controllers is a little different be-
cause the pressure maintained in a steam boiler pushes
the heat out to the facility; in fluid systems the heat is
transferred by other means. There are basically two
methods for transferring the heat and both rely on mov-
ing the heated fluid out of the boiler to the heat using
equipment and returning the fluid, after it has given up
some of that heat, to the boiler to pick up more heat.

The simplest method is gravity and it relies on the
difference in density of the fluid as it is heated. Most
fluids expand when heated. They take up more space.
The density of the fluid (number of pounds per cubic
foot) decreases. The hotter fluid tends to float up in any
pool of colder fluid just like a block of wood floats to the
top of water because it is lighter than the water. A boiler
system with a proper piping arrangement can use this to
force the heated fluid in a boiler to flow up through the
pipes to radiators on the upper floors because the fluid
cooled in the radiators fills the return lines to the bottom
of the boiler. The colder water is heavier than the lighter,
hotter water producing a thermal siphon. We call it natu-
ral circulation.

Only simple small systems use natural circulation.
Even most small residential systems use an electric
pump to circulate the water. The pump can produce far
more force to circulate the water than the thermal siphon
effect so pipes can be smaller and the system costs less
to install. If you’re buying a hot water system for your
house you may want to think about that; the initial cost
savings achieved by installing the pump is rather
quickly eaten up by the cost of electricity to run that
pump. A system designed for pumping won’t work well
on gravity when you need heat, the power is out, and
you try burning some wood in your furnace. Some in-
crease in initial cost may save a considerable amount on
electric bills and ensure the ability to get heat if the
pump or power fails.

Large hydronic heating systems for schools, office

buildings, etc. simply can’t justify a system without
pumps so they all include pumps to move the fluid
around between boiler and heat user.

Unlike steam boilers where load is balanced by the
flow of steam from its source of generation to the load,
hot water boilers cannot function with a plant master
that controls the firing rate of all the boilers. Some sys-
tems have a master temperature controller but it doesn’t
control the firing rate of each boiler; more on that in a
minute. There have been attempts to produce common
control by operating the boilers in series (water flows
through one boiler then the next and so on) but I have
yet to see one that works well.

When fluid heating systems become so large that
the volume of fluid in the boiler is a small part of the
entire system, control of the water temperature becomes
difficult. Another factor is the volume of water in the
boiler; fire tube boilers contain a large volume of water
and can have long residence times (how long the water
stays in the boiler) but water tube boilers can hold so
little water that it’s replaced every few seconds.

Boilers like that (with short residence time) can
have a problem because the temperature of the water at
the sensor is not the same as the average temperature of
the water in the boiler. Temperature maintenance of
those units can get erratic so another control method is
required. The controls are very typical of high tempera-
ture hot water boilers (HTHW) which operate at tem-
peratures over 250°F and pressures over 160 psig.

For boilers heating water the method is easy to
understand, you’re adding Btus to the water so the en-
ergy required is equal to the pounds of water going
through the boiler and the temperature difference. The
actual heating load is determined by multiplying the
pounds of water flowing through the boiler by the dif-
ference in inlet and outlet temperatures. For other fluids
all you need do is multiply by the average specific heat
of the liquid. Control logic that performs that calculation
provides a very responsive control because any change
of inlet temperature or fluid flow rate produces a change
in the control signal, increasing or decreasing the firing
rate of the boiler to compensate. Since multipliers were
a problem in early controls most plants relied on a con-
stant fluid flow so only the temperature difference was
needed to develop the control logic.

These systems cannot operate on that logic alone
because there’s no way to correct for changes in boiler
efficiency or small errors in flow and temperature mea-
surement that would produce an imbalance between the
actual load and the firing rate. A temperature controller
is used in these systems to provide a means of correcting
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for those differences. The typical HTHW boiler load con-
trol system is shown in the schematic in Figure 10-22.
Refer to the following discussion on two element boiler
water level control, for an explanation of this particular
type of control loop.

Figure 10-22. HTHW boiler control

FLUID LEVEL MAINTENANCE

There are several locations where water level must
be maintained in a boiler plant but the most important is
the level in the boiler itself. The method of control varies
significantly depending on the size and complexity of
the plant. The simplest is a float controlled valve and the
most complex (and expensive) is a three element boiler
drum level control loop. Each has its place, its advan-
tages, and its problems. I’ll try to give you all those in
the following paragraphs.

A float controller for level control is common in
boiler water feed tanks, condensate tanks, make-up
tanks and other source tanks of water for the boiler
plant. They are found in boiler feed service only on resi-
dential and small commercial boilers. We’ve covered
their operation in our earlier general discussion of con-
trols. They’re not found on large or high pressure boilers
because the float would have to be very large to produce
the force needed to operate the control valve while op-
erating on a very small change in level.

As they get larger they have to get stronger to pre-
vent crushing them so they get heavier and the float
chamber has to be thicker (see strength of materials) so
they become uneconomical. They do work fine for open
tanks at small flow rates. One place where float controls
have problems that you can relate to is in brine tanks
used with water softeners. The salt tends to crystalize on
the float and surrounding materials, usually a still pipe
(a pipe placed around a float to prevent swinging opera-
tion due to wave action) so it can be trapped in the brine
crystals and fail to operate.

A float that only has to open and close an electri-
cal contact can be quite small by comparison to some-
thing that has to open and close a valve so we have
many systems controlled by float operated switches.
The switch can energize a solenoid valve to open it and
admit fluid to the tank or boiler. All the energy re-
quired to operate the valve is provided by the electric-
ity (and in many cases the fluid itself, see pilot
operated valves in the general discussion on controls)
so a small float can control any volume of fluid at any
difference in pressure. The float still requires a change
in level to function and only provides on-off control of
the fluid flow but that’s satisfactory in many situations.
The switch can also be set to power a valve as the level
rises to provide a system that allows fluid to flow on
controller failure.

The typical heating steam boiler and small com-
mercial and industrial boilers use float controls that start
and stop the boiler feed pumps to control feedwater
flow for maintenance of the water level instead of con-
trolling a valve. These systems solve some of the prob-
lems with valve control by preventing operation of the
feed pump when the control valve shuts off, a situation
that would overheat the pump. It also eliminates feed-
water control valves as a maintenance item.

Each boiler has to have its own pump for this con-
trol method to work and operation of standby pumps is
complicated because the electrical control has to be
switched along with pump isolation valves. It is a simple
and inexpensive method for level control and works
well in many applications. However, it can’t be used
with economizers and the higher electrical demand
(pump and motor are normally sized at twice the boiler
capacity) can create higher electrical power costs.

If you’re operating a boiler with very little reserve
capacity like most water-tube boilers, you have an
economizer, or you can’t tolerate the swings in load as-
sociated with feed pump on-off control a variable feed
level control is required; one that modulates the feedwa-
ter flow control valve to maintain the level.
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If a boiler has little reserve in it the cold feedwater
rushing in at twice the boiler capacity can, for a short pe-
riod of time, consume so much of the heat to simply heat
up the feedwater that some of the steam in the boiler is
condensed so the water level drops suddenly every time
the pump runs (see shrink and swell discussed later).
Sometimes it’s enough to trip the low water cutoff. Con-
siderable differences in boiler level is required for them to
operate without false trips. Many of the new flexitube
boilers are equipped with two level controls, one set for
controlling level when the boiler is off and another for
when the boiler is firing, set at a higher level.

If the boiler has an economizer the continuous flow
of water is required to prevent generating steam in the
economizer. The feed pump on-off operation produces a
significant change in output of a boiler, especially at low
loads, that can cause bumps in the whole steam system.
Anything larger than a small commercial boiler opera-
tion should have a better method of water level control.

There are two unique self contained control sys-
tems that you should be aware of. They were used
only on boilers, and can still be found in many loca-
tions. One is a thermo-mechanical system; the other is
thermo-hydraulic. The key to these controls is that pre-
fix, “thermal” which indicates that we use temperature
to detect level and power the control valve. The
thermo-mechanical systems (Figure 10-23) are manufac-
tured by Copes-Vulcan. The thermo-hydraulic systems
(Figure 10-24) are manufactured by Bailey and
Swartout among others. Both systems use the differ-
ence in heat transfer rates between steam condensing
and simple water heating.

They incorporate a tube connecting ends to the
water space and steam space in the boiler. The water
level in the boiler is repeated in the tubing so the tubing
above the water level is exposed to steam and the tubing
below the water level is exposed to boiler water (actually
it’s mostly condensate from the steam condensing in the
tube). Since steam condensing transfers heat much faster
than hot water the portion of the tube that is exposed to

steam is hotter. Both systems
arrange connecting piping so
the tube is at an angle, the slope
of the thermo-mechanical tube
being much shallower than the
thermo-hydraulic, to provide
additional tube length and (as a
result) heat exchange surface for
better control.

Since the heat transfer is
much higher for steam condens-
ing the lower the level of the
boiler water the hotter the tube.
The heat transfer from the
finned water jacket of the
thermo-hydraulic controller or
from the tube of the thermo-
mechanical controller to the sur-
rounding air is increased
slightly because of the hotter
water jacket or tube. The expan-
sion of the tube, or the water in
the jacket, is converted to move-

Figure 10-23. Thermo-mechanical boiler level control

Figure 10-24. Thermo-hydraulic boiler level control
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ment of the valve; opening it as the tube or jacket gets
hotter.

The thermo-mechanical system uses a short pivot
at the end of the tube which consists of a lever point at
the end of the tube and a pivot attached to the two steel
channels on either side of the tube. The lever connected
to the control valve moves as much as six inches from its
end with a very small change in the length of the sensing
tube. As the tube expands the lever is pulled down by
the weight to open the valve.

The expanding water in the jacket of the hydraulic
version acts on a diaphragm (Swartout) or bellows
(Bailey) on the control valve, opening it. As the water
rises in the tube as a result of adding water the tube or
water jacket shrinks. The shrinking tube pulls the valve
closed on the mechanical system. A spring pushing
against the bellows or diaphragm of the hydraulic sys-
tem closes the valve as the water in the jacket shrinks.
Both systems will stabilize to maintain a constant water
level but they do not respond rapidly to level changes
and always open the valve fully as the boiler cools down
so you have to manually close off the water and manu-
ally control level on boilers equipped with these systems
until the boiler is at operating pressure.

The Copes-Vulcan system (by the way, we’ve al-
ways called them Copes valves, failing to give Vulcan
any credit) has another system with a feature to aid in
response to changes in load. The control valve is fitted
with a diaphragm connected to the feedwater valve with
sensing lines to the steam header at either side of an
orifice. Increasing steam flow produces a higher pressure
drop across the orifice which produces a higher differen-
tial pressure on the valve diaphragm to force it further
open. The lever of the thermo-mechanical tube is fitted
with a chain extension that runs over a sprocket on the
valve to the weight. The sprocket is connected to the
valve stem like a rack and pinion to aid or restrict the
diaphragm action for final water level control. This pro-
vides something comparable to two-element control,
which I’ll get to.

Experience and modern controls and instruments
have convinced me that I would never want to use one
of those thermo-hydraulic or therm-mechanical control
valves again. I tell people that have them not to buy
spares and replace them when they need repair. They are
not the easiest things to work with, they don’t control
the level when the boiler is cold and they’re relatively
expensive. Now that level transmitters and controllers
are so inexpensive the cost of those older designs can’t
justify their existence. They were fantastic controls years
ago but new controls can do so much more.

Shrink and Swell
A simple single loop control system like the one

covered at the beginning of this section will satisfy the
requirements of most heating boilers and commercial
and industrial loads with fairly constant steam de-
mands. If, however, the steam requirements change
significantly the control will actually operate in the
wrong direction due to shrink and swell. Shrink and
swell are terms we use to describe what happens when
the boiler load changes and feedwater addition
changes.

When the boiler is generating steam some of the
volume below the water surface has to consist of steam
bubbles. The amount that is bubbles depends on the
load, the volume of the boiler below the water line in
proportion to the capacity, the surface area of the water
line, and the operating pressure. Many boilers, mostly
fire-tube boilers, contain so much water in proportion to
steaming capacity that the percentage of volume occu-
pied by steam is small and the shrink and swell are not
noticeable.

On the other hand, a low pressure water-tube
boiler is most likely to show the most dramatic change
because the steam density is low (volume of steam per
pound is high). When a sudden increase in load occurs
the steam pressure in the boiler drops and the steam
bubbles in the boiler water expand. Also a small per-
centage of the water flashes to steam adding to the
number of bubbles. The result is an increase in the
water level which we call “swell” because the water
level increases with no water being added to the
boiler. A single element level control will react to the
swell by closing down on the feedwater valve, the op-
posite of what is needed because more water is re-
quired for the larger load. Closing of the feedwater
valve reduces the heat requirement for raising the tem-
perature of the feedwater so more heat is used to
make steam (and more bubbles) simply make the wa-
ter swell more.

When the opposite occurs and the load decreases
suddenly, pressure increases, the bubbles are com-
pressed, the water in the boiler is not up to the new
saturated condition so it condenses some of the steam to
heat it up. The water in the boiler shrinks and the level
drops. A single element control senses the drop in water
level and opens the control valve to increase the flow of
feedwater. The additional feedwater requires heat to
warm it to saturation condition so some more of the
steam is condensed to collapse more bubbles. Increasing
the water flow is not required because the steam flow
decreased.
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Two Element Control
To reduce the impact of shrink and swell a water

system that doesn’t enhance the effect of it is required.
Two and three element systems actually counter some of
the effect by adding water when the level is swelling up
to quench bubbles which reduces the swell. Conversely
they reduce the addition of colder feedwater when the
level is shrinking.

I mentioned single element control operation.
Single element feedwater controls have a single process
variable for control, water level. I’ve already spent a lot
of time discussing them. Two element controls use an-
other process variable (that isn’t maintained) and that is
steam flow. Since the steam flow is not controlled as part
of the feedwater system it is usually treated as a remote
signal. The third variable for a three element control is
feedwater flow. The two and three element systems act
to maintain the balance of steam and feedwater flow
with adjustments for level.

Both two and three element systems actually con-
trol the flow of water to match the flow of steam. It’s a
given that every pound of steam that leaves a boiler
must be replaced by a pound of feedwater so that’s a
logical way to do it.

These systems require a control element called a
signal summer which combines two or more control sig-
nals. The term “summer” is used instead of “adder”
because a summer can subtract signals as well as add
them. When mathematicians and control engineers use
the word “sum” they mean to add up all the values and
some of them can be negative. The ratio totalizer de-
scribed earlier can be used as a signal summer. One in-
put signal can be applied to the bellows opposite the
output (port A in Figure 10-5) so the output equals that
signal plus another signal be applied to port C of the
totalizer for adding or port B for subtracting.

We could introduce a gain on the A and B values by
adjusting the pivot. We could also add a spring to the
assembly so we could introduce a fixed bias (spring
force) at either end of the ratio totalizer. The mathemati-
cal equivalent of the summer output would be input C
plus input A minus input B plus or minus a bias pro-
vided by a spring at their end plus or minus the bias
provided by a spring at the output end. The output
equals (IA - IB ± KB) × G + IC ± KC) where the suffix iden-
tifies the port indicated on Figure 10-5, the letter ‘I’ refers
to input, ‘K’ represents a spring attached to the pivot
arm at that port and ‘G’ is the gain.

That’s the basic concept of a summer but most
microprocessor based controllers allow you to include
the summer function inside the controller to eliminate

the need for additional hardware; that’s why we can
make a two element controller out of a single element
one by simply wiring the steam flow signal to the drum
level controller. Actually, in many systems and any fu-
ture system it is simply a matter of telling the controller
to get the steam flow signal because all the controllers
have access to all the signals in a system.

The two and three element systems control the
feedwater valve in proportion to steam flow with an
adjustment for drum level. A two element feedwater
control system is shown in Figure 10-25. Two element
control is very common today because any boiler that
needs the control is large enough to justify steam flow
metering for monitoring the boiler demand and perfor-
mance. Since the steam flow meter is there it’s simply a
matter of adding, at most a little wiring, and normally
just a few software instructions (for microprocessor
based controls) to make a two element system out of a
single element system. If the boiler has pneumatic con-
trols another device (summer) is required to create a two
element control and another hand automatic station may
be necessary.

As steam flow increases the output to the feedwa-
ter valve increases. Provided the valve is selected or its
positioner is set to provide a linear output the valve
position for each value of steam flow will produce a
feedwater flow that matches the steam flow. You can
always tell if a two element system is set up properly by
noting the output of the level controller at different
boiler loads when the level and steam flow are relatively
stable. The output of the level controller shouldn’t
change and should be about 50%.

Figure 10-25. Two element level control schematic
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Why 50%? I’ve encountered several systems where
the operators were always fooling with the level on a
boiler because the controls were not set up for that 50%.
The setup of a boiler feedwater control system usually
ignores the blowdown (which requires a little more feed-
water) so the valve position is set to handle the correct
amount of feedwater for the normal steam flow and
blowdown. The technician setting up the system looks at
the schematic and realizes that the level controller can
add to the steam flow signal to increase flow and raise
the water level but he doesn’t think about what has to be
done to lower the level if it gets too high.

A 50% bias opposed to the steam signal and bal-
anced by the 50% output of the level controller has a net
zero effect on the steam flow to valve position relation-
ship but allows the level controller to modify the rela-
tionship up and down by 50%. Without that bias the
level controller output is around zero and it can’t do
anything to lower the water level if there is a slight upset
in operation (like lower steam pressure that will allow
more water to flow into the boiler) that results in a high
water level.

Three element control accomplishes the same thing
as the two element control but it measures the feedwater
flow as a process variable and the feedwater flow control-
ler adjusts the feedwater control valve until the feedwater
flow matches the steam flow plus or minus any adjust-
ment from the water level controller. Three element sys-
tems are necessary whenever feedwater pressures are
frequently changed or affected by heavy load swings so
the linearity of the control valve can’t be maintained.

Of course there’s going to be a problem with a two
element system that’s set up right if the steam flow sig-
nal is lost. The controller won’t be able to open the valve
more than 50%. I don’t consider this a big deal because
I don’t think you should be operating a boiler with a two
element control in single element mode unless it’s at
very low loads. Modern digital controls sort of solve that
problem because their instructions include switching to
single element control that can fully stroke the valve
when the steam flow signal is lost or low. Failing that
and circumstances require you to operate a boiler with-
out a steam flow signal you can simply find the summer
and adjust the bias from a -50% to zero and the valve
will respond directly to the level controller signal.

BURNER MANAGEMENT

Before I cover the control of fuel and air to produce
a flame and add heat to the boiler I’m compelled to

cover the burner management system. For years we
called them flame safeguard systems because the prin-
ciple purpose of the system is to make sure it is safe to
light a fire and to continue operation of the boiler. The
burner management does two things; it “supervises” the
operation to ensure all operating parameters are within
“limits” and it supervises or performs and supervises
the procedures required to place a boiler and its burner
(or burners) in operation.

It can also provide a controlled shutdown of the
boiler and its burner(s). The bulk of the controls manufac-
tured to serve the purpose of burner management are
supplied by one of two manufacturers, Fireye (now a di-
vision of Allen Bradley) and Honeywell. Their devices are
competitively priced and do an excellent job of burner
management for small and medium sized single burner
boilers. The controller becomes a system when it is con-
nected to a burner’s controls, level, pressure, and tem-
perature limit switches and a flame scanner or flame rod.

Accurate detection of a fire is the most important
function of the burner management system. It has to
ensure there is no fire when it shouldn’t be there, as well
as ensure a fire is present when it’s supposed to be, and
respond accordingly. Detectors are either flame rods,
infra-red sensing, ultra-violet sensing, or more modern
multiple frequency sensing units. The detectors, with the
exception of flame rods, are all called scanners.

The basis of flame rod operation is that a fuel and
air mixture does not conduct electricity but a flame does.
The rod has to be positioned where it is in the flame, a
pilot flame on large burners. The flame also has to have
a grounding electrode that touches the flame so electric-
ity can be conducted from one electrode to the other. The
grounding electrode is normally connected electrically to
the metal parts of the burner. It can also be another flame
rod positioned at another point in the flame. The flame
rod itself has to be constructed of a material that will not
melt or oxidize in the fire and the insulation separating
it from the metal parts of the burner have to be capable
of withstanding the high temperatures. Normally the
rod is made of high chrome steel and the insulators are
ceramic material. The portion of the burner management
system that identifies the presence of a fire has to pro-
duce a voltage adequate to push a detectable current
through the flame and sense that current and distinguish
between no flame, false signals (like the rod shorting out
on some metal in the burner) and a flame.

The flame scanner is a sensor that detects a fire in
the burner by absorbing some of the light energy emit-
ted by the fire. Scanners may detect infra-red light or
ultra-violet light, any frequency of light in between, or a
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combination. Some are called “self-checking” but that
label can be inappropriate. I’ll call them self-checking
when they contain a device that blocks the light from the
sensor at intervals and the detector circuit has to sense a
no flame signal during that interval. Some scanners sim-
ply block the light at regular intervals so the detector
circuit can determine a flame is present because the sig-
nal from the scanner is constantly swinging to produce
an alternating current. A constant signal from the scan-
ner indicates no flame or scanner failure including fail-
ure of the self checker. Self checking of scanners
shouldn’t be confused with self checking of the flame
detector circuitry which is different.

Someone will also come up with a device and call
it self checking by virtue of some software scheme. I
spent several hours fooling with some smoke indicators
years ago and found they tested well but didn’t indicate
the smoke I could see by looking at the top of the stack.
Their scheme for calibrating a black stack consisted of
shorting out a terminal on the sensor, not turning off the
light at the other end of the stack. When I finally decided
the system wasn’t turning the light off and put a blank
in front of it the indicator happily showed a clear stack!
If the scanner doesn’t block the sensor’s view of the fire
it isn’t a self-checking scanner.

A self-checking circuit simply confirms a flame
isn’t detected when it shouldn’t be. Of course I’ve dis-
covered several systems that were installed and con-
nected in such a manner that the self checking functions
of the circuit were not allowed to work. If, on a burner
that’s turned off, your scanner doesn’t detect a flame on
a candle or cigarette lighter that you hold in front of it
(you have to remove it from its mount) and it doesn’t
alarm and lock out as a result, yours is one of those.
Since many of them were only found after a boiler explo-
sion I urge you to perform that test. If the system doesn’t
lock out it isn’t safe.

The typical BMS (burner management system) pro-
vides for automatic operation of the burner, performing
all the steps described in the section on boiler start-up.
When a pressure control switch closes the BMS should
first determine there is no flame in the burner. Provided
operating limits like low water cutoff, high steam pres-
sure and low fuel pressure are all satisfied (contacts
closed in a series circuit) it closes an output contact to
start the burner fan or fans. When air flow is proven by
closing contacts on an air flow switch the firing rate
control system is instructed to increase damper position
to high fire. Some systems may include provisions to
start an oil pump and prove it operating as well. The
open damper or a purge air flow switch senses purge air

flow to close a contact for another input to the burner
management system. The system then waits for the pre-
scribed period of time for a purge.

Some are set with fixed timing but modern units
have provisions for setting the purge time to comply
with the code requirements. The controller supervises
the purge by requiring the damper open or purge air
flow switch contacts remain closed during the purge
period. Some will simply restart the purge timing if the
input is interrupted while others will stop the start up.
Once the purge timing is complete the contacts for high
fire are opened and another set close to instruct the fir-
ing rate controls to go to a low fire position for ignition.
When the firing rate controls are at low fire they close a
low fire position (or ignition permissive where low fire
is lower) switch contacts to provide an input to the
burner management system.

During all of that portion of the start-up sequence
the scanner should be looking for a flame. If it sees one
the system should lock out. The reasons can be anything
from defective scanners to oil dripping out of a gun and
lighting to glowing hot refractory from the previous fir-
ing. On more than one occasion an operator figured out
that he could prevent the lockout by pulling out the
scanner and covering it with his glove during the purge
and low fire positioning. Needless to say, he didn’t have
any accurate flame sensing and eventually an explosion
occurred. If that scanner thinks it sees a flame where
there isn’t one it’s not safe to operate that boiler.

With low fire position proven the controller closes a
contact to energize an electric spark in the ignitor and
another contact to energize the ignitor gas shut-off
valve(s) (if the burner is equipped with an ignitor). The
controller then waits ten seconds to see if the valves open
to admit gas that is lit by the spark to create an ignitor
flame. If the flame isn’t detected in that time it stops op-
eration and energizes an alarm horn. If the flame is de-
tected it closes another contact to energize the main fuel
valves. Some also de-energize the electric spark. At a pre-
scribed time after the main fuel valves are open it de-en-
ergizes the ignitor gas valves. If a flame remains detected
the controller opens the low fire contact and closes an
automatic contact to permit automatic operation of the
modulating controls to control the firing rate.

How it did it in the early days was clumsily and
with a lot of errors. The timing was all controlled by a
timer motor powering a shaft with several epoxy im-
pregnated fiber discs on it that served as cams. Each cam
had a flat metal spring riding on it and that spring made
contact with another one where the cam was notched.
The program was initiated when the boiler’s pressure
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control switch closed to energize the motor to start rotat-
ing the cam assembly. As the cams rotated a change in
the diameter of one would drop its spring to close the
motor circuit and another closed in the modulating
motor circuit to drive the controls to high fire. Another
contact then opened to stop the cam drive motor. Once
the modulating motor got to high fire it closed its high
fire interlock contact which bypassed the open cam con-
tact and restarted the cam drive motor beginning the
purge timing.

I won’t explain the whole operation, you’ll figure
the rest out if you happen to get in a plant that’s old
enough to still have one (I doubt it) and you’ll want to
replace it anyway. Those cam contacts were always a
problem because the springs would stretch and get weak
and the contacts on them would get dirty so they
wouldn’t complete a circuit (a boiler room wasn’t that
clean in the good old days) and lower priced micropro-
cessor units have replaced most of them. You can’t ac-
cess the program or fix the microprocessor based units
so you simply replace them; it saves you fooling with
those springs and cleaning those contacts about once a
month.

One last comment on the old cam operated control-
lers; there was always a dial connected to the cam shaft.
The dial looked something like the bottom of an alumi-
num can that was cut off and it had numbers on it that
corresponded to the timing of the motor so it could be
checked. There was also a large black dot on the dial that
indicated where the timer was to stop for normal firing
operation. The beginning of the cycle, which was also
where the timer stopped when the boiler shut down for
any reason was always marked with a zero. The expla-
nation of the cam operated switches and timing does
help explain some of the instructions for the micropro-
cessor based equipment because they were written to
help us old farts relate to what was going on in that new
black box.

One of the most important elements of the burner
management control is the checking provisions. The
burner management controller had to include at least
two relays, a power relay and a flame relay. The power
relay could only be energized via a normally closed con-
tact on the flame relay (proving the flame relay was de-
energized) and it closed a normally open contact to
bypass the flame relay contact to continue operation.
Once the power relay was up the flame relay closed its
contacts to power the main fuel valves and stop the
timer motor.

Any indication of a flame when there isn’t sup-
posed to be one can mean the burner will continue to

operate when there is no flame present, generating an
explosive atmosphere in the boiler. Any component fail-
ure in the burner management system should also act to
safely shut down the boiler or, if it’s failure does not
present an immediate danger, prevent a subsequent
start-up of the burner.
Of the many boiler explosions I’ve investigated only two
were found to occur during operation, the rest occurred
on start-up and problems with the system arrangement
(design) or an alteration of the design could be attributed
to the explosion. Unlike airplane accidents where the rea-
son is regularly attributed to pilot error I don’t find op-
erator error to be a primary reason for a boiler explosion.
Many times the operator is present and doing something
but that doesn’t mean the system operated flawlessly,
usually the system prevented proper operation.

Those of us that design the burner management
systems have a directive to make the system “damn fool
proof and moron approved” so it’s supposed to be vir-
tually impossible for operators to create an explosive
condition unless they intentionally defeat limits and in-
terlocks. Don’t get me wrong, I’ve seen many a bypassed
interlock or limit switch. Why was it bypassed? Because
the damn burner wouldn’t work if it wasn’t!

Speaking of those limits and interlocks reminds me
of the many ways they can fail to do what they’re sup-
posed to, mostly because of improper design or applica-
tion. Every other facility I visit for the first time is
usually set up with minimum air flow limits and purge
air flow switches that, quite frankly, don’t work. It’s
because they don’t sense flow, they only sense pressure.

I’m sure you’ve seen many burner assemblies
where the air flow switches are air pressure switches
with one side connected to a burner windbox. Any
burner windbox, however, normally has burners with air
registers that can shut off the flow. Even if they don’t a
blockage in the boiler will ensure pressure to actuate
those switches. I’ve seen many an installation where the
operators closed the burner registers to produce enough
pressure in the windbox to trip the purge air flow
switch. Needless to say, if the registers are closed there is
no way to get purge air flow. I prefer air flow switch
installations that measure the air flow, normally simply
sensing the pressure at the fan inlet as shown later for
adding air flow metering. See initial boiler start-up for
more clues on proper operation of burner management
controls.

The key actions for a wise operator when it comes
to burner management is 1) know what they’re sup-
posed to do, 2) shut the boiler down when they don’t do
it, 3) Report inconsistencies in operation and regular
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interruptions in operation, 4) don’t change switch or
position settings without permission. That last one is a
real key because many states have adopted the ASME
and NFPA standards that relate to burner management
and both standards are very exacting about the require-
ments for changes in burner management systems.

No discussion of a burner management system
should be left without mentioning the important concept
of fail-safe design. Every element of the system should
be arranged so it’s failure will not compromise the safety
of the boiler operation. Each wire, relay, pressure switch,
etc., should be evaluated for failure modes and analyzed
for what will happen if the device fails. Only when ev-
ery evaluation indicates the result will be safe should the
system be considered fail-safe.

Fail-safe concepts should be applied to all controls
and applied in a sensible manner. Too many designers
view fail-safe solutions as only resulting in a complete
burner shutdown. That’s not necessarily the safest thing
to do because, while that burner is operating, most of the
furnace and boiler is full of inert gas. There are many
other examples where a shutdown is not necessarily the
safest solution to a failure.

There are always arguments as to what is safe as
well. Is it better to have a feedwater valve fail open, so
the boiler will not run dry? Most of the time we have the
valve fail closed because there is no safety to prevent
water flying down the steam lines and hammering them
apart but we should expect the low water cutoff to safely
shutdown the boiler.

If you’re replacing a component of a control sys-
tem, and it’s operation isn’t exactly the same as the piece
you’re replacing, consider what will happen if it fails.
Much thought has gone into deciding if a particular
component will fail in the safest manner and replacing it
with one of another action could reduce the safety and/
or reliability of your plant.

FIRING RATE CONTROL—GENERAL

Firing rate controls regulate the flow of fuel and
combustion air to the burner to produce a flame and
heat input that satisfies the demand for heat at the boiler
outlet. We’ll also call them combustion controls. These
are independent of the steam pressure controls on any
system except a simple jackshaft system. Typically we
don’t talk of combustion controls or firing rate control
with a jackshaft system.

The heat input is primarily a function of the
amount of fuel flowing to the fire; control of air is also

required to produce the heat input. In the chapter on
fuels we discussed the importance of maintaining an
optimum air to fuel ratio. Part of the job of firing rate
controls is to maintain an air to fuel ratio that is ad-
equate for safe and efficient operation of the burner and
boiler. There are different control schemes for controlling
the fuel and air, to maintain the air to fuel ratio, and their
ability to do the job varies with system cost and com-
plexity.

The choice of control system for your boilers will
depend primarily on the size of the boilers. Size of the
boilers implies a certain annual fuel consumption and
the increasing cost of more refined controls has to be
weighed against the savings that can be produced by
improving the controls for better control of air to fuel
ratio. There’s also the question of maintaining a certain
steam or vapor pressure or a boiler outlet temperature
that may, or may not, be critical to the facility served by
the boiler plant. If the pressure or temperature is critical
the controls will be more refined.

I have seen boiler plants where there were no pres-
sure controls. In one the operators increased the firing
rate when the pressure got down to around 5 psig and
backed it down when the pressure got up to 90 psig.
They raised that low point in the winter to 40 psig be-
cause anything less produced complaints in the college.

That’s an extremely clumsy operation that could
cause a considerable number of problems both for the
operators and the equipment but they managed to keep
the facility happy with that performance and that’s all
they cared about. Not very wise was it?

Swinging pressures will vary blowdown rates, in-
crease the opportunities for carryover, and if not caught
at the right time, result in boiler shutdown or lifting of
safety valves which do reflect on the performance of the
operators. The changes in temperature are adequate to
define the operation as cycling and the standard boiler is
constructed for a life of 7,000 cycles; swinging operation
shortens boiler life. My perception of that operation pro-
voked words like careless, lazy, and inconsiderate to
name some of the printable ones. The boilers were
equipped with firing rate controls but they were either
inoperable due to no maintenance or not used for rea-
sons I can’t begin to understand. If the temperature
swings you are inviting problems with thermal stress.

A low pressure steam plant can swing from a low
of 8 psig to a high of 12 psig with a temperature swing
of 9 degrees; to me that’s the limit. Higher pressure
plants have thicker boiler parts and swings of more than
4 or 5 degrees can cause problems with thermal stress in
them so normal pressure swings should be held to less
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than 10 pounds.
Another common trick when maintenance is lack-

ing is to operate with the fan damper wide open. That
way there’s always enough air to burn the fuel, right?
Actually that’s wrong because at lower firing rates the
high excess air quenches the fire to produce combus-
tibles, primarily carbon monoxide, and sometimes un-
burned fuel products that are carcinogenic. Such careless
operation is not only lacking concern for the cost of fuel
but is potentially hazardous to the health of the opera-
tors as well as everyone within a one or two mile radius
of the boiler. Now that you’re a wiser operator you will
not, I hope, poison yourself and other people by failing
to have adequate control of your air to fuel ratio.

Following are descriptions of the five most com-
mon methods of modulating a boiler’s firing rate fol-
lowed by four possible enhancements to some systems.
They run from the simplest to the most refined and
complex. You shouldn’t be disappointed if you don’t
have the Cadillac nor be disgruntled because you have
to deal with a complex system. They’re selected to pro-
vide optimum performance when they’re working
right. It’s your job to ensure they’re working right, keep
them working right as much as possible and report it
when they aren’t doing what they’re supposed to so
they can be fixed by qualified technicians when you
can’t handle it.

There’s enough information in this book for you to
make adjustments and correct problems in any of these
systems but that doesn’t guarantee that you can relate
the indications you see to the right source of the prob-
lem. If you’re confident you can fix something let the
chief know and get permission to fix it, otherwise let one
of the contract technicians do it. If they do something
wrong their insurance company will pay the bill, not
your employer’s. Let’s discuss these systems and we’ll
see where you stand.

A simple on-off boiler doesn’t have a firing rate
control system as far as I’m concerned and the first two
simple systems aren’t a lot better. They do, however,
change fuel and air flow rates so they have to be consid-
ered.

FIRING RATE CONTROL—LOW FIRE START

A low fire start control system only regulates the
input of fuel and air to the furnace during the ignition
period. The system limits fuel input for ignition then
allows it to increase to the maximum firing rate which is
maintained for the rest of the burner operating time.

The controls for gas typically consist of a two position
fuel safety shut-off valve with a rack and pinion on its
shaft connected to linkage that controls the position of
the fan damper. The valve opens to a preset position
during the main flame trial for ignition and the linkage
limits opening of the fan damper to another preset posi-
tion. Once a flame is established and the ignitor is shut
down the valve opens the rest of the way and the fan
damper opens with it.

For oil burners the typical setup is a small hydrau-
lic cylinder sensing the oil pressure at the burner. Two
oil shut-off solenoids are used to produce the two differ-
ent oil flows or a solenoid is powered to bypass a manu-
ally set throttling valve for full fire. The cylinder
contains a spring and it moves the damper according to
the burner oil pressure, low then high.

There is little advantage to a low fire start control
system. Primarily all it does is permit the use of a
cheaper ignitor that would blow out if exposed to full
load combustion air flow. As far as I’m concerned you
should have a high-low firing rate control if you’re con-
sidering low fire start; there isn’t enough difference in
price that would prevent recovering the added cost of
the modulating system in one or two heating seasons.

Adjusting low fire start controls is not easy and the
manufacturer’s instructions should be followed to the
letter. You have to establish a suitable air to fuel ratio at
the full load and ignition positions and ensure that the
air to fuel ratio doesn’t go too far awry as the controls
swing from low fire to high fire. The process requires a
thorough understanding of geometry to arrange the
linkage so the ratio is maintained.

FIRING RATE CONTROL—HIGH-LOW

High-low firing rate control is similar to the low
fire start system (described above) except the controls
can switch between the low (ignition) position and high
firing position to vary the heat input to the boiler. An-
other pressure control switch is added to the boiler to
control the positioning between high and low. Of course
if it’s expected to work it has to be set lower than the
setting of the on-off pressure control switch to prevent
pressure or temperature swings above the high-low
switch settings shutting the boiler down. Setting of that
pressure switch and the on-off pressure switch can be
varied with the season as described for the on-off pres-
sure switch and electric positioning control.

Maintenance of a suitable air to fuel ratio during
load swings is more important with the high-low system
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than the low fire start because the linkage has to main-
tain the ratio as the firing rate drops to low fire as well
as when it increases to high fire and the burner may be
frequently swinging from one to the other.

The only reasonable way is to watch the fire as the
control swings from high to low. You don’t want it
smoking and you don’t want it where it’s about to blow
out. Preferably it will be something close to a normal
clean fire as it changes. Again, the process requires a
thorough understanding of geometry to arrange the
linkage so a reasonable ratio is maintained.

FIRING RATE CONTROL—BURNER CUTOUT

Certain gas fired appliances incorporate this
method of controlling heat input and it’s not the same as
having a multiple burner boiler. The application consists
of installing multiple shut-off valves (not safety shut-offs
necessarily) between the main safety shut-off valves and
parts of the burner. Oil burner cutout controls can shut
down one or more burner nozzles leaving the rest to con-
tinue supplying oil. Gas burner cutout controls typically
shut down the gas to one or groups of flame runners.

Sometimes the combustion air is not changed (very
inefficient operation) while several means of changing
the air flow are available including adjusting a damper,
closing a valve in the air supply branch to the portion of
the burner that’s shut down, stopping a fan dedicated to
that portion of the burner, or changing the fan speed.

I’ve only seen burner cutout systems on inexpen-
sive equipment and, to be perfectly honest, I haven’t
seen a one that I like. All of them are difficult if not
impossible to adjust to achieve optimum combustion for
each stage of operation. In my judgment the people that
buy such inexpensive equipment pay for it several times
over in added fuel cost and maintenance headaches for
the life of that equipment.

The last system I saw was touted as a real break-
through by the manufacturer but neither his technicians
nor two of my best could get it to operate with less than
5% excess oxygen, about 30% excess air, without gener-
ating excessive levels of CO and never got the CO down
to levels that a conventional burner could provide.

FIRING RATE CONTROL—JACKSHAFT

This is the most common method for firing rate
control if you go by the number of boilers equipped with
modulating controls. The modulating motor described in

the section on steam pressure control or another form of
actuator responding to a device that is attempting to
maintain the pressure or temperature at the boiler outlet
is connected to a shaft (A in Figure 10-26) by mechanical
linkage. The shaft is supported on the boiler by two or
more bearings (B).

As the motor (C) rotates, or the actuator changes
position, the linkage (D) rotates the shaft. Some burners
may not have a single central jackshaft, especially with
small burners the linkage may simply connect one de-
vice to the next, but most burners will have one. In Fig-
ure 10-26 the gas valve (not shown) is driven by a cam
(E) which pushes on linkage (F) and the burner register
is controlled by another link (G). Notice that the linkage
that controls the air, moving either a damper or register,
is directly connected to the shaft without any adjustable
cam.

The jackshaft is connected by additional linkage to
the fuel valves, Figure 10-27 shows the extension of the
shaft (A), an end bearing (B) and the cam (H) that di-
rectly positions the fuel oil flow control valve. On this
particular boiler the cam for the gas valve is used to
change the stroke of the linkage (Figure 10-28) for gas.

Figure 10-26. Jackshaft
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Figure 10-29 shows another arrangement controlling a
damper for air flow.

The controls are all linked to the one common shaft
so fuel and air flow controlling devices are all positioned
together. Some people will call this system mechanical
parallel positioning but I call them jackshaft systems.

To maintain a pressure or fluid temperature the
modulating motor aligns its potentiometer with the
pressuretrol or temperature controller as described ear-
lier. The movement of the motor changes the position of
the fuel flow control valve to increase or decrease the
quantity of fuel entering the burner and, therefore, the
heat released in the furnace and transferred to the fluid
and vapor inside the pressure vessel. This is commonly

a proportional control. You should be able to mount a
lever on the jackshaft and a scale at the end of the lever
marked with the corresponding pressure or temperature.
Occasionally will you find a reset controller powering an
actuator to position a jackshaft.

The first step in setting up controls with a jackshaft
is to establish linearity of air flow. That’s all you have to
do to get linear control because the fuel will be adjusted
to match air flow. With simple linkage like that shown in
Figures 10-26 and 10-29 establishing linearity can be
very difficult but it’s an exercise that’s essential to get
consistent control. I’ll cover it in more detail in a bit.

After establishing linearity, tuning consists of posi-
tioning the controls at each screw on the fuel valve (Fig-
ure 10-27 or 10-28) then adjusting the screw to increase
or decrease actual fuel flow at that position until the
desired air to fuel ratio is established.

That process should be repeated at each screw al-
though some technicians will do every other one or ev-
ery third one then adjust the ones in between to provide
a smooth transition from screw to screw. Sometimes the
screws are not evident, they’re concealed beneath a
cover (Figure 10-30) to provide some tamper resistance.
The series of screws form a cam that the roller on the
fuel control valve shaft rides on as the jackshaft rotates.
With some difficulty you can usually position yourself
where you can see the shape of that cam.

I’ve seen a number of those cams adjusted in a
manner that they look more like a woman’s figure than
a smooth cam. Look at yours to see if it’s a smooth tran-

Figure 10-27. Link to oil valve

Figure 10-28. Link to gas valve Figure 10-29. Link to fan damper
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sition from low fire to high fire. If it isn’t then the system
is probably non-linear. You may have trouble finding a
technician that’s even capable of understanding linearity,
let alone adjusting the actuating motor and fan damper
linkage to produce it. Some technicians will tell you it’s
impossible to establish linearity on a small boiler but
that’s because they don’t know how to do it. In a few
pages I’ll tell you how.

A jackshaft system provides simple, highly reliable
control but its performance is affected by external condi-
tions and devices. Wise boiler operators need to be
aware of how they can alter the air to fuel ratio indepen-
dent of the jackshaft controls and maintain their plant
accordingly.

The flow that is the most susceptible to external
influences is combustion air flow. I’ve often walked up
to the door of a boiler plant and banged my nose be-
cause the door didn’t budge when I pulled on the handle
(I pulled myself into the door or wall) once I put enough
pull on it the door opened and I found myself blown
into the plant by the air flow. It’s no wonder the opera-
tors were having problems with the boiler smoking, they
had closed all the windows, doors and operable louvers
(many also boarded up the fixed louvers) so the air had
only cracks and seams to get through on its way to the
inlet of the forced draft fan.

Such conditions also aggravate the situation be-
cause the soot formed on the fire sides of the boiler from

the smoke act to restrict the flow of flue gases through
the boiler to block off the air flow even more. A wise
operator knows his combustion air comes from the out-
doors and makes sure the sources of that air flow are not
blocked by leaves, snow, and other forms of debris.
There are some offsetting conditions because a fan will
deliver more pounds of cold air than hot air (see the
section on centrifugal fans) so the air to the burner actu-
ally increases as the boiler room gets colder. It tends to
offset the additional friction as the operators start closing
everything to keep warm; but it can’t do it all.

I have a problem with the typical approach of tun-
ing up the boilers in the summer when there aren’t a lot
of no heat calls so the technicians have plenty of time. I
would rather pay the technician overtime to tune my
boiler in the winter when the doors are shut and the air
is cold. That’s when the boiler is burning the most fuel
and I want the most efficient operation. Any jackshaft
controlled boiler should be tuned in cold weather with
all doors, windows, etc., adjusted to winter positions.

Some of that increased flow of colder air is re-
quired later in the winter when the gas or oil gets colder.
There isn’t a significant difference in the volume of oil as
it cools and change in flow is not as measurable as it is
with gas. Colder gas is more dense and the boiler will
burn more gas at each setting of the control valve. The
colder air doesn’t necessarily compensate for it.

There are also variations in fuel and air flow asso-
ciated with changes in atmospheric pressure because the
pressure of fuel after a pressure regulator is equal to the
sum of spring force and atmospheric pressure in the
pressure reducing valve. The fuel gas pressure can vary
a fair amount depending on where the regulator vent is.
Pressure is higher when the vent is on the side the wind
is hitting. A pressure below normal atmospheric is often
produced on the downwind side of a building.

Wind forces can also affect the difference between
the air inlets to the building and the stack to alter com-
bustion air flow. Air density also varies slightly with
atmospheric pressure. All these variations in tempera-
ture, wind, atmospheric pressure, and human generated
interferences require all burner adjustments have a cush-
ion of excess air to absorb those variations. We’ll accept
a little loss in efficiency to ensure we don’t operate fuel
rich so we generate carbon monoxide and other hazard-
ous and poisonous gases.

A typical jackshaft system is adjusted for about
15% excess air at high loads, producing a flue gas with
3% oxygen remaining, to ensure the boiler will always
operate without going fuel rich. In testing it can prob-
ably fire at 1/2 to 1% excess air without combustibles.

Figure 10-30. Linkage control valve with covered ad-
justments
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Almost any boiler will require some increase in excess
air below 50% firing rate because the drop in velocity
through the burner reduces mixing of air and fuel. As
the lower firing rates are approached the excess air may
go as high as 100% and, due to damper leakage, can go
even higher.

The principle concern with the jackshaft control
system itself is linkage slipping. It’s not uncommon for
one of the linkage connections to come loose. I know one
plant that chose to solve that problem by welding all the
linkage only to discover that the heat from the welding
distorted the linkage and they had to replace it to restore
the adjustments.

Other tricks including drilling the links and insert-
ing tapered pins didn’t work either; they weakened the
shaft and linkage which subsequently broke. The best so-
lution to loose connections on jackshaft linkage was pro-
vided by technicians at the Louisiana Army Ammunition
Depot outside Shrevesport. They stopped at the auto sup-
ply store every fall to buy a different colored can of auto-
motive spray paint and, after making their adjustments,
sprayed all the connections with that paint. Any change
in position was immediately apparent because the paint
was cracked or a different color was showing.

That doesn’t mean they won’t slip, only that you’ll
know it if they do. Judicious use of lock-tight or, prefer-
ably, star washers to prevent them coming loose is also
a wise thing to do.

A less common problem, but one you have to be
aware of, is that linkage rods can be bent to change their
length and the relative position of the controls. That
won’t be evident with the paint trick described above.
Some arrangements make this a difficult situation to
spot because the rods are bent to begin with so they can
clear some obstruction on the burner. If you have any of
those rods the best thing to do is mark their angle on a
cardboard template and keep it for reference.

Another problem, typical with firetube boilers, is
the linkage gets disconnected when the boiler is opened
for inspection or cleaning. The wise operator scratches
match marks at all the connections before breaking them
to open the boiler. That way the linkage can be put back
(almost) precisely where it was. Fresh paint after match-
ing the scratches will restore confidence in the settings
too.

ESTABLISHING LINEARITY

There are two graphs in the appendix that can be
used to relate pressure drop and flow to get linear air

flow characteristics. The easiest one to use is the square
root graph paper in Appendix H. Measuring the pres-
sure drop between furnace or burner housing and stack
with a manometer and while the fan is running (no fire)
will provide all the information necessary for establish-
ing linear air flow.

Setting your manometer on a slope (Figure 2-3) will
allow you to measure the pressure drop in hundredths
of an inch. Extend tubing from the manometer, connect-
ing the bottom end of it, into a hole in the stack. Be
certain the end of your tubing is not pointing towards or
away from the direction of air flow so you avoid getting
any velocity pressure reading. Extend another piece of
tubing through the observation port of the burner and
connect it to the top end of the manometer. The end
inside the burner has to be positioned to avoid velocity
pressure as well; it’s best to put a 90 degree bend in the
end so the end is perpendicular to the flow.

If you have air flow measurement then you could
use plain graph paper and simply record the air flow.
This exercise is useful, however, when there is any rea-
son to question your air flow measurement. Compare
the flow indicated at the differential using the graph in
appendix G.

To ensure the boiler will not fire while you’re
working on this it’s best to remove the burner manage-
ment chassis. On small boilers it may be necessary to
jumper the fan starter to get it running independent of
the burner management system. Once you get the fan
running locate the terminals that drive the modulating
motor so you can jumper them to control the position or,
with other control systems, simply put it in manual so
you can stroke the damper. Run the controls up to high
fire to get the maximum air flow and record the pressure
differential on the manometer.

If you’re working with a jackshaft system you
should operate the modulating motor to lower air flow,
stopping when you’re even with each screw and record-
ing the air differential. With more sophisticated controls
set the air flow controller output at maximum then de-
crease it and read the differential at 10% intervals (90%,
80%, 70%, etc.) Once you have differential pressure read-
ings for all the flow values you can draw up your graph.

Make a copy of the graph in Appendix H and sit
down with it and a calculator. Write “air flow—%/100”
on the bottom of the graph and “differential—%/100”
on the left side. The chart values are 0 to 1 so the “%/
100” indicates that the range of your data is from zero to
one hundred percent. If you had ten cam positions or
used the percentage scale of your air controllers output
then all you have to do is use the scale on the bottom of
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the chart, remembering that each value indicated should
have a zero after it and one is one hundred. If you have
the typical cam with twelve positions then 100% is 12
and 1 is zero adjustment with a span of 11. For each cam
position (1 through 12), subtract one from it then divide
by 11. Note the result on the calculator, locate it on the
bottom of the graph, draw a vertical line on the graph
and write the cam position under it.

For each corresponding differential pressure read-
ing, divide the reading by the maximum measured dif-
ferential. Locate that value on the vertical scale of the
graph and draw a light line horizontally until it inter-
sects the corresponding cam position or controller out-
put line and make a big dot there. Once you’ve applied
the ten or twelve dots draw a line connecting them. The
line should always extend to the upper right corner
where both values are 100%. Don’t be surprised if a line
from zero and zero isn’t appropriate, the lowest position
or controller output is at low fire and the air flow at that
point should be anywhere from 10 to 25% and the differ-
ential would be between 0.001 and 0.06.

Now what? Hey, if the line is straight, or nearly so,
you’re done. If, however, the line is anything but straight
(like the curves A, B, E, F or G in Figure 2-7) you had
better adjust that linkage to get a more linear system.
You want something that falls in that narrow gray band
on Figure 2-7 for good control.

If you’re dealing with a jackshaft you’ll have to
change the position of the linkage. When possible, restore
the original settings by the manufacturer, they should be
linear. Otherwise, opt for changes that make sense to you
then take some more readings to see how you did, repeat-
ing the process until you get something linear.

For the best world, a damper actuator with a
positioner, the data you just collected will allow you to
produce a new positioner cam. Linear control should pro-
duce a straight line from low fire to 100% so simply draw
a straight line from the low fire point to the upper right
corner. Draw horizontal lines through your data points
until they intersect that line. The height of the existing
cam at the data point is the height you need for the new
cam at the position coinciding with the straight line.

START-UP CONTROL

The only type of start-up control that I believe I
didn’t create in a system is one that’s called “low fire
hold.” The control consists of an extra pressure or tem-
perature switch that opens contacts to prevent automatic
modulation of a burner when the pressure of tempera-

ture of the boiler is below the switch setting. Once the
temperature, and temperature can be used even on
steam boilers, or pressure rises to a level higher than the
switch setting the automatic controls can operate.

What usually follows is a modulating control run-
ning on up to high fire. Now, supposedly, the boiler is
warm enough that it won’t experience any thermal
shock or excessive thermal stresses in the process, but
I’m never certain of that. I’ve never had occasion to even
think about a better way to do that before writing this
book. It’s probably because I’ve never been required to
design any for the smaller boilers. Now that I’ve thought
about it, I would do something a little different.

All of the large boiler systems where I designed the
controls, and they included an automatic start-up provi-
sion, we used a ramping provision. Once the pressure
exceeded the setting of the low fire hold switch vent
valves were automatically closed and the ramping sys-
tem put in service. It simply allowed a very slow in-
crease in the firing rate and prevented a more rapid
increase until it had completely ramped out.

The first ones were applied on pneumatic control
systems and consisted of a low signal selector, three-way
solenoid valve, and a volume chamber with a metering
valve. The solenoid valve dumped the contents of the
volume chamber to atmosphere while the boiler was off
and applied supply air, usually at around 18 psig, to the
chamber via the metering valve when the boiler had
started and the low fire hold switch released. The pres-
sure in the chamber was piped to the low signal selector
along with the boiler master output or the plant master
output. The low signal selector then fed either the fuel
and air controls or the boiler master. Which one de-
pended on the plant master operation. If all the boilers
were operated off the plant master then the output of the
ramping control was fed to the boiler master. Otherwise
it went to the fuel and air controls so the operators could
set a firing rate manually at the boiler master.

Once the low fire hold was released the air bleed-
ing into the volume chamber slowly increased the firing
rate. Where we could we set that ramp rate as slow as
possible, sometimes to get it out to two hours to reach
high fire (and that’s still faster than some boiler manu-
facturers specified) we would have to use a larger vol-
ume chamber. Once the firing rate exceeded the plant
master or boiler master output it was no longer the low
signal and the boiler was operating on automatic.

The ramping control actually allowed a boiler to
automatically come on line, generating steam and pick-
ing up load without upsetting the operation of the other
boilers. I should mention that this control feature wasn’t
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all that was required. Steam traps to drain the boiler
steam headers and many other features were required
for fully automatic control. Oh yes, some of those boiler
plants were actually unattended, no licensed operator
present most of the time. That wasn’t my choice, how-
ever, I only designed the systems.

If a sudden increase in plant load required the
boiler firing rate to increase once it was on automatic the
low signal selector would not allow the firing rate to
increase any faster than the ramp rate. Once the pressure
in the volume chamber bled up to supply pressure the
boiler operated automatically as if it wasn’t there, the
automatic signals were always the low signals.

Another nice feature of the system was it drained
off pressure from the volume chamber as slowly as it
filled it up. If the boiler tripped for some reason, then
started back up, the ramping simply swung back up but
allowed the already hot boiler to fire at higher rates.

With modern digital controls the same feature can
be added. It can be augmented to provide a ramp rate
from a cold start and a different ramp rate from a restart.
All it takes is some additions to the software. It’s one of
the times when computers are wonderful.

FIRING RATE CONTROL—
PARALLEL POSITIONING

Parallel positioning controls perform about the
same as a jackshaft control system because they simply
establish the position of the fan damper and fuel valve.
Large boilers and boilers with air heaters or fans located
away from the windbox can’t easily use a jackshaft type
of control because the weight of the linkage becomes a
problem. A parallel positioning system allows the fan
and fuel valve to be located convenient for the construc-
tion and for other reasons.

The most commonly used parallel positioning sys-
tem is an electric positioning system which uses poten-
tiometers like the modulating motor controls to compare
the position of the fan damper and fuel valve actuators
and adjust them to match the position of a boiler master.
Plants with parallel positioning control usually have a
plant master for steam pressure control which actuates a
bunch of potentiometers that are matched in position by
the boiler masters or fuel valve controllers on each boiler
plus or minus any bias introduced by adding resistance
in the potentiometer loop.

Some advantages of parallel positioning controls
include the ability to run on a plant master and bias
boilers, it doesn’t constrain the location of fuel valves

and fan, it permits isolation of gas and oil control valves
on two fuel boilers so both aren’t operating to influence
operation of another boiler firing a different fuel, and
they permit maintenance on the valve and actuator for
the alternate fuel. It also permits independent operation
of the fuel and air controls so a boiler operating on hand
can be trimmed (adjusted by the operators) to reduce
excess air.

A principle disadvantage of parallel positioning
controls is variations in response of the actuators, espe-
cially for pneumatic actuators, which can produce tem-
porary upsets in air to fuel ratio during load changes.
Unlike the jackshaft system there is nothing to prevent
the fuel valve actuator from moving faster than the fan
damper actuator or vice versa. They also have all the
disadvantages of the jackshaft system with one provi-
sion to help offset the problems with maintaining air to
fuel ratio, adjustment of the air to fuel ratio.

By adjusting the resistance in the loop of a system
where the air flow actuator follows the fuel flow actua-
tor the relative position of the two actuators can be var-
ied to provide an excess air adjustment. The
adjustment is a bias type adjustment in most systems
but it does permit running the air to fuel ratio a little
tighter if the operating personnel choose to. It also al-
lows the operators to compensate for soot accumula-
tion in the boiler, something that’s not easy to do with
jackshaft controls. To help overcome the problems with
the independent actuators the controls can be enhanced
to include a leading actuator provision so the fan
damper actuator follows the fuel on a decrease in load
and the fuel actuator follows the fan damper actuator
on an increase in load.

For all practical purposes a parallel positioning
control system is set the same way as a jackshaft control.
You need some way to set the fuel valve to match the air.
Normally a parallel positioning system will have cams
just like a jackshaft system.

FIRING RATE CONTROL—ADD AIR METERING

The full title of this control logic is parallel posi-
tioning with air metering. The next evolution in control
systems after parallel positioning was to add air flow
metering. Since air flow is influenced by so many factors
it makes sense to measure the air flow and control it. The
measured air flow provides feedback to the control sys-
tem so the air flow controller can adjust the fan damper
actuator to produce a repeatable air flow. Instead of sim-
ply positioning the fan damper the control system ad-
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justs the damper until the air flow signal matches the
plant master position signal.

The decision to measure air flow started the still
standing arguments about where it should be measured.
The type of control system and boiler has some effect on
the choice and you should be aware of all the variations.
Air metering with measurement across the burner
windbox to furnace on multiple burner boilers made it
possible to compensate for the number of burners in
operation. Because each burner throat is one orifice in
the flow path; changing the number of burners doesn’t
change the differential measured at the air flow trans-
mitter when the register on one closes, but it does
change the air flow.

Measuring the air flow using a differential across
the boiler itself is measuring the flue gas flow, not just
air flow, but that’s not a significant variation since the air
is 93 to 94% of the flue gas. The problem with using the
boiler is sooting can change the differential relative to air
flow and other problems like refractory seals breaking
up can also alter that differential without the operator
being aware of it.

The best measurement is in a suitable metering run
or venturi between the forced draft fan and burner
windbox but most boilers don’t have enough room there
for any kind of precision flow measurement. I’ve always
preferred using the inlet of the forced draft fan to mea-
sure air flow, provided it’s a single inlet fan. When a
boiler is large enough to justify a double inlet fan then a
good metering element between fan and burner
windbox is justified as well. Many operators don’t un-
derstand fan inlet metering and some even manage to
screw it up so I want to explain it well enough that
you’ll understand it.

Within the boiler room there is air movement but
it’s very slow except for right at the inlet of the forced
draft fan or its silencer. In order for the air to accelerate
from something very close to zero velocity in the boiler
room to the speed it needs to get through the fan inlet
there has to be a difference in pressure between the two
locations. The fan creates a lower pressure at the fan
inlet by removing the air that enters it and it’s that void
created by the fan removing the air that the room air
rushes into.

The boiler room itself is nothing more than a big
pipe that the combustion air flows through; the fan inlet
is just like an orifice. By measuring the static pressure at
the orifice and subtracting it from the pressure in the
room we get the velocity pressure which tells us how
fast the air is flowing into the inlet of the fan. There’s one
thing rather nice about this flow measurement, there’s

no orifice coefficient because there’s no measurable fric-
tion applied to the airstream between the boiler room
and the fan inlet.

My standard arrangement for this measurement of
air flow is shown in Figure 10-31 and requires: a ring of
half inch tubing forming a circle equal to two thirds of
the diameter of the inlet; the holes in the ring drilled just
a little past center to minimize plugging with dust from
the air; the ring mounted outside any screen or other
obstruction in the fan inlet that could get dirty to vary
the signal; mounting of the transmitter at least five fan
inlet diameters from the inlet of the fan and independent
of any obstructions that would produce air velocity near
the high pressure sensing port of the transmitter; a drop
leg to prevent dirt entering the high pressure connection
of the transmitter; mounting of the transmitter above the
ring so there’s no way condensate can form and collect
in the transmitter and sensing piping to block the signal.
Any condensate that does form will run out the holes in
the sensing ring.

There’s only one caveat with this method of air
flow measurement. You have to be certain there’s no
way for the air you’re measuring to go anywhere but to
the burner. I’ve encountered more than one embarrass-
ing situation where this method measured the air flow
but it didn’t all get to the burner. It won’t work if the
there’s air leakage, branch ducts, or the like between fan
and burner.

The original systems were a little lax in producing

Figure 10-31. Fan inlet flow measuring ring
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a true flow signal. Recall that the pressure drop we
measure is proportional to the square of the flow? Some
simply used the differential signal and counted on the
screw cam type fuel flow control valve for setting the
fuel air ratio. Others provided a flow signal somewhat
related to actual air flow but still counted on the adjust-
ment of a cam type fuel valve. The problem was devel-
oping an output proportional to flow from a differential
pressure signal. Some of the original air flow transmit-
ters used cams, others used combinations of springs, and
others used the stretching of the diaphragm used to
sense the differential.

They all gave way to differential pressure transmit-
ters with panel mounted square root extractors until
microprocessor based transmitters were developed. If
you ever have an opportunity to visit a museum that
displays controls and devices you’ll quickly appreciate
the many tricks used to determine the square root of a
signal. Modern microprocessor based instruments either
calculate the square root right in the transmitter so the
output is directly proportional to flow or the square root
is calculated after the differential pressure signal is input
to the controller.

An air metering addition to a parallel positioning
controller allows tighter control of air to fuel ratio and
should permit operation at less than 15% excess air, in
the range of 2-1/2 to 3% oxygen in the flue gas and less
on single burner boilers.

FIRING RATE CONTROL—
INFERENTIAL METERING

I mentioned the fact that extracting the square root
to convert a differential pressure signal to a flow signal
was a little difficult. Early inferential metering systems
simply avoided the problem by comparing the differen-
tial signals. After all, if it’s proportional to the square
root for air flow it must be for oil flow or gas flow so just
match up the differential signals, right?

Well, it does work, there are some differences be-
tween orifice coefficients and other factors that had to be
taken into account and most control systems had provi-
sions (adjustable cams) to compensate for it so inferen-
tial control provided many of the features of metered
control without the expense (and difficulty) of square
root extracting.

They also solved some problems that were princi-
pally associated with multiple burner boilers. There
were a lot more multiple burner boilers in the middle of
the 20th century because they were either converted from
firing coal or designed to be convertible to coal. Coal

fired designs use a reasonably square furnace, not the
long skinny ones we’re used to on most boilers today.
The shorter furnace required use of multiple burners.

Inferential metering is accomplished by consider-
ing the fuel delivery systems as an orifice with a pres-
sure drop that can be measured and comparing that with
the air side pressure drop. These systems were only
applied to oil and gas fired boilers and they used the
burner header pressure as a variable that equated to fuel
flow. After all, the oil burner tip is an orifice or group of
them and a gas ring or spud has orifices in it, and the
pressure in the furnace (downstream of the orifice) was
relatively close to zero so it is reasonable to treat the
burner header pressure as a value of differential.

Some gas fired systems used gas at such low pres-
sures it was essential to include a furnace pressure input
to the measuring device so the changes in furnace pres-
sure didn’t upset the flow signal although they did expe-
rience some difficulty with pressure fluctuations (see
draft control).

Modern instruments have erased the cost advan-
tages of inferential metering systems so you will see
fewer of them. When inferential metering is used today
the differential is treated as a flow signal and the square
root is extracted by the transmitter or controller to pro-
duce a linear flow signal. One of the more serious prob-
lems with inferential metering systems was their lack of
linearity. The control response was normally tuned for
the high end of the boiler operation and swings accepted
at low loads.

In dealing with those multiple burner boilers they
had a distinct advantage, even over today’s full metering
systems. The fuel flow based on the burner header
didn’t account for the number of burners in service and
the differential from windbox to furnace didn’t account
for the number of registers open. If a burner tripped the
control backed down to restore the header pressure, ef-
fectively decreasing the flow so the air to fuel ratio at the
other burners was restored. Later the operator could
close the register and the air control would restore the
windbox to furnace differential to restore the air to fuel
ratio again. The only problem came when someone put
a burner in service and forgot to open the register.

FIRING RATE CONTROL—
STEAM FLOW/AIR FLOW

Inferring fuel flow by pressure worked fairly well
for oil and gas but it didn’t help with coal firing. Steam
flow/air flow systems were developed for coal firing
and are basically inferential metering systems because
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the steam flow could be equated to fuel flow. If the boiler
efficiency and steaming conditions were constant then a
fixed relationship between steam flow and fuel flow
would exist because the fuel would generate a propor-
tional amount of steam. The systems eliminated the
problems with, or impossibility of, measuring the coal
flowing to the fire. Coal fired boilers larger than about
90,000 pph can justify the expense of metering the coal
but smaller units still use steam flow/air flow control.

One problem with steam flow/air flow is the lag in
response associated with load changes. If the plant mas-
ter output increases there is a delay associated with the
inertia of the boiler. It takes a little time for the higher
coal flow rate to heat up the boiler a little more and
increase steam flow rate. If the system was set up so air
flow followed fuel flow the boiler would probably
smoke on a load increase.

The systems normally use a parallel positioning
control methodology where plant master changes pro-
duce a proportional change in fuel feed, primary air flow
(on pulverized coal fired boilers) and combustion air
flow and maintain the ratio of fuel and combustion air
flow signals with the steam/air flow ratio on a slow
reset. Some engineers refer to steam flow/air flow sys-
tems as parallel positioning with steam flow trim be-
cause the steam flow is used to trim the ratio between
fuel and air.

It’s the timing problem that dictates how tight air
to fuel ratio can be maintained with a steam flow/air
flow system. Gas and oil fired systems could actually
run a little tighter than a system with air flow metering
added because changes in fuel input produced a rapid
change in steam rate. Pulverized coal fired boilers have
a delay in load changes associated with changes in coal
inventory in the pulverizer so they typically operate
with excess air rates around 30%. Stoker fired boilers
have a larger inventory change effect and have to oper-
ate closer to 50% excess air to eliminate fuel rich firing
conditions (and smoking) during load changes.

Of course you don’t run all boilers at that rate; the
wise operator will let one boiler take the load swing and
set others (if they’re needed) to fire at a constant load
and much tighter excess air rates. The steam flow/air
flow controls can then respond to variations in fuel qual-
ity to maintain the appropriate air to fuel ratio.

FIRING RATE CONTROL—FULL METERING

As the title indicates, full metering control systems
measure the flow of fuel and air. Similar to labeling the

steam flow/air flow metering systems some engineers
will call the systems parallel positioning with flow tie-
back. The advent of microprocessor based controls
(which have drastically reduced the cost of control sys-
tems) and continued reductions in device costs allow for
smaller and smaller boiler control systems of the full me-
tering type. As of the writing of this book I would recom-
mend any oil or gas fired boiler that consistently operates
at loads above 25,000 pounds of steam per hour (25 mil-
lion Btuh) be equipped with full metering controls; they
will return their cost in fuel savings in a matter of two or
three years. Any step between a jackshaft system or paral-
lel positioning and full metering (with the possible excep-
tion of adding oxygen trim which is covered later) is, in
my judgment, a waste of money.

The full metering system does use flow as feedback
to the controls but I prefer to think that the controllers
control the flow of the fuel and the flow of the air to
produce a heat flow into the boiler that matches the load.
The plant master signal which maintains a pressure at
the common boiler header is proportional to the heat
load. The boiler masters in a steam system pass the plant
master signal plus or minus any bias at the boiler master
to the firing rate controls. Hot water and fluid heating
boilers each will have their own temperature control or,
in large sizes, a load indication based on fluid flow and
temperature differential to produce a boiler master sig-
nal for the firing rate controls.

The firing rate controls respond to the boiler master
signal by changing their outputs until their respective
fluid flow transmitters send back a signal that matches
the boiler master. Modern full metering systems auto-
matically include what we call cross limiting to prevent
fuel rich firing conditions. There was a time when you
added the term “cross-limiting” to your definition be-
cause it required additional control devices. Today cross
limiting is simply a couple of extra instructions in the
software.

The full metering system is shown in Figure 10-32
without the plant master controller. The lower of the
master signal or air flow signal become the set point for
the fuel flow controller. The symbol < in the diagram
identifies a low signal selector, its output is the lower of
the two inputs. This is part of the cross limiting because
the fuel controller can’t see a demand for fuel flow
greater than the air flow signal. The fuel flow controller
adjusts its output using PID algorithms until the fuel
flow signal matches the lower of the air flow or master
signal.

The air flow controller’s set point is the higher of
the master or fuel flow signal to provide the other part
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of cross limiting. The symbol > in the diagram identifies
selection of the higher signal. The air flow controller will
adjust its output until the air flow signal coming back to
it is equal to the higher of fuel flow or master.

Just to make sure you understand what’s happen-
ing, let’s take a look at the system performance when a
load change occurs. Say someone opened up a steam
valve to a process in the facility so we have an increase
in load. The plant master will detect a drop in pressure
and change to increase its output. The increase in plant
master output is passed through the boiler master to the
firing rate controls. Since the air flow signal matched the
previous boiler master signal it is lower than the master
so the fuel flow controller doesn’t see any change in its
remote setpoint.

The master signal is higher than the fuel flow sig-
nal so it passes through the high signal selector to be-
come the remote setpoint of the air flow controller. The
air flow controller then responds, changing its output to
increase air flow. As the air flow increases the transmit-
ted flow signal increases to raise the set point of the fuel
controller. If the master signal stops changing the air
flow signal will eventually come up to match the master
and the fuel flow signal will follow it. Look at the dia-
gram and see how the air will follow the fuel on a de-

crease in master signal. That’s how the system with cross
limiting works.

On a decrease in load the fuel flow goes down and
the air flow controller follows the fuel flow signal (as its
remote set point) down. Therefore, cross limiting pre-
vents a fuel rich condition. Some engineers try to think
of these as lead-lag systems because the air leads the fuel
going up and lags it going down. They’re incorrect be-
cause we’ve had lead-lag systems for years and it has
nothing to do with fuel and air.

Since all the control signals have to match we have
a problem when the air to fuel ratio has to change. Any
change in the master signal between air and fuel control-
lers will upset the cross limiting. To resolve that problem
we modify the air flow signal to indicate an air flow that
is less or more than what it actually is. A typical method
is to insert a ratio control between the air flow transmit-
ter and the fuel and air controls with their signal selec-
tors as shown in Figure 10-32.

When we had systems that used our ratio totalizer
we used a special one with a threaded shaft through the
pivot point extended to a knob on the panel. By turning
the knob we changed the totalizer pivot position, sort of
adjusting the gain, so the flow signal to the controllers
was equal to the air flow transmitter times the totalizer
gain.

Despite the fact that a full metering control elimi-
nates many of the variables of pressure effects (people
opening and closing windows and doors and other
situations), there is one serious problem with full meter-
ing controls that you must be aware of. If the fuel flow
signal is lost the controller will drive the fuel valve wide
open almost instantly! If the air flow signal is lost the air
controller will drive the damper wide open and can
blow the fire out or produce a lot of unburned fuel by
quenching the fire.

Either situation is hazardous but the loss of fuel
flow signal is the most dangerous. Many system design-
ers incorporate differential sensing devices that will shut
down the boiler if the fuel and air flow signals don’t
match within limits; I don’t favor shutting the boiler
down. The choice we made was to compare the fuel flow
signal with a prescribed minimum and drive the boiler
to low fire if the signal was less than that value. It
doesn’t result in a boiler shutdown and gives an opera-
tor a chance to correct the situation or fire the boiler in
hand rather than running around trying to get another
boiler on line. The limit also prevents a shift above low
fire in the event of loss of the control signal after start-
up. We don’t worry about loss of an air flow signal be-
cause we haven’t had it happen… yet.

Figure 10-32. Full metering control schematic
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FIRING RATE CONTROL—DUAL FUEL FIRING

First let me explain that dual fuel firing means fir-
ing two fuels at the same time and under control. Boilers
that can fire gas or oil are two fuel boilers, they can fire
gas or they can fire oil but they can’t fire both at the
same time. Low fire changeover systems are discussed in
the section on operating wisely and aren’t dual fuel fir-
ing either.

To fire two fuels at once you have to have a full
metering system. In addition you need a fuel flow sum-
mer that combines the two fuel flow signals so the total
fuel flow is the feedback signal to the fuel controllers
and to the high selector of the air flow controller. One of
the two fuels has to be considered the primary fuel and
the other fuel flow signal has to be adjusted with a gain
so it produces an output that equates to the air flow
demand of the primary fuel. Some engineers call the
summer a Btu summer because it takes about the same
amount of air to produce a Btu whether you’re firing oil
or gas. The rest of the controls don’t know that they’re
looking at two fuels so they operate normally.

When dual fuel firing you’re usually switching fu-
els. There are other operating conditions that favor dual
fuel firing but the common one is switching fuels. A dual
fuel firing system is the ultimate in control for a boiler
and you should have it unless you only fire one fuel or
almost never switch. I believe it’s the best way to trans-
fer fuels because you’re always operating with an inert
furnace environment. It’s safer than stopping then re-
starting the boiler and a lot safer than the low fire
changeover systems.

The standby fuel is brought on the burners at low
fire then manually adjusted upward until the fuel flow
controller output equals the manual output for the
standby fuel; the controller will automatically reduce the
firing rate of the leading fuel to compensate for the
added standby fuel. When the two fuel flow signals are
equal you switch the standby fuel controller to auto-
matic and then switch the leading fuel to manual.

It doesn’t require an instant transfer because the
controller will simply adjust the two fuels in parallel.
Control action will not be smooth with both fuels in auto
because every change in output produces twice the
change in flow compared to firing one fuel; don’t leave
both fuel controls in automatic unattended. It’s possible
to control two fuels in auto at once but, why? If you’re
dual fuel firing there are other reasons, not one of which
involves auto operation of both fuels to maintain steam
pressure. To complete the transfer you reduce the firing
rate of the lead fuel manually until it is at low fire then

shut it down.
There’s nothing preventing you firing both fuels

continuously as long as one is in manual control. It’s
convenient for burning down an oil tank while still fir-
ing natural gas or firing natural gas at the maximum rate
allowed by your supplier.

I should have titled this section multi-fuel burning.
I’ve put in a couple of projects where we burned three
fuels simultaneously, gas, oil and a solid fuel. There are
very few opportunities to do that so I stuck with the
“dual fuel” label. Don’t let that prevent you from consid-
ering firing more than two fuels on one burner; just keep
in mind that only one can be operating on any one au-
tomatic control signal.

FIRING RATE CONTROL—CHOICE FUEL FIRING

It is possible to fire two fuels and have both on
automatic control, just different automatic controls.
Modern microprocessor based controls allow dynamic
changes in controller gain so a fuel controller could fire
oil and gas together. The question is, why would you
want to do that? Choice fuel firing is the incorporation of
additional controls to meet fuel supplier’s criteria. You
could have a system that calculates the rate gas should
be fired based on the amount of gas you are allowed to
burn and the number of hours left in the month.

It’s easy with computerized control, you input the
amount of gas you’re allowed each month and the con-
trols do the rest. There are several parameters that the
control system needs to make a decision about the gas
firing rate at any time including the need to burn a mini-
mum amount of fuel oil. Some history of facility perfor-
mance during that month can be used to predict
situations when less gas could be burned and increase
the current rate so the gas is consumed by the end of the
month.

In earlier times we had a separate set point genera-
tor for the gas controller with a low signal selector that
would reduce the gas firing rate when the fuel flow was
at minimum. These systems are more dependent on the
contracts with your fuel suppliers than any other param-
eter so, if you have one, realize that you’re trying to use
up fuel you’ve paid for without using any more—which
normally costs an arm and a leg.

FIRING RATE CONTROL—OXYGEN TRIM

Oxygen trim controls actually measure and control
excess air. The oxygen content of the flue gas is con-
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trolled but it’s an indicator of excess air. An analyzer
samples the flue gas in the furnace or at the outlet of the
boiler to determine the amount of oxygen in the gas. The
analyzer transmits a proportional signal to a controller
which then changes the firing rate controls to alter the
fuel to air ratio to maintain the oxygen content at a set
point.

Almost any oxygen trim system you encounter
will not have a simple oxygen set point because the
amount of excess air required does vary with load. In
most boilers the excess air can be held constant at
loads over 50% of maximum but it has to increase al-
most exponentially as the load decreases (see the sec-
tion on burners for reasons). The common approach is
to generate an oxygen set point that, for all loads up
to about 50% is a function of the boiler master signal
or the steam flow signal.

I prefer steam flow because it produces higher oxy-
gen requirements when increasing the firing rate of a
cold boiler. It’s when more excess air is needed to com-
plete combustion because the furnace and refractory are
not as hot so the flame temperatures are lower. The com-
mon approach is to use a function generator which al-
lows the technician setting up the control to produce an
output that bears no mathematical relationship to the
input.

Data collected during firing tests on the boiler (to
determine the necessary amount of excess air at each
load) can be used to determine how to cut a cam in the
function generator. Modern digital controllers have a
similar application except you simply enter numbers
instead of measuring a plastic or aluminum plate and
cutting it to get the desired shape to produce the output.
It’s another blessing of microprocessor based controls
that you can easily change them, you don’t have to cut
a new cam if you made a mistake at one point.

On jackshaft controlled boilers the trim is accom-
plished by adjusting the linkage connecting the fan
damper to the shaft so changes in the relative position
of damper and jackshaft alter the air to fuel ratio. The
adjustment has to be made in a manner that maintains
some relationship to firing rate because a change in
damper position near maximum fire that would be
considered minimal can be major change in air flow
when the burner is at low fire. Once again micropro-
cessor based controls serve to recognize those prob-
lems and correct for them but, if you have an older
system, you should be aware that the same correction
at high fire has to have a much smaller effect on air
flow at low fire; the same rules for linearity exist.

Oxygen trim control of parallel positioning systems

(including steam flow/air flow, inferential and full me-
tering) should use a multiplier to change the relationship
of fuel valve and fan damper position for oxygen trim
control. That way any change in the two signals is pro-
portional to load. Multipliers are not an easy device to
make for pneumatic systems so many use a simple bias
adjustment, adding to or subtracting from the signal to
the damper positioner to trim the air to fuel ratio and
maintain an oxygen set point. On inferential and full
metering controls the air flow signal is modified by the
oxygen trim so the output of the transmitter should be
multiplied by the correcting output of the oxygen trim
controller to change it proportionally over the load
range.

These controls became acceptable during my later
years in the business and represented another step for-
ward in technology and reduced manufacturing costs.
Originally only utility boilers could be equipped with
oxygen trim control because the analyzers required al-
most constant maintenance and recalibration. Hot wire
analyzers which combined a flue gas sample with some
hydrogen and heated it until the hydrogen burned were
the first analyzers to prove partially reliable and low
enough in cost to be used in industrial plants.

The paramagnetic analyzer which used the differ-
ence in oxygen content of a gas to disturb a magnetic
field then followed. Both required drawing a sample of
the flue gas from the boiler or stack and conditioning it
before analysis. They used water systems to cool the gas
which always introduced a problem when there was any
amount of oxygen in the water. The sampling systems
had to operate at high velocity to reduce the time be-
tween analysis and a response to a change in burner
operation so leaks in the sample piping was always a
concern.

The advent of the zirconium oxide analyzer made
oxygen trim possible on even small commercial boilers
because the analyzer can be mounted in the boiler or
stack to achieve fast sampling and analysis. There were
a few made with sampling systems, some integral to the
analyzer, and I installed a few before the “in-situ” ana-
lyzers came out.

The in-situ zirconium oxide analyzer doesn’t mea-
sure the oxygen content of the flue gas. Before you start
arguing with me you should read on because it really
doesn’t. The analyzer measures the difference between
the oxygen in the flue gas and a reference gas. Often the
reference gas is the air around the analyzer and, if the
boiler casing, ductwork, or stack leaks that reference can
vary in its oxygen content. Many units still use a com-
pressed air source as a reference gas and that can be
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complicated by particles or droplets of oil in the com-
pressed air.

To work the zirconium oxide cell (which is a ce-
ramic substrate coated with the metal oxide) must be
heated to a temperature around 1500°F. At that tempera-
ture any oil in the compressed air will burn and deplete
some of the oxygen in the reference gas. If your
analyzer(s) use compressed air I suggest you provide a
separate compressor for them, one of the inexpensive
oil-free compressors that only has to produce air at 10
psig or so. Besides, it’s a real waste to dump air you
compressed all the way up to 100 or 150 psig for use as
a reference gas. You can size the little compressor to
match your analyzer needs plus a little for calibration,
get far less expensive air, and it’s oil free.

If you fire oil regularly I suggest you incorporate a
procedure to prevent damage to your analyzer while
blowing tubes. Steam soot blowers add a considerable
amount of moisture to the flue gas when they’re operat-
ing. The problem with that is that steam has a much
higher specific heat than air and the heater in a zirco-
nium oxide analyzer has to really put out to push the gas
temperature up to 1500°F. It’s not the going up that’s the
problem, it’s when the soot blower shuts off and all of a
sudden that heat isn’t needed; the analyzer overheats
and parts burn out.

I solved a problem with repeated failures of an
early model of zirconium oxide analyzer by inserting a
soot blower header pressure switch in the heater power
circuit. The analyzer didn’t work very well while we
were blowing tubes and indicated low oxygen so the air
flow went a bit high but the analyzer quit failing every
month.

Regular failures of the analyzers and drifting of
the calibration compelled me to provide an air fuel ra-
tio adjustment independent of the oxygen trim control
and really limit the trim control range so an analyzer
failure didn’t produce a hazardous situation or a lot of
waste. Figure 10-33 shows a schematic of the air flow
loop with this configuration. The summer is set to ap-
ply a gain of 0.1 to the input so the full range of out-
put of the oxygen trim controller is reduced to a
multiplier adjustment of ±5%. That not only limits the
extent the trim controller can adjust excess air, it also
uses the full range of the trim controller output. When
the oxygen controller output is at 50% the multiplier
for the fuel air ratio is 100%, basically one, so the air
flow signal flows directly to the controls without
modification.

That’s where the output of the oxygen trim control-
ler should be when everything is initially set up, right in

the middle of the range so it can act to increase or de-
crease the excess air. It’s something to look for after your
controls are tuned. If the output is zero the technician
didn’t leave the control system any way to decrease the
excess air. If it was set up in the summer a reduction will
probably be necessary in the winter when the fan starts
pumping colder air. On the other hand, if the output is
well above 50% it limits the amount the system can in-
crease the excess air. Lacking any reasonable explanation
from the technician, the output of the controller should
be right at 50% at any firing rate immediately after it’s
set up.

I can recall many an operator that was confused
because the trim controller didn’t seem to be doing any-
thing because only about 10% of its output range influ-
enced the air to fuel ratio; talk about reset windup! Bias
in the summer is set to 0.95 so the output is anything
from 0.95 to 1.0 and the air flow transmitter is set for a
range 16.87% higher than the actual differential (8.11%
more flow) at full load at normal operating conditions so
the output of the multiplier is 100% under those condi-
tions.

With this method the oxygen trim controller is lim-
ited and it could easily wind up or down to the end of its
output range if there was a considerable change in the
fuel or some other factor. If the operator notes that condi-
tion the first action should be to check the fires to see if
their appearance indicates a condition indicated by the
analyzer output. If the fires appear normal then the ana-
lyzer should be checked for calibration. It’s uncommon to
need any more adjustment than that plus or minus 5%.

Figure 10-33. Air flow loop with limited oxygen trim
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With our experience getting LNG (liquefied natural
gas) added to our normal there was no guarantee that
5% would always be enough. Rather than allow the trim
controls more latitude, I added a manual station so a
boiler operator could put another signal on the summer.
Giving that input a gain of 0.1 and changing the
summer’s bias from 95% to 90% allowed the trim control
a ±5% and the boiler operator ±5%. If the fires indicate
the analyzer is right the operator can adjust the manual
air to fuel ratio adjustment (slowly) to restore the trim
controller’s output to 50%.

Note that I used a gain on those inputs so the con-
troller or operator could adjust their respective outputs
over the full control range, from zero to 100%. A large
number of trim controls and similar control loops use
limits that will not allow that. You might be able to ad-
just the output from 0 to 100% but the limits only allow
it to work from 40% to 60%, the rest of the time nothing
happens. Operators complained to me when they were
exposed to limits on the output so I modified the control
parameters so they got full range. Now they’re happy. A
control technician shouldn’t set up a control system to
impose limits that don’t make sense.

A 2-1/2% swing in air to fuel ratio is not something
that I would expect to see in the short term so regular
checks and adjustment of the manual ratio adjustment
(to restore the trim output to 50%) are not likely to hap-
pen. Any significant changes should be discussed with
your control technician because it may indicate problems
with the controls or (more likely) one of the flow trans-
mitters.

A boiler with a high stack temperature (over 500°F)
will benefit from oxygen trim control. Low pressure
heating boilers and boilers with economizers or air heat-
ers have to burn a fair amount of oil to justify oxygen
trim. Single burner boilers can be fired with stack oxy-
gen content of 1/2 to 1% with a combination of full
metering and oxygen trim but don’t expect much in fuel
savings from oxygen trim if you have low stack tem-
peratures.

Also don’t expect oxygen trim to be a cure all.
There is a definite lag in time between the change of an
air to fuel ratio on a burner and the appearance at the
analyzer cell of a gas sample that is the result of that
change. If the controls aren’t aligned properly to main-
tain an air to fuel ratio with load changes don’t expect
the oxygen trim controls to correct that. If you see the
trim controller output change with load that’s what it’s
trying to do. You should also be aware that the oxygen
measured at the analyzers didn’t necessarily come
through the burners; this is particularly true on induced

draft and balanced draft boilers where the furnace and
boiler passes are at a lower pressure than atmospheric
and air can leak in at several points after the burners.

FIRING RATE CONTROL—CO TRIM

One solution to problems with oxygen analyzers
sensing oxygen that didn’t come through the burners is
to control based on another parameter. Carbon monox-
ide, the result of incomplete combustion and a gas that
is always present in some minute quantities in flue gas
can be sensed and controlled. The original oxygen ana-
lyzer problems still hold for analyzing CO and there’s
the problem of its finite quantity.

We normally control at about 50 parts per million,
that is 0.005%, a very little amount of gas in the whole
and hard to measure accurately. Large utility boilers fre-
quently use it to resolve the problems with casing and
ductwork leakage. The operating modes are the same as
for oxygen trim. I’ve never installed one but more mod-
ern analyzers could change all that.

DRAFT CONTROL

Many small boilers use natural draft and a natural
means of draft control. The gas fired hot water heater in
a house is one. Most use a draft hood, nothing more than
an open box over the outlet of the boiler. Natural draft
up the stack produces a difference in pressure between
the bottom of the hood and the rest of the room so the
space under the hood is negative with respect to the
room. You know, and usually check to ensure, that there
is a negative there by holding a match or lighter near the
bottom edge of the hood. If there’s a draft, air flowing
from the room into the hood will pull the flame into the
hood. I check draft on my wood stove before lighting it
by holding a flame near the top of the charging door and
open the door a little; the draft almost always pulls the
flame down into the stove.

The air that is pulled into the draft hood from the
room goes up the stack. It cools the stack gases which
lowers the natural draft until there isn’t a significant
difference between the pressure in the room and the
pressure under the hood. Since the boiler outlet is under
the hood the pressure at the outlet and the boiler inlet
differs by the natural draft through the boiler. If the
hood wasn’t there the pressure at the boiler outlet could
vary so much that it could blow out the fire, as on cold
days, or be so high that you wouldn’t get enough air for
clean combustion. That draft hood stabilizes a fixed fire
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operation to ensure maintenance of the air to fuel ratio.
Lately I’ve had friends asking me about problems

with their gas fired appliances and discovered that they
went a little overboard with one of those insulating blan-
kets that the home stores are pushing. They plugged up
the opening to the hood!

Instead of a draft hood we’ll occasionally use a
barometric damper. That’s a single bladed, usually
round, pivoted just above its center, damper that sepa-
rates the boiler room and the stack. These usually have
stops on them so the damper will not swing out at the
bottom into the boiler room. As the stack draft increases
the difference in boiler room pressure and the stack base
forces the damper open and cold air from the boiler
room slips into the stack to cool the stack gases and re-
duce the draft. If the draft gets too low the damper
closes down to restrict the flow of cold boiler room air
into the stack. The stack temperature then increases to
raise the draft. Those dampers usually have a weight
mounted on a stud to adjust them, by screwing the
weight in and out you change the pressure required to
open the damper.

Barometric dampers or some other means of con-
trolling draft is essential on systems with two or more
boilers attached to the same stack. Draft is always a
balance between the differential pressure produced by
natural draft and the resistance to gas flowing up the
stack. Double the flow of gas, by firing two boilers in-
stead of one, and the resistance to flow up the stack will
increase by a factor of four. It’s obvious that the pressure
at the base of the stack will differ considerably so the
flow of combustion air and flue gases through the boil-
ers will too. It’s impossible to maintain air to fuel ratios
in boilers with a common stack unless you have draft or
metering controls.

Barometric dampers do a fair job but they also re-
quire a lot of additional air supplied to the boiler room.
In the winter you have to heat that air or worry about
freezing some pipes. If you can’t get exhaust air from
other sources and there’s a lot needed to control that
draft, other means of draft control, more expensive
means, will lower the operating cost and pay for that
expensive control.

In addition to accounting for a variation in flue gas
flow, draft controls can maintain a parameter in the
boiler, such as furnace pressure, a requirement for bal-
anced draft boilers. Many operators believe that’s the
only place you can control the pressure with draft con-
trols but nothing could be further from the truth. If you
have two or more boilers capable of pressurized firing
you can control the draft anywhere between the furnace

and the outlet for individual boiler control.
If you’re controlling the common draft (at all boiler

outlets) it has to be controlled there or at a central point
in the breaching where there’s little difference in pres-
sure as flows change. I don’t recommend a common
control because it can fail to prevent operation of all the
boilers and it’s very difficult to get the large damper in
a common stack to handle all the turndown that’s re-
quired of it.

Balanced draft boilers require a means of control-
ling the induced draft fan to keep a constant pressure in
the furnace, something slightly less than atmospheric
pressure. A typical control loop looks no different than
any other control loop; a transmitter senses furnace pres-
sure and sends a signal to a controller which alters its
output to an actuator for a boiler outlet damper or a
damper at the inlet or outlet of the induced draft fan. It
can also vary the speed of the induced draft fan.

The control isn’t that simple because there are a
number of factors that influence it. First the pressure in
the furnace of the boiler should only be slightly less than
the pressure in the boiler room outside the furnace. That
way any air that leaks into the furnace and boiler passes
is kept at a minimum. That air is heated to stack tem-
perature and thrown away just like excess air so it’s a
loss that should be minimized. The furnace pressure
transmitter is really a differential pressure transmitter
comparing furnace and boiler room pressure and it
should have a maximum range of six inches water col-
umn and, preferably, have a range of one inch.

Don’t do like one plant I checked where they
mounted the transmitter in the control panel and sensed
the pressure using draft gage piping. The control panel
was in a conditioned room in another building. The
boiler pressurized regularly, blowing smoke and soot
out into the operating area. Of course it never blew any
into the remote control room.

The differential that transmitter measures is so low
it needs a large diaphragm to accurately measure it in
the required range (less than two inches of water col-
umn). The larger diaphragm transmitter costs a lot more
than the standard differential pressure transmitter (like
about three to four times as much) so many a plant is
fitted with one that saved the contractor a lot of money
but doesn’t work worth a darn. The desired operating
point for a furnace pressure is 0.05 to 0.2 inches of water
column below the boiler room pressure. Transmitters
with a wide range, like 50 inches or so, become too
unstable for good control. Also, at the low pressures
we’re dealing with for draft control any pressure fluctua-
tions due to a noisy fire create a very noisy pressure
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signal and considerable filtering is necessary to get a
steady output. Frequently the location of a furnace pres-
sure sensing connection has to be moved because the
selected spot just happens to be where heavy pressure
waves from combustion noise strike it. Of course there’s
also the problem of incomplete combustion that can cre-
ate a noisy signal.

Once any problems with the furnace pressure sig-
nal are resolved there’s the problem of load changes. In
the old days when controls were expensive we lived
with that unless the boiler loads were constantly chang-
ing more than ten percent or so. When necessary we
added cascade control where the output to the boiler
outlet damper became the output of the air flow control-
ler plus or minus the output of the furnace pressure
controller. The summer which combined the air flow
controller output and the furnace pressure controller
output also needed a bias spring to subtract fifty percent
so the furnace pressure controller output would end up
at mid range just like two element and three element
feedwater controls. Those draft control systems got
tuned with changes in gain applied to the air flow con-
troller input and the bias to satisfy control requirements
which varied between boiler start-up and operating con-
ditions. Modern microprocessor controls can use the
stack temperature as an input to help compensate for the
variation in conditions.

The use of balanced draft allows the boiler manu-
facturer to use open inspection doors and joints that
aren’t exactly gas tight in furnace construction. The re-
sult is there are plenty of places for atmospheric air to
enter the furnace. I’ve visited many a plant where the
furnace controller set point was at two tenths of an inch
negative or more. The leakage at two tenths is three
times as much as the leakage at five hundredths where
the set point should be. Operating at five hundredths
will allow an occasional puff of furnace gases into the
boiler room, especially during start-up, but will provide
far more efficient operation. With modern microproces-
sor based controls using the stack temperature could
permit varying the set point to minus two tenths for
start-up increasing to minus five hundredths for normal
operation.

FEEDWATER PRESSURE CONTROLS

I decided to add this control consideration because
it is unique to boiler plants. In many cases I consider it
to be done improperly so I’ll cover what’s been done,
why it was needed, and what you should consider for

your plant.
Why even control the feedwater pressure? If you

read the chapter on pumps you know the differential
follows the pump curve and as long as the discharge
pressure is less than the maximum pressure rating of the
pump and piping there’s no way the pressure can get
too high. Some pumps do have a rather steep curve so
we may choose to do something about the pressure get-
ting too high but most of the time the problem is with
the feedwater control valves.

A pneumatic or electro-hydraulic actuated feedwa-
ter control valve can be selected with an adequate dia-
phragm or enough hydraulic pressure to keep the valve
closed under conditions of the maximum feed pump
discharge pressure and no pressure in the boiler. The
thermo-hydraulic and thermo-mechanical valves de-
scribed earlier had limited power and in most cases
couldn’t operate with a pressure differential greater than
thirty to fifty pounds per square inch.

Another reason for pressure control was to im-
prove operating efficiency; turbine driven boiler feed
pumps could be controlled using feedwater header pres-
sure or the difference between feedwater and steam
header pressures to throttle the steam to the turbine. It
reduced steam flow through the turbine to save energy.
Actually it saved by allowing operation of more auxil-
iary turbines to eliminate motor operating costs.

The normal practice for maintaining a constant
feedwater header pressure, or a differential between
feedwater and steam headers, consisted of installation of
a control valve that dumped feedwater back into the
deaerator or boiler feedwater tank. I’ll admit that I de-
signed and installed a lot of systems that did that before
I became more energy conscious and started questioning
why we did what we did.

Today I know that method maintains a header
pressure or differential but it also wastes a lot of energy.
I think the first time it was apparent to me was in an
industrial plant where the operators had two feed
pumps running (in case one failed) in the summertime
when one was four times larger than the actual load.
Maintaining the header pressure by recirculating the
water ensures that the pump runs at full capacity (maxi-
mum horsepower) all the time.

That industrial plant was running one pump at 30
horsepower for nothing but the mental comfort of the
operators, in case the other one failed. Total cost for that
pump operation was 52.5 horsepower more than neces-
sary, equal in 1997 energy costs to about $5,000 per year.
That’s money that never became a bonus for the opera-
tors. If you have one of those systems, don’t abuse the
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power bill further by lowering the pressure set point one
psi lower than it has to be.

If it’s necessary to control feedwater header pres-
sure with electric motor driven feed pumps try to get an
evaluation of the application of one or more variable
speed drives (one for each pump preferably) because
they can be used to maintain pressure by slowing the
pump down and saving on the horsepower. There’s a
practical limit to how slow they can go but most of the
time they will provide all the pressure control that’s
necessary. As with other things technology improve-
ments and manufacturing cost reductions has made such
controls a wise investment.

All constantly operating boiler feed pumps have
a potential problem with overheating, cavitation, and
pump damage that can occur if all the feedwater con-
trol valves shut off. Temporary upsets in plant opera-
tions can result in high water levels in all the boilers
so that happens. If the water doesn’t flow through the
pump then it just sits there and churns; all the energy
put in by the motor is converted to heat that raises the
temperature of the water. The water that left the
deaerator was nearly at saturation conditions so the
additional heat will most certainly result in steam gen-
eration, cavitation, and pump damage (see the discus-
sion on pumps).

To prevent the damage from such an incident some
feedwater circulation is provided. You could argue that
the recirculation provided by pump discharge pressure
control solves this problem, and it does, but at a very
significant operating expense. The standard practice in
my early days was to install a small recirculating line on
each pump that returned enough water to the deaerator
to prevent overheating of the water.

An orifice nipple is made for those recirculating
lines and the recirculating lines were usually 3/4-inch
pipe size so we could make the orifice out of a 1-inch di-
ameter steel rod. One was installed on each pump to pro-
vide protection in the event we were so dumb as to start a
pump with the discharge valve shut then forget to open
it. Of course there were times when we forgot to open an
isolating valve on that recirculating line too! Why, I don’t
know, because we should have left them open.

Another feature of those recirculating lines that I
used in later designs was combining all the recirculating
lines into one line returning to the deaerator with an-
other orifice (sized for all pumps) so some of the recircu-
lating water would flow backwards through the other,
idle, pumps to keep them warm (the recirc line was con-
nected before the discharge check valve). Knowing what
I now know about the effect of piping stress on pumps

(see piping flexibility) I think it also prevented damage
to the pumps.

During work on a problem with some boiler feed
pumps in 1999 I also discovered that higher pressure
boilers require so much feed pump energy that the recir-
culating flow represented a significant amount of extra
horsepower and, more importantly for that particular
customer, a significant reduction in the amount of water
that could be supplied to the boiler.

Plants operating at pressures of 250 psig and
higher have had a solution for this problem for many
years, it’s a self contained check and recirculation valve
which consists of a spring loaded check valve that
checks the main fluid flow and an integral recirculating
valve that opens as the main flow decreases. The prob-
lem with those valves is they are very expensive and
most plant owners scream at the cost, they can cost al-
most as much as the pump! Regardless, they work and
they pay for themselves in power savings.

There is another solution that I haven’t had an
opportunity to try yet and I hope to compare to those
expensive recirculating valves. The cost of controls has
dropped so much I believe you can justify installing two
temperature sensors on the pump, one in the suction
piping and one that senses the liquid near the pump
discharge (without interfering with the flow patterns) to
detect a rise in the fluid temperature in the pump. It
would control a small pneumatic valve in the recirculat-
ing line. As long as the temperature differential is low
enough there’s no need to recirculate water. It eliminates
the pressure loss attributable to the spring on the auto-
matic recirculating valve check and, by using tempera-
ture differential, is oblivious to any changes in deaerator
pressure that would change the temperature at which
steam would start to form.

Another system I am trying is using the integrated
controllers of automation systems to create a feedwater
flow calculation based on the control signals to all the
feedwater control valves in the plant and the number of
pumps in operation to determine when recirculation is
necessary and open a solenoid valve in the recirculating
line when necessary. I made it a point to have the sole-
noid valves supplied as normally open and the controls
energize it to close. That way it will fail to recirculating
to prevent damage to the pump. You should still use
orifices but they can be a little larger.

Goofy Controls
The advent of microprocessor controls allows us to

add more and more features to a control system. I like to
think of them as ways to help the boiler operator. There
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are, however, some features added that make it more
difficult for the operator.

I’ve encountered some fairly stupid concepts in re-
cent years. Not because they were dangerous or wrong,
they just made life difficult for the operator. One I ran
into involved a boiler control system where the de-
signer decided that any time any variable got out of
range (more than 100% or lower than zero) all the con-
trollers should switch to manual. With that logic, on a
balanced draft boiler, every time the boiler was started
and the purge commenced all the controls switched to
manual because the boiler outlet dampers couldn’t
close down enough to prevent the furnace pressure
dropping below the low end of the furnace pressure
transmitter’s range so everything switched to manual.
The boiler hung up in manual until the operator
switched everything back to automatic. Even though I
explained what was happening and that there was no
need to switch controls to manual simply because the
measured variable was out of range the designer in-
sisted that his system had to work that way. Hopefully
it was finally resolved but I wouldn’t be surprised to
visit that plant and watch the operators switching all
the controls back to automatic after every start-up.

I also recently had a situation where a technician
insisted the drum level transmitter had to be set where
mid range was the center of the drum. There are very
few boilers out there which have a normal water level at
the center of the drum, most are lower by two to four
inches. I finally had to insist that the middle of the range
was at the center of the gage glass, that it had been that
way for ages, and he had better set it there if he wanted
to get paid.

On a recent excursion to California to look at a
system that had nothing to do with a boiler other than
use steam I got frustrated with the programmable con-
troller logic. It prevented starting a pump while the
water level in a tank was high. It was high because the
pump had been shut off! I had to drain the tank to get
the pump started and if I drained it too far the system
would shut down on low tank level… and lock out. I’ve
recommended that the designer consider simply alarm-
ing some of the conditions and, provided the operator
acknowledges the alarm, let the system start when
there’s no reason not to.

If you run into something that becomes a real pain
don’t hesitate to grab the engineer or technician and
register a complaint. Of course if all you do is complain
they may not do anything about it. If, on the other hand,
you suggest an alternative approach and explain your
reasons they may just go along with it.

INSTRUMENTATION

I have been in one or two boiler plants that honestly
had no instrumentation. It was a violation of their State
law but that’s how they were. No pressure gauge, no ther-
mometers, nothing! Their argument was that nobody
ever looked at them anyway so why did they need them.
One of those plants had a fuel bill equal to one third of the
prior year when I finally got them to understand the need
for instrumentation and how to use it.

On the other hand I’ve been in plants with all the
requisite instrumentation and a log book where they
recorded many readings and discovered they gave no
thought to interpreting what they had. The instruments
are there to provide the operator with information on the
status of the plant and provide a history of the plant’s
performance. The wise operator knows how to use those
instruments.

Instrumentation varies in sophistication and preci-
sion from an indicating light to a fully compensated fuel
gas flow recorder. Some, like the indicating light, give an
immediate perception of the status of the plant while
others, like a flow totalizer reading, have to be subjected
to study before the status is determined. One key to the
use of instrumentation is—it isn’t worth anything if it
isn’t recorded. Many of the reasons for recording data
are explained in the section on boiler logs. The purpose
of this section on instrumentation is to convey some
points on interpreting readings and understanding the
effect of other conditions on the instruments.

An indicating light provides you information on
two states or conditions, on and off, right? Well that’s a
maybe; if the light is off it could be because the bulb is
blown or the power is shut down to that piece of equip-
ment. If the light is on, well you know there’s voltage
and current at the indicating light but that doesn’t nec-
essarily mean the status it’s indicating exists. That’s very
true for pumps, fans, etc., that are powered out of a
motor control center with a common control power
transformer or where there’s a motor area disconnect.

It’s possible for the motor starter to pull in, making
a contact and energizing a motor running indicating
light, and the motor to be sitting there powerless be-
cause the power circuit breaker or the disconnect at the
motor is open. I watched an operator get very frustrated,
throw tools and everything else one evening when he
couldn’t get a boiler to fire on oil. The light at his control
panel said the oil pump was running; it wasn’t. I do
hope the obvious question came to your mind, what
about the low oil pressure switch?

Meters and other electrical devices are directional.
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Recently some operators blew up a rather expensive set
of electrical switchgear because the phases were not re-
aligned after some maintenance. They thought “alternat-
ing current goes both ways so there isn’t any direction”
but it’s important to remember that it’s different for each
phase and single phase power can come from a trans-
former on one of the other two phases so they don’t
parallel.

Pressure gauges show pressure but a steam pres-
sure gauge that’s mounted at the operating level and has
connecting piping to a steam drum twenty feet or more
above the gauge also has a standing leg of water on it.
To properly indicate the pressure in the boiler the gauge
has to be calibrated to read zero when it has that stand-
ing head of water.

Thermometers read the temperature at their bulb.
That doesn’t mean that the fluid is at the same tempera-
ture just a few inches away from the bulb. Use the steam
tables in the appendix to find the temperature of the
steam in your boiler and compare it to the stack tem-
perature. I’m always amazed when someone tries to tell
me the stack temperature on a boiler operating at 250
psig (406°F) is 350°F and there’s no economizer or air
heater. Either the temperature reading is wrong or
there’s a lot of tramp air leaking into that boiler.

Thermometers in the top of a pipeline can fail to
indicate the temperature of the liquid flowing under-
neath the bulb. Similarly air in the top of piping or a
vessel can insulate the thermometer from the heat of the
liquid. Part of using instrumentation is realizing when a
reading has to be wrong.

Steam flow recorders, unless compensated, are cali-
brated for a certain operating pressure. If the header
pressure is higher or lower then the recorder then the
readings are wrong. I’ve encountered many a plant that
thought they had saved a lot by lowering the steam
pressure, the recorders indicated they were making more
steam per gallon of oil or hundred cubic feet of gas than
they used to. They called me in to help them find out
why they weren’t saving any fuel because, for some
strange reason, their steam consumption had increased.
I hope you got it, their steam consumption hadn’t in-
creased, they just introduced a recorder error by lower-
ing the pressure and had saved almost nothing.

If the steam pressure varies at the recorder (more
than plus or minus two or three psi) and you want it to
be accurate it needs to be compensated. Compensated
recorders for steam use a steam pressure and/or tem-
perature input that allows calculation of the density of
the steam at the orifice for accurate measurement. Super-
heated steam flow recorders need both pressure and

temperature inputs to determine the density of the
steam, saturated steam only needs one of them.

Fuel gas flow recorders are subject to the same er-
rors from pressure and temperature fluctuations as
steam flow recorders. By maintaining the pressure con-
stant there’s usually little variation between actual and
recorded flow so it’s suitable to use a simple recorder.
Normally fuel gas flow is recorded at each boiler be-
cause we have the flow instruments to provide a control
signal for the firing rate controls and it doesn’t cost
much more to add the recorder. For purposes of control
we can live with little errors in the gas flow recordings.
Besides, we have a way of correcting them to the pur-
chased values.

We do? Yes, you do. If you don’t compare the read-
ings of your fuel gas recorders with the gas company’s
meter you’re missing a real bet. You’ll also have some
smart ass engineer like me come into the plant and dem-
onstrate to your boss that you don’t know what’s going
on. On the one hand you can catch problems with your
metering. On the other, well, I could tell you about two
jobs where customers were being billed for far more gas
than they were actually using.

You should also track your inventory and manage
it. When I was operating we burned heavy fuel oil. Since
it had to be heated we always burned more oil than we
had. Now that I have you confused I’ll explain why. We
knew how much oil we had by sounding the fuel oil
tanks. The oil in the tanks was maintained at a tempera-
ture much lower than the temperature at which we
burned the oil. The oil we burned was measured by a
fluid meter after the oil was heated for firing. The oil
expanded as it was heated so a gallon of fuel burned
was always less mass than the gallon in the tank and less
mass than the gallon of oil that was delivered.

You have to correct for temperature to keep a good
accounting of your oil inventory. If you aren’t watching
your oil inventory then your employer has a good
chance of being stung for a major cleanup cost. The oil
in the tanks should match a calculation of what you had
plus what was delivered less what you burned. If it’s a
little less or more you simply show an inventory adjust-
ment, you must have burned it or not burned it depend-
ing on which way you’re off. If the calculation says you
should have a lot more than what’s in the tanks you’ve
got a leak or an oil thief. If it’s a leak you have to call the
local Coast Guard office and inform them, that’s federal
law.

Fuel oil or gas is measured by the supplier and the
user has to pay for what they measured. The plant meter
readings, values from your instrumentation, should be
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corrected to match the supplier’s numbers so your data
are considered accurate. Divide the combined fuel meter
readings for all boilers by the fuel supplier’s number to
produce a correction factor then multiply that result by
your meter readings at each boiler to get the actual fuel
consumed in the each boiler. Keep track of the correction
factor and ask yourself “why?” if it changes significantly.
When firing oil you would use the oil drawn from a
particular tank as the supplier’s number since you nor-
mally verify each delivery with a sounding.

What’s a sounding? It’s a measurement of the
depth of liquid in a tank. The term comes from taking an
ullage reading. (Just like those darn engineers, use one
confusing word to define another)… I’ll clarify. When
we measure the depth of heavy fuel oil in a tank we
don’t like to drop a tape all the way to the bottom then
clean it off. We use a probe at the end of a tape that looks
like a brass rod with an upside down cup on the end.
When we lower that into the tank it makes a plop sound
when it hits the surface of the oil. Using the tape mea-
surement from the top of the pipe and subtracting the
depth of the tank from the reading gives us the depth of
the oil. Since the process involves making a sound (the
probe going “plop” when it hits the oil we called it
sounding the tank. The actual measurement is called an
“ullage” when it’s the distance down to the top of the
oil.

The sounding of light oil storage tanks doesn’t re-
quire wiping off a lot of black sticky oil so we usually
take soundings where the probe is simply a pointed
brass rod or wood stick that drops to the bottom of the
tank. We read the level where the liquid coats the rod or
stick and wipe the thin coat of oil off the rest of it. That
stick you drop into the oil tank is an instrument too. The
tip can be torn off (there’s usually a brass button on the
bottom) or, as in one case I encountered, someone can
need a piece of wood about that size and cut a few
inches off. Also, just like the meter readings, you can get
strange results when the temperature of the oil in the
tank and the oil delivered differ considerably. Sometimes
it pays to take another reading on a tank a day later to
ensure the change in volume is accounted for.

One of the most valuable and important instru-
ments in any steam plant is the drum level gauge on the
boiler. It’s also one that can go wrong with disaster close
on its heels. The most important thing I can say about
that instrument is that if you don’t trust its indication,
shut the boiler down. Either leg can plug and present a
false water level indication. Keep in mind that the only
force that produces the level indication in that gauge
glass is the level in the boiler and you’re measuring

something in inches of water column.
The steam side can be plugged to the point that

only a small opening remains and the steam condenses
in the glass faster than it can get through that small
opening. The result is the level rises, compared to the
level in the boiler, until the condensing matches the
amount that can get through the opening. If there’s noth-
ing but a small opening in the water leg the level in the
glass may rise to produce the additional pressure needed
to force the condensate through the small opening. Any
leak on the steam side of the glass has to be fed by steam
flowing from the boiler. There is a pressure drop in the
connection and piping associated with the friction of
that steam flowing so the pressure in the glass is lower
than it is in the drum and the result is a false high level
indication.

Notice that all those potential problems produce a
false high level. It can look pretty normal but be wrong.
Only a liquid side leak in a gauge glass assembly will
produce a false low level indication. I could tell you
several stories about false drum level indications but all
I really have to tell you is, if you don’t think it looks
right, it probably isn’t and it’s higher than what’s really
there!

A common instrument that doesn’t get the atten-
tion it deserves is the draft gauge. Many plants today
don’t even have them. Typical vertical draft gauges pro-
vide an indication of the pressures in the air and flue gas
flow streams of a boiler and are valuable for indicating
soot formation and damage to baffles, seals, and damp-
ers. If installed properly draft lines will not plug; the
best connection for sensing draft with a draft gauge is
shown in Figure 10-34.

You probably won’t see many connections like it
but it’s the best way to do it. The large pipe is sloped
where it penetrates the boiler wall so soot and dust that
tries to accumulate in it can roll out. The cap at the end
allows easy access to clean the boiler penetration when
necessary. Every change in direction of the sensing pip-
ing is made with a cross closed with nipples and cap.
Plugs in those crosses will be next to impossible to re-
move after a year or two. Note that I show pipe, usually
no smaller than 3/4 inch. That’s to allow a lot of room
for dust to pile up before it fouls up the indication.

In addition to allowing for removal of the piping a
union close to the sensing point is a great place to insert
an orifice. You see, there’s always problems with draft
gauges because they’re measuring such low pressures
and the flame can make a lot of noise. In some cases
you’ll have to relocate a connection because it’s looking
right at the fire which can produce a very noisy pressure
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signal. When I say noise I mean the needle on the draft
gage is just jumping up and down like crazy. Use a thin
(1/16 inch) piece of copper with a small (1/8 inch) hole
drilled off center in it and insert it in the union closest to
the boiler. If the signal at the draft gage is still noisy take
the piece to a vise and hammer around the hole to close
it down some then try it again. If, on the other hand, the
indication seems sluggish, you can ream the hole out
some. It’s always a good idea to hang a tag on the union
with this orifice so it’s the first thing somebody checks if
the gage line acts like it’s plugged.

Sensing lines for pressure gages can affect the
quality of their reading and, in some cases, can pro-
duce some operating problems if not installed and
maintained properly. First there is the matter of size of
the sensing connection; none should be smaller than 1/
2 inch NPS. I’ve broken a few 1/4 and 3/8 connections
in my day and had to repair damage to a lot of them.
A 1/2-inch schedule 80 pipe nipple and valve is strong
enough for most people to stand on without damage;
anything smaller is simply looking for trouble. I once
spent twenty minutes with my finger pressed over a
broken 1/4-inch nipple while someone else was ma-
chining a plug for it. On the other side was 300 psig
heated Bunker C fuel oil at 220°F.

Sensing connections should be made at the side or

top of process lines to limit any debris settling into the
smaller line and blocking it. The connection should be
isolated with a valve as close as reasonable; only provide
enough room for a hand to get at the valve handle and
make allowances for insulation. After the isolating valve
you can install smaller piping or tubing from the connec-
tion to the gauge. If it gets broken you can quickly shut
the valve.

I mentioned Bunker C, see the section on fuels, and
the fact it was heated. If it isn’t heated heavy fuel oil
doesn’t flow well and below a certain temperature it
becomes quite solid. To prevent blockages in sensing
lines for heavy fuel we don’t put heavy fuel oil in them.
There are two approaches to the problem of sensing
pressure of heavy fuel oil and they are dependent on the
fill liquid. You can use a light fuel oil, like Number 2, or
a heavy mineral oil such as Nujol. One is lighter (floats
on) the heavy fuel oil and one is heavier.

When using light oil the process connection and all
pipe and tubing connected to the process line has to be
flooded in such a manner that the light oil is trapped
above the heavy oil. When using a heavy mineral oil the
process connection should be on the side of the piping
and turn down immediately into a separating chamber.
Thereafter the sensing piping can be routed however
you need it.

With both systems the separating oil must be in-
jected into the sensing lines at regular intervals to refresh
it because it will gradually mix with the heavy fuel oil.
Since both burn it is best to inject the separating oil while
the burner is in operation. Most heavy fuels are fired
with steam atomizing and the atomizing steam differen-
tial control valves have a chamber filled with oil to sense
the burner oil pressure; it’s best to inject the separating
oil at the valve chamber to flush the piping and tubing
all the way to the process line; a valve for that purpose
should be provided at the chamber or at the sensing line
connection to the chamber. Pump it slowly so you don’t
blow the fire out.

A fuel oil sensing line can produce a hazardous
condition. I encountered this one recently where the pip-
ing from the burner manifold to a pressure gauge in the
control room was not properly vented. Since the line was
full of air it compressed every time the burner operated
allowing more than half the line to fill with fuel oil.
When the burner shut down the air expanded forcing
the contents of the sensing line into the furnace through
the burner tip. In most instances the oil simply burns off
but keep in mind that a tablespoon of fuel oil properly
atomized and mixed with air to form an explosive mix-
ture can blow a boiler casing off.

Figure 10-34. Draft sensing connection
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Always bleed the air out of piping when the accu-
mulating effect of air is not desirable. Provide vent
valves at the high points of the piping and keep a piece
of the appropriate sized pipe bent with a 180° turn to
insert in the outlet of those vent valves so you can
cleanly and safely bleed the air and catch any liquid spill
in a bucket.

On the other hand, some sensing lines and gauges
are protected by air trapped in the sensing lines. The air
can serve as a cushion to limit the impact of noise on the
gauge. A gauge line for a heavy fuel gear pump can use
the air to quiet the effect of the bump each time a gear
squeezes out its oil. Centrifugal pumps can produce
fluctuations in the line that are associated with the vanes
passing the cutoff. Some acid and caustic processes pro-
vide for the air to separate a process fluid and a pressure
gauge that would be destroyed by that fluid. When you
have situations where it’s desirable to have the gauge
sensing piping full of air the sensing lines should be fit-
ted with vent and drain valves to allow removal of any
liquid that may absorb the air.

Note I didn’t mention putting air in the sensing
piping. Why not? If you do you could blow up your
boiler or splash someone with a hazardous liquid.
There’s also the guy that filled his compressed air stor-
age tank with lube oil.

Pressure and flow transmitters, hell—any transmit-
ter, should be installed where it’s convenient to get at for
checking and calibration. I still don’t understand why
contractors insist on putting them ten feet above the
floor, down in pits, or inside a maze of piping where you
have to be a contortionist to get at them. I know why
they do it, to avoid extra cost, because that’s where the
engineer showed it, or that’s where the workman install-
ing it could see the girls going in and out of the next
building. I never allowed such inconsiderate locations
when I was in charge of their going in because I had to
operate with many such crappy installations.

I insist every transmitter has to be mounted at an
elevation four feet above a floor or platform and readily
accessible to a person standing on that floor or platform.
Sometimes it requires extra piping and installations
where the operator may have to blow down the sensing
lines a little more frequently. That’s okay though, I don’t
mind doing something a little more frequently if I don’t
have to climb all over things to do it.

Pressure and differential flow transmitters require
piping connecting them to the process line. Some of
those lines require long runs of sensing lines and they
should be installed in a manner that limits problems
with the instruments. The most common problem I en-

counter (Figure 10-35) is a transmitter installed at the
bottom of a sensing line. Any scale, rust, or sediment
that comes drifting down the line ends up inside the
transmitter.

Liquid pressure and differential pressure transmit-
ters should be installed as shown in Figure 10-36 so the
only thing that flows to the transmitter is liquid; the rust
and sediment ends up in the drop leg where it can be
removed by blowing down the line through the drain
valve. It’s almost impossible for the dirt to get up into
the transmitter (it will if the transmitter is vented too
fast) and, despite some arguments to the contrary, steam
will not get into the transmitter when a steam pressure
sensing unit is blown down.

Where the transmitter is located and the fluid
sensed has a lot to do with how a transmitter is piped.
The diagram in Figure 10-37 is recommended for dirty
liquid systems making it more difficult for solids and
debris in the system getting into the transmitter.

Figure 10-35. Improper transmitter installation
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The piping routed to the process sensing connec-
tion should always run vertically or at least slope up to
the connection so any gas that may form in the sensing
piping will naturally rise to the process connection and
be replaced by liquid. A little air in a liquid sensing line
for flow measurement will introduce a considerable er-
ror.

If the transmitter is sensing a non-condensing gas
(just about anything but steam) the transmitter should
be mounted above the process sensing connection and
run in such a manner that anything condensing out of
the gas will run back out of the sensing lines into the
process line. When it’s absolutely necessary to install the
transmitter below gas piping (especially for compressed
air and, in some parts of the country, fuel gas) the ar-
rangement shown for liquids should be used and a
schedule prepared for regular draining of the dirt legs.
Otherwise, install it above the line so everything can
drain away.

Installation of oxygen analyzers and their sampling
locations has varied with the type of instrument over the
years. The in-situ analyzers eliminate problems with
sampling lines but introduced other problems. The ana-
lyzer has to be installed where it senses a representative
sample of the flue gas (that’s engineer for taking a read-
ing of what’s really flowing). It also has to be where the
wiring will not be overheated, and in a manner that
ensures the reference gas isn’t contaminated. See the
discussion under oxygen trim.

Some in-situ analyzers have been installed at the
furnace outlet which will work well on boilers with low
heat release rates. If the temperature of the flue gas at
the sampling point is above 1500°F then the gas will be
too hot to control its temperature and the analyzer will
produce erroneous signals. I recommend installation of
the analyzer so the probe is centered in the upper third
of the smallest gas passage (in cross section) at the boiler
outlet. If the boiler is equipped with an economizer or
air heater it should be installed before that equipment.

Thermometers and temperature transmitters are
occasionally installed in such a manner that they’re use-
less. The temperature sensing portion of the instrument
must be in the process fluid where it’s flowing. One
measurement that is always a problem is boiler stack

Figure 10-36. Proper transmitter installation

Figure 10-37. Steam and liquid transmitter piping
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temperature. I’ve encountered situations where the stack
thermometers had stems so short that they didn’t pen-
etrate the stack. On others the thermometer bulb was
located in a zone where the flue gas was idle, a stagnant
zone where the gas was much cooler than the flowing
flue gas. Here’s one spot where modern technology has
created some problems because the two common mea-
sures used for temperature detection, RTDs and thermo-
couples, are point instruments, they only sense
temperature at one point.

We used to have these wonderful capillary type
temperature transmitter elements that allowed us to
stretch the probe back and forth across the stack or boiler
outlet several times in a pattern that insured we had an
average reading of the gas temperature. The problem is
they were filled with mercury. I wouldn’t recommend an
RTD for stack temperature service because they can’t
take high temperatures that can occasionally occur in a
stack.

When doing it right I specify a multipoint thermo-
couple with an element that spans the stack and has
several terminations in it along with several reference
junctions outside the stack so it will provide an average
reading. I prefer a single point bi-metal thermometer for
the local instrument because the large dial makes it easy
to read from floor or access platform level. I just make
certain the stem is long enough so it will always be in
the center of the gas flow.

With the possible exception of stack and air duct
temperature measurements all thermometers and tem-
perature transmitter elements should be installed in
thermowells. That way, if you do question an
instrument’s accuracy you can remove it and have its
calibration checked, or check it yourself if you have the
right equipment.

Stacks and air ducts may simply contain air at
ambient temperatures or be under negative pressure so
there is no hazard associated with removal of the ther-
mal element and a thermowell isn’t necessary. Some-
times, however, the well is essential to support the

thermal element. Thermowells tend to slow the response
of the instrument to changes in temperature because
they have to heat up before the thermal element so
there’s no reason to install them where they aren’t nec-
essary. Some process applications don’t use thermowells
to achieve faster response time. Many thermowells are
filled with a grease or other compound to improve heat
transfer between the well and the element.

I prefer temperature transmitters to recorders or
controllers that are directly connected to the sensing el-
ement. Both RTDs and thermocouples require more ex-
pensive wiring than the typical twisted shielded pair
required for a transmitter. Exposing that wiring to elec-
tromagnetic fields in the plant can also produce errone-
ous outputs.

By installing local transmitters you eliminate an
inventory of special wire and a lot of running back and
forth when trying to check the calibration of the instru-
ment. A local reading of what the transmitter is sensing
can be provided by adding a relatively inexpensive
meter on a transmitter. The only caveat with local trans-
mitters is they are not designed to be mounted on hot
ductwork and piping. Unless I’m certain the fluid in the
piping will not be too hot and the transmitter will not be
heated by another source I insist on mounting the tem-
perature transmitter away from the probe on another
support attached to the building structure.

That requires the temperature element be fitted
with extension leads long enough to reach the transmit-
ter. I have long specified three feet as a requirement for
extension leads (except stack temperature elements
where I double that) so there’s enough lead to conve-
niently locate the transmitter at a platform or grade
where it’s readily accessible, four foot above just like for
pressure and flow transmitters.

There are other stories in this book that address
problems with instrumentation. These comments will,
hopefully, give you the ability to know when the infor-
mation you are looking at is flawed and what you might
do about it.
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WWWWWhen a boiler or related equipment fails it’s usually
due to a lack of attention. While modern control systems
normally manage to ensure a failure in a safe manner,
i.e. a shutdown, the news media frequently has head-
lines involving catastrophic failures. Some of those catas-
trophes involve human suffering and death. Although
not at the frequency and numbers of a century ago it still
generates grave concerns when an incident does occur.

WHY THEY FAIL

A Little Bit of History
The last year of the twentieth century was a disap-

pointing one for those of us who believed we were
making a difference in the industry. Despite maintaining
an average of less than ten people killed by boiler acci-
dents 1999 produced 21 deaths. Six died in what has
been described as the most expensive single accident
ever; by itself bearing losses in excess of one billion
dollars. Despite the horror of September 11, 2001, (which
wasn’t an accident) a boiler explosion holds the record
for the most deaths from a single accident.

It happened in 1865, at the end of the Civil War,
shortly after Lee surrendered to Grant. Over 1900 union
soldiers clambered aboard the riverboat Sultana heading
north to Cincinnati. Shortly after leaving the dock the
boilers exploded. Some died immediately, others suf-
fered from burns and shrapnel wounds until succumb-
ing weeks later. About 1800 people, including women
and children, died in that accident. With little left of the
ship the actual cause remains undetermined.

In the early 1900’s thousands died each year from
boiler accidents. That’s why the ASME proceeded to
produce the boiler construction codes at the beginning of
the twentieth century. The dramatic improvements that
reduced injuries up until the end of that century should
continue but 1999 started a new trend.

Recent history is depicted by the charts in Figure
11-1 and Figure 11-2 which show the swing in primary
cause from low water to operator error and poor main-
tenance plus an increase in incidents.

Boilers seldom wear out. The effects of wear that
you associate with machinery and automobiles are no-

where near as significant with boilers. Most of the time
the boiler just sits there. There is rubbing associated with
movement as it heats up and cools down but, in a nor-
mal plant, it doesn’t happen often enough to be impor-
tant. Don’t confuse the boiler with the burner. They
really are separate items. I will admit that burners wear
because there are so many moving parts associated with
most of them.

I’ve worked on many a boiler that was over fifty
years old and had no evidence that it was nearing the
end of its life. I recently provided engineering assistance
to rebuild three boilers that were thirty years old and
will undoubtedly last another thirty. Boilers usually fail
by incident and the most common incidents have to do
with lack of, or improper, water treatment.

Water Treatment
Improper water treatment or the lack of it contrib-

utes to most of the failures that I have encountered. The
boiler fails because scale builds up until some metal
overheats, the metal fails to allow the steam and water to
escape where the water then flashes into steam so
quickly that it violently blows the boiler apart.

There’s a whole chapter in this book on water treat-
ment and opportunities for you to learn more at the
treatment supplier’s school or other sources. A boiler
operator should be comfortable with his water treat-
ment. If he is, the likelihood that the boiler will fail is
very low.

LOW WATER

For years we could count on the reports of boiler
failures to list low water as the primary reason the boiler
failed. Even today, with special systems and all our
knowledge, low water always stands out as a significant
cause for boiler failures. Taking all the precautions and
conducting the regular testing should prevent them but
they continue to occur.

It doesn’t matter if it’s a hot water boiler or a steam
boiler, it should have a low water cutoff; steam boilers
should have two. In the last century the most consistent
reason for a boiler failure, accounting for about one third

Chapter 11

Why They Fail

347



348 Boiler Operator’s Handbook

of the incidents, was loss of water. You should check the
cutoffs as often as possible and under different situations
to be certain they are reliable. Low water cutoffs come in
two basic forms, float and conductance. Float operated
cutoffs, as their name implies, use a float to detect the
water level and a lever connected to the float keeps the
float in position and actuates the electrical contacts that
open to stop burner operation.

Conductance cutoffs use probes, looking some-
thing like a spark plug, to detect water level by the dif-
ference in conductivity of water and steam or air. Low
water cutoffs should be installed to prevent burner op-
eration in the event the boiler water drops below a safe
level where the heating surfaces are exposed to steam.
Normally the lowest safe operating level in a boiler is
the bottom of the gauge glass so the cutoff should pre-

Figure 11-1. Chart of reasons for boiler failures in prior years

Figure 11-2. Chart of accidents, injuries and deaths, late 1990’s to 2001
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vent burner operation near it. Cutoffs are installed in
two forms, external and internal. There are arguments
for each installation and you should encounter some
boilers with both.

The failures of boilers due to low water continues
despite the provisions of extra low water cutoffs and
regular testing of them. Perhaps one principle reason is
the failure to test them regularly so a problem is detected
before a failure occurs. Whatever else you choose to let
go, never fail to test the low water cutoffs immediately
after arriving on the job. They can fail because mud
builds up in the piping connecting the cutoff to the
boiler, or an accumulation of mud in the cutoff housing.
The mud is dirt that enters with the makeup and accu-
mulates in the boiler water. It’s usually suspended in the
boiler water by the rapid circulation but will settle out in
the water column and cutoff piping and chambers be-
cause the water moves slowly in them.

Float operated low water cutoff failures include the
normal problems of mud collecting in the piping be-
tween boiler and the float housing where the float cham-
ber can’t drain so the level is higher than that in the
boiler, (This happens if either the water leg or the steam
leg is plugged, the chamber fills with condensate and
can’t drain) mud filling the bellows and hardening to
resist transmission of the float position, friction prevent-
ing operation of magnet actuated switches, also the stiff-
ening with age of wiring connected to magnet actuated
switches, fusing of contacts due to excessive electrical
current, freezing of the switch actuating mechanism due
to corrosion from boiler water leaks or leakage into the
switch housing.

Probe types, using conductance, can fail because
deposits coat the probe to simulate the presence of wa-
ter. The opportunities for a low water cutoff to fail are so
many that regular testing (to detect problems) is the
most important thing you can do.

Remember that, despite the many schemes for test-
ing the low water cutoff, the only sure proof that the low
water cutoff works is gradually dropping water level
with the burner operating until the cutoff shuts the
burner down. Do it as often as possible. Other tests to
check it, explained in the normal operation description,
should be performed with the recommended frequency.
Always watch the level until cutoff occurs because the
odds are rather high that it will not work.

Since incorporating timing of low water cutoff test-
ing into my burner management systems there have
been no failures of the boilers with those systems. There
were, however, three incidents of the testing revealing a
problem with a low water cutoff!

THERMAL SHOCK

Of all the modes of boiler failure thermal shock
seems to be the one that can happen at any time. I’ve
seen boilers that didn’t make it past their initial
week’s operation without failing as a result of thermal
shock and boilers that failed after years of operation
due to an incident of thermal shock. I also saw one
that was replaced and repaired by the manufacturer
under warranty three times before the manufacturer
found an installation mistake that allowed them to
refuse additional repairs.

It’s important to understand exactly how thermal
shock destroys a boiler because there are several situa-
tions that are called thermal shock that aren’t consis-
tent with the normal perception. Thermal shock can
destroy a boiler in a single incident or it can take sev-
eral shocks to produce evident damage. There is a
specific combination that must exist for thermal shock
damage. First the metal of the boiler (or refractory)
must be exposed to a change in temperature that’s
enough to produce a range of stress in the material.

The best example of thermal shock is pouring wa-
ter over ice cubes fresh out of the freezer. What hap-
pens to the ice cubes? They crack! Even if you use cold
water stored in the refrigerator they crack. When you
consider the fact that steel is only about 7% stronger
than ice (ever try to chop a fishing hole with a plain
piece of steel?) you can understand that thermal shock
can destroy a boiler. The reason for the ice cracking can
be explained by noting how the cracks form. When the
water hits the ice there’s a rapid transfer of heat from
the water to the surface of the ice. Keep in mind that
ice contracts as it is heated, and the operation is just
the opposite for steel. The inside of the cube remains
cold because the heat doesn’t transfer through the ice
as fast as the outside is warmed by the water flowing
over it. Because it’s warmed and tends to shrink the
outer layer of the ice cube is placed in tension, as if
something was trying to pull it apart. The result is it is
pulled apart, cracks form and as the rest of the cube
shrinks the crack continues.

The second important element of thermal shock
is thickness of the material. Shaved ice doesn’t crack
when cold water is poured over it. When the metal is
thin enough the difference in temperature across it is
not adequate to produce enough stress to produce
cracking. The thicker parts of a boiler, tube sheets,
shells, and drums are more susceptible to thermal
shock than the tubes.

The third element is frequency. One violent shock
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may not be good for a boiler but hundreds of little ones
repeatedly occurring will eventually result in failure
because tiny microfissures (very little cracks) that form
in thinner metals or where the temperature differences
are not dramatic will, if constantly bombarded with ther-
mal shock conditions, eventually grow into large cracks
that finally result in boiler failure.

Many people don’t realize that thermal shock
doesn’t have to happen on the water side of a boiler. I
normally differentiate it by calling it firing shock but
it’s really thermal shock. Any boiler that trips while
running at high fire and immediately goes into a
purge is subjected to thermal shock because the metal
of the boiler’s heating surface is immediately subjected
to contact with cold purge air right after it was ex-
posed to the hottest flue gas of normal operation. Add
to that the trip occurring near the maximum operating
temperature (and related pressure) and there’s poten-
tial for failure.

I’ve never seen a significant indication in water
tube boilers but that doesn’t mean they can’t experi-
ence it. The most common failure in this mode occurs
with the ends of the fire tubes at the inlet of the sec-
ond pass of a fire tube boiler. The reason they fail is
because they’re sticking out into the hot flue gas
where their temperature is elevated by the high fire
glue gases and then they suddenly encounter the cold
purge air. That failure is usually one that results in
gradual growth of microfissures in the ends of the
tubes and will even happen in tubes that are welded
to the tube sheet. The primary reason for this type of
failure is improper adjustment of the firing rate con-
trols such that the boiler cycles off while the modulat-
ing controls are still at high fire or just left high fire.

Hydronic heating systems can operate to produce
significant thermal shock by returning water from idle
sections of the system (where the water got very cold)
to the hot boiler. A slug of cold water is directed
against the boiler heating surfaces. In some cases this
can be caused by automatic controls operation, espe-
cially day/night controls. Sources of the problem are
usually close to the boiler because any slug of cold
water in a remote system will be heated by the metal
in the piping as it returns to the boiler. Service water
heating with a hydronic boiler has a high potential for
thermal shock if the heating water to the service water
heater is cycled on and off. It’s better to use a con-
stant flow to the service water heat exchanger with
other provisions to prevent overheating the service
water. See the section on service water heating for
more on thermal shock in that application.

CORROSION AND WEAR

Nothing lasts forever and that’s very true for boil-
ers. You will be hard pressed to find a boiler in operation
that is more than fifty years old. I know where there are a
few but they’re few and far between and, when they’ve
had good care and water treatment, it’s predominantly
because of corrosion and wear. I could argue that a boiler
doesn’t have any moving parts so it can’t wear out. I just
finished a project where we replaced all the tubes and cas-
ings in thirty year old boilers and I have every reason to
believe that they’ll last another thirty years but they’re an
exception because they’re well cared for. The normal end
of a well maintained boiler’s life is almost always due to a
decision to replace them, not wear.

There are areas in a boiler that can’t be reached to
monitor and prevent corrosion, sometimes they’re due to
installation and sometimes to manufacturing but they’re
there. In many cases, as in the project I just finished, the
only way to address those spots is a major rebuild of the
boiler to reach them and clean, protect, and recover them
to extend the boiler’s life. That’s a sound decision in
many cases but many boiler owners just won’t do it.

I’ve seen failures due to rubbing in a boiler where
each time it heats up and cools off metal to metal rub-
bing resulted in cutting through a tube. In one case I
discovered three boilers were lost in a matter of three
years due to lack of adequate combustion air openings,
completely destroyed by alternating corrosion and re-
duction. Those, however, are the unusual cases. Most of
the time the problems with wear are all at the burner.

When the control valve on a boiler has run from
high fire to low fire six or seven times a day, 365 days a
year for 10 years it’s run over 21,000 cycles. Did you know
that the ASME Code has factors for operating cycles with
no additional allowance for boilers that are expected to
cycle less than 7,000 times in their lifetime? Now wonder
how many engineers allow for more than that many
cycles. Exactly how long do you expect that system to run
without failing? A major revamping of a boiler’s burner
and controls on a five year cycle should prevent failures
due to wear but they never seem to happen.

OPERATOR ERROR AND POOR MAINTENANCE

Regrettably the National Board statistics, which are
quoted here, don’t provide enough breakdown to clearly
indicate why trends exist or to detect reasons for trends.
I’ve seen a considerable increase in the elimination of
central plants with licensed boiler operators. Their re-
placement multiple low pressure heating plants are
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maintained by individuals without a license so the in-
creasing contribution of operator error to boiler failures
isn’t really surprising. Until such time that the National
Board chooses to differentiate between licensed indi-
viduals and the janitor there’s no way for them to deter-
mine if that’s the case. In my judgment it’s the
perception that licensed operators cost too much and
actions taken to replace them that has resulted in in-
creased losses and loss of life. When the person main-
taining a boiler has all the training and skill of a janitor
that was handed a broom and told where the boiler
room is it’s no wonder this facet of failures is showing
an increase.

Is it that increase the operators’ fault? Hell no!
When I encounter problems that are attributable to op-
erator error or poor maintenance I always find an atti-
tude on the part of the plant management that promotes
or enforces the improper action or lack of action. I’ve
recommended training for upper management in many
plants since the 1970’s and have yet to do any. All that
plant manager wants to hear from me is how screwed
up the operators are and when I tell that manger that the
problem originates at a higher level than the operators
they go look for another consultant that will tell them
what they want. I hope a lot of plant managers read this
book but my experience indicates they won’t.

Frequently it’s not the operator that contributes to
poor maintenance. The operator manages to keep the
plant running by a growing mountain of temporary fixes
that accumulate until nothing can keep the boiler run-
ning. The reason is management’s attitude about main-
tenance. In some cases operators simply have to allow
the boiler to fail or shut it down due to unsafe operating
conditions. One of the advantages of a license is that li-
cense gives you the authority to do just that, shut it
down and refuse to operate it. Of course there’s a poten-
tial for being fired but you may get a supporting posi-
tion from another source and after a hearing you will be
reinstated. When you don’t have the confidence to shut
the boiler down you do have the option of reporting the
condition to the State Chief Boiler Inspector who will
send a deputy inspector to look at the boiler. If the prob-
lem is one that threatens failure the deputy will ‘red tag’
the boiler and instruct you to shut it down. There’s ab-
solutely no way you can be dismissed under those cir-
cumstances.

And, just because an insurance company inspector
passed your boiler don’t believe you have no recourse. I
know of several instances where a State Deputy Inspec-
tor red tagged a boiler that was reported safe by an in-
surance company inspector. That’s especially true if

nobody sees the inspector but a new certificate to oper-
ate suddenly appears. There are situations where an in-
surance inspector has inspected the boiler while sitting
in front of the television at his house several miles away.
They aren’t supposed to do it, but it’s done.

The National Board’s data doesn’t break down
maintenance problems either. The most likely is loss due
to lack of proper water treatment but we simply don’t
know. I think that’s highly probable because a large
number of boilers are installed and operated with no
consideration of water treatment beyond an initial
charge of chemicals, especially hot water boilers.

If it isn’t broke don’t fix it! How often we’ve heard
those words in one form or another. I’m always told that
it hasn’t broke yet so it must be okay. If there’s no log,
no record of maintenance, and no repair history I’m
there because the plant is frequently shutting down for
unknown reasons and fuel bills seem to be much higher.
Just because it’s working doesn’t mean it’s working
right. People that use that excuse are costing their em-
ployer a lot of money and exposing themselves to in-
creased risk of injury or death.

It’s true that a licensed boiler operator could make
a mistake with disastrous consequences, a license is no
guarantee and neither is training. However, I’ve had
many opportunities to observe individuals without a li-
cense and have no doubt that the lack of the discipline
involved in training and preparing for the exam leaves
lots of room for error. If you don’t have a license that
doesn’t mean you’re more likely to make a mistake be-
cause I’m reasonably confident that the operator that
chooses to read this book is far less likely to do some-
thing that will result in an accident with loss of life or
serious injury than one who believes it’s a waste of time.

Part of the business of acquiring a license includes
the development of respect for the profession and
greater understanding of the responsibility so you
should attempt to get a license even if you don’t need to
have one. It’s more a matter of attitude than the actual
license. When a state licensing program exists the wise
operator seeks to obtain the license to support a profes-
sional perception of his role.

Attitude and perception seem to be the key to op-
erator error. When a boiler is damaged, and I’ve inves-
tigated several cases of damage that never reached the
status of a National Board investigation and report; any
failure in operation is usually attributable to an attitude.
The most disconcerting one is “the boss doesn’t care so
why should I?” Since I have the opportunity to get to
know operators in several boiler plants I eventually
learn a lot about their perception of their job and their
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attitude. It’s the ones that seem to believe that they can
get away with doing the minimum and the company
should be happy that they even show up that eventually
make the mistakes that result in damage. Usually that
same attitude also protects them from exposure to the
failure and eventual injury as well, an undeserved result.
I know many operators who I’m certain will eventually
do something, or not do something, that will result in
failure and possible injury or death.

If you don’t have some fear, fear that a boiler fail-
ure could occur if you did the wrong thing, then you are
potentially one of those people that will make a mistake.
You shouldn’t be afraid of the plant but you do have to
respect the potential for a boiler or furnace explosion

and act accordingly. It’s the people without fear, with an
attitude that they’re infallible, that take unnecessary
risks with everything from shortening purge periods to
skipping boiler water analysis which eventually result in
a failure.

Over the years I’ve screwed up. In some cases it
was a royal screw up. You’ll never know how many of
those operators described in this book were really the
author. I give you all I can to prevent your making those
mistakes and I hope you’ve learned something and even
enjoyed that learning experience a little. I also hope you
learned those priorities and acquired a respect for the
equipment you’re operating. God bless you all, the devil
doesn’t need any more help with his furnaces.
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Appendix A

Properties of Water and Steam
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PROPERTIES OF WATER AND STEAM (Continued)
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PROPERTIES OF SUPERHEATED STEAM
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PROPERTIES OF SUPERHEATED STEAM (Continued)
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Appendix B

Water Pressure per Foot Head
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Appendix C

Nominal Capacities of Pipe
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As stated in the title, these are nominal capacities. The pipe can always handle less than the
indicated flow and will handle much more than the indicated flow with increasing pressure
drop. These capacities are approximately what a piping designer would allow through the
pipe.
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Appendix D

Properties of Pipe
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PROPERTIES OF PIPE (Continued)
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PROPERTIES OF PIPE (Continued)
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PROPERTIES OF PIPE (Continued)
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PROPERTIES OF PIPE (Continued)



Appendices 365

PROPERTIES OF PIPE (Continued)
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PROPERTIES OF PIPE (Continued)
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PROPERTIES OF PIPE (Continued)
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Appendix E

Secondary Ratings
SECONDARY RATINGS OF JOINTS, FLANGES, VALVES, AND FITTINGS
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SECONDARY RATINGS OF JOINTS, FLANGES, VALVES, AND FITTINGS (Continued)
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SECONDARY RATINGS OF JOINTS, FLANGES, VALVES, AND FITTINGS (Continued)
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Appendix F

Pressure Ratings for Various Pipe Materials
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Appendix G

Square Root Flow Curve
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Appendix H

Square Root Graph Paper
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Appendix I

Viscosity Conversions
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FUEL FIRING TEMPERATURE CALCULATOR12

To determine correct burning temperature draw a diagonal line parallel to the one on the
chart through the viscosity at temperature reported for the oil. Note the temperature for
where that line intersects the line for the correct viscosity for firing
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Appendix J

Thermal Expansion of Materials
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Appendix K

Value Conversions

To obtain multiply by
atmospheres ft. of water 0.0295
atmospheres in. mercury 0.0334
atmospheres psi 0.0680
barrels gallons (US) 0.0238
Btu calories 252
Btu hp-hr 2545
Btu kW-hr 3413
Btu watt-hr 3.413
Btuh horsepower 2545
Btuh kW 3413
Btuh refrigeration ton 12,000
centimeter inches 2.54
cubic feet gallons (US) 0.1337
cubic meters cubic feet 0.0283
feet of H2O atmospheres 33.899
feet/minute miles per hour 88
feet/second gravity 32.174
foot-pounds Btu 778
foot-lbs/min. horsepower 33,000
gallons (US) barrels 42
gallons (US) cubic feet 7.4805
gallons (US) Imperial gallons 1.201
gallons (US) Liters 0.2642
grains grams 15.432
grains ounces 437.5
grains pounds 7000
grains/gallon parts per million 0.0584
grams grains 0.0648
grams ounces 28.35
Grams pounds 453.59
Inches centimeters 0.3937
inches microns 0.00004
in. mercury feet of water 0.88265
inches water psi 27.673
kilograms pounds 0.45359
kilometer mile (US) 1.6093
km/hr mph 1.6093
kW Btu/minute 0.01758
kW horsepower 0.7457
kW-hour Btu 0.00029

To obtain multiply by
knots miles per hour 0.8684
liters cubic feet 28.316
liters gallons (US) 3.7853
horsepower Btuh 0.00039
horsepower kW 1.341
meters feet 0.3048
meters inches 0.0254
meters nautical miles 1852
meters miles 1609.34
microns inches 25.4
miles feet 5280
miles meters 0.00062
miles nautical miles 1.151
miles, nautical kilometers 0.54
miles, nautical miles 0.8690
milliliters microns 0.001
mils centimeters 393.7
mils inches 1000
mils microns 0.03937
ounces grains 0.00228
ounces grams 0.03527
ounces, liquid gallons (US) 128
parts/million grains/gallon 17.118
percent grade ft. per 100 ft. 1.0
pounds grains 0.00014
pounds grams 0.00220
pounds kilograms 2.2046
pounds long tons 2240
pounds metric tons 2204.6
pounds short tons 2000
lbs.ice melt/hr. refrigeration ton 83.711
pounds/cu.ft. grams/cu.cm. 62.428
pounds/cu.ft. pounds/gallon 7.48
psi atmospheres 14.696
psi feet of water 0.43352
psi inches water 0.0361
quarts cubic feet 29.922
quarts liters 1.057
Tons, metric Tons, short 0.9072
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Appendix L

Combustion and Efficiency Calculation Sheets
The combustion calculation sheet on the following page
provides a means for comparing two fuels for their air to
fuel ratio requirements and percent moisture in the flue
gas. Those values are then used in the boiler efficiency
calculation that follows.

The first requirement for an accurate analysis is an “ul-
timate analysis” of the fuel to provide the data to fill in
the box on the top right of the combustion calculation
sheet. If you’re firing a gas fuel and receive a volumetric
analysis these first two worksheets below can be used to
produce an ultimate analysis.

This first worksheet converts the gas constituents from
volumetric to gravimetric portions. In other words, it
changes it from percent by volume to percent by weight.
Insert the percent by cubic foot values for each of the

gases in the first open column. This tabulation is pro-
vided to accommodate a wide variety of gases and yours
will not contain all of them. Simply skip lines that don’t
apply. Multiply those values by the values in the density

Constituent % Vol Mol. Wt. Density #/C cu.ft. % by Wt.

Methane (CH4) 16.0400 0.0424

Acetylene (C2H2) 26.0400 0.0697

Ethylene (C2H4) 28.0500 0.0746

Ethane (C2H6) 30.0700 0.0803

Propylene (C3H6) 42.0800 0.1110

Propane (C3H8) 44.0900 0.1196

Butylene (C4H8) 56.1000 0.1480

Butane (C4H10) 58.1200 0.1582

Pentene (C5H10) 70.1300 0.1852

Pentane (C5H12) 72.1500 0.1904

Benzene (C6H6) 78.1100 0.2060

Hexane (C6H14) 86.1700 0.2274

Hydrogen (H2) 2.0200 0.0053

Ammonia (NH3) 17.0300 0.0456

Hydrogen sulfide (H2S) 34.0800 0.0911

Carbon Dioxide (CO2) 44.0100 0.1170

Carbon Monoxide (CO) 28.0100 0.0740

Oxygen (O2) 32.0000 0.0846

Nitrogen (N2) 28.0200 0.0744

Moisture (H2O) 18.0200 0.0476

TOTALS 100.00% Mixture total 100.00%



Appendices 379

column and enter the result in the #/C cu. ft. column. If
your analysis includes gases labeled “iso-“ ignore that
and simply combine the percentages. That result is
pounds per hundred cubic feet (the large C represents
100). Total the results in that column to get a mixture
total weight number. Divide each of the results in the #/

C cu. ft. column by the total and place the result in the
% by weight column. Now that you know the percent by
weight of each gas you can convert those values to
pounds of carbon, hydrogen, etc. to develop the gravi-
metric analysis using the next worksheet.

Transfer the % by weight values from the first worksheet
to the column in the second one. Multiply each value by
the factors for carbon, hydrogen, oxygen, etc. in the suc-
ceeding columns then add them up. Add up all the val-
ues for each element to get the totals for the bottom of
the worksheet and transfer those values to the combus-
tion calculation sheet on the next page. Note that mois-
ture in percent by weight is included in the first
worksheet.

Always check your math by adding up the percentages.
They will seldom total 100% precisely but should be
very close to it.

The combustion calculation form has space for describ-
ing the fuel and indicating its source, and higher heating
value. The predicted stack temperature and excess air
percentage are used to determine the volume of the flue
gas. Additional instructions on its use follow the com-
bustion calculation form.

Constituent % by wt. x = C x = H2 x = O2 x = N2 x = S2

Methane % 0.7487 0.2513 0 0 0 0 0 0

Acetylene % 0.9226 0.0074 0 0 0 0 0 0

Ethylene % 0.8563 0.1437 0 0 0 0 0 0

Ethane % 0.7989 0.2011 0 0 0 0 0 0

Propylene % 0.8563 0.1437 0 0 0 0 0 0

Propane % 0.8171 0.1829 0 0 0 0 0 0

Butylene % 0.8563 0.1437 0 0 0 0 0 0

Butane % 0.8266 0.1734 0 0 0 0 0 0

Pentene % 0.8563 0.1437 0 0 0 0 0 0

Pentane % 0.8323 0.1677 0 0 0 0 0 0

Benzene % 0.9226 0.0774 0 0 0 0 0 0

Hexane % 0.8362 0.1638 0 0 0 0 0 0

Hydrogen % 0 1.0000 0 0 0 0 0 0

Ammonia 0 0 0.1776 0 0 0.8224 0 0

H2S % 0 0.0592 0 0 0 0 0.9408

CO2 % 0.2729 0 0.7271 0 0 0 0

CO % 0.4288 0 0.5712 0 0 0

O2 % 0 0 1.0000 0 0 0 0

N2 % 0 0 0 0 1.0000 0 0

Totals %
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To convert percentages to pound per pound (#/#) num-
bers simply divide the percentage by 100. The values in
column B should add up to 1 or less, less if there’s water
and/or ash in the fuel. All the calculations on this
worksheet are based on one pound of fuel and all results
are per pound of fuel.

Multiply the pounds of combustible in the fuel (column
B) by the factor in column C to determine the pounds of
oxygen required for each combustible and record it in
column D. Add up all the results in column D to deter-
mine the pounds of oxygen required per pound of fuel,
entering it after the “pounds of O2 required.” Calculate
the amount of nitrogen in the air by multiplying that
result by 3.31 and entering it in the space provided.

The weight of the products of combustion for each com-
bustible is determined by adding the pounds per pound
of fuel to the pounds of oxygen required and recording
that result in column E. The pounds of nitrogen required
in the air must be added to the weight of the nitrogen in
the fuel to get the total pounds of nitrogen per pound of
flue gas in column E. Combine the weight of water from
the hydrogen in the fuel and it’s oxygen with the mois-
ture in the fuel [1] to get the total moisture from fuel [3].

Determine the volume of the dry gas by multiplying the
weights in column E by the factors in column F and
enter the result in column G. Note that we only calculate
the volume of carbon dioxide, sulfur dioxide, and nitro-
gen because the oxygen from the theoretical air is con-
sumed. The water volume isn’t calculated because we’re
determining the volume of dry gas.

Combine the dry gas volumes to get the total theoretical
volume of dry gas [5]. Add the weight of oxygen and
weight of nitrogen from the air to get the theoretical
weight of air required [6]. Divide the theoretical volume
of carbon dioxide [4] by the theoretical volume of dry gas
[5] to determine the maximum possible percentage of car-
bon dioxide in the flue gas. Multiplying the theoretical air
weight by 13.33 produces the volume of combustion air to
burn one pound of fuel in standard cubic feet.

The bottom box of the combustion calculation sheet is
set up for determining actual firing conditions. Multiply
the weight of air required [6] by the percent of excess air
and divide by 100 to determine the weight of excess air
[7]. Add [6] and [7] to get total air required for normal
combustion [8]. Calculate the volume of excess air [9] by
multiplying the excess air weight [7] by 13.33. Add the
volume of excess air [9] and the theoretical product [5] to

get the volume of dry flue gas [10]. Perform the indi-
cated calculation to determine what the percent of car-
bon dioxide should be at the normal firing condition.

The formula for calculating the actual volume of the dry
flue gas is developed by adding 460 and the predicted
(or actual) stack temperature, dividing that result by 530
then multiplying by the standard volume of dry product
[10]. Add the result

To determine the total volume of flue gas we have to
calculate the volume of the water. This sheet approxi-
mates it by using the formulas shown. Determine the
pounds of water in the flue gas per pound of fuel by
dividing the percent of water in the fuel [1] by 100, add-
ing the water produced by the combustion of hydrogen
in column E [3], and the moisture in the air which is
equal to the total air [8] multiplied by the fraction of
water that’s in the air. You can obtain that information
from a psychometric chart or use 0.009 which is a typical
value for pounds of moisture per pound of dry air.

If you’re using these calculations to get as precise a value
as possible for a given operating condition you should
make it a point to get the moisture in air value as precise
as possible because that moisture can carry a lot of heat
up the boiler stack. It can make a big difference in calcu-
lating the boiler efficiency for two different operating
conditions like summer versus winter.

Add 0.62133 to the pounds of moisture then divide by
the pounds of moisture to get the volumetric ratio of
moisture [13]. Divide the actual volume of dry gas [11]
by the percent of dry gas to wet gas (which is 100 minus
the moisture ratio) to get the actual volume of wet flue
gas [14].

Formulas for the percent oxygen give results on a dry
basis [15] and a wet basis. Percent oxygen on a dry basis
is what you would get using a fyr-rite or an orsat ana-
lyzer because the moisture is condensed from the flue
gas to get the measurements. The oxygen content indi-
cated by an in-situ analyzer, such as a zirconium oxide
analyzer, measures the gases with the moisture as steam
so it’s included in the volume of the flue gases.

EFFICIENCY CALCULATION WORKSHEET

The last worksheet in this appendix uses the information
developed in the earlier ones to predict, or calculate, the
efficiency of a boiler burning the fuel having the ulti-
mate analysis used for the combustion calculations. If
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used for calculating an operating efficiency you have to
use the stack temperature measured and adjust the ex-
cess air to match the actual operating condition. Some
help in determining the excess air is obtained by using
the graph in Appendix M.

Space is provided for the boiler name or number, the
date, and the fuel to separately identify each worksheet.
That’s because you may be considering several fuels or
have collected operating data on several boilers or
you’re comparing the boiler’s performance to what is
was at another time.

The excess air value (a) is the same as used in the combus-
tion calculation sheet. You may have run the boiler at dif-
ferent values of excess air when collecting operating data
so you can compare the difference in boiler efficiency. The
air/fuel ratio (b) is the one calculated for the operating
condition on the combustion calculation sheet [8].

Combustion air (c) and flue gas temperature (d) are re-
corded and can be adjusted for special applications. For
example, you might want to compare the performance of
the boiler to the performance of the boiler without its
economizer. You could make one worksheet up for the
boiler flue gas exit temperature and another with the
economizer flue gas exit temperature to get that com-
parison of efficiencies.

For purposes of calculating efficiencies it’s simply easier,
and produces more meaningful numbers, if you calcu-
late the results based on therms (100,000 Btu). To deter-
mine the amount of fuel required per therm (e) divide
the higher heating value of the fuel into 100,000. The
matching quantity of air (f) is determined by multiply-
ing the fuel quantity (e) by the air/fuel ratio (b).

Moisture brought in with the combustion air (g) is deter-
mined by multiplying the ratio (H on the combustion

EFFICIENCY CALCULATIONS

Boiler: __________________________________ Date: _________________

Fuel: __________________________________

Excess air: _________________ % (a)

Air/fuel ratio: _______________ #/#(b)

Combustion air temperature: _______________ °F (c)

flue gas temperature: _______________ °F (d)

Quantities per therm input:

Fuel: _______________ #/Therm (e)

Air: _______________ #/Therm (f)

H2O in air: _______________ #/Therm (g)

Wet flue gas: _______________ #/Therm (h)

H2O fuel: _______________ #/Therm (i)

H2O in flue gas: _______________ #/Therm (k)

Dry flue gas: _______________ #/Therm (l)

Heat losses:

Sensible heat: _______________ % (m)

H2O in flue gas: _______________ % (n)

CO loss: _______________ % (o)

Radiation: _______________ % (p)

Total losses: _______________ % (q)

Efficiency by difference:                      %
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calculation sheet) by the quantity of air (f). Wet flue gas
(h) is the sum of the fuel, air, and moisture in the air, (e)
+ (f) + (g). The water in the flue gas that is produced by
burning the fuel (i) is determined by multiplying the fuel
(e) by the calculated ratio [3] on the combustion calcula-
tion sheet.

The total moisture in the flue gas (k) is the sum of the
moisture from the air (g) and the moisture from combus-
tion (i). Subtract that from the wet flue gas (h) to get the
quantity of dry flue gas (l).

Now you’re ready to determine the boiler efficiency by
the heat loss method. The loss in sensible heat, where
you’re just heating up the fuel, air, and water then
throwing it away is called sensible heat loss and is cal-
culated by multiplying the wet flue gas quantity (h) by
the difference between the flue gas and combustion air
temperatures (subtract (c) from (d)) and multiplying the
result by the specific heat of the flue gas. The specific
heat varies according to the ratio of carbon and hydro-
gen and you can get a more precise value from Figure 2-
3 in PTC-4.113 but a value of 0.25 for gas or 0.245 for coal
or oil is close enough for most calculations. The result of
that calculation is a loss in Btu for the fuel burned so
divide the result by 1,000 to get the loss in percent.
(That’s the same as dividing by a therm then multiply-
ing by 100 to get percent)

The loss due to the moisture content of the flue gas is
determined by multiplying the moisture in and from
combustion of the fuel (i) by the difference between the
enthalpy of the steam and the enthalpy of liquid water
at room temperature. You can look up the value for
steam at stack temperature and at one pound absolute

pressure and subtract the value for water at the com-
bustion air temperature or simply use 1040 which is
usually close enough. Divide that result by 1,000 to get
percent.

You should not plan on having a carbon monoxide loss
when predicting boiler efficiency and normally carbon
monoxide (CO) is so small that its loss is insignificant
but occasionally a problem occurs where there is signifi-
cant loss so you want to determine it. Multiply the dry
flue gas (l) by the CO measurement in ppm and divide
by 230,200 to get the percent loss from incomplete com-
bustion.

Radiation losses (p) are difficult to determine and fre-
quently much of the heat lost to radiation is recovered in
the combustion air making a true analysis even more
difficult. You have the option of ignoring the radiation
loss (that’s what all those modern analyzers do) or using
the boiler manufacturer’s predicted radiation loss. If
using the manufacturer’s number it’s important to con-
sider that value is at full boiler load. When calculating
efficiency at partial loads you should use a radiation loss
equal to the manufacturer’s prediction divided by the
percent load on the boiler when the data was taken and
multiply by 100 to get percent loss.

Add up all the losses to get the total losses (q) subtract
that result from 100 to get the boiler efficiency in percent.
This is a more precise determination than those made
with charts and electronic analyzers because it considers
the moisture in the fuel and air plus the moisture from
combustion of hydrogen in the fuel for the fuel you
burn. A few calculations with different fuel analysis will
show that the moisture loss is a significant consider-
ation.
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 Appendix M

Excess Air/O2 Curve
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Appendix N

Properties of Dowtherm A
Vacuum TEMP. LB. PER CU. FT. HEAT IN BTU PER POUND

Pressure °F LIQUID VAPOR LIQUID LATENT VAPOR

29.92 in. Hg 60 66.54 0.0000 2.4 174.4 176.8

29.92 in. Hg 80 65.82 0.0000 9.9 172.0 181.9

29.92 in. Hg 100 65.27 0.0000 17.6 169.6 187.2

29.92 in. Hg 120 64.72 0.0001 25.5 167.2 192.7

29.91 in. Hg 140 64.16 0.0002 33.5 164.9 198.4

29.90 in. Hg 160 63.60 0.0004 41.6 162.7 204.3

29.87 in. Hg 180 63.03 0.0007 49.9 160.4 210.3

29.83 in. Hg 200 62.46 0.0012 58.3 158.3 216.6

29.74 in. Hg 220 61.88 0.0021 66.9 156.2 223.1

29.60 in. Hg 240 61.30 0.0034 75.7 154.0 229.7

29.40 in. Hg 260 60.71 0.0055 84.5 152.0 236.5

29.09 in. Hg 280 60.11 0.0086 93.6 149.9 243.5

28.65 in. Hg 300 59.50 0.0129 102.7 147.9 250.6

27.97 in. Hg 320 58.89 0.0191 112.1 145.8 257.9

27.06 in. Hg 340 58.28 0.0274 121.5 143.8 265.3

25.80 in. Hg 360 57.65 0.0385 131.2 141.7 272.9

24.11 in. Hg 380 57.02 0.0532 140.9 139.8 280.7

21.87 in. Hg 400 56.37 0.0720 150.9 137.6 288.5

19.00 in. Hg 420 55.72 0.0959 160.9 135.6 296.5

15.31 in. Hg 440 55.06 0.1258 171.1 133.5 304.6

10.71 in. Hg 460 54.38 0.1626 181.5 131.3 312.8

5.01 in. Hg 480 53.70 0.2076 192.0 129.1 321.1

0 psig 494.8 53.18 0.2470 199.9 127.4 327.3

0.00 psig 494.8 53.18 0.2470 199.9 127.4 327.3

0.95 psig 500 53.00 0.2618 202.7 126.9 329.5

5.08 psig 520 52.29 0.3267 213.5 124.5 338.0

10.01 psig 540 51.56 0.4037 224.5 122.1 346.6

15.85 psig 560 50.82 0.4943 235.7 119.5 355.3

22.68 psig 580 50.06 0.6003 247.1 116.9 364.0

30.64 psig 600 49.29 0.7237 258.6 114.1 372.7

39.81 psig 620 48.49 0.8667 270.2 111.3 381.5

50.33 psig 640 47.67 1.032 282.0 108.3 390.4

62.30 psig 660 46.82 1.223 294.0 105.2 399.2

75.86 psig 680 45.94 1.442 306.1 102.0 408.1

91.10 psig 700 45.03 1.695 318.3 98.6 416.9

108.3 psig 720 44.08 1.988 330.7 95.0 425.8

127.4 psig 740 43.09 2.327 343.4 91.2 434.6

152.5 psig 760 42.04 2.723 356.2 87.1 443.3

198.6 psig 800 39.74 3.749 382.7 77.6 460.2

Reference state for heat of the fluid is zero at the freezing temperature of 53.6°F
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Appendix O

Properties of Dowtherm J
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Appendix P

Chemical Tank Mixing Table

Use the data on this table to create your own table for
your specific size of chemical tank and solution strength
to be maintained. On a fresh piece of paper, write or print
the range of levels of the tank from bottom to top then
multiply the values of those levels by the pounds of
chemical per inch numbers from the table above. You can
list the levels and chemical requirements in multiple col-
umns to produce a table like the one on the following
page.

For this example the tank is 48 inches deep so we need
forty-eight different level readings and the matching
quantity of chemical to produce a 5% solution. After lay-
ing out the table so we have all 48 inches accounted for,
we multiply each level by the 1.27 pounds per inch to
determine the number of pounds that must be added to
produce a 5% solution at each level.
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Here’s the table you made. Once you
have the table made, it would pay to
find some laminating plastic and cover
it then mount it next to the tank. With

Level Chemical Level Chemical
1 1.27 25 31.75
2 2.54 26 33.02
3 3.81 27 34.29
4 5.08 28 35.56
5 6.35 29 36.83
6 7.62 30 38.1
7 8.89 31 39.37
8 10.16 32 40.64
9 11.43 33 41.91

10 12.7 34 43.18
11 13.97 35 44.45
12 15.24 36 45.72
13 16.51 37 46.99
14 17.78 38 48.26
15 19.05 39 49.53
16 20.32 40 50.8
17 21.59 41 52.07
18 22.86 42 53.34
19 24.13 43 54.61
20 25.4 44 55.88
21 26.67 45 57.15
22 27.94 46 58.42
23 29.21 47 59.69
24 30.48 48 60.96

You could also create a chart based on
the level before you filled it when you
fill the tank to a consistent level. If you

this table you subtract the level in the
tank (before you fill it with water) from
the level after it’s filled then find the
pounds of chemical to add from the table.

always raise the level to the 48 inches,
subtract the level values in the table from
48 and replace them with the result.
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The use of mnemonic abbreviations to simplify commu-
nications and labeling of devices in a boiler plant is a
common practice. This is a recommended list for identi-
fying plant devices on logs, equipment lists, mainte-
nance records, reports, etc. A plant can have many
identical devices that are numbered sequentially (al-
though earlier numbers may no longer exist) as indi-
cated by the pound sign (#). Also, some devices are

redundant (such as two safety shutoff valves in series) so
the number can be followed by a letter, indicated by the
asterisk (*). The two symbols (# and *) are shown only
where the inclusion of a number/letter is common.

This list does contain duplicate abbreviations where it is
necessary to determine which one is correct by how and
where it is used.

3VBP ............ Three valve bypass
AACV .......... Atomizing air control valve
AAPS ........... Atomizing air pressure switch
ABC .............. Automatic blowdown control
ABCV ........... Automatic blowdown control valve
AFT .............. Air flow transmitter
AIS ............... Automatic Interruptible System
ALWCO ....... Auxiliary low water cutoff
ASBOV ........ Atomizing steam blow-out valve
ASCV ........... Atomizing steam control valve
ASPS ............ Atomizing steam pressure switch
ASSV ............ Atomizing steam shutoff valve
ASV .............. Anti-siphon valve
AT ................. Analysis transmitter
AW ............... Acid waste
BD................. Blowdown (piping)
BDFT ............ Blowdown flash tank
BDHX........... Blowdown heat exchanger
BDQT ........... Blowdown quench tank
BF ................. Boiler feedwater (piping)
BFP#............. Boiler feed pump
BFV .............. Butterfly valve
BGV#* .......... Burner gas safety shutoff valve
BLR# ............ Boiler
BO ................ Blowoff (piping)
BOQT ........... Blowoff quench tank
BOS .............. Blowoff separator
BV ................. Ball valve
BVV# ........... Burner gas vent valve
CAFS ............ Combustion air flow switch
CF ................. Chemical feed
CHX ............. Condensing heat exchanger
CO ................ Carbon monoxide
CO2 .......................... Carbon dioxide
COND .......... Condensate
CP ................. Circulating pump
CP# .............. Condensate polisher
CPMP ........... Condensate pump

CPMS ........... Circulating/condensate pump motor starter
CR................. Control relay
CW ............... City water (piping)
DA ................ Deaerator
DEGAS ........ Degassifier
DBB Double block and bleed (valve arrangement)
DI .................. Draft indicator
DI .................. Demineralized (water)
DLT .............. Drum level transmitter
DT ................ Draft transmitter
FC ................. Flow controller
FD ................. Forced draft
FDF .............. Forced draft fan
FFT ............... Feedwater flow transmitter
FIC ................ Flow indicating controller
FMS .............. Fan motor starter
FOR .............. Fuel oil return
FOP# ............ Fuel oil pump
FOS ............... Fuel oil supply/suction
FOT# ............ Fuel oil tank
FPSC ............ Frost proof sill cock
FR ................. Flame relay
FR ................. Flow recorder
FW ................ Boiler feedwater (piping)
FWCV .......... Feedwater control valve
FWHTR ....... Feedwater heater
FY ................. Flow totalizer
GCV ............. Gas flow control valve
GFT .............. Gas flow transmitter
GOS .............. Gas - off - oil selector (switch)
GPR .............. Gas pressure regulator
GT# .............. Gas turbine
GV ................ Gate valve
H2 ............................... Hydrogen
HFPS ............ High furnace pressure switch
HGP ............. High gas pressure (limit switch)
HIGP ............ High ignitor gas pressure (limit switch)
HOT ............. High oil temperature (limit switch)

Appendix Q

Suggested Mnemonic Abbreviations
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HPC ............. High pressure condensate
HPS .............. High pressure steam
HPS .............. High pressure switch
HTS .............. High temperature switch
ID .................. Induced draft
IDF ............... Induced draft fan
IGV#* ........... Ignitor gas safety shutoff valve
IPS ................ Intermediate pressure steam
IT .................. Ignition timer
IT .................. Ignition transformer (see IX)
IVV# ............ Ignitor gas vent valve
IX .................. Ignition transformer
LAAD .......... Low atomizing air differential pressure

(limit switch)
LAAP ........... Low atomizing air pressure switch
LAF .............. Low air flow (limit switch)
LASD ........... Low atomizing steam differential pressure

(limit switch)
LASP Low atomizing steam pressure (limit switch)
LC ................. Level controller
LDS .............. Low draft switch
LG ................. Level glass
LGP .............. Low gas pressure (limit switch)
LI .................. Level indicator
LIC ............... Level indicating controller
LIGP ............. Low ignitor gas pressure (limit switch)
LOP .............. Low oil pressure (limit switch)
LOT .............. Low oil temperature (limit switch)
LPC .............. Low pressure condensate
LPHTR ......... Low pressure heater
LPS ............... Low pressure switch
LPS ............... Low pressure steam
LR ................. Level recorder
LS .................. Level switch
LSH .............. Level switch, high level
LSL ............... Level switch, low level
LT ................. Level transmitter
LTS ............... Low temperature switch
LWCO .......... Low water cutoff
LWFS ............ Low water flow switch
LWL ............. Low water level
MAFS ........... Minimum air flow switch (limit switch)
MBDI ........... Mixed bed demineralizer
MGPR .......... Minimum gas pressure regulator
MGV#* ........ Main gas safety shutoff valve
MOPR .......... Minimum oil pressure regulator
MS ................ Motor starter
MU ............... Makeup water (piping)
MVV# .......... Main gas vent valve

N2 ............................... Nitrogen
NG ................ Natural gas
NRV ............. Non-return valve
O2 ............................... Oxygen
O2T ............... Oxygen transmitter
OCV ............. Oil flow control valve
OF ................. Overflow
OFT .............. Oil flow transmitter
OPMS ........... Oil pump motor starter
OPR .............. Oil pressure regulator
OV#* ............ Oil safety shutoff valve
PC ................. Pressure controller
PC ................. Pumped condensate
PI .................. Pressure indicator
PIC ............... Pressure indicating controller
PPT ............... Post purge timer
PR ................. Pressure recorder
PR ................. Pressure regulator
PRV .............. Pressure reducing valve (station)
PT ................. Purge timer
PT ................. Pressure transmitter
PV ................. Plug valve
RO ................ Reverse osmosis
ROW ............ Reverse osmosis water (permeate)
ROV ............. Recirculating oil valve
RV ................. Recirculating valve
RV ................. Relief valve
SAN.............. Sanitary sewer
SOFT# .......... Softener
SPT ............... Steam pressure transmitter
STM .............. Steam
STRNR ......... Strainer
SV ................. Safety valve
SW ................ Softened water
TC ................. Temperature controller
TE ................. Temperature element
TI .................. Temperature indicator
TIC ............... Temperature indicating controller
TR ................. Temperature recorder
TSTAT .......... Thermostat
TT ................. Temperature transmitter
TV ................. Globe valve (throttling valve)
VC ................ Vent condenser
VTR .............. Vent through roof
ZC................. Position controller (valve positioner)

NOTE: A mnemonic is a device to help someone remember.
The letters used in an alphabetic abbreviation help one remem-
ber the device that is referred to.
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Appendix R

Specific Heats of
Some Common Materials

It takes less heat to raise the temperature of most sub-
stances than it does to raise the temperature of water. To
determine how much steam or hot water is needed to
heat another substance, multiply the temperature rise of

the substance by it’s specific heat and the quantity in
pounds. The result is the number of Btus needed. For
heating products continuously use pounds per hour of
the substance to get the result in Btuh.
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Design outdoor winter temperature and the number of
degree days are provided below for a number of North
American cities.15 More precise values should be avail-
able for your plant from the local weather service.

Alabama
Anniston ....................................... 5 .............................. 2806
Birmingham ............................... 10 .............................. 2611
Mobile ......................................... 15 .............................. 1566
Montgomery .............................. 10 .............................. 2071

Alberta
Calgary ..................................... -29 .............................. 9520
Edmonton ................................ -33 ............................ 10320
Lethbridge ................................ -32 .............................. 8650
Medicine Hat .......................... -35 .............................. 8650

Arizona
Flagstaff .................................... -10 .............................. 7242
Phoenix ....................................... 25 .............................. 1441
Yuma ........................................... 30 .............................. 1036

Arkansas
Fort Smith .................................. 10 .............................. 3226
Little Rock ................................... 5 .............................. 3009

British Columbia
Prince George .......................... -32 .............................. 9500
Prince Rupert .............................. 8 .............................. 6910
Vancouver .................................. 11 .............................. 5230
Victoria ....................................... 15 .............................. 5410

California
Eureka ......................................... 30 .............................. 4758
Fresno ......................................... 25 .............................. 2403
Los Angeles ............................... 35 .............................. 1391
Sacramento ................................ 30 .............................. 2680
San Diego ................................... 35 .............................. 1596
San Francisco ............................ 35 .............................. 3137
San Jose ...................................... 25 .............................. 2823

Colorado
Denver ...................................... -10 .............................. 5839
Grand Junction ....................... -15 .............................. 5613
Pueblo ....................................... -20 .............................. 5558

Connecticut
Hartford ....................................... 0 .............................. 6113
New Haven ................................. 0 .............................. 5880

Delaware
Wilmington .................................. 0

District of Columbia
Washington .................................. 0 .............................. 4561

Florida
Apalachicola .............................. 25 .............................. 1252
Jacksonville ................................ 25 .............................. 1185
Key West .................................... 49 .................................. 59
Miami ......................................... 35 ................................ 185
Pensacola .................................... 20 .............................. 1281
Tampa ......................................... 30 ................................ 571
Tallahassee ................................. 25 .............................. 1463

Georgia
Atlanta ........................................ 10 .............................. 2985
Augusta ...................................... 10 .............................. 2306
Macon ......................................... 15 .............................. 2338
Savannah .................................... 20 .............................. 1635

Idaho
Boise .......................................... -10 .............................. 5678
Lewiston ....................................... 5 .............................. 5109
Pocatello ..................................... -5 .............................. 6741

Illinois
Cairo ............................................. 0 .............................. 3957
Chicago ..................................... -10 .............................. 6282
Peoria ........................................ -10 .............................. 6004
Springfield ............................... -10 .............................. 5446

Indiana
Evansville ..................................... 0 .............................. 4410
Fort Wayne .............................. -10 .............................. 6232
Indianapolis ............................. -10 .............................. 5458

Iowa
Davenport ................................ -15 .............................. 6252
Des Moines .............................. -15 .............................. 6375
Dubuque .................................. -20 .............................. 6820
Keokuk ..................................... -10 .............................. 5663
Sioux City ................................ -20 .............................. 6905

Kansas
Concordia ................................. -10 .............................. 5425
Dodge City .............................. -10 .............................. 5069
Topeka ...................................... -10 .............................. 5075
Wichita ...................................... -10 .............................. 4664

Kentucky
Lexington ..................................... 0 .............................. 4792
Louisville ..................................... 0 .............................. 4417

Louisiana
New Orleans ............................. 20 .............................. 1203

Appendix S

Design Temperatures and Degree Days
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Shreveport .................................. 20 .............................. 2132
Maine

Eastport .................................... -10 .............................. 8445
Presque Isle ................................................................... 9644
Portland ...................................... -5 .............................. 7377

Manitoba
Brandon .................................... -32 ............................ 10930
Churchill .................................. -42 ............................ 16810
Winnipeg .................................. -29 ............................ 10630

Maryland
Baltimore ...................................... 0 .............................. 4487

Massachusetts
Boston ........................................... 0 .............................. 5936
Fitchburg ...................................... 0 .............................. 6743

Michigan
Alpena ...................................... -10 .............................. 8278
Detroit ....................................... -10 .............................. 6560
Escanoba .................................. -15 .............................. 8777
Grand Rapids .......................... -10 .............................. 6702
Lansing ..................................... -10 .............................. 7149
Marquette ................................. -10 .............................. 8745
Sault St. Marie ........................ -20 .............................. 9307

Minnesota
Duluth ...................................... -25 .............................. 9723
Minneapolis ............................. -20 .............................. 7966
Saint Paul ................................. -20 .............................. 7985

Mississippi
Meridian ..................................... 10 .............................. 2330
Vicksburg ................................... 10 .............................. 2069

Missouri
Columbia .................................. -10 .............................. 5070
Kansas City ............................. -10 .............................. 4692
Saint Louis ................................... 0 .............................. 4596
Saint Joseph ............................. -10 .............................. 5596
Springfield ............................... -10 .............................. 4569

Montana
Billings ...................................... -25 .............................. 7213
Havre ........................................ -30 .............................. 8416
Helena ...................................... -20 .............................. 7930
Kalispell ................................... -20 .............................. 8032
Miles City ................................ -35 .............................. 7981
Missoula ................................... -20 .............................. 7604

Nebraska
Lincoln ...................................... -10 .............................. 5980
North Platte ............................. -20 .............................. 6384
Omaha ...................................... -10 .............................. 6095
Valetine ..................................... -25 .............................. 7197

Nevada
Reno ............................................ -5 .............................. 5621
Tonopah ........................................ 5 .............................. 5812
Winnemucca ............................ -15 .............................. 6357

New Brunswick
Fredericton ................................. -6 .............................. 8830
Moncton ..................................... -8 .............................. 8700
Saint John .................................. -3 .............................. 8380

Newfoundland
Corner Brook ............................. -1 .............................. 9210
Gander ........................................ -3 .............................. 9440
Goose Bay ................................ -26 ............................ 12140
Saint Johns ................................... 1 .............................. 8780

New Hampshire
Concord .................................... -15 .............................. 7400

New Jersey
Atlantic City ................................ 5 .............................. 5015
Newark ......................................... 0 .............................. 5500
Sandy Hook................................. 0 .............................. 5369
Trenton ......................................... 0 .............................. 5256

New Mexico
Albuquerque ............................... 0 .............................. 4517
Roswell ..................................... -10 .............................. 3578
Santa Fe ........................................ 0 .............................. 6123

New York
Albany ...................................... -10 .............................. 6648
Binghamton ............................. -10 .............................. 6818
Buffalo ........................................ -5 .............................. 6925
Canton ...................................... -25 .............................. 8305
Ithaca ........................................ -15 .............................. 6914
New York City ............................ 0 .............................. 5280
Oswego..................................... -10 .............................. 7186
Rochester .................................... -5 .............................. 6772
Syracuse ................................... -10 .............................. 6899

North Carolina
Asheville ...................................... 0 .............................. 4236
Charlotte .................................... 10 .............................. 3224
Greensboro ................................. 10 .............................. 3849
Raleigh ........................................ 10 .............................. 3275
Wilmington ................................ 15 .............................. 2420

North Dakota
Bismark .................................... -30 .............................. 8937
Devils Lake .............................. -30 ............................ 10104
Grand Forks ............................ -25 .............................. 9871
Williston ................................... -35 .............................. 9301

Northwest Territories
Aklavik ..................................... -46 ............................ 17870
Fort Norman ........................... -42 ............................ 16020

Nova Scotia
Halifax .......................................... 4 .............................. 7570
Sydney .......................................... 1 .............................. 8220
Yarmouth ..................................... 7 .............................. 7520

Ohio
Cincinnati ..................................... 0 .............................. 4990
Cleveland ..................................... 0 .............................. 6144
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Columbus ................................. -10 .............................. 5506
Dayton .......................................... 0 .............................. 5412
Sandusky ...................................... 0 .............................. 6095
Toledo ....................................... -10 .............................. 6269

Oklahoma
Oklahoma City ........................... 0 .............................. 3670

Ontario
Fort William ............................ -24 ............................ 10350
Hamilton ...................................... 0 .............................. 6890
Kapuskasing ............................ -30 ............................ 11790
Kingston .................................... -11 .............................. 7810
Kitchener .................................... -3 .............................. 7380
Ottawa ...................................... -15 .............................. 8830
Toronto ......................................... 0 .............................. 7020

Oregon
Baker ........................................... -5 .............................. 7197
Portland ...................................... 10 .............................. 4353

Pennsylvania
Erie .............................................. -5 .............................. 6363
Harrisburg ................................... 0 .............................. 5412
Philadelphia ................................. 0 .............................. 4739
Pittsburgh .................................... 0 .............................. 5430
Reading ........................................ 0 .............................. 5232
Scranton ..................................... -5 .............................. 6218

Prince Edward Island
Charlottetown ........................... -3 .............................. 8380

Quebec
Arvida ...................................... -10 ............................ 10440
Montreal ..................................... -9 .............................. 8130
Quebec City ............................. -12 .............................. 9070
Sherbrooke ............................... -12 .............................. 8610

Rhode Island
Providence ................................... 0 .............................. 5984

Saskatchewan
Prince Albert ........................... -41 ............................ 11430
Regina ....................................... -34 ............................ 10770
Saskatoon ................................. -37 ............................ 10960
Swift Current .......................... -33 .............................. 9660

South Carolina
Charleston .................................. 15 .............................. 1866
Columbia .................................... 10 .............................. 2488
Greenville ................................... 10 .............................. 3059

South Dakota
Huron ....................................... -20 .............................. 7940
Rapid City ............................... -20 .............................. 7197

Tennessee
Chattanooga .............................. 10 .............................. 3238
Knoxville ...................................... 0 .............................. 3658
Memphis ...................................... 0 .............................. 3090

Nashville ...................................... 0 .............................. 3613
Texas

Abilene ....................................... 15 .............................. 2573
Amarillo ................................... -10 .............................. 4196
Austin ......................................... 20 .............................. 1679
Brownsville ................................ 30 ................................ 628
Corpus Christi .......................... 20 ................................ 965
Dallas ............................................ 0 .............................. 2367
El Paso ........................................ 10 .............................. 2532
Fort Worth ................................. 10 .............................. 2355
Galveston ................................... 20 .............................. 1174
Houston ...................................... 20 .............................. 1315
Palestine ..................................... 15 .............................. 2068
Port Arthur ................................ 20 .............................. 1352
San Antonio ............................... 20 .............................. 1435

Utah
Modena .................................... -15 .............................. 6598
Salt Lake City ......................... -10 .............................. 5650

Vermont
Burlington ................................ -10 .............................. 8051

Virginia
Cape Henry ............................... 10 .............................. 3538
Lynchburg .................................... 5 .............................. 4068
Norfolk ....................................... 15 .............................. 3364
Richmond ................................... 15 .............................. 3922
Roanoke ........................................ 0 .............................. 4075

Washington
North Head ............................... 20 .............................. 5367
Seattle ......................................... 15 .............................. 4815
Spokane .................................... -15 .............................. 6138
Tacoma ....................................... 15 .............................. 5039
Tatoosh Island ........................... 15 .............................. 5857
Walla Walla .............................. -10 .............................. 4910
Yakima .......................................... 5 .............................. 5585

West Virginia
Elkins ........................................ -10 .............................. 5800
Parkersburg ............................. -10 .............................. 4928

Wisconsin
Green Bay ................................ -20 .............................. 7931
La Crosse ................................. -25 .............................. 7421
Madison ................................... -15 .............................. 7405
Milwaukee ............................... -15 .............................. 7079

Wyoming
Cheyenne ................................. -15 .............................. 7536
Lander ...................................... -18 .............................. 8243
Sheridan ................................... -30 .............................. 7239

Yukon Territory
Dawson .................................... -56 ............................ 15040
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Appendix T

Code Symbol Stamps

The letter within the symbol identifies the product and
quality of construction. These stamps can only be ap-
plied by manufacturers authorized by ASME to use their
respective stamp. Under no circumstances should you
remove, alter, or obliterate the symbol stamp and the
lettering next to it (which is also required by the Code).
The definition of the stamps and the general scope of the
authorization, including those you will find on pressure
vessels (not shown above) are as follows:

A - Assembly, to assemble boilers.
E - Electric boiler, to manufacture electric boilers.
H - Heating boiler, to manufacture heating boilers.
M - Miniature boiler, to manufacture miniature

boilers.
PP - Power piping, to manufacture boiler external

piping.

S- Steam boiler, to manufacture power boilers,
high temperature hot water and organic fluid
heating boilers.

U - Unfired pressure vessel, to manufacture pres-
sure vessels.

UM - Miniature unfired pressure vessel, to manufac-
ture small pressure vessels

UV - Safety valves, manufacture of safety valves for
unfired pressure vessels

V - Safety valves, manufacture of safety valves for
high pressure boilers

Note that the manufacturer's certificate will also define
the locations where the manufacturing can be done, ei-
ther in the shop named on the Certificate of Authoriza-
tion, or (also) in the field.

Your boiler or boilers will have one or more of the these ASME Code Symbol stamps applied to the construction.
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Index

3 by 4 by 5 triangle 12
5 ohms 142

A
absolute pressure 11
acceptance testing 61
accounting of your oil inventory

341
accumulators 115, 116
acfm 276
acid dewpoints 232
acid washing 146
actual cubic feet per minute 276
actual flowing conditions 260
aero-derivative 285
air atomizing 241
air bound 267
air changes 53
air cushion 46, 344
air drying 136
air in a sensing line 140
air preheaters 233
air-fuel ratio 19
aligning a coupling 254
alignment 251
alkalinity 171
all valves do leak 48
allowable stress 189
alternating current 27
American Boiler Manufacturer’s

Association 101
analog 295
analyzers, oxygen 334
anion exchange resin 174
annual inspection 78
annual tests 69
anthracite 159
API gravity 155
arc chutes 30
area 8
arrangements 271
arrangements of hydronic boilers

113
asbestos 134
asbestos insulation 133
ash fusion point 152

ASJ 133
ASME Boiler and Pressure Vessel

Codes 6
ASME CSD-1 144
ASME P-4 230
ASME PTC-4.1 61
asphyxiate 306
atmosphere 11
atmospheric burners 238
atmospheric cubic feet per minute

276
atomic weight 22
atomization 241
attrition mills 247
automatic blowdown control 229
automatic interruptible gas service

73
auxiliary burner 285
auxiliary turbine operation 88
axial flow burner 236
axial measurement 9

B
Babcock and Wilcox 215
back pressure regulator 158
back pressure turbine 283
backward curved 272
backwash 173
bagasse 161
Bailey Standard Line controls 289
balanced draft boilers 212
ball mill 247
bank 198
barometric damper 337
battery 27
bearings, grease lubricated 130
belts 270
bending stress 189
Bernoulli principle 13
bias 302
bicarbonate 175
bill of material number 31
biomass 151, 160
bituminous 159
black sky effect 198
bleed and feed 294

bleeds 283
blister 198
blowdown

continuous 163, 179
safety valve 219
surface 163
transfer 76

blowdown heat recovery 163
blowers 269
blowing down 113
blowing sediment out 112
blowoff 180
BMS 319
boil-out 58
Boiler and Pressure Vessel Code

195
boiler

box header 210
cast iron 203
circulating fluidized bed 248
cross drum 209
efficiency 100
external piping 230
feed pumps 250
feed tanks 175
firebox 206
firetube 207
flexitube 216
horsepower (BHP) 16
induced draft 211
local 25
locomotive 205
low pressure 195
on-line 65
once through 216
operating efficiency 104
package 213
Sterling 210
superheated steam 195
top supported 202
tubeless 203
trim 219
tube cleaning 145
vent valve 63
vertical firetube 205
warm-up 60
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water circulation 200
water tube 208

bonding and grounding 29
bonding jumpers 142
Boomer 140
bottom blowoff 77

valves 229
bowl mills 247
box header boiler 210
BPVC 195
break 27
breakdown maintenance 125
brick 202
brick or tile laid up dry 136
British thermal unit 15
brushing 199
Btu 15
Btuh 16
bulges 198
bull ring 135
bumpless 302
bunker 160
buoyancy 14

principle 295
burners 234

atmospheric 238
auxiliary 285
axial flow 236
coal 247
cutout control 323
duct 286
ignition cycle 55
management 318
register 236
throat 134

bus bars 143
butane 153

C
calcium ions 173
California Energy Commission 25
cam contacts 320
capillary 227
capillary type temperature trans-

mitter elements 346
carbon 117, 244
carbon dioxide 20
carbon monoxide 20

poisonous 239
carbonic acid 183
cardboard 161

carryover 179
cascade 303
casing 202
cast iron boilers 203
castable 136, 202
catalysts 21
catalytic converter 285
caustic embrittlement 183
cavitation 255
central boiler plant 25
centrifugal compressors 279
centrifugal devices 269
centrifugal feed pumps 264
centrifugal pumps 259
ceramic fibers 134
change the light bulbs 140
channeling 99
checking the oil 278
checklist 127
chelate 185
chemical treatment 181
chloride 172
choice fuel firing 335
CHX 234
circuit breaker 30
circulating fluidized bed boilers 248
circulators 111
classifier 247
clean dry air 139
cleaning 126

water side scale 146
clinkers 247
closed circuit 26
CO trim 336
CO2 20
coal 21, 159
coal and oil slurry 159
coal burners 247
Coast Guard 341
cogeneration 280
collect performance data 61
combined cycle power plants 285
combustibles 86
combustion 18

chemistry 20
controls 321
efficiency 102
optimization 25
partial 19
staged 238

Combustion Engineering 215

common units of measure 10
compact fluorescent 140
compressing air 276
compressing oxygen 276
compressive stress 188
compressors 275

other types of 279
condensate 163

polisher 174
condensing heat exchangers 234
conduction 197
conductive heat transfer 197
conduit covers 138
consultant, water treatment 181
contamination of the oil 131
continuous blowdown 163, 179

piping 179
valve 229

continuous duty 30
contractors 5
contractor’s log 39
control

automatic blowdown 229
air compressor 275
draft 336
fan and blower 273
feedwater pressure 338
firing rate 321, 331
full metering 331
header temperature 114
high-low 322
HTHW 314
inferential metering 330
lead-lag 311
linearity 307
motor speed 268
on-off 308
parallel positioning 328
pressure, temperature piloted
158
ramping 60, 327
range 290
schematics 304
self contained 305
signals 289, 290
single element 317
single loop 304
steam flow/air flow 331
temperature 312
three boiler, settings 311
two element 317
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viscosity 159
controlling flow 13
controls 289

maintenance 138
convection section 198
convection superheater 217
convective heat transfer 197
conversion of velocity pressure 15
conveyors 159
coolers on compressors 276
Copes valves 316
corn 161
corrosion 168

and wear 350
corrugated cardboard 161
cost differential 26
cost of electricity varies 281
cost of failure 145
coupling 251

guard 144
crack 21

expansion 134
horsepower, fan 270
metering, fan inlet 329

crack a valve 47
crescent gear pump 266
cross drum sectional header boiler

209
cross-limiting 331
crude oil 21
CSD-1 6
culm 159
current 28
custom log book 39
cutoff, low water 224
cycling efficiency 104
cyclone furnaces 248

D
D type boilers 213
damper

barometric 337
wide open 322

data to record 40
day tank 157
dead plant start-up 62
deaerator

scrubber type 177
spray type 176
tray type 177

dealkalizers 174, 175

decarbonators 175
degassifiers 175
degree day ratio 106
degree days 93
delivery rate 105
demand charges 98
demineralizers 174
density 9
desuperheaters 73
diaphragm actuated regulators 306
diatomic gases 276
differential setting 309
diffuser 235

guide pipe 236
digester gas 153
digital signals 295
diked areas 71
dimensional analysis 11
direct acting controllers 293
direct current 27
disaster plans 36
discharge 27
disconnects 29
discrimination 55
displacement transmitters 294
distance 8
distributed generation 26, 280
documentation 31
doubler 191
downcomers 201
draft

control 336
gauge 140, 342
hood 336
natural 14

drain, free blow 228
drain traps 278
drainable superheaters 217
dressing of the fire 246
drilling of your gas burner 240
drip pan ell 221
drivers 250
droop 291
drum level gauge 342
drums 208
dry back design 206
dry lay-up 83
dry-out 136
dual fuel firing 75, 334
duct burners 286
duplex oil strainer 127

E
economics 280
economizers 231
eductor 275
efficiency 100

cycling 104
combustion 102
heat loss 101
input-output 101
weld 190

ejectors and injectors 274
electricity 26
elevation 8
emergency boiler start-up 66
enthalpy 15
environmental testing 129
EPA 102
equipment number 31
error 296
establish proper firing conditions

57
establishing linearity 326
ethylene or propylene glycol 110
evaporation rate 105
exhausters 247
expansion cracks 134
expansion tank 16, 110, 120

on the boiler 83
explosion of steam and boiling hot

water 82
explosive range 22
eyeballing 12

F
fail-safe concepts 321
false high level 342
fan and blower control 273
fan horsepower 270
fan inlet metering 329
fans and blowers 269
federal law 341
feedback 293
feedwater

circulation 339
piping 229
pumps, centrifugal 264
pressure controls 338

feet MSL 8
fiberglass tanks 157
field tanks 157
fill liquid 343
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fill systems 50
film 199
filters, sand 172
fire side cleaning 145
fire triangle 18
firebox boiler 206
firetube boiler 203
Fireye 318
firing aisle 160
firing rate control 321, 331
firing shock 350
flame

impingement 199
rod 318
runners 238
scanner 318
sensors can deteriorate 64
shaping 236

flammability limits 22
flammable range 22
flare 154
flash

point 156
steam 164
tank 163
type deaerators 176

flexible couplings 251
flexitube boiler 216
flick of the switch 73
floor drains 156
flow 13
fluid

handling 269
heater 116
heating systems 313
level maintenance 314
temperature maintenance 312

fluidized bed boilers 248
FM Cock 48
force 9
forced draft boiler 211
forward curved fans 272
fossil fuel 18, 151
four pass firetube boilers 207
free blow drain 228
from and at 212°F 15
FRP 234
fuel analysis 102
fuel cells 153, 286
fuel oil 154

pretreatment 287

pumps 157
sensing line 343

full load or 100% heating load 94
full metering control systems 331
function generator 308
furnace 196

controller set point 338
pressure 337

future service connections 112

G
gain 296
gallon 9
garbage 161
gas

boosters 280
burner, drilling 240
compressors 277
engines 284
gun 240
holders 154
injectors 274
interruptible service 73

automatic 73
liquefied natural 86, 152
pressure regulator 306

damper, barometric 337
ring 240
turbines 284, 285

gauge faces 144
gauge glass 342
gear pump 266
GFCI 141
graphite tape 224
grate 245
grease 130

fitting 131
gun 131
lubricated bearings 130

ground fault interrupter 141
ground grid 29
ground wire 29
grounded conductor 29
grounding 141
GTAW 147

H
Hagan Ratio Totalizer 295
hammer mills 247
handholes 210
hardness 171

harmonics 140
hay 161
head 10

tank 283
header temperature control 114
headers 208
heat

balance 89
blowdown, continuous 163,

179
drying 136
loss efficiency 101
recovery, blowdown 163
recovery steam generator 123
slingers 272
transfer 197
transmittance 199
traps 231

heating boiler control settings 310
heating load 94
heating season 93
heavy oils 155
high pressure

boilers 195
switch 227
washers 146
water wash 146

high set firebox boiler 206
high temperature hot water 114,

195
high temperature switch 227
high-low firing rate control 322
higher heating value (HHV) 102
Hollywood 143
Honeywell 318
hood, draft 336
horizontal split case pump 260
horsepower, fan 270
hospital waste 161
hot water heating load 96
hot water heating systems 110
hot wire analyzers 334
HRSG 123, 285
HRT boiler 205
HTHW 195

boiler control 314
generator 115

hydraulics 14
Hydrazine 184
hydrocarbons 18
hydrogen 286
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as a fuel 153
hydrogen-carbon 159
hydronic boiler arrangements 113
hydronic heating 110
hydrostatic testing 81
hysteresis 299

I
ideal gas law 276
idle systems 69
ignition

arch 246
cycle 55
permissive 319

imbalance 272
impeller turned down 255
impending emergencies 66
implied measures 11
implosion 212
impulse turbine 282
in-situ analyzers 334
in. W.C. 11
inches of water 10
incomplete combustion 19
individuals without a license 351
induced draft boiler 211
inert gas 19, 129
inferential metering 330
infra-red thermometer 143
injectors 274
inlet bell 272
inlet screens 272
input-output efficiency 101
inspection, annual 78
inspector’s gauge connection 79
insulation, asbestos 133
instability 23

packing 137
instantaneous hot water heaters

118, 119
instructions 127
instrument maintenance 138
Instrument Society of American 304
instrumentation 291, 340
insulation, asbestos 133
insulation inventory 134
insulation studs 133
insurance companies 79
integral 298
intercoolers 278
intermediate supported units 202

intermittent duty motors 30
interruptible gas 73
ion 167

J
jackshaft control 323
jet pumps 274

K
Ken Donithan of Total Boiler

Control 128
key caps 210
keyed in 136
kiln dried wood 161
know your plant 97
kpph 10

L
lack of a ground 29
landfill gas 154
lantern ring 137
large hydronic heating systems 313
law of conservation of mass 21
lay-up 83
lead-lag controls 311
leak, all valves do 48
leak testing of fuel oil safety shut-

off valves 69
leakage is necessary 250
LEDs 140
Legionella 122
LEL 23
levels 8
licensed individuals 351
life cycle cost 202
life of electrical equipment 143
light-off conditions 50
light-off position 54
linear air flow 326
linearity 307

establishing 326
list of disasters 36
little bits 133
live zero 291
LNG (liquefied natural gas) 86, 152
load 11
local boilers 25
local set point 290
local transmitters 346
lock-out, tag-out 128
locomotive boiler 205

log book 38
log calculations 44
logs 37
longitudinal welds 213
loop 290
losing calibration 140
low fire

changeover 74
hold 59, 327
position 75
position switches 54
start 322

low load 93
low pressure boilers 195
low pressure drop check valve 228
low set firebox boiler 206
low water cutoff 224

failure 79
low water flow switches 115
lower explosive limit 23
lower heating value (LHV) 102
LPG 153
lubricated plug valve 47
lubricating system 131
lubrication 129
Lungstrom air preheater 233

M
magnesium 173
main flame trial for ignition (MFTI)

56
maintaining a vacuum 284
maintaining pneumatic controls 138
maintenance

breakdown 125
controls 138
oil systems 131
predictive 125
preventive 125

maintenance and repair
history 32
log 38
operating during 80

makeup, percent 172
makeup water

meter 112
pumps 116

management’s attitude 351
manholes 210
manometer 50
matching equipment to the load 98
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MAWP 204
maximum allowable pressure 190
MBtuh 10
measurements 7
meniscus 170
mercaptans 21
mercury switches 227
meter on the makeup 112
metering, fan inlet 329
methane 22
methyl orange 171
methyl purple 171
MIC (microbe induced corrosion)

71
microturbines 286
Mill Test Certificates 230
minimum fire pressure regulator 55
minimum stop 60
moderator 19
modernizing and upgrading 106
modulating 13

controls 309
motor 309

more than one fuel oil supplier 86
Morrison tubes 191, 207
motor speed control 268
motor starter 30
multi-stage pumps 260
multiple boilers in service 312
multiple-retort 246
multiplier 334

N
nameplates 144
NAPE (National Association of

Power Engineers) 108
National Board

data 348
R-1 forms 230
statistics 350

National Fire Protection Association
(NFPA) Codes 6

natural circulation 313
natural convection 197
natural draft 14
net positive suction head 254
new start-up 49
New York Telephone Company 142
NFPA 85 144
non-overloading motors 263
non-return valve 228

NPSHA 254
NPSHR 254
number of pumps in operation 99

O
O type boiler 213
Ohm’s law 27
oil 131

burner tip 241
field boilers 208
filled transformers 143
gun 241
maintenance service 131
pressure for light-off 51
slurry, coal and 159
strainer, duplex 127
transfer pumps 157

on-off boiler 322
on-off control 308
once-through boilers 216
open 27
operating modes 45
operating unit 144
operator’s log 38
operator’s narrative 39
operators wanted the same thing

107
order of operations 35
organic fluid 116
orifice in the seal flushing piping

251
orifice nipple 244
Otto 284
output 100
outsized 105
over-feed stokers 246
over-lubrication 130
overload a motor 30
oversized pumps 249
overspeed trip 91
oxygen pitting 178
oxygen trim 333

P
package boiler 213
packing 136
painters lay 143
parallel positioning

controls 328
with air metering 328
with flow tie-back 331

with steam flow trim 331
paramagnetic analyzer 334
parameter 289
partial alkalinity 171
partial combustion 19
parts per million 168
pass 206
PCBs 143
peak load 93
peat 159
peckerheads 143
pendant type superheaters 217
percent makeup 172
perception 107
permeate 174
perpendicular 9
person in charge of lock-out, tag-

out 128
petcock 222
pH 167
phenopthalein 171
phosphate 184
PIDs 33
pigtail 226
pilot operated valve 307
pilot trial for ignition (PTFI) 55
pilot turndown test 57
pinch points 286
piping flexibility 192
plan for the failure of every utility

145
plans for fire 36
plant efficiency 103
plant master 312
plant rate 106
plastic 134, 202
plugged economizer 232
plugging tubes 146
pneumatic

testing 82
timers 53
transmitters 293

poisonous carbon monoxide 239
polishing brass 140
pop valves 219
post-mix 238
potato peels 184
pour point 155
Power Test Code 61
pph 10
ppm 168
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predicted performance 101
predictive maintenance 125
preheaters, air 233
premix 238
preparing for operation 49
preprinted log 39
preserving historical data 3
pressure 10

absolute 11
atomizing burners 241
balance principles 294
differential atomizing 241
gauges 226, 341
static 14
swings 321
temperature relief valves 219
testing 81
velocity 14

pressuretrol 309
pretreatment 172
prevent failures due to wear 350
preventing scale formation 184
preventive maintenance 125
primary air

adjustment 235
fans 247
shutter 239

priorities 1
procedureless 302
procedures, standard operating 33
process of combustion 19
process variable 290
production loads 96
propeller fans 270
proper grease 130
proper rotation 258
proportional control 296
prove combustion air flow 52
provisions for thermal expansion

110
psia 11
psig 11
puff 24
pulse combustion or power burners

240
pulverized coal burner 248
pulverizers 247
pump and heater set 157
pump control 267
pump set 157
pumps 249

centrifugal 259
crescent gear 266
screw 266
split case 260
turbine 264

purge the boiler 53
purge timing 53, 319
purging 129

Q
qualified, experienced boiler

operators 108
questions an operator should have

answers to 97
quill 185

R
radial 9
radial bladed fan 272
radiant heat transfer 197
radiant superheater 217
radiation loss 102
rain load 96
ramping controls 60, 327
rates 10
reacting to changing loads 100
reactions 20
reciprocating compressors 277
reciprocating pumps 257
recirculate oil 71
recirculating control valves 158
recirculating line 263
recommended rules 6
recorder charts 39
recover condensate 163
recycling the water 162
Redler conveyor 160
reformer 286
refractory 134, 202

anchor 136
dry-out 56
“maintenance coating” 135
repair 135
throat 238

refrigeration compressors 278
regeneration cycle 173
regulations for lock-out, tag-out 128
regulators

back pressure 158
diaphragm actuated 306
hood, draft 336

minimum fire 55
pilot operated 307
traps, drain 278

reheaters 217
remote set point 290
removing a tube 147
repeats per minute 298
replacements 144
representative sample 168
requirements for combustion air 49
reset 297

accessories 297
push-button 24
windup 300

residual 182
resin, anion exchange 174
resin bed 173
resistance 28
restoring insulation 133
retort 245
reverse acting controllers 293
reverse osmosis 174
right-sizing 105
risers 201
riveted boiler 208
RO 174
roller, tube 148
Roman baths 202
rotary

blowers 273
compressors 279
cup burners 242

rotate a pump 70
rotating boilers 76
rotating equipment 269
roughness on light off 24
rule of thirds 99
rupture 82

S
safety 5

factor 189
safety relief valve 219
salt 164

elutrition test 173
SAMA 304
sample cooler 169
sand filters 172
sander dust 161
saturation

condition 15



404 Boiler Operator’s Handbook

point 15
temperature 15

sawdust 161
scale formation 168
scale, waterside 146
scfm 276
schools 40
Scientific Apparatus Manufacturer’s

Association 304
screen tubes 209
screw and gear pumps 265
screw compressors 279
screw pump 266
scroll 271
scrubber type of deaerator 177
seatless blowoff valves 78, 229
secondary air ports 238
secondary ratings 191
self contained controls 305
sensing connections 343
sensing lines 343
sentinel valve 91
separating fluid 140
separating oil 343
sequester 184
service water 118
Servidyne Systems 25
set point 290
setting 202
settings for automatic three boiler

control 311
severe duty motors 30
shaft seal 251
sheave 270
shim stock 251
short off cycles 267
shortening purge 352
shot feeders 165
shrink 316
shrouds 237
single element control 317
single loop control 304
single phasing 30
siphon 226
slope 261
slow start-up 63
sludge 184
sludge conditioners 184
small tools 165
soda-phosphate 184
sodium 173

hexa-meta-phosphate 184
hydroxide 183
sulfite 165, 183

soot blower 146
operation 100

sounding 342
spalling 134
sparge line 175
specific gravity 9
specific volume 9
split case pump 260
spray type deaerators 176
spreader stoker 246
spuds 240
Sq. Ft. E.D.R. 16
square 12
stable combustion 234
stack thermometers 346
staged combustion 238
staged unloading 278
standard cubic feet per minute 276
standard operating procedures 33
standard ranges of control signals

290
standards 191
standby charges 280
standby operation 75
start-up

control 327
emergency 66
sheet 120

starting a boiler with an induced
draft fan 273

starting a dry pump 267
static electricity 27
static pressure 14
staybolts 207
steam 228

air heaters 233
atomizing burners 241
drum 208
drum internals 217
explosions 18
flow recorders 341
flow/air flow 330
generating units 61
pressure maintenance 308
quench 117
tracing 117

steel tanks 156
Sterling boilers 210

still pipe 314
stoichiometric 19
stoker, spreader 246
storage water heating 119
stored fuel oil 144
stress 187
stress-strain diagram 187
strike three 24
sulfur dioxide 20
summer 317
summer load 93
superheated steam 17

boiler 195
superheaters 216

drainable 217
pendant 217

superheating 72
surface blowdown 163
surface tension 179
surging 262
sweep 135
swell 316
switching fuels 73
synthetic oils 130
synthetic replacements 132
system curves 262

T
tall stack 211
tangent 9
tank

day 157
expansion 16, 110, 120
fiberglass 157
field 157
steel 156

TDS 171
teapot 202
temperature control 312

switch 312
valves 306

temperature limit switches 227
temperature piloted pressure

control valve 158
tensile stress 187
tensile test specimen 187
test

pilot turndown 57
safeties 60
stands 170
the low water cutoff properly
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52
water temperature 81

testing, hydrostatic 81
tests, annual 69
thermal shock 122, 349
thermo-hydraulic 315
thermo-mechanical 315
thermocouple 295
thermometers read 341
thermostat 305
thermosyphoning 111
thermowells 346
third-party inspection 80
throttling the vent valve 176
TIG (GTAW) 147
tile(s) 134, 202
timer motor 320
top supported boilers 202
topping turbine 283
total alkalinity 171
total dissolved solids 171
tramp air 211
traps, drain 278
transformers 143
transmitter

installation 344
mounted 344

trash burners 161
traveling grate stokers 246
tray type deaerator 177
trend 299
tri-generation 281
tribology 131
trim controller 335
tube roller 148
tubeless boiler 203
tune-ups 84
tuning firing rate controls 139
turbine pumps 264
turbines, auxiliary 88
turbining 146
turndown 11, 242
tuyeres 245
two element control 317

U
U bend 192

UEL 23
ullage 342
ultimate analysis 18, 22, 151
under-feed stoker 245
uniform air distribution 237
units 7
universal solvent 167
unloading 277

pumps 157
untested pipe 128
upper explosive limit 23
UPS (uninterruptible power sup-

ply) 139-140
USTs 156

V
vacuum 17

breaker 17, 178, 229
deaerator 176
systems 109

value of documentation 5
valve 228

blowdown and blowoff 229
bypass 46
cracking 47
feedwater 229
manipulation 45
packing 138
positioner 300
sentinel 91
wrench 48

vanadium 134
vapor bound 254
vaporizers 116, 196
variable inlet vanes 273
variable speed drives 235, 274
velocity pressure 14
vent

condenser 176
superheater 72

ventilation loads 96
vents and drains 46
venturi throat 236
vertical firetube boiler 205
viscosity 11, 155

control 159
visitor’s log 39

voltage 28
volume 8
VR (valve repair) symbol stamp 79
VSDs 235, 274

W
warm-up bypass valves 46
warped front plate 240
waste heat service 123
waste paper 161
water 162

circulation baffles 202
column 221
sample cooler 162
softener 173
steam and energy 15
temperature for testing 81
treatment chemicals 164
treatment consultant 181
treatment log 38
walls 209

watertube boilers 208
wear rings 260
weekend load 93
weigh feeders 160
weigh lorries 160
weld efficiency 190
welding machine 139
wet back arrangement 206
wet lay-up 83
wheel 271
why they fail 347
Willians line 89
windage 89
windbox 237
window weld 147
winter load 93
wood burners 248
wood chips 161
wrong bolts or nuts 128

Z
zero, live 291
zirconium oxide analyzer 334
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